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MESSAGE FROM THE MINISTER

Low electricity rates and public
ownership of BC Hydro
Secure, reliable supply
More private sector opportunities
Environmental responsibility
and no nuclear power sources

Energy is a critical part of our daily lives, powering our
households, communities and businesses. In B.C., we
have abundant, diverse energy resources, including
hydroelectricity, oil, gas, coal, coalbed methane and a
variety of clean, alternative sources. The time has come
to harness their enormous potential to meet our energy
needs and generate renewed economic growth and
prosperity for all British Columbians.
Energy for Our Future: A Plan for BC is designed to
achieve our goal in an environmentally responsible
way. It is built around four cornerstones to maximize
benefits for British Columbians well into the future.
The cornerstones deliver low electricity prices and
public ownership of BC Hydro; a secure, reliable supply
of energy; more private sector opportunities; and
environmental responsibility with a guarantee of no
nuclear generation in B.C.

Richard Neufeld
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Ultimately, the plan reflects our government’s vision of
the future for both the energy sector and the province as
a whole -- a prosperous future, lively with opportunities
for all British Columbians; a dynamic future, in which
British Columbia is opened up to its full potential; a
certain future, in which British Columbians can move
forward with confidence, knowing they live and work in
the best place on earth.
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EXECUTIVE SUMMARY
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EXECUTIVE SUMMARY
After five decades of dramatic change, British Columbia’s
energy sector faces new challenges and opportunities.

B.C. is becoming increasingly integrated with North American
energy markets.

Our natural gas industry has seen production more than
double in the past 10 years. In North America and abroad,
electric power markets are being reformed to make them more
competitive. With these and other changes, the B.C. energy
sector is poised for new investment, increased trade and
regional economic growth. To realize its potential, the sector
needs an updated plan that will guide its further development
over the coming decade.

Historically, a strong export orientation has allowed B.C.
energy suppliers to take advantage of economies of scale
to develop energy resources at lower cost, for the benefit of
domestic consumers. Today, B.C. exports two-thirds of the
energy it produces, including virtually all of our coal and more
than half of our natural gas production. Most of the refined
petroleum products (e.g., gasoline and home heating oil)
we use comes from Alberta, while imported electricity helps
meet provincial needs during periods of below-average water
inflows into our hydroelectric reservoirs. The net revenues
from energy trade contribute to further energy investment and
low electricity rates in the province. Energy exports also play a
role in continental energy security by providing clean, reliable
energy for consumers in the United States and Alberta.

The purpose of this energy policy, Energy for Our Future: A
Plan for BC, is to build on B.C.’s strengths to help revitalize
the provincial economy and create jobs in an environmentally
responsible way.
Energy policy and economic policy are inextricably linked. The
Government of British Columbia is committed to restoring a
strong and vibrant economy with job creation in all regions
of the province. At the same time, a healthy environment is
recognized as one of our enduring natural assets. This plan
builds on B.C.’s advantages, in particular our abundant energy
resources and low electricity prices, with improvements to
strengthen the energy sector and provide sustainable economic
benefits.

BACKGROUND
Energy drives the economy and makes our modern lifestyle
possible.

B.C. has extensive reserves of coal, oil, natural gas as well as
considerable undeveloped resources of coalbed methane (the
gas found in coal seams), hydroelectric and alternative energy,
such as small hydro, wood residue, ethanol/biofuels, wind and
tidal power. In addition, BC Hydro estimates that in the order
of 10 percent of electricity demand could be economically saved
by 2015, through greater conservation and efficient energy use.
B.C. already benefits from a highly developed energy supply
network, with substantial production of coal, natural gas, oil
and hydroelectricity. Electricity rates among the lowest in
North America are the legacy of large-scale public investment
on the Peace and Columbia rivers that was undertaken a
generation ago.

CHALLENGES AND OPPORTUNITIES
New energy supplies are required to meet growing demand
and support renewed economic growth.
More energy is needed to fuel the growth that will restore B.C.
to its position as an economic leader within Canada. Rising
energy demands and aging facilities call for major financial
investment in plant upgrades and new energy production and
delivery facilities. This, in turn, requires better access to energy
5
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British Columbians depend on energy to fuel their cars, run their
appliances, equipment and industrial plants, and light and heat
their homes, communities and businesses. Without a reliable
and reasonably priced supply of energy, important industries
such as forestry, chemicals, mining and high technology cannot
thrive in world markets. The production and delivery of energy
is itself a source of economic activity, employing about 35,000
people in 2001, and generating about $2.4 billion in provincial
revenues that support health care and other programs. While
energy production is focused in the Northeast, Southeast, and
on the Columbia River, development opportunities offer the
prospect of new investment and jobs throughout the province.

The province enjoys a number of key energy strengths.

resources and the timely, cost-effective development of new
supplies. Unless domestic energy sources are developed, British
Columbians could find themselves increasingly dependent on
imports and vulnerable to price swings. The government, faced
with competing fiscal priorities, is looking to the private sector
for much-needed energy development.

We have to keep electricity rates down to maintain B.C.’s
economic advantage.
BC Hydro rates, frozen since 1996, have not changed or
undergone a public review since 1993. With electricity costs
rising, the rate freeze must end and BC Hydro rates must
be independently regulated by the BC Utilities Commission
to keep rate changes to a minimum and remove political
interference. At the same time, B.C. will need to adapt to
evolving market rules in the United States, if we want to
continue earning the export revenues that contribute to our
low power rates. These rates give B.C. industry an economic
advantage in global markets.

Energy development and use must continue to be
environmentally responsible.
A clean, natural environment and energy-efficient facilities
and equipment are also important to ensuring our long-term
economic advantage. British Columbians are concerned about
the environmental impacts from energy development and
use. Energy-saving activity that reduces demand and defers
the need for new supply is one of the most cost effective
strategies for controlling impacts on provincial airsheds and
watersheds. Low electricity rates, however, provide a poor
price signal for consumers to conserve and invest in energy
efficiency. In general, unclear environmental standards and
inefficient regulatory processes have hindered environmentally
responsible energy development in the province.

B.C.’s natural resources, talent and homegrown technology
offer many diverse opportunities for meeting the changing
energy needs of provincial consumers. Efforts are underway
to make domestic electricity service even more reliable in
support of technology industries and the new information
6
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The energy sector is well
positioned to generate new
investment, increased trade
and economic growth.

Low cost hydroelectricity and efficient regulation can help
preserve our electricity rate advantage.
While other jurisdictions struggle under large power debts
and high electricity prices, B.C. benefits from W.A.C. Bennett’s
vision of the hydroelectric system developed in the 1960s and
1970s on the Peace and Columbia rivers. These heritage assets
have an inherent value given by the difference between their
current cost of production and what it would cost to replace
this power in the marketplace. There are ways to secure the
benefits of existing low-cost generation for B.C. consumers.
Furthermore, performance-based regulation and negotiated
settlements can be used to regulate BC Hydro rates efficiently
and encourage cost savings, so that future rate changes will be
minimized.

Aggressive energy saving and alternative energy development
can better manage environmental impacts.
For more than a decade, the province’s energy utilities,
private energy service companies and individual consumers
have accumulated expertise in reducing energy use through
conservation and energy efficiency. It is possible to design
electricity rates to give consumers the right signals for this
energy saving activity. We can also develop our alternative energy
resources to provide power that is less harmful to the environment
than conventional (large hydro, coal-fired and natural gas-fired)
generation. Other countries have adopted portfolio standards
requiring a portion of electricity supply to come from technologies
that have a low impact on the environment.

Appendix A

The energy sector is well positioned to generate new
investment, increased trade and economic growth.

economy. The outlook for increased energy trade is favourable,
given growing US demands, especially for natural gas in power
generation. Here at home, the private sector has demonstrated
its ability to develop the smaller-scale generation (e.g., small
hydro and efficient natural gas turbines) that can locate close
to load, avoid transmission losses and infrastructure costs, and
provide regional economic benefits. To enable investment in
the oil and gas sector, land use and pre-tenure planning, road
upgrading and cooperation with First Nations are improving
access to resources for exploration and development in the
Northeast.

Executive Summary

SOLUTIONS
Low electricity rates and
public ownership of BC Hydro
Secure, reliable supply
More private sector
opportunities
Environmental responsibility
and no nuclear power sources

The four cornerstones of Energy for Our Future: A Plan for BC
are low electricity rates and public ownership of BC Hydro;
secure, reliable supply; more private sector opportunities;
and environmental responsibility and no nuclear power
sources.
B.C.’s low-cost electricity will remain an important economic
advantage during the next decade. Stable and dependable
energy supplies will be vital not only to sustain our other
resource industries, but also to grow the technology sector.
Private developers, including independent power producers,
will be key partners in the province’s energy future. We will
build on one of North America’s best environmental records
with efficient regulation that holds energy producers and
consumers accountable for their impacts.

Low electricity rates will be assured by entrenching the
benefits of publicly owned assets, independently regulating
BC Hydro rates and outsourcing services where economic.

BC Hydro ratepayers will benefit from a legislated heritage
contract that locks in the value of existing low-cost generation
(heritage energy), and from the continued use of trading
revenues to supplement domestic revenues. The BC Utilities
Commission will conduct an inquiry and recommend the terms
and conditions of the heritage contract legislation. To benefit
ratepayers and taxpayers alike, public ownership of BC Hydro
generation, transmission and distibution assets will continue.
The delivery of services will be outsourced where costs can be
reduced for consumers while maintaining quality of service.
The rate freeze will end on March 31, 2003 and the BC Utilities
Commission will hold a revenue requirement hearing by the
end of 2003/04 to review BC Hydro costs. Future rate changes
will then be determined using performance-based regulation
and negotiated settlements.

To promote secure and dependable energy, reliability
standards will be maintained, new supplies will be developed
and the BC Utilities Commission will be strengthened.
BC Hydro will continue to establish separate lines of business
for generation, transmission and distribution. Distribution will
acquire new power on a least-cost basis, subject to regulatory

Actions that support low electricity rates and public ownership of BC Hydro:
A legislated heritage contract will preserve the benefits of BC Hydro’s existing generation.

#2

BC Hydro ratepayers will continue to benefit from electricity trade.

#3

Public ownership of BC Hydro generation, transmission and distribution assets will continue.

#4

BC Hydro will outsource the delivery of services where costs can be reduced for electricity consumers while maintaining quality of service.

#5

The BC Utilities Commission will once again regulate BC Hydro rates.

#9

Electricity distributors will acquire new supply on a least-cost basis, with regulatory oversight by the BC Utilities Commission.

#13

The private sector will develop new electricity generation, with BC Hydro restricted to improvements at existing plants.

#15

The BC Hydro Transmission Corporation will improve access to the transmission system and enable IPP participation in US wholesale markets.

#16

The BC Utilities Commission will determine the terms and rates for this new transmission entity.

#21

New rate structures will provide better price signals to large electricity consumers for conservation and energy efficiency.

#22

The Province will update and expand its Energy Efficiency Act, and will work with the building industry, governments and others to improve energy
efficiency in new and existing buildings.

#23

The Utilities Commission Act will be amended to remove a disincentive for energy distributors to invest in conservation and energy efficiency.
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#1

oversight. As part of this process, it will obtain heritage energy
from the generation business at a rate to be determined by
the BC Utilities Commission. The commission’s structure and
mandate will be strengthened to support the re-regulation of
BC Hydro and the efficient regulation of other utilities.
To encourage new resources, the government will develop
requirements for exploring and developing coalbed methane
and other unconventional hydrocarbon resources. In general,
energy reliability will be maintained and improved through
well-functioning natural gas markets and coordinated
electricity planning.

A dedicated provincial offshore oil and gas team will develop
a provincial position, work with the federal government and
move effectively toward development of offshore oil and gas
resources.
Before offshore development can proceed, further issues need
to be resolved such as an agreement between the federal and
provincial governments on an overall management regime,
including regulatory, royalty and environmental requirements.
The Province will also need to work with coastal communities
and First Nations to ensure that benefits accrue to the areas
where activity occurs.

Actions that support secure reliable supply:
A legislated heritage contract will preserve the benefits of BC Hydro’s existing generation.

#6

The Vancouver Island Generation Project will be reviewed to determine if it is the most cost-effective means to reliably meet Island power needs.

#7

High reliability and energy security will be maintained through well-functioning natural gas markets and coordinated electricity planning.

#8

BC Hydro distribution will operate as a separate line of business from generation.

#9

Electricity distributors will acquire new supply on a least-cost basis, with regulatory oversight by the BC Utilities Commission.

#10

Development of coalbed methane and other unconventional resources will be encouraged to provide a new source of energy supply and opportunities
for regional economic growth.

#11

The Ministry of Energy and Mines will establish a dedicated provincial offshore oil and gas team to develop a provincial position, work with the federal
government and move effectively toward development of the offshore resources.

#12

The structure of the BC Utilities Commission, and its mandate in regulating BC Hydro and other energy distributors, will be strengthened.

#13

The private sector will develop new electricity generation, with BC Hydro restricted to improvements at existing plants.

#15

The BC Hydro Transmission Corporation will improve access to the transmission system and enable IPP participation in US wholesale markets.

#18

Pre-tenure and land use planning, as well as northern road improvements, are improving access to oil and gas resources.

#19

Natural gas marketers will be allowed to sell directly to small volume customers, and will be licensed to provide consumer protection.

#21

New rate structures will provide better price signals to large electricity consumers for conservation and energy efficiency.

#22

The Province will update and expand its Energy Efficiency Act, and will work with the building industry, governments and others to improve energy
efficiency in new and existing buildings.

#23

The Utilities Commission Act will be amended to remove a disincentive for energy distributors to invest in conservation and energy efficiency.

Energy for our Future: A Plan for BC
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A dedicated provincial
offshore oil and gas team
will develop a provincial
position, work with the
federal government
and move effectively
toward development of
the offshore oil and gas
resources.

Executive Summary

To increase opportunities for the private sector, independent
power will be developed and ongoing support will be
provided for the oil and gas industry.

Environmental responsibility will be assured through a
clean energy goal, new price signals for conservation, clear
emission standards and other strategies.

Independent power producers (IPPs) will develop new
generation, with BC Hydro’s role limited to undertaking
efficiency improvements at existing facilities. A separate entity,
BC Hydro Transmission Corporation, will operate BC Hydro’s
publicly owned transmission system, to ensure fair access for
all generators. Under a new BC Hydro rate structure, IPPs will
be able to serve a portion or all of the electricity needs of large
customers. Similarly, natural gas marketers will be free to
sell directly to residential and small commercial natural gas
consumers. These and other ongoing government initiatives
in the oil and gas sector (e.g., royalty reform, pre-tenure
planning and public-private partnerships for road upgrades)
will support private investment and economic opportunities
across the province.

Electricity distributors will pursue a voluntary goal to purchase
at least 50 percent of their new power supply from BC Clean
resources that are renewable or result in a net environmental
improvement over existing generation. New rate structures
(stepped and time-of-use rates) will give better signals for
energy saving activity. The government will also expand and
update its Energy Efficiency Act and regulations, and will
change utility regulatory practices to remove a disincentive
to energy efficiency investments by utilities. The Ministries
of Energy and Mines and Water, Land and Air Protection are
working together on strategies to address climate change and air
quality in sensitive airsheds. In other areas, provincial processes
for environmental assessment, water licensing and waste
permitting are being streamlined. To allow a fair evaluation of

Actions that support more private sector opportunities:

The publicly owned
BC Hydro Transmission
Corporation will
operate BC Hydro’s
transmission system to
ensure fair access for
all generators

BC Hydro will outsource the delivery of services where costs can be reduced for electricity consumers while maintaining quality of service.

#9

Electricity distributors will acquire new supply on a least-cost basis, with regulatory oversight by the BC Utilities Commission.

#10

Development of coalbed methane and other unconventional resources will be encouraged to provide a new source of energy supply and opportunities
for regional economic growth.

#11

The Ministry of Energy and Mines will establish a dedicated provincial offshore oil and gas team to develop a provincial position, work with the federal
government and move effectively toward development of offshore resources.

#13

The private sector will develop new electricity generation, with BC Hydro restricted to improvements at existing plants.

#14

Under new rates, large electricity consumers will be able to choose a supplier other than the local distributor.

#15

The BC Hydro Transmission Corporation will improve access to the transmission system and enable IPP participation in US wholesale markets.

#17

The Ministry of Energy and Mines will provide support for continued industry investment in natural gas production over the next 10 years.

#18

Pre-tenure and land use planning, as well as northern road improvements, are improving access to oil and gas resources.

#19

Natural gas marketers will be allowed to sell directly to small volume customers, and will be licensed to provide consumer protection.

#25

Provincial processes for environmental assessment, water licensing and waste permitting are being streamlined.

#26

To allow for a fair evaluation of coal-fired electricity projects, final emission standards will be adopted for coal-fired power plants.
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the role of coal-fired generation in B.C.’s electricity future, the
Province will adopt emission guidelines for coal-fired power
plants that will allow B.C. to compete for investment with
neighbouring jurisdictions.

Energy consumers, private investors and B.C. communities
will all benefit from the plan, as it is implemented over the
next two years.
Energy for Our Future: A Plan for BC will be fully implemented
by 2004. B.C. consumers will enjoy low electricity rates, greater
choice among energy suppliers and potential savings in their
electricity and natural gas bills. Private investors will be able
to better access and develop new energy resources, while
communities will reap the benefits of economic development
and local environmental improvement. Taken together, the
plan’s 26 actions will make the energy sector more resilient and
flexible for future changes that will serve British Columbians’
interests.

Energy for Our Future:
A Plan for BC will be
fully implemented
by 2004.

Actions that support environmental responsibility:
The private sector will develop new electricity generation, with BC Hydro restricted to improvements at existing plants.

#20

Electricity distributors will pursue a voluntary goal to acquire 50 percent of new supply from BC Clean Electricity over the next 10 years.

#21

New rate structures will provide better price signals to large electricity consumers for conservation and energy efficiency.

#22

The Province will update and expand its Energy Efficiency Act, and will work with the building industry, governments and others to improve energy
efficiency in new and existing buildings.

#23

The Utilities Commission Act will be amended to remove a disincentive for energy distributors to invest in conservation and energy efficiency.

#24

The government is developing strategies to manage B.C.’s greenhouse gas emissions and air quality in threatened airsheds.

#25

Provincial processes for environmental assessment, water licensing and waste permitting are being streamlined.

#26

To allow for a fair evaluation of coal-fired electricity projects, final emission standards will be adopted for coal-fired power plants.
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INTRODUCTION
British Columbia’s energy sector encompasses all the people,
facilities and equipment involved in energy production,
delivery and consumption. The sector has been transformed
over the past half century. Today, new challenges and
opportunities call for an updated energy policy that will
support renewed economic growth in the province.

A LOOK BACK
B.C.’s energy sector has changed dramatically during the
past 50 years, with public investment in electric power and
private development of oil, natural gas and coal resources.
In the early 1950s, energy and the provincial economy looked
very different. The energy sector was focused on serving a
small domestic resource economy. Energy was supplied by
localized monopolies and power rates were relatively high.
The next four decades saw tremendous change, from largescale hydroelectric development on the Peace and Columbia
rivers and the construction of major pipelines to expanding
oil and gas production in the Northeast, to deregulation of
natural gas markets and the emergence of independent power
producers. Today, B.C. enjoys a more diversified economy, an
extensive network of energy supply facilities, low electricity
rates and the benefits of a more competitive, export-oriented
energy sector.

Provincial energy policy has evolved along with these changes.

The 1980s witnessed a shift from government intervention to
market determination of oil and gas prices. In 1985, natural
gas markets were opened up and the federal government

Two investigations in the mid-1990s looked at reforming the
B.C. electricity market to make it more competitive.
At the request of Lieutenant Governor in Council, the
BC Utilities Commission undertook an Electricity Market
Structure Review in 1994/95. This review found that the
driving forces for electricity reform, in particular high prices,
did not exist in B.C. The Commission’s report recommended
that B.C. move forward with increased competition at the
wholesale level (e.g., private power producers selling to BC
Hydro) and real-time pricing, which allows large power users
to obtain their additional electricity requirements at market
prices.1
In 1997, a BC Task Force on Electricity Reform was unable to
agree on the components of market reform for the province.
The head of the task force, Dr. Mark Jaccard, subsequently
presented his own proposal for phased electricity reform.2 Dr.
Jaccard’s suggestions included establishing an independent
grid operator to improve (wholesale) access for competitive
suppliers to BC Hydro’s transmission system, allowing
non-utility suppliers to sell directly to industrial customers
(limited retail access), and setting a portfolio standard to
require that a percentage of power generation come from
environmentally desirable technologies.
Since the release of these reports, some of their suggested reforms
have been implemented, including wholesale transmission
access, real-time pricing for large BC Hydro customers and retail
access for Aquila Networks Canada (formerly West Kootenay
Power) industrial customers. Others, such as the independent
grid operator and portfolio standard, were not acted upon.
11

Appendix A

In 1980, the Province of British Columbia released its first
energy policy. An Energy Secure British Columbia sought
to manage energy resources for a secure supply, reduce
oil imports and conserve resources. Direct government
intervention in energy markets, from setting natural gas prices
to building hydroelectric facilities, was the dominant policy
direction. At the same time, the BC Utilities Commission was
created to provide independent oversight of energy utilities.

relinquished control of petroleum markets. A second policy
statement, New Directions for the 1990s, appeared in 1990,
with two new priorities - efficient energy and clean energy;
and two left over from the previous decade - secure energy
and energy for the economy. The objectives of this policy were
to make markets more competitive, send better price signals
to consumers, encourage cleaner fuels and energy efficiency
and strengthen environmental standards.

In August 2001, Premier Gordon Campbell commissioned the
Task Force on Energy Policy to provide recommendations to
government.
After producing an interim report3 in November 2001, the
task force consulted with stakeholders and the public. A final
report4 was submitted to the Minister of Energy and Mines
on March 15, 2002, with 46 recommendations in the areas
of conservation and energy efficiency, alternative energy,
electricity, oil and natural gas, coal and regulation. These
recommendations support a series of policy directions that
include developing new energy supplies, making markets
more competitive, reforming the electricity industry, ensuring
sound environmental decisions and harmonizing government
regulations. Appendix 1 lists the recommendations in full and
provides a government response in each case.

T H E PAT H F O R WA R D
B.C.’s new Energy for Our Future: A Plan for BC builds on
these past efforts with a strategic path for the energy sector.
Energy policy and economic policy are inextricably linked.
The government is committed to restoring a strong and
vibrant provincial economy with employment opportunities
for British Columbians. At the same time, a healthy
environment is recognized as one of B.C.’s important
natural assets. The purpose of this new policy is therefore
to build on the province’s energy strengths, in particular our
abundant natural resources and low electricity prices, to help
revitalize the economy and create jobs in an environmentally
responsible way.

There are four cornerstones of B.C.’s plan:
Low-cost electricity will be an enduring economic advantage
during the next decade. Legislation will entrench the benefits
of our publicly owned hydroelectric power assets, and will
ensure efficient regulation to keep rates low, maintain
industry competitiveness, and support economic growth.
12
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supplies are increasingly vital in the move to an information
economy. To sustain our resource industries and expand
the technology sector, energy reliability will be improved
and energy markets will be diversified, with more sources
of supply, greater competition in electricity generation and
enhanced customer choice.

ENERGY�FACT
A typical large office building (20-25 stories) will
consume 3.5 GWh of electricity per year, equal to the
consumption of 350 households.

More private sector opportunities. The private sector will be a
key partner in the province’s energy future. New investment
in private power production and continued high activity
levels in the oil and gas industry will be critical to realize our
full potential as a leading energy supplier in North America.

Environmental responsibility and no nuclear power sources.
B.C. has a history of environmentally responsible energy
development and one of the best environmental records
on the continent. We continue to reject nuclear power and
will build on our clean energy strengths with incentives for
alternative energy development, new rate signals to encourage
energy saving and aggressive strategies for conservation and
energy efficiency.

This plan outlines actions the government will take, or has
already initiated, to achieve these four objectives.
The plan begins by providing some background on energy
production and use in B.C. It then describes several challenges
and opportunities currently facing the energy sector. Next, a
series of policy actions are outlined in support of the four
cornerstones above. The statement ends with a summary of
the implications of these policies for consumers, producers,
and other participants in the sector. Readers should note that
the plan does not address energy use in transportation, which
is being dealt with separately through the BC Climate Change
Plan and other initiatives underway.

Appendix A

Low electricity rates and public ownership of BC Hydro.

Secure, reliable supply. Stable and dependable energy

1 British Columbia Utilities Commission, The British Columbia Electricity Market Review: Report and
Recommendations to the Lieutenant Governor in Council, September 1995.
2 Dr. Mark Jaccard, Reforming British Columbia’s Electricity Market: A Way Forward, Final Report of the
British Columbia Task Force on Electricity Market Reform, January 1998.
3 Task Force on Energy Policy, Strategic Considerations for a New British Columbia Energy Policy,
Interim Report, November 2001.
4 Task Force on Energy Policy, Strategic Considerations for a New British Columbia Energy Policy, Final
Report, March 2002.

Introduction

BACKGROUND
Energy is a necessity for and a key driver of B.C.’s economy
and quality of life. It contributes to the international trade
that is responsible for most of the economic benefits in
which we all share. Energy markets continue to evolve with
pressures for change in the electricity industry. Appendix 2
provides an overview of the B.C. energy sector.

The energy sector itself is a major source of economic activity.

T H E I M P O RTA N C E O F E N E R G Y

Revenues to energy industries totaled $9.1 billion in 2000,
and direct revenues to government exceeded $3 billion. The
oil and gas industry, at $1.8 billion in 2000, is B.C.’s largest
source of natural resource revenues that help to fund health
care and education. In 2001/02, lower prices resulted in a
decline of $650 million to the Province. Dividends, water
rentals, and taxes from BC Hydro yield in the order of $700
million annually. Aside from its employment and revenue
benefits, energy contributes to regional development,
primarily in the Northeast and Southeast, but increasingly
with opportunities across the province.

Energy fuels our daily lives.
British Columbians rely on energy to power their cars, run
their appliances, equipment and industrial plants, and light
and heat their homes, communities and businesses. Perhaps
nowhere is the importance of energy more evident than in
the case of electric power. Whereas 20 years ago the average
home had relatively few appliances, today it has a computer,
two TVs, a dishwasher, microwave oven, VCR and DVD player,
among other items. New technologies such as high resolution
TVs can consume significantly more energy. Likewise, the
typical office is now equipped with computers, photocopiers,
fax machines and other electricity-using equipment.

Energy also drives the provincial economy.
Energy is a significant input into the production of other
resource commodities. The energy-intensive sectors of forest
products, mining, refining, and chemicals together make up
70 percent of provincial exports. These sectors, facing tough
competition in the global marketplace, must control costs
and increase efficiency and productivity to maintain their
economic advantage.

THE ROLE OF TRADE
An export orientation has allowed energy resources to be
developed at lower cost for British Columbians.
British Columbia currently exports two-thirds of the energy
it produces. Much of today’s network of energy production
and delivery facilities would not exist had resources been
developed only to serve provincial consumers. Examples
include an extensive hydroelectric system on the Peace
and Columbia rivers, the Duke Energy (formerly Westcoast
Energy) pipeline bringing natural gas to Vancouver, and
natural gas drilling in the Northeast. A strong export
orientation has allowed the energy sector to take advantage of
economies of scale and develop resources at lower cost. This,
in turn, has resulted in reliable and reasonably priced energy
service for B.C. consumers.
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Access to reliable, low-cost energy is also important for
attracting and developing the technology sector in B.C.
Technology firms are particularly dependent on a continuous
supply of electricity, as shown by California’s recent energy
crisis. The Silicon Valley Manufacturing Group has estimated
that its almost 200 members lost more than $100 million
during one day of rolling blackouts in June 2000.5

The sector as a whole (electricity, natural gas, oil and coal)
employs about 35,000 people. Energy accounts for about four
percent of provincial gross domestic product, the value of our
economy’s output.

Electricity trade helps ensure low power rates and reliability
for domestic consumers.
The province’s flexible hydroelectric system, with its large
reservoirs for storing water, enables highly beneficial trade in
electricity. BC Hydro earns revenues by importing electricity
when market prices are low and exporting electricity when
prices are high, while at all times satisfying domestic power
needs. The net revenues from this trade help keep provincial
rates low and stable.
Imports also help meet electricity requirements during times
of reduced water inflows into B.C. reservoirs. BC Hydro can
earn significant trading income even in low water years, when
the province is a net importer, because of the flexibility of
our large hydroelectric and reservoir systems. Net trading
revenue averaged around $100 million annually during the
1990s.

Our clean energy exports contribute to continental energy
security.
B.C.’s hydro-based electricity exports offer a source of clean,
reliable power for consumers in the United States and Alberta.
In US markets, our natural gas displaces oil and coal used to
generate electricity. With growing North American demand,
especially for natural gas used in power plants, B.C. has a
key role to play in supporting continental energy security.
Continued integration with regional power markets will
provide better access to reliable, low-cost electricity for our
export customers and provincial consumers alike.

B.C.’S E N E R G Y S T R E N G T H S

Discovered reserves of natural gas are sufficient to meet
domestic and export needs for the next decade. Undiscovered
reserves of natural gas, including coalbed methane, could add
14
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While there are considerable resources remaining for large
hydroelectric development, many are on protected rivers.
The potential for other renewable electricity, including small
hydro, wood residue, wind and tidal energy, is growing over
time as technologies improve and costs decline. In total, new
conventional (available large hydro, natural gas-fired and
coal-fired) and alternative energy resources are currently
estimated at more than double existing generating capacity.
In addition, BC Hydro estimates that 10 percent of total
electricity demand could be economically saved by 2015,
through increased conservation and energy efficiency.

Electricity trade helps
ensure low power
rates and reliability for
domestic consumers.

Biofuel technologies are under development to convert
plant material such as wood waste into ethanol and other
transportation fuels. B.C. has enough wood residue to
produce over 300 million litres of ethanol annually. Ethanol
is blended with gasoline and diesel fuel to add oxygenation,
extend conventional fuel supplies and reduce transportationrelated emissions.

A diverse, reliable energy supply network has evolved in the
province.
The energy sector is large and diverse. It comprises
substantial production of hydroelectricity, natural gas, coal
and oil. Highly developed systems of pipelines and power
lines deliver energy to domestic and export consumers.
B.C. companies are also pursuing leading-edge alternative
technologies, such as fuel cells, and innovative ventures in
wind, wave and solar power.
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We have extensive undeveloped energy resources for new
supply and a significant potential to further reduce energy
use.

decades of new supply, but will require further exploration to
be realized. Coal resources, if used for electricity production
at B.C.’s current electricity consumption rate, could last well
over a century.

Electric utilities and natural gas suppliers have a proven
record of providing reliable energy for both the provincial
and export markets. Natural gas suppliers ensure reliability
by upgrading production facilities and pipeline capacity
to meet growing demand. Electricity suppliers do so by
Background

Low electricity
rates and public
ownership of
BC Hydro

maintaining capacity and energy reserve margins (buffers of
extra available generation and transmission), developing and
applying short-term reliability standards, and participating in
a western North American electricity reliability network.

Low electricity rates reflect major public investments in
hydroelectric power made a generation ago.
Our electricity rates are among the lowest in North America.
A previous generation’s investment during the 1960s and
1970s has benefited all British Columbians over the past
two decades. Today, hydroelectric facilities on the Peace
and Columbia rivers account for approximately 75 percent
of BC Hydro’s generating capacity. Together with its coastal
hydroelectric and thermal power plants, these heritage assets
produce electricity at a much lower average cost than the
cost of new generation or prices in neighbouring markets.

B.C.’s low electricity rates are the direct legacy of abundant
hydroelectric resources and a flexible power system that has
enabled trade.
Some jusisdictions have a legacy of public investments in
nuclear power, which has proven to be far less reliable as an
energy source and far more costly than B.C.’s hydro-based
system.

Our advantage in energy technologies offers domestic and
export opportunities.
British Columbia profits from a growing alternative fuel
industry, as well as expertise in hydroelectric power. The
growth of firms such as Ballard Technologies (fuel cells) and
Westport Innovations (natural gas vehicles) demonstrates
our capacity for technology development. A recent survey of
renewable energy strengths identified the Pacific Northwest
as having the potential to become a world leader in solar
photovoltaics and power transmission technologies.6 This
technological know-how can be used to develop new energy
supplies within the province, and to generate additional
revenues and jobs from trade.

CHANGING ENERGY MARKETS
Canadian natural gas markets have been deregulated since
1985.
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In 1985, the federal government and western provinces
agreed to deregulate natural gas to allow consumers to make
their own purchase arrangements. Since then, high-volume
industrial and commercial consumers have been able to
purchase directly from natural gas producers as an alternative
to the local distribution utility. All major pipelines provide
open access, and an interconnected North American market
now functions with little government intervention.

Other jurisdictions have reformed their electricity markets,
with mixed success.
Electricity market reform has taken place in a number of
other countries, including Great Britain, Norway, Australia,
New Zealand, Argentina, Chile, and parts of the United
States. In Canada, Alberta and Ontario have significantly
restructured their electricity sectors. The rationale for change
has generally been to support broader economic reforms
(i.e., privatization), reduce electricity prices, and/or comply
with access rules in interconnected markets. While there
have been many successes in electricity reform, poor timing,
inadequate planning, and a lack of regulatory foresight have
led to difficulties in some jurisdictions.

The extent of market reform varies in other jurisdictions.
In general, reforms are intended to reduce costs by making
electricity markets more competitive. Integrated utility
monopolies are typically unbundled into separate generation,
transmission and distribution entities. In some cases, generation
and distribution are privatized and further divided into multiple
companies to create competition. The transmission system is
opened up, allowing private generators to sell to the distribution
company (wholesale access/competition). A market is usually
established to determine competitive pricing for this power.
Private generators may also be allowed access to the distribution
system, so that they can sell directly to electricity consumers
(retail access/competition). Most jurisdictions undertaking such
reforms have had power rates significantly higher than those in
B.C.

B.C.’s electricity industry has undergone some changes over
the past decade.
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Energy for Our Future: A Plan for BC provides a measured
response to continue improving our power market.
B.C. is not ready for, or in need of, large-scale electricity reform.
To function properly, competitive markets require many buyers
and sellers. Despite the recent growth in private power, the B.C.
market is still dominated by a large Crown corporation with a
concentration of low-cost generating assets. Moreover, our low
power rates do not provide the same impetus for widespread
reform as in higher-cost jurisdictions. At the same time, there are
opportunities to introduce more competition in the development
of new sources of electricity supply, while preserving the
benefits of low-cost generation and trade revenues for provincial
consumers. This plan includes actions to do just that.
5 United States, National Energy Policy, Report of the National Energy Policy Development
Group, May 2001, p. 2-8.
6 Planit Management, Compass Resource Management, and Steeple-jack Consulting, Poised
for Profit, Report Prepared for Climate Solutions, November 2001.

Energy for Our Future:
A Plan for BC provides
a measured response
to continue improving
our power market.
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In the late 1980s, BC Hydro began requesting new generation
projects from independent power producers (IPPs). Access to its
transmission system, and to Aquila Networks Canada’s system,
was opened up in 1996. This allowed IPPs to use the transmission
network to sell power into the export market, and BC Hydro’s
export subsidiary (Powerex) to trade directly in US wholesale

markets. Starting in 1998, Aquila Networks Canada offered retail
access to industrial customers. In June 2001, at the request of the
BC Hothouse Growers’ Association, the BC Utilities Commission
granted approval to IPPs to access BC Hydro’s distribution
system. Most recently, BC Hydro has been reorganizing into
functional business units for generation, transmission, and
distribution, in order to make its operations more transparent
and cost-effective.

Background

CHALLENGES
ENERGY�FACT
A large industrial consumer, such as a pulp mill,
might use 400 GWh of electricity anually, equal to
the consumption of 40,000 households.

The B.C. energy sector faces new and ongoing challenges
with respect to maintaining energy security, low electricity
rates, and a clean environment. These challenges must be
addressed if we are to seize on opportunities to develop the
sector and strengthen our economy.

THE NEED FOR ENERGY SECURITY
Demand for electricity
is rising at an average
1.7 percent per year

B.C. needs secure, reliable energy to help revitalize the
provincial economy.
The development of abundant energy resources was
instrumental in establishing our resource-based economy
and high standard of living. Key industries, such as forestry,
mining, aluminum and chemicals require reliable and
affordable energy to keep their economic advantage in world
markets. For emerging technology industries, electricity
reliability is especially crucial. Secure and reliable energy
supplies are needed to drive the new digital economy and
support a modern lifestyle that depends increasingly on
electric energy for work and leisure.
After a decade of poor economic performance, the government
aims to restore B.C. to a leadership position among Canadian
economies. Stronger economic growth will mean more
demand for energy. Energy development and use that
preserve the economic advantage of our industry and provide
opportunities for new investment, jobs, revenue and regional
growth are integral to the Province’s economic policy.

With growing energy demand and aging facilities, investment
in new supply is critical.
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Unless new domestic supplies are developed, B.C. will
become more dependent on imported energy and vulnerable
to price swings.
Imports fulfill a useful role in B.C.’s energy picture. Most
of the oil and refined petroleum products (gasoline, diesel
fuel, aviation fuel, etc.) we use are imported from Alberta.
About 90 percent of these products, consumed in central and
southwestern B.C., are transported by pipeline from Alberta.
In the past two years, BC Hydro was a net importer due to low
water levels. These imports were necessary to meet domestic
electricity requirements. However, over-reliance on imports
at wholesale spot market prices could expose B.C. consumers
to price volatility in western power markets. The province

The Power Need on Vancouver Island
Vancouver Island’s population has grown by 20 percent since
1991, creating more demand for electricity. Electric heating loads
are heavier on the Island because natural gas for home heating
has only been available for a decade. Total demand on the Island is
rising by 30 to 40 MW annually – enough power to light and heat
an extra 30,000 to 40,000 homes a year.
With the recent addition of the natural gas-fired Island Cogeneration
Plant, local generation currently meets 33 percent of Vancouver
Island’s power needs. The remainder is supplied from generation
on the Mainland via submarine cables, some of which are now
more than 45 years old. These cables are due for retirement, and
BC Hydro has determined that new electricity supply to replace
them will be needed by 2004.
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BC Hydro customer demand is rising at an average 1.7 percent
per year.7 Most of the Crown corporation’s generating facilities
have been operating for 30 years or more. Significant capital
expenditures are required to upgrade existing generation and
transmission, so that B.C. consumers will continue to have
reliable electricity. Even with this upgrading, the pressing
need for power on Vancouver Island (see box) means that
additional generation must be installed by 2004.

Similarly, the natural gas supply system is strained, with
heavy loading of pipelines at certain times. BC Gas expects
demand to grow by one percent annually until 2007.8 New
pipeline capacity must be built to ensure reliable natural
gas supplies at reasonable prices for provincial consumers.
In addition, northern roads and gas processing facilities
must be upgraded to enable exploration, development, and
production of natural gas.

must develop new generation to serve rising demand, or we
may experience electricity shortages similar to those in other
jurisdictions.
California’s recent difficulties with high prices and rolling
blackouts show what can happen when poor electricity
market design combines with insufficient resources for
demand growth. Over the past decade, local opposition to
energy development prevented the state from building new
power plants. Since the crisis of 2000/01, California has
taken steps to restore energy security, including expediting
the siting of new in-state power plants.

To avoid costly public investments, governments everywhere
are looking to the private sector for new energy development.
In B.C., as in most other provinces, private investment has
developed the oil, natural gas and coal industries, while
public investment has dominated electricity because of the
high cost of large-scale power systems. Given competing
priorities for public funds, the government is interested in
shifting the responsibility for new power development to the
private sector. The advent of new small scale power plants,
such as efficient combined cycle gas turbines and small hydro
plants, is making it easier to match electricity supply with
gradually growing demand. These plants are lower risk and
lower cost than the much larger facilities that were the norm
of the past. Private power producers, who can compete to
bring forward projects to meet B.C.’s growing demand, have
the capability and core competency for developing smaller
generation resources as an alternative to public investment
by BC Hydro.

The fossil fuel industries require physical access to land to
explore for and develop resources. Without access to areas
of high resource potential, such as the Muskwa-Kechika
Management Area in the Northeast, the oil and gas sector will

Poor road networks limit access to resources in northeastern
B.C. Most of these public roads were not built to withstand
heavy use by the oil and gas industry. Seasonal road bans are
getting longer and severely restrict industry activity.

KEEPING ELECTRICITY
R AT E S D O W N
Frozen since 1996, BC Hydro rates require scrutiny in a public
process to ensure that they reflect the true costs of electricity.
Under the rate freeze, the BC Utilities Commission has not been
able to fulfill its mandate to publicly examine BC Hydro rates.
Recently, BC Hydro costs have increased as demand has grown,
new supplies have been added and existing facilities have
required maintenance. Keeping energy costs down is essential
to maintaining B.C.’s economic advantage. Returning BC Hydro
to independent oversight by the BC Utilities Commission will
ensure that rates remain as low as possible.

Continued trade and access to US markets is necessary for
low and stable rates.
The export market provides income to supplement domestic
power revenues and maintain low rates. In the United States,
proposed new market rules will require an independent entity,
separate from generation and distribution, to control the
transmission system. This is part of a series of changes being
implemented by the US Federal Energy Regulatory Commission,
or FERC (see box). B.C. is participating in the development of
the western Regional Transmission Organization (RTO West).
The Province recognizes the value of integration with US power
markets in the revenue, ratepayer and reliability benefits that
can be realized.
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Access to energy resources is hindered by uncertainty over
land use planning and First Nations claims to rights and title,
as well as poor quality roads in the North.

not be able to sustain its growth. This requires timely land
use planning to provide more certainty for exploration and
development. Better access is needed not only in traditional
areas, but also in regions of the province that are new to
particular resource development (e.g., interior and offshore
oil and gas basins and coalbed methane across the province).

Challenges
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E N V I R O N M E N TA L P R I O R I T I E S

Environmental
responsibility and
no nuclear power
sources

Low electricity rates discourage conservation and energy
efficiency. Reducing energy use improves the environment,
while saving consumers money.
Conservation means cutting energy use, for example by
turning down a thermostat or shutting off lights. Energy
efficiency means getting more productive use out of energy
consumed, for example by purchasing a new furnace that uses
less fuel to heat a home. Besides directly lowering consumer
energy bills, these activities reduce demand and defer the
need for new supply. This avoids costly energy investments
and the environmental impacts from development.
Low power rates based on the blended cost of old and
new electricity supplies provide a poor price signal for
encouraging energy-saving activity. The reason is that, under
blended rates, consumers do not see the cost of new electricity
supply when deciding how much energy to use. With B.C.
electricity rates roughly half the cost of new production, there
is currently little incentive for increased conservation and
energy efficiency.

Strategies are needed to protect provincial airsheds and
watersheds from the effects of energy development and use.

B.C.’s greenhouse gas emissions per capita
is 29% lower than the national average.
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To meet the needs of a growing economy, new energy
supplies must be developed in a timely, cost-effective, and
environmentally responsible manner. Energy developers are

US Market Rules and Regional
Transmission Organizations
For the past decade, the US Federal Energy Regulatory Commision
(FERC) has been developing rules to make US power markets more
competitive and efficient. In 1996, electric utilities regulated by FERC
were required to open up access to their transmission systems.
Another ruling in 1999 encouraged the transfer of operational
control to an independent Regional Transmission Organization, or
RTO. Having a large geographic region operated by one independent
transmission entity helps ensure a coordinated planning to reduce
transmission bottlenecks, facilitate trade and increase reliability. It
also encourages private power development through access to
competitive wholesale markets.
In August 2002, FERC released a proposal for standard electricity
market design, to address transmission under-investment,
discriminatory access, and other problems in wholesale power
markets. Proposals include the independent operation of
transmission, a single open access tariff for all transmission users,
and procedures to ensure the long-term adequacy of power supplies.
For B.C., this means trade and power development opportunities,
reliability benefits of integration and non-discriminatory access to
competitive export markets to keep rates low and preserve access
to B.C.’s heritage energy.
B.C. has been taking part in the development an RTO covering the
Pacific Northwest. RTO West will operate US transmission systems
on behalf of their owners, as well as the region’s wholesale power
market. In September 2002, FERC accepted most of the current RTO
West proposal. Independent governance is expected to be in place by
the fall of 2004, with a fully operational RTO by 2006.
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ENERGY�FACT

Fossil fuel production and power generation are B.C.’s
fastest growing source of the manmade greenhouse gas
emissions that have been linked to global climate change.
The development and use of energy also have significant
implications for sensitive airsheds, such as the Lower Fraser
Valley. Province-wide, the largest contributor to local air
pollution is energy use in transportation, accounting for
almost half of smog-forming pollutants.9 For community
watersheds, a key concern is the impact of hydroelectric
power operations on fish habitat, recreation and tourism and
other water uses. Effective strategies are required to manage
all of these environmental impacts.

Unclear or overly prescriptive environmental standards and
inefficient regulatory processes impede sustainable energy
development.

seeking clear, scientifically based environmental standards.
The coal industry, as an example, has requested final air
emission standards for coal-fired boilers, consistent with
those adopted in Alberta, to provide more certainty for
potential electricity development in B.C. Long environmental
assessment reviews, backlogs in water licensing, and other
regulatory inefficiencies currently add to the costs of energy
projects, including those where the impacts and mitigation
measures are generally well understood (e.g., small hydro
plants).
7 BC Hydro. www.bchydro.com/policies/demandgrowth/demandgrowth771.html.
8 BC Gas, BC Gas 2003 Revenue Requirement application, excluding Centra Gas and
Burrard Thermal.
9 2000 Emission Inventory for the Lower Fraser Valley Airshed.
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Unclear or overly
prescriptive
environmental
standards
and inefficient
regulatory
processes impede
sustainable energy
development

Challenges
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OPPORTUNITIES

B.C.’s large, untapped
energy sources include
oil, natural gas and
coal, as well as
coalbed methane and
other clean sources
such as small hydro,
wood residue, wind
and ethanol.

The energy sector has the potential to generate new
investment, increased trade, and economic growth in an
environmentally responsible manner. Energy for Our Future:
A Plan for BC needs to support efforts to take advantage of
these opportunities for the benefit of all British Columbians.

ENERGY FOR A STRONGER ECONOMY
B.C. electricity can be made even more reliable in support of
a growing information economy.
Reliable power supply is increasingly important in the move to a
digital economy. B.C. electric utilities are developing specialized
products and services to offer higher-than-normal reliability for
customers such as technology firms. Continued integration of
the western electricity market will help to facilitate trade and
coordinate transmission planning to remove bottlenecks. It
will ensure better access to low-cost generation throughout the
western power system.

Our natural resources, talent and technology provide
many diverse opportunities for meeting demand growth as
efficiently as possible.

OIL�AND�GAS�EXPENDITURES�FOR�1991�-�2001
US$�Millions�($.63�US/CDN)

3000
2500
2000
1500
1000
500

YEAR
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With smaller natural gas-fired plants, it is possible to site new
generation close to customer demand, reducing transmission
costs. Energy efficiency, alternative energy and coalbed
methane can generate jobs and investment in regions new to
energy development. Overall, there are opportunities to develop
new energy resources throughout the province.

In the United States, natural gas use is forecast to grow by
more than 50 percent through the year 2020.10 For electricity
generation alone, over 90 percent of planned power plant
additions are expected to be fuelled by natural gas. With its
conventional natural gas basins in decline, the US is looking to
its frontier areas, such as Alaska and the deep Gulf of Mexico, as
well as to Canada for new supplies. Modernizing and expanding
delivery networks for both natural gas and electricity are part
of the US energy policy, which will provide better access to
markets for our energy exports.
US electricity demand is projected to rise by more than 45
percent by 2020.11 Some 22,000 MW of new generation,
twice the electrical capacity of BC Hydro, is currently under
construction in Western North America.12 Among other things,
these capacity additions have resulted in electricity prices
returning to normal levels. Since most of the new facilities
will be gas-fired generation, the additional fuel demand could
be a boon to our natural gas exports. B.C.’s storage capability,
together with north-south differences in production costs
and the timing of electricity demands and prices, will ensure
ongoing opportunities for trade. Aside from the benefits
for provincial consumers, increased access to US wholesale
markets can support private power development in B.C.

The private sector has the financial and technical ability to
provide new investment in energy supply, with opportunities
for jobs and economic growth across B.C.
Since the late 1950s, private companies have invested billions of
dollars to develop successful, market-driven fossil fuel industries
in the province. The recent high levels of investment in natural
gas drilling are expected to continue with expanding demand
in domestic and export markets. Exploration and development
of oil, natural gas, and coalbed methane outside the Northeast,
including interior and offshore basins, can generate investment,
jobs, and economic spin-offs throughout B.C.
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B.C. is fortunate to have a growing natural gas industry,
significant hydroelectric and alternative energy resources,
and large deposits of coal and coalbed methane. We also
have considerable potential to save more energy through
cost-effective conservation and energy efficiency. Homegrown
technologies and expertise can help develop a more diverse and
innovative energy system.

Increasing energy trade can improve domestic reliability,
enhance continental energy security, and create economic
benefits for British Columbians.

Historically, as a Crown corporation, BC Hydro was able to
access low-cost capital to build its extensive hydroelectric
system dominated by mega-projects. Today, with new small
generation technologies and more sophisticated capital
markets, public investment is no longer required. Independent
power producers are willing and able to develop new generation
in the province, providing they have reasonable access to
the transmission system and there is a level playing field for
public and private investment. Compared to large centralized
power plants, the development of many scattered IPP projects
can mean more jobs and greater opportunities for regional
development. Despite the recent difficulties of some energy
companies in North America, the private sector has a useful
role to play in B.C.’s electricity future.

Land use and pre-tenure planning, closer cooperation with
First Nations, and road upgrades can improve access to
energy resources.
Pre-tenure plans are required only in the Muskwa-Kechika
Management Area, before oil and gas tenures will be

Performance-based Rate Regulation
Until recently, electricity and natural gas rates were set through
cost-of-service regulation and adversarial public hearings. The
utility would estimate the costs, including a rate of return,
required to serve its growing system. After a public hearing
before the BC Utilities Commission, rates would be established
for the different classes of customers depending on their share
of demand.

ENSURING OUR ECONOMIC
A D VA N TA G E

B.C.’s economic
advantage includes
low cost electricity
and public ownership
of BC Hydro

B.C.’s existing low-cost generation is a source of long-term
benefit for provincial consumers.
Unlike some other jurisdictions in North America, the province
is not encumbered with large unpaid investments in high-cost
generation (e.g., nuclear power) that have driven up electricity
prices. Instead of stranded investments there are stranded
benefits captured in our heritage power assets. These benefits
arise from the difference between what it currently costs to
produce electricity on the BC Hydro system and what it would
cost to replace that electricity in the marketplace (natural gasfired generation). There are mechanisms available to secure
these benefits for BC Hydro ratepayers over an extended period.

Performance-based regulation offers an efficient regulatory
tool for getting power rates right.
The provincial Utilities Commission Act (UCA) is designed
around inquiries and adversarial public hearings as the basis
for regulating energy utilities. In recent years, however, the
Utilities Commission has increased its use of negotiated
settlements and performance-based regulation. PBR employs
multi-year pricing targets and interest-based negotiations
among stakeholders, rather than costly adversarial hearings.
This form of regulation better aligns shareholder and ratepayer
interests by allowing utilities and customers to share the
savings from cost efficiency, encouraging further investment
and helping to keep energy rates low.
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Utility rates are typically now determined through negotiated
settlements and using performance-based regulation (PBR),
which sets targets or caps for pricing. Under this approach,
rates are allowed to increase by the inflation rate plus a factor
for system growth, minus an efficiency factor. If the utility is able
to do better than the specified efficiency factor, then it can retain
the cost savings for its shareholders and/or ratepayers in the
period between rate settings.

issued. A pre-tenure plan identifies sensitive resource values
and strategies for environmentally responsible resource
development. Both pre-tenure and land use planning processes
enable better access to energy resources by clarifying the
conditions under which exploration and development can
occur. Efforts are also underway to work with First Nations
on economic opportunities from resource development. Publicprivate partnerships will continue to improve road networks in
the Northeast.

Opportunities
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ENERGY�FACT
A compact flourescent light bulb uses one-quarter
the energy of a standard incandescent bulb.

Environmental
responsibility
and no nuclear
power sources

E F F I C I E N T E N V I R O N M E N TA L
MANAGEMENT
B.C. has the capability for more aggressive conservation,
energy efficiency, and alternative energy development, as
cost-effective ways to protect the environment.
Since the late 1980s, provincial utilities have amassed
experience with conservation and efficiency through
programs offering rebates and other customer assistance
(e.g., Power Smart, Power Sense, Homeworks). Expertise
is also vested in private energy service companies and B.C.
businesses have initiated their own energy-saving activities.
BC Hydro estimates that 10 percent of total electricity
demand could be economically reduced by the year 2015.
There are opportunities for more aggressive conservation
programs by distribution utilities, stronger energy efficiency
standards for appliances and equipment and other energyreducing strategies.
While conservation and energy efficiency avoid impacts
on the environment, alternative energy results in smaller
environmental impact than conventional energy development
(i.e., coal, oil, natural gas, and large-scale hydroelectricity).
B.C. has significant resources of small hydro, wood residue,
wind, solar and tidal power, some of which could be
developed at costs that are competitive with conventional
power. BC Hydro has voluntarily agreed to meet 10 percent of
new energy requirements between 2001 and 2010 from clean
energy purchases. BC Hydro’s requests for power to date have
met with an overwhelming response from the private sector.

Stepped power rates that charge a higher price as energy
consumption increases give consumers the incentive to
undertake conservation and energy efficiency without
increasing the average electricity rate. Time-of-use rates that
charge a different price for power depending on the time of
day or season encourage consumers who can manage the
24
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Greenhouse gas and airshed management, as well as land
and water use planning, can help control the environmental
impacts of energy development and use.
Cost-effective actions are available to manage air emissions.
For example, through measures such as AirCare, cleaner
automobile emissions, and cleaner factories, air pollution in
the Lower Mainland has declined by about 40 percent since
1985.13 The Province has committed to manage the growth
in BC’s greenhouse gas emissions, and to protect threatened
airsheds. These commitments underscore the link between
sound energy and environmental policies.
In the Northeast, land use and pre-tenure plans are
reconciling industry access to energy resources with
concerns for environmental protection. Similarly, BC Hydro
is conducting 23 multi-stakeholder water use planning
processes to determine hydroelectric operating rules that
balance power production, fish habitat, recreation, and
other water uses. This process is scientifically based, engages
multiple interests in the resource, and will amend existing
water licences to reflect contemporary values. A total of nine
completed water use plans are anticipated by winter 2003,
with the rest expected to be completed by winter 2004.

Clear environmental standards, streamlined approval
processes and results-based regulation can ensure lowercost, environmentally responsible energy development.
Explicit, scientifically determined standards for air emissions,
water discharges, and other impacts can be used to screen
out environmentally unacceptable projects. Then, efficient
regulatory processes can reduce development costs for
projects that are considered prudent. Provincial processes,
including environmental assessment reviews, air emissions
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Alternative electricity rate structures offer better price signals
to encourage energy-saving investments and behaviour.

timing of their electricity use to shift away consumption from
higher-priced periods of peak demand. Both of these rate
structures have been used successfully in other jurisdictions
to save consumers money, reduce utility costs and protect the
environment.

permitting, and oil and gas development approvals are all
moving to results-based regulation. This approach sets clear
standards and then allows flexibility for finding the most
economical means to achieve them.

problems experienced in other jurisdictions that have
invested in nuclear power make it a risky proposition. The
province rejects nuclear power as a strategy to meet the needs
of British Columbia.

Nuclear power is not part of B.C.’s energy future.

10 US National Energy Policy.
11 Ibid.

Nuclear power is supported by some as a way to satisfy
growing energy generation and address climate change, since
this form of thermal generation does not produce greenhouse
gas emisions. However, the financial and environmental

Energy and greenhouse gas
emissions
Energy production accounts for about 17 percent of B.C.’s
greenhouse gas emissions, lower than the national share
(34%) because of our extensive hydroelectric system. While
transportation makes up the largest share (40%) of provincial
emissions, the electricity and fossil fuel industries are expected
to be the fastest growing sources of continuing emissions growth,
with their combined emissions forecast to double between 1990
and 2010.

12 Northwest Power Planning Council and Cambridge Energy Research Associates.
13 Lower Fraser Valley Ambient Air Quality Report.

ENERGY�FACT
Air pollution in the Lower Fraser Valley are
estimated to have declined by approximately 40%
between 1985 and 2000.

The rapid growth in energy sector emissions reflects the shift
to efficient gas turbines for electricity generation and expansion
in natural gas production and exports. Although the province’s
natural gas exports represent clean energy to US buyers,
displacing coal and oil, the emissions upstream production and
transmission add to provincial emissions.

Appendix A

The energy sector is acting to voluntarily reduce its greenhouse gas
emissions production. For example, BC Hydro has committed to
offset half the emissions from new gas-fired plants on Vancouver
Island through energy efficiency, fuel switching, and other
measures. The oil and gas industry has adopted standards to
control the emissions from flaring of natural gas that accompanies
production. The Ministry of Energy and Mines promotes the
reinjection of acid gas into existing natural gas wells to reduce
harmful air emissions.

Opportunities
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SOLUTIONS
A legislated heritage
contract will help to
preserve B.C.’s low
electricity rates

In response to these challenges and opportunities, British
Columbia needs to make some changes to the energy sector
to encourage new investment and increased trade, while
ensuring continued low power rates and environmentally
responsible energy development. A series of policy actions will
be implemented, or are already underway, to achieve these
objectives.

LOW ELECTRICITY RATES AND
PUBLIC OWNERSHIP OF BC HYDRO
Low rates for B.C. consumers will be entrenched by assuring
the benefits from existing generation and trade, preserving
publicly owned power assets, outsourcing services where
economical, and re-regulating BC Hydro rates so that they
recover the costs of production.

THE BENEFITS FROM LOW-COST GENERATION
AND TRADE
Policy Action #1 (new): A legislated heritage contract will
preserve the benefits of BC Hydro’s existing generation.

Policy Action #2 (ongoing): BC Hydro ratepayers will continue
to benefit from electricity trade.
Electricity trading markets are highly volatile and uncertain.
They depend on a convergence of factors, including natural
stream flows, fuel prices, seasonal and daily differences in
26
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PUBLIC OWNERSHIP AND EFFICIENCY
Policy Action #3 (ongoing): Public ownership of BC Hydro’s
generation, transmission and distribution assets will continue.
A generation of British Columbians before us invested heavily
in the hydroelectric network on the Peace and Columbia

Quebec and Low-Cost
Hydroelectric Power
In the 1960s, Quebec established a Social Compact requiring
province-wide electrification, uniform cost-based power rates,
and the use of its hydroelectric resource endowment for the
benefit of provincial citizens. This mandate was reinforced in a
new energy policy in 1996, and the Quebec government clarified
the roles of existing low-cost generation and future competitive
electricity supply in legislation passed four years later.
Bill 116 created a “heritage pool” that assures provincial
customers up to 165 TWh of annual Hydro-Quebec generation
at the fixed rate of 2.79 cents per kWh. This rate, which can
be reduced but not increased, is currently the lowest in North
America for such a large quantity of power. Beyond the pool
limit, the utility’s generation arm (Hydro-Quebec Production)
can sell at market prices, while its distribution arm (HydroQuebec Distribution) must acquire new supply from an open
bidding process that includes private power producers and other
alternative suppliers.

Appendix A

The heritage contract will essentially lock in the value of existing
low-cost generation assets for an extended period. It will be
implemented through legislation that specifies the term and
amount of energy involved. The contract’s term will initially be
10 years, with provisions for renewal thereafter, and the quantity
of energy will be the production from BC Hydro’s system under
average water conditions. The BC Utilities Commission will
review and recommend the terms and conditions for the
heritage energy based on a return consistent with private
utilities. The heritage contract is similar to arrangements that
have been adopted in Quebec (see box).

demand, transmission congestion, competitive supply costs,
and market developments in the United States. An appropriate
level of trading benefits will continue to be assigned for
rate-setting purposes to help maintain low and stable
rates for B.C. consumers. A separate entity, the BC Hydro
Transmission Corporation, will operate BC Hydro’s publicly
owned transmission system. This will ensure fair access for
all generators and the provision of independent transmission
service to maintain and increase B.C.’s trading activity with US
wholesale power markets.

rivers. Three decades later, that investment is yielding
substantial returns. B.C. consumers have electricity that is
low-cost, reliable, clean, and renewable. Provincial taxpayers,
as ultimate owners of the assets, receive a fair return on the
invested capital, with BC Hydro’s annual dividend averaging
about $350 million over the past five years.
Public ownership is consistent with more competition in
electricity markets. Even where markets have been significantly
reformed, publicly owned generation coexists with private
power. For example, since its electricity reforms in the early
1990s, Norway has increased the share of private generation,
but its hydro-based system remains largely in public hands.
Organizations such as Hydro-Quebec and the US Bonneville
Power Administration continue to recognize the unique value
of hydroelectric power in advancing social and environmental
goals.

Policy Action #4 (new): BC Hydro will outsource the delivery
of services where costs can be reduced for electricity
consumers while maintaining quality of service.
Recently, BC Hydro has been working to outsource services
such as customer billing, information technology, human
resources, and financial and procurement services. This is part
of a series of internal changes designed to make its operations
more flexible and cost-effective. As part of the re-regulation of
BC Hydro rates (see below), the BC Utilities Commission will
be reviewing the Corporation’s costs to determine that they are
in ratepayers’ interests. To help keep rates low, BC Hydro will
explore further opportunities to outsource services where cost
savings can be achieved and the quality of customer service will
be maintained or improved.

Policy Action #5 (new): The BC Utilities Commission will once
again regulate BC Hydro rates.
The current rate freeze will end on March 31, 2003 and will not
be extended. Rates will again be regulated to cover the projected

The Province is
taking the political
interference out of
rate-setting

A number of actions in this plan, such as the heritage contract,
will require further development before a BC Hydro rate
hearing can proceed. The BC Utilities Commission will conduct
an inquiry to develop and refine these policy areas prior to the
rate hearing. The terms of reference for this policy inquiry will
be released in January 2003, and will include a timetable for
completion. Following the policy phase, BC Hydro will make a
revenue requirements filing with the Commission before the end
of 2003/04.

Actions under other strategic objectives that also support low power rates:
#6

The Vancouver Island Generation Project will be reviewed by the BC Utilities Commision to determine if it is the most cost-effective
means to reliably meet Island power needs.

#9

Electricity distributors will acquire new supply on a least-cost basis, with regulatory oversight by the BC Utilities Commission.

#13

The private sector will develop new electricity generation, with BC Hydro restricted to improvements at existing plants.

#15

The BC Hydro Transmission Corporation will improve access to the transmission system and enable IPP participation in US
wholesale markets.

#21

New rate structures will provide better price signals to large electricity consumers for conservation and energy efficiency.

#22

The Province will update and expand its Energy Efficiency Act, and will work with the building industry, governments and others to
improve energy efficiency in new and existing buildings.

#23

The Utilities Commission Act will be amended to remove a disincentive for energy distributors to invest in conservation and energy
efficiency.

Solutions
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RE-REGULATION OF BC HYDRO RATES

costs of electricity to consumers. With re-regulation, there will
be immediate pressures for rates to rise to cover maintenance
expenditures and investment in new generation and transmission.
However, any rate changes will be mitigated in several ways. First,
the value of low-cost generation will be locked in for ratepayers
under the heritage contract and BC Hydro ratepayers will continue
to benefit from trade. Second, investment in new power supplies
will come from cost-competitive private power development.
Third, once new rates have been determined, subsequent rate
changes will be set through performance-based regulation, which
encourages the sharing of cost savings with ratepayers. In any
case, properly regulated rates that reflect actual electricity costs
will provide a better signal for new investment, conservation, and
energy efficiency over time.
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ENERGY�FACT
Vancouver Island businesses and residents
use one-fifth of BC Hydro’s electricity.

S E C U R E , R E L I A B L E S U P P LY
Secure, reliable energy for B.C. consumers will be ensured
through new power for Vancouver Island, ongoing reliability
efforts, the least-cost acquisition of new power, exploration
and development of new oil and gas resources, and more
efficient regulation by the BC Utilities Commission.

RELIABLE ELECTRICITY AND NATURAL GAS
Policy Action #6 (new): The Vancouver Island Generation
Project will be reviewed by the BC Utilities Commission to
determine if it is the most cost-effective means to reliably
meet Island power needs.
BC Hydro examined two primary options for increasing power
capacity to Vancouver Island: additional gas-fired generation
on the Island and a new natural gas pipeline, or new submarine
transmission from the Mainland. BC Hydro found the second
option to be more expensive, requiring transmission upgrades
and new generating capacity elsewhere in the province. In
June 2002, BC Hydro applied for environmental approval of
a 265 MW natural gas-fired plant to be sited at Duke Point in
Nanaimo. This project may be developed by either BC Hydro or
an IPP. Should BC Hydro undertake this project, a Certificate
of Public Convenience and Necessity (CPCN) from the BC
Utilities Commission must be obtained.

Policy Action #7 (ongoing): High reliability and energy
security will be maintained through well-functioning natural
gas markets and coordinated electricity planning.
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In electricity, the Western Electricity Coordinating Council is
responsible for comprehensive reliability management in the
western grid. Regional transmission organizations, such as
RTO West, will facilitate and coordinate planning to remove
transmission bottlenecks and increase trade. BC’s participation
in RTO West, together with our high reliability standards and
publicly owned transmission assets, will ensure that provincial
consumers have continuing access to reliable electricity.

Policy Action #8 (new): BC Hydro distribution will operate as
a separate line of business from generation.
The obligation to serve electricity customers will be vested
in BC Hydro’s distribution line of business. Distribution will
acquire energy under the heritage contract from BC Hydro’s
generation line of business at the price determined by the BC
Utilities Commission.

Policy Action #9 (new): Electricity distributors will acquire
new supply on a least-cost basis, with regulatory oversight
by the BC Utilities Commission.
When deciding how to meet a projected power need, BC Hydro’s
distribution business will compare the costs of all potential
resources, including IPP purchases, customer-owned generation,
BC Hydro plant efficiency improvements (Resource Smart),
conservation and energy efficiency, and firm imports. The
distribution arms of other B.C. electric utilities are encouraged
to adopt a similar resource acquisition process, if they have not
already done so. The BC Utilities Commission will oversee the
acquisition process to ensure that least-cost options are chosen
consistent with a new clean energy goal (see Environmental
Responsibility and No Nuclear Power Sources).
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Source: Inside Federal Energy Regulatory Commision Index

There are two active natural gas trading hubs, one at Station
2, a delivery point south of Fort St. John on Duke Energy Gas
Transmission’s system, and the second on the BC/Washington
State border, at Sumas. The Sumas trading hub tends to have
more volatile prices. A price spike in December 2000 was
particularly difficult for large consumers who had opted for
spot price contracts. Nonetheless, the government is confident
that natural gas markets are functioning properly, and that
they will provide the necessary response to any deficiency in

supply. Indeed, several proposals are currently under review
to increase pipeline capacity, for example, the Duke Energy
Mainline expansion, Inland Pacific Connector, and Georgia
Straight Crossing projects. Market participants, including
neighbouring suppliers in Washington State, are also pursuing
north-south strategies to improve the reliability of natural gas
supply and reduce price volatility.

NEW OIL AND GAS RESOURCES
Policy Action #10 (ongoing): Development of coalbed methane
and other unconventional resources will be encouraged to
provide a new source of energy supply and opportunities for
regional economic growth.
The development of BC’s large untapped coalbed methane
(CBM) resources can benefit both BC consumers and investors
(see box). The Ministry of Energy and Mines is implementing a
strategy to develop CBM as a clean, environmentally safe energy
source that can serve local, domestic and export markets. After
a year-long collaboration between government and industry, a
new royalty regime was introduced in March 2002 to address
CBM’s unique development and production challenges. The
Oil and Gas Commission is preparing guidelines that will
clarify the regulatory requirements for projects. The Ministry
has also been working with industry, First Nations, and other
stakeholders to provide information on the potential resources,
environmental impacts, and economic benefits associated with
this new resource opportunity. In addition to CBM, B.C. has
other unconventional resources including shale and tight gas
as well as the recently reported deposits of methane hydrates
off the west coast of Vancouver Island.

Policy Action #11 (new): The Ministry of Energy and Mines
will establish a dedicated provincial offshore oil and gas
team to a develop a provincial position, work with the federal
government and move effectively toward development of
offshore resources.

ENERGY�FACT
In 2001, oil and gas exploration companies
drilled three times the number of wells they
drilled in 1990

STRENGTHENING THE BC UTILITIES COMMISSION
Policy Action #12 (new): The structure of the BC Utilities
Commission, and its mandate in regulating BC Hydro and
other distributors, will be strengthened.
With the return to BC Hydro rate regulation, a strong and
competent regulator is needed. The BC Utilities Commission
has been a Canadian leader in the approval of wholesale and
retail access for electricity and gas, the efficient determination

Coalbed Methane: A New Opportunity
CBM is the natural gas found in most coal deposits. It is created
through a process by which plant material is converted into coal
over millions of years. Under most circumstances, CBM consists
of pure methane gas. Commercially produced CBM can be
distributed by the existing natural gas pipeline system and used
as a heating fuel and alternative transportation fuel.
In the 1980s, tax incentives led to the rapid growth of CBM
production in the United States. Today, it accounts for more
than 7 percent of total annual US natural gas produced. An
unprecedented number of CBM projects in BC and Alberta are
evaluating gas production characteristics. Nine experimental
projects are underway here – 7 in the Northeast and one in the
Southeast – and one well has been drilled on Vancouver Island.
Commercial production could begin within a few years.
Because coalbed methane is a pure or “sweet” gas, it usually
requires little processing before entering the pipeline. Compared
to conventional natural gas, CBM development commonly results
in large amounts of water being produced prior to and during gas
extraction. The production and disposal of water is regulated to
minimize impacts on the environment and nearby communities.

Development of
coalbed methane and
other unconventional
resources will be
encouraged to provide
a new source of
energy supply and
opportunities for
regional economic
growth.

Solutions
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Moratoria from both the federal and provincial governments
currently prohibit exploration and development of offshore
hydrocarbons. The Minister of Energy and Mines appointed
a scientific panel headed by Dr. David Strong, which found no
scientific basis for a blanket moratorium on the entire BC coast.
The panel made a number of recommendations that are now
being pursued in partnership with the University of Northern
British Columbia.

Before offshore development can proceed, further issues need
to be resolved. The provincial and federal governments will
have to agree on an overall management regime, including
regulatory, royalty, and environmental requirements. The
Province will also need to work with coastal communities and
First Nations to ensure that benefits accrue to the areas where
activity occurs.
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of utility rates of return, and the adoption of performancebased regulation and alternative dispute resolution. To fulfill its
mandate, the Commission will be strengthened by appointing
two full-time Commissioners. The Utilities Commission Act
will be amended to focus more on performance-based and
results-based regulation, including negotiated settlements,
and to define effective consumer participation.

MORE PRIVATE SECTOR OPPORTUNITIES

INVESTMENT IN PRIVATE POWER

BC Hydro’s relative strengths lie in the operation of large-scale
hydroelectric generation. While BC Hydro does not plan to
invest in the construction of new hydroelectric facilities at the
present time, any proposed new BC Hydro hydroelectric facility,
such as Peace Site C, must be brought to Cabinet for approval
before being considered by the Utilities Commission as a
source of supply. Cabinet will then decide whether the project
should be developed by BC Hydro or the private sector.

Policy Action #13 (new): The private sector will develop
new electricity generation, with BC Hydro restricted to
improvements at existing plants.

Policy Action #14 (new): Under new rate structures, large
electricity consumers will be able to choose a supplier other
than the local distributor.

The private sector is well positioned for power development,
given its ability to find entrepreneurial capital, efficiently
build and operate facilities, and take on the associated risk.

New stepped pricing (see Conservation and Efficiency) will
provide an incentive for large industrial or transmission rate
customers to purchase from IPPs, or to self-generate, when
they can do so less expensively than the utility’s cost of new
supply. These larger customers will be able to meet all or a
portion of their consumption from private generation. This
policy change introduces retail competition for large BC Hydro
customers. Aquila Networks Canada already offers retail access
to its industrial customers.

To increase the role of the private sector in energy supply,
private power production will be encouraged, access to the
transmission system will be improved, oil and gas investment
will be supported, and some customers will be able to choose
their suppliers.

Actions under other strategic objectives that also support secure, reliable supply:
#1

A legislated heritage contract will preserve the benefits of BC Hydro’s existing generation.

#13

The private sector will develop new electricity generation, with BC Hydro restricted to improvements at existing plants.

#15

The BC Hydro Transmission Corporation will improve access to the transmission system and enable IPP participation in US wholesale
markets.

#18

Pre-tenure and land use planning, as well as northern road improvements, are improving access to oil and gas resources.

#19

Natural gas marketers will be allowed to sell directly to small volume customers, and will be licensed to provide consumer
protection.

#21

New rate structures will provide better price signals to large electricity consumers for conservation and energy efficiency.

#22

The Province will update and expand its Energy Efficiency Act, and will work with the building industry, governments and others to
improve energy efficiency in new and existing buildings.

#23

The Utilities Commission Act will be amended to remove a disincentive for energy distributors to invest in conservation and energy
efficiency.
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Policy Action #15 (new): The BC Hydro Transmission
Corporation will improve access to the transmission system
and enable IPP participation in US wholesale markets.
A new publicly owned entity, BC Hydro Transmission
Corporation, will be responsible for planning, operating, and
managing BC Hydro’s transmission system. The transmission
assets will continue to be owned by BC Hydro. The corporation
will have a separate board of directors and will be regulated by

Appendix A
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B.C.’s independent power producers (IPPs) have already
demonstrated that they can come forward with cost-effective
projects. With BC Hydro’s participation limited to efficiency
improvements and capacity upgrades at existing facilities,
IPPs will be able to serve new domestic needs and explore
opportunities in the export market. The intent will be to
encourage the private sector to find a variety of innovative and
economical ways to satisfy the growing demand for power.

the BC Utilities Commission. It will ensure that there is adequate
transmission capacity available to reliably serve domestic and
export needs, and that all electricity suppliers and buyers have
non-discriminatory access to this capacity. The corporation will
assess the need for new transmission and will be authorized to
direct expansions of the transmission system where required.

considered for other emerging resource opportunities (e.g.,
shallow and deep gas) and unconventional resources (e.g.,
shale and tight gas).

Establishing the BC Hydro Transmission Corporation,
implemented through legislation as a separate entity, will
improve the ability of independent power producers and BC
Hydro to participate in regional wholesale markets. Access to
these markets is important if we are to attract the new investment
required for power development and generate export revenues
which help to keep provincial electricity rates low.

The Oil and Gas Commission is further streamlining its onewindow approval process for oil and gas development. Under
a new general development permit, companies can now apply
for a review of their overall plans for the development of an
area, rather than having to make separate applications for a
number of activities (e.g., roads, wells, pipelines) at different
times. Other improvements include a streamlined permitting
process for petroleum roads and reduced review times for
geophysical, well, and pipeline applications where supported
by a professional forester.

Policy Action #16 (new): The BC Utilities Commission will
determine the terms and rates for this new transmission
entity.

Policy Action #18 (ongoing): Pre-tenure and land use
planning, as well as northern road improvements, are
improving access to oil and gas resources.

The BC Utilities Commission will review and approve wholesale
transmission rates. In an initial rate hearing, the commission
will consider issues such as the allocation of costs between
generation and transmission, and exit and entry fees for large
customers who leave the BC Hydro system (under the new
rate structure). Once the initial rates have been determined,
future rate changes will also be reviewed and approved by the
commission.

Two pre-tenure plans have been completed for the MuskwaKechika Management Area, with oil and gas tenures issued
and a successful natural gas well drilled in one of the planning
areas. The Ministry of Sustainable Resource Management is
expediting the process to deliver the six remaining pre-tenure
plans by December 2003. The Ministry of Energy and Mines
will increase its involvement in land use planning to ensure
that the value of undiscovered oil and natural gas resources is
properly recognized, and that access to these resources is not
unduly compromised. This will be accomplished by providing
better information on oil and gas potential and having a
ministry representative on land use planning committees.

SUPPORT FOR OIL AND GAS DEVELOPMENT
Policy Action #17 (ongoing): The Ministry of Energy and
Mines will provide support for continued industry investment
in natural gas production over the next 10 years.

In December 1998, government and industry
formed a five-year partnership to upgrade and
maintain the Sierra-Yoyo-Desan road northeast
of Fort Nelson. This road is part of a network
providing access to more than 27,000 square
kilometres of oil and gas rich territory that
produced about $232 million in royalties and
taxes, and $126 million in land sales in 2001.
Under the $12.6 million partnership, the costs
of improvements are recovered in fees paid by
petroleum, seismic, construction and timber
companies, while the government contributes to
road maintenance costs. The general public has
free access to the road.
As a result of the road improvements, drilling
activity increased 252% overall, and 400% in the
months outside of the traditional winter drilling
season (December to April). Funding is needed
beyond the partnership term (ending November
2003) to maintain the road and further upgrade it
to allow for additional increases in activity levels.

In November 1999, $103 million was committed over six years
to upgrade existing public roads used by the oil and gas industry
in northeastern B.C. Investment to date has already resulted in
increased land sales and royalties, summer drilling programs,
and private road building off the improved public roads. With
legislation passed in spring 2002m the Ministry of Energy and
Mines can pursue innovative public-private partnerships (see
box) that support the development of a strong and efficient
road network for increased oil and natural gas activity.
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The ministry provides ongoing industry support in the form
of information on natural gas resources and the promotion
of B.C. investment opportunities outside the province. It
regularly reviews resource royalty and tax regimes to maintain
our competitive position for attracting energy investment. New
royalty regimes were introduced for natural gas in 1998 and
coalbed methane in March 2002. Reduced royalties may be

Public Private Partnerships:
The Sierra-Yoyo-Desan Road
Project

Solutions
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NATURAL GAS SUPPLIER CHOICE FOR SMALL
VOLUME CONSUMERS
Policy Action #19 (new): Natural gas marketers will be
allowed to sell directly to small volume customers, and will
be licensed to provide consumer protection.
For three years, natural gas suppliers, ratepayer groups and
the BC Utilities Commission have been working to extend
direct sales to residential and small commercial customers.
New tracking software will allow customer bills to identify
from whom natural gas was purchased and what it cost.
Although gas brokers and marketers have successfully shown
that they can provide a customized array of low-cost services,
some jurisdictions (e.g., Ontario and Alberta) have required
licensing and bonding to protect consumers from misleading
marketing practices.
The Utilities Commission Act will be amended in spring 2003
to allow direct natural gas sales to low-volume customers,
and to require the licensing of marketers who serve those
customers. The commission will establish the rules, including
posting of a security deposit, to obtain a gas marketing licence.

Actions under other strategic objectives that also support more private sector opportunities:
#9
#10

Development of coalbed methane and other unconventional resources will be encouraged to provide a new source of energy supply
and opportunities for regional economic growth.

#11

The Ministry of Energy and Mines will establish a dedicated provincial offshore oil and gas team to a develop a provincial position,
work with the federal government and move effectively toward development of offshore resources.

#12

The structure of the BC Utilities Commission, and its mandate in regulating BC Hydro and other energy distributors, will be
strengthened.

#25

Provincial processes for environmental assessment, water licensing and waste permitting are being streamlined.

#26

To allow for a fair evaluation of coal-fired electricity projects, final emission standards will be adopted for coal-fired power plants.
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ENVIRONMENTAL RESPONSIBILITY
AND NO NUCLEAR POWER SOURCES
Environmentally responsible development and use of energy
will be ensured through the promotion of cleaner energy sources,
measures to increase conservation and energy efficiency,
strategies for controlling air emissions and clearer, more
efficient environmental regulation.

ALTERNATIVE ENERGY DEVELOPMENT
Policy Action #20 (new): Electricity distributors will pursue
a voluntary goal to acquire 50 percent of new supply from
BC Clean Electricity over the next 10 years.
BC Clean electricity refers to alternative energy technologies
that result in a net environmental improvement relative to
existing energy production. Examples may include small/
micro hydro, wind, solar, photovoltaic, geothermal, tidal, wave
and biomass energy, as well as cogeneration of heat and power,
energy from landfill gas and municipal solid waste, fuel cells,
and efficiency improvements at existing facilities. This broad
definition will allow for the development of a diverse range
of cost-effective and environmentally responsible resources
across the province.
BC Hydro has already surpassed its voluntary target to meet
10 percent of new energy requirements from clean energy. A
goal of 50 percent of new supply between 2002 and 2012 is
achievable, given the broader definition of BC Clean electricity.
The 50 percent level is expected to push the market for new
energy sources. It may raise electricity rates by 0.1 to 0.2
percent per year over the next decade.
The goal will be voluntary so that distributors have the
flexibility to acquire electricity at competitive prices. At the
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Electricity distributors will acquire new supply on a least-cost basis, with regulatory oversight by the BC Utilities Commission.

In addition, the requirement for large natural gas customers to
file their supply contracts with the commission will be removed,
since the high-volume direct sales market is now mature and a
high level of regulatory oversight is no longer needed.

same time, the BC Utilities Commission will take the goal
into account when overseeing the acquisition process for new
resources (see Secure, Reliable Supply). The goal will apply
equally to the distribution businesses of BC Hydro, Aquila
Networks Canada and other investor-owned utilities. They
will develop policies (e.g., net metering and interconnection
standards) to achieve the goal.

CONSERVATION AND ENERGY EFFICIENCY
Policy Action #21 (new): New rate structures will provide
better price signals to large electricity consumers for
conservation and energy efficiency.
The BC Utilities Commission will conduct a hearing to develop
new stepped and time-of-use pricing for BC Hydro’s industrial
and large commercial customers. As a principle, for stepped
rates, the last block of energy consumed should reflect the
cost of new supply. This will encourage these customers to
meet part of their electricity needs through conservation and
energy efficiency, or from other sources (self-generation or IPP
purchases), where they can do so cost-effectively. To keep rates
low overall, the stepped rate structure will be revenue-neutral
(see box). Time-of-use rates will encourage customers who can
manage the timing of their electricity use to shift consumption
to low-priced off-peak periods. Both rate structures will benefit
British Columbians by deferring the environmental impacts of
new power development.

Policy Action #22 (new): The Province will update and
expand its Energy Efficiency Act, and will work with the

In 1991, B.C. passed an Energy Efficiency Act to set energy
performance standards for new appliances and equipment.
Minimum performance standards now cover a variety of
appliances and equipment, including refrigerators, water
heaters, heat pumps, woodstoves, electric motors, and street
lighting. There are opportunities to expand the existing
regulations to include products such as residential and
commercial lighting, natural gas fireplaces, and water-using
equipment. Minimum performance levels already established
for equipment (e.g., natural gas furnaces) can be upgraded
and further harmonized with national and international
standards. The Ministry of Energy and Mines will pursue
these opportunities with the federal government, electricity
and natural gas distributors, standards associations and the
equipment industry.
A number of activities are underway to improve building
energy efficiency in the province. For example, the BC
Buildings Corporation delivers a high performance buildings
initiative that provides tools and information for energy
efficiency improvements in public buildings (e.g., schools and
hospitals). The Greater Vancouver Regional District (GVRD)
is developing a Better Buildings Partnership that includes
a revolving fund for commercial and institutional energy
retrofits. The government will work with Natural Resources
Canada, GVRD, energy distributors, builders, developers, and
others to strengthen and supplement these efforts.

A revenue-neutral two-step electricity rate

Policy Action #23 (new): The Utilities Commission Act will be
amended to remove a disincentive for energy distributors to
invest in conservation and energy efficiency.

back on electricity use, or to invest in cost-

There is a bias in the application of the Utilities Commission
Act against conservation and energy efficiency investments,
relative to investments in new energy supply. Electricity and
natural gas distributors do not earn a return on energy-saving
expenditures as they do on new generation and transmission
spending. The Province will amend the Act to remove this

Stepped Rates for
Conservation and Energy
Efficiency
charges less for the first block of electricity
consumed (P1), and more for the second
block (P2), relative to the prevailing flat
average rate (P0). At the higher price P2,
the consumer has a greater incentive to cut
effective energy efficiency for that portion of
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The BC Utilities Commission has approved time-of-use
pricing and stepped fixed charges for Aquila Networks
Canada customers, and time-of-use pilots for large BC Hydro
customers. Given the administrative costs of rate design and
the metering investment required for time-of-use rates, these
alternative rate structures tend to be less feasible for small
customers. Stepped rates will be initially applied to large
rate customers. They may be applied, at a later date, to other
customer classes.

building industry, governments and others to improve energy
efficiency in new and existing buildings.

consumption. At the existing consumption
level C0, the total cost to the consumer and
the total revenue to the distribution company
offering the rate are unchanged.

Solutions

33

ENERGY�FACT
In February 2002, the BC Progress Board
ranked B.C. first in Canada in terms of
environmental quality.

disincentive, with the goal of encouraging further utility
investment in conservation and energy efficiency.

CONTROLLING AIR EMISSIONS
Policy Action #24 (new/ongoing): The government is
developing strategies to manage B.C.’s greenhouse gas
emissions and air quality in threatened airsheds.

Actions under other strategic objectives that also support environmental responsibility:
#13

The private sector will develop new electricity generation, with BC Hydro restricted to improvements at existing plants.

The Ministry of Water, Land and Air Protection and the Ministry
of Energy and Mines (MEM) are leading the development of a
comprehensive climate change plan. MEM already promotes
the reinjection of acid gas into existing natural gas wells, to
reduce harmful air emissions. Work is underway with other
western provinces and the federal government to test new
reinjection and cleaner coal technologies, and to define
requirements for the capture and storage of carbon dioxide
in depleted oil and gas reservoirs and coal seams. Future
plans include sponsoring related research at B.C. universities,
designing pilot activities for mineral sequestration of CO2,
and examining opportunities for linking coalbed methane
development and CO2 disposal.
It is recognized that the siting of new energy supply operations
is a particularly pressing issue for vulnerable airsheds. Certain
kinds of supply can result in a net reduction in local air
emissions. As part of the commitment to protect threatened
airsheds, airshed management plans will be developed in
partnership with industry, the federal and local governments,
and others to define the steps required to improve air quality.

IMPROVING REGULATION
Policy Action #25 (new/ongoing): Provincial processes
for environmental assessment, water licensing and waste
permitting are being streamlined.
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The provincial environmental assessment process has recently
been reformed to make it more flexible, streamlined, costeffective, and tailored to the needs of individual projects. This
will include reducing duplication and overlap with federal
environmental reviews. Under the reformed provincial process,
some projects may by subject to a simpler process, or may be
reviewed through other mechanisms. Decisions on how to
handle project reviews will be made on a case-by-case basis
depending on the project’s profile and unique circumstances.
In addition, concurrent permitting will allow for the more
timely development of energy projects.

The Oil and Gas Commission issues water licences and land
tenure applications for the oil and gas sector, including
federally regulated facilities. In February 2002, the ajudication
of applications for crown land and water for other sectors was
merged into an integrated review process administered by
Land and Water British Columbia Inc (LWBC). LWBC has
prepared guidelines for applicants to clarify the process, and is
working to eliminate the backlog in small hydro applications.
The Ministry of Water, Land and Air Protection has begun
consultations to revise the Waste Management Act and
Regulations governing air emissions and water discharges from
facilities. It is anticipated that this 18-month review will result
in significant amendments to the legislation and regulations, as
well as new and innovative environmental management tools.

Policy Action #26 (new): To allow for a fair evaluation of
coal-fired electricity projects, final emission standards will
be adopted for coal-fired power plants.
Coal-fired electricity generation is currently an important
source of electricity in other provinces, but not in B.C., despite
large resources of cleaner thermal coal. For some industrial
consumers, coal became an economically attractive energy
source when natural gas prices rose sharply in 2000 and 2001.
Further volatility in natural gas prices could lead to increased
pressure to use coal as a replacement fuel. The province
needs well-defined environmental standards and an efficient
regulatory process for evaluating potential coal-fired electricity
developments.

Alberta has established technology-based emission
requirements for coal-fired plants. Permit limits are no less

On January 1, 2003, the Ministry of Water, Land and Air
Protection will adopt emission guidelines for coal-fired
power plants that will allow B.C. to compete for investment
with neighbouring jurisdictions. Specific dispersion model
predictions will determine whether more stringent stack limits
are required at any proposed location. To determine if more
stringent stack limits are required, proponents will undertake
specific dispersion model predictions.

Designing an Effective
Portfolio Standard
B.C.’s clean energy goal is a variation on renewable
portfolio standards (RPS) that have been adopted
in jurisdictions such as Australia, Denmark,
the Netherlands, Italy, the United Kingdom,
Massachusetts, Nevada, and Texas. These standards
require a minimum amount of electricity (usually a
percentage of total sales) to be purchased from
particular energy types or technologies. Key issues
for the design of an RPS are the coverage of clean
energy resources and the level of the standard.
Most portfolio standards limit their coverage to
small-scale renewable energy sources, although in
some cases large hydropower, cogeneration, and
energy efficiency measures (e.g., heat pumps) are
also included. Maine, for example, allows existing
domestic hydroelectricity to be counted towards
its current 30% standard. By excluding large
hydro but allowing other energy sources such as
municipal solid waste and cogeneration, the B.C.
goal offers greater regional flexibility in developing
environmentally responsible generation.
How big a portfolio standard should be depends
essentially on how much more customers are
willing to pay for clean energy. Compared to other
jurisdictions, the province’s lower electricity rates
make alternative energy generation less attractive.
The fact that many alternative electricity resources
are located further away from customer loads,
and provide intermittent or seasonal energy, adds
to the costs of delivery and reliability relative to
conventional generation (e.g., a gas turbine). The
level of the clean energy goal must be set so as not
to unduly raise electricity rates over time.

Solutions
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Since 1995, B.C. has had interim guidelines in place for
emissions of nitrous oxides, sulphur dioxide, metals, and
particulates from coal-fired power boilers. These guidelines,
which are based on best available control technology, are
meant to assist project proponents and help Ministry staff with
the environmental assessment and waste permit application
processes.

stringent than the technology-based limits in the guidelines.
However, permit limits may be more stringent if a site specific
dispersion model prediction determines that this is required
at the particular location to ensure that ambient air quality
objectives in the receiving airshed will be met.
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CONCLUSIONS
This plan has described a series of actions to ensure low
electricity rates and public ownership of BC Hydro; secure and
reliable energy supply; increased opportunities for the private
sector in energy production; and environmentally responsible
energy development and no nuclear power sources. These
actions will be implemented over the next two years.

The B.C. energy sector is vital to the prosperity of British
Columbians.
Demands for energy in B.C. and export markets have supported
the development of a diverse, reliable, and economical energy
supply system. Our extensive hydroelectric power and natural
gas systems benefit British Columbians and export customers
alike. New energy supplies are essential if we are to meet
the needs of a growing population and economy over the
coming years. B.C.’s energy resources, together with our
homegrown technology and talent, can continue to ensure
energy development and use that are both economical and
environmentally responsible. They will help sustain our
traditional resource industries and attract and grow an
expanding technology sector. Energy has an important role
to play not only in revitalizing and developing the provincial
economy, but also in supporting the lifestyle and clean
environment that makes B.C. a coveted place to live.

This energy plan provides recommendations to build on B.C.’s
strengths with opportunities for the continued enrichment of
all British Columbians.
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The 26 policy actions and their benefits for energy consumers,
the private sector and the province are summarized in Table
1. In this table, economic opportunities encompass a lower
production cost for B.C. industry, jobs and regional economic
development. These actions will affect key participants in the
energy sector as follows:

Energy consumers. Electricity consumers will be assured low
electricity rates through the heritage contract for existing lowcost generation, continued access to trading benefits, efficient
private electricity development, and effective regulation to
keep rate increases down. New rate structures will allow large
power users to save on their energy bills and meet a portion
of consumption requirements through energy saving activity,
private power purchases or self-generation. Small natural
gas consumers will be free to buy directly from natural gas
suppliers other than the local distribution company.

Energy distributors. To ensure low electricity rates, BC Hydro
and Aquila Networks Canada will acquire new resources on a
least-cost basis, with regulatory oversight by the BC Utilities
Commission. They will offer new rate structures to large
customers, and will pursue a clean energy goal of 50 percent
of new power supply over 10 years. Natural gas companies will
face competition to supply small as well as large customers. All
energy distributors will have their rate increases determined
by the BC Utilities Commission using performance-based
regulation. A regulatory change will remove the disincentive to
conservation and energy efficiency investment.

BC Hydro. BC Hydro will retain ownership of its power
assets. To make operations more efficient and transparent, it
will continue to reorganize into separate business units for
generation, transmission and distribution, and will outsource
services where cost savings can be achieved. The mandate of
the generation business will be to manage the heritage assets,
make efficiency improvements at existing facilities and provide
energy and capacity to the domestic market while maximizing
trade revenue potential and investment return to the Province.
A new separate entity, the BC Hydro Transmission Corporation,
will plan, operate and manage the BC Hydro system, with the
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The B.C. energy sector is already highly developed. We have
abundant energy resources, including natural gas, oil, coal,
coalbed methane, hydroelectricity, and alternative energy. We
can also do more to reduce energy use through conservation
and energy efficiency. New B.C. technologies and expertise,
in areas ranging from hydroelectricity to fuel cells, can be
harnessed for energy development and export. The actions
in this plan statement will build on our existing strength to
provide opportunities for increased investment, trade and
economic development across the province.

Each of the key players in the energy sector will benefit from
the policy.

transmission assets remaining publicly owned. This change
will enable power marketers to continue to benefit from selling
into US wholesale markets. The distribution business will have
an obligation to serve customers, and will procure power at
least cost while maintaining the BC Clean goal. The current
rate freeze will be lifted and BC Hydro rates will again be
regulated by the BC Utilities Commission.

Independent power producers. IPPs will be responsible for
developing new generation in the province. The new BC Hydro
Transmission Corporation will provide nondiscriminatory
access to the BC Hydro transmission system at rates to be
determined by the Utilities Commission. IPPs will be able to
sell directly into regional wholesale markets. They will also be
able to compete with distributors to serve all or a portion of
large consumers’ requirements.

Oil, natural gas and coal producers. Land use and pre-tenure
plans and northern road upgrades will improve access to
resources for oil and gas producers. Royalty restructuring will
support new and emerging resource opportunities, such as
coalbed methane and unconventional natural gas. The Ministry
of Energy and Mines will establish a dedicated provincial
offshore oil and gas team to a develop a provincial position,
work with the federal government and move effectively
toward development of the offshore resources. Clear emission
standards for coal-fired power plants will provide greater
regulatory certainty for electricity development using B.C.’s
abundant thermal coal resources. Regulatory streamlining will
allow more efficient resource development.

BC Utilities Commission. The BC Utilities Commission will

from public investment in BC Hydro. New power development
by the private sector will protect them from the financial risks
of building new generation. Private power production and the
development of new energy supplies (e.g., alternative power,
coal-fired electricity, coalbed methane, offshore oil and gas)
offers additional government revenues to help fund health care
and other services.

Low electricity rates and
public ownership of BC Hydro
Secure, reliable supply

B.C. communities. Communities will benefit from the
increased economic activity from developing new energy
supplies and investing in energy efficiency. Local investment
will generate jobs and economic spin-offs throughout the
province. The clean energy goal, measures to encourage energy
saving, and strategies for reducing greenhouse gas and local air
emissions will all contribute to environmental improvement in
energy-producing communities.

B.C. will be better positioned for further evolution in energy
markets. North American energy markets are evolving at a

More private sector
opportunities
Environmental responsibility
and no nuclear power sources

rapid pace. B.C. must be able to respond to these changes if we
are to continue realizing the economic benefits they offer. This
energy plan will encourage the development of new resources
to strengthen and diversify energy supply. The result will be a
flexible and robust energy sector that can respond to further
market challenges and opportunities as they arise.

Energy for Our Future: A Plan for BC. Some of the actions
described in this plan are already underway. Others will
require time for careful planning and implementation. A public
hearing on BC Hydro rates will be held by the end of 2003/04.
The plan will be rolled out over the coming months, with full
implementation by December 2004.
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be strengthened and will fulfill its mandate to protect the
public interest by reviewing and approving energy rates,
reliability standards and other conditions of service. The
Utilities Commission Act will be updated to reflect the move
to negotiated settlements and performance-based regulation.
New rates will be determined for BC Hydro and the BC Hydro
Transmission Corporation, as well as new rate structures for
large electricity consumers. The commission will also provide
regulatory oversight of the least-cost resource acquisition
processes of BC Hydro, Aquila Networks Canada and other
investor-owned utilities while maintaining the BC Clean goal.

B.C. taxpayers. Taxpayers will continue to receive the benefits

Conclusions
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TABLE 1: Summary of Policy Actions and Benefits

POLICY ACTIONS

BENEFITS
B.C. ENERGY CONSUMERS

#

ACTION

STATUS

Low Electricity
Rates

Secure, Reliable
Supply

PRIVATE SECTOR
Investment
Opportunities

THE PROVINCE
Taxpayer
Benefits

Economic
Opportunities

Environmental
Responsibility

GENERAL
7

Maintain high standards of reliability and
energy security

Ongoing

12

Strengthen structure and mandate of the
BC Utilities Commission

New

ü

ü
ü

ü

ELECTRICITY
1

Preserve low-cost generation in heritage
contract

New

ü

2

BC Hydro ratepayers continue to benefit
from trade

Ongoing

ü

3

Maintain public ownership of BC Hydro
power assets

Ongoing

ü

4

Contract out BC Hydro services that save
costs for customers

New

ü

5

BC Utilities Commission again regulates
BC Hydro rates

New

ü

ü

6

BCUC review of Vancouver Island
Generation Project

New

ü

ü

8

BC Hydro distribution operates as a
separate business from generation

New

ü

9

Distributors acquire least-cost resources
with BCUC oversight

New

13

Private sector develops new power, with a
limited role for BC Hydro

New

14

Large consumers can choose supplier
under new rate structure

New

15

BC Hydro Transmission Corp. improves
access to BC Hydro transmission

New

16

BCUC determines terms and rates for BC
Hydro Transmission Corporation

New
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ü
ü

ü
ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü
ü
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ü

ü
Continued

BENEFITS

POLICY ACTIONS
B.C. ENERGY CONSUMERS
#

ACTION

THE PROVINCE

Secure, Reliable
Supply

Investment
Opportunities

Taxpayer
Benefits

Economic
Opportunities

Ongoing/
New

ü

ü

ü

ü

New

ü

ü

ü

ü

STATUS

Low Electricity
Rates

PRIVATE SECTOR

Environmental
Responsibility

FOSSIL FUELS
10

Policies to encourage coalbed methane
development

11

New offshore oil and gas team

17

Ministry of Energy and Mines supports
natural gas investment

Ongoing

ü

ü

ü

ü

18

Policies to improve access to oil and gas
resources

Ongoing

ü

ü

ü

ü

19

Natural gas marketers can make direct
sales to small customers

New

ü

ü

26

Final emission standards for coal-fired
power plants in B.C.

New

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

ü

BC CLEAN ENERGY
Voluntary goal for 50% of new electricity
from clean resources

New

21

New rate structures to encourage
conservation and energy efficiency

New

22

Update Energy Efficiency Act and improve
efficiency in buildings

New

23

Remove regulatory disincentive to utility
investment in energy efficiency

New

24

Strategies to manage air emissions

Ongoing/
New

25

Streamlining of provincial regulatory
processes

Ongoing/
New

ü

ü

ü

ü
ü

ü

ü

ü

ü

Conclusions
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GLOSSARY
Alternate Dispute Resolution. Processes that are alternative
or complementary to traditional regulatory process such as
technical workshops, issues meetings, discussion groups and
negotiated settlements. Regulatory participants resolve issues
outside the formal quasi-judiciary hearing process saving time
and regulatory costs.

Aquila Networks Canada. With its head office in Calgary,
Alberta, Aquila operates electricity distribution system in
Southern and Central Alberta and provides generation,
transmission and distribution services in South Central British
Columbia (Kootenays and Okanagan) to 135,000 customers.
Aquila, previously Utilicorp, purchased West Kootenay Power
and assets from Teck Cominco.

Biomass energy. Energy derived from organic matter, such as
wood residue, agricultural waste, and municipal solid waste.

Capacity. The maximum power that a generating unit,
generating station, or other electrical apparatus can supply,
usually expressed in megawatts.

Coal Seam. A mass of coal, occurring naturally at a particular

industrial process, transportation vehicle, household activity, or
other source.

Energy. Defined by physicists as the capacity for doing work.
Energy can be produced from water, coal, natural gas, biomass
and other sources.

Fuel cell. An electrochemical device that continuously converts
the chemical energy of a fuel (e.g., hydrogen) and an oxidant
into electric energy. Fuels cells can used to power vehicles or to
generate electricity in stationary applications.

Generator. An entity that owns and operates an electricity
generating plant.

Geothermal energy. Energy extracted from the earth usually
in the form of steam that can be used for ground source heat
pumps, water heating, or electricity generation.

Gigawatt-hour (GWh). One million kilowatt-hours.
Greenhouse gas emissions. Emissions of a greenhouse gas, such

Cogeneration. The combined production of electricity and

as carbon dioxide, methane, or nitrous oxide, which contribute
to trapping of reradiated heat in the earth’s atmosphere and
warming of the planet’s surface.

Combined cycle gas turbine. A power plant that uses the

Grid. A network of electric power lines and connections.

waste heat from one or more gas turbines to produce steam for
conventional steam turbines, resulting in higher fuel efficiency.

Joule. An international unit of energy.

Distribution. The delivery of energy to retail consumers.

or consumed by a one-kilowatt unit for one hour (1,000 watt
hours). In B.C. the average annual residential use is about
1o,000 kWh.

Distribution system. The facilities and equipment dedicated to
delivering electricity, gas, steam or water to retail customers.

Dividend. An annual payment by BC Hydro to the Province of
Economies of scale. Characteristic of an industry where longrun average costs decline with volume of production.

Kilowatt-hour (kWh). The amount of electrical energy produced

Landfill gas energy. Electricity produced by collecting and
burning methane gas at landfill sites.

Large hydro. A hydroelectric power plant greater than 50 MW
in size.

Electricity. A manufactured form of energy, as opposed to

Load. The amount of electric power or energy consumed by a

naturally occurring energy resources, such as coal, oil, or natural
gas. On a large scale, electricity is produced by rotating machines
(generators) that operate on the principle that an electric current

Megawatt (MW). 1,000 kilowatts or one million watts.

particular customer or group of customers.
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British Columbia as its one shareholder.
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Emission. A discharge into the air, land, or water from an

location, that can be commercially mined.
useful heat, used for industrial, commercial, heating, or cooling
purposes.
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is generated whenever a current moves through a magnetic
field.

Micro hydro. Hydroelectric generator with a capacity of less

Thermal power plant. A facility that burns fossil fuels (oil, coal,

than 2 MW.

or natural gas) or uses nuclear energy to generate electricity.

Municipal solid waste energy. Electricity produced by burning

Tidal energy. Electricity produced by harnessing the natural rise

garbage in a boiler for steam generation.

and fall of the tide in an estuary or bay of the ocean.

Photovoltaic energy. Electricity produced directly from

Time-of-use rates. The pricing of electricity based on its

sunlight using semiconductors built into solar panels or roofing
materials.

estimated cost during a particular time period.

Peak demand. The maximum load consumed by a customer,
group of customers, or system in a stated period of time, such as
a month or year.

Power. The rate at which electric energy is delivered, measured

Transmission. The transfer of electricity over power lines and
related equipment to the point of transformation for distribution
to retail consumers.

Transmission system. The power lines and other facilities

in watts, kilowatts, megawatts, etc.

and equipment of a power system that deliver electricity from
generating facilities to the distribution system.

Power system. The interconnected system of facilities and

Water licence. A regulatory permit, issued by Land and Water

equipment used by an electric utility to supply electricity
to its customers. The system includes generating stations,
transformers, switching stations, transmission lines, substations,
distribution lines, and circuits to the customer’s premises.

BC, that provides for the use of a specific quantity of a provincial
water resource and authority to construct associated works, such
as power facilities.

Renewable resources. Sources of energy that are inherently
self-renewing, such as water power, solar energy, wind energy,
tidal energy, geothermal energy, wood residue energy, and
energy from municipal waste.

Small hydro. Run-of-river hydroelectric power plants greater
than 2 MW and less than 50 MW in size. Run-of-river means
that the streamflow passing through the powerhouse is basically
the same as the natural streamflow, implying that there is no (or
minimal) storage reservoir.

Solar energy. The radiant energy of the sun that can be

Water rental. A royalty collected by the Province for the use of
water.

Wave energy. Electricity produced by harnessing the natural
rise and fall of waves in the ocean.

Wind energy. Electricity produced from a system of airfoils or
blades that spin a drive shaft to capture the kinetic energy of the
wind.

Wood residue energy. Electricity produced by burning the
residues from the forest product sector in a boiler for steam
generation.

converted into other forms of energy, such as heat (e.g., for water
heating) or electricity.

Stepped rates. Rate structure where the unit price rises with
Appendix A

consumption.

Terrawatt-hour (TWh). One thousand gigawatt-hours.
Thermal coal. Coal used primarily to generate heat, as opposed
to metallurgical coal which is converted to coke for use in steel
production.

Glossary

41

APPENDIX 1:

Comparison of Energy Policy Task Force Recommendations with Energy for Our Future: A Plan for BC

TASK FORCE RECOMMENDATION

ENERGY PLAN ACTION

COMMENT

CONSERVATION, EFFICIENCY AND ALTERNATIVE ENERGY
4.01 Use a portion of the endowment dividend to establish a foundation
that supports comprehensive research and development in conservation,
efficiency and alternative energy.

No move to market prices means there is no endowment dividend to
fund a foundation.

4.02 Set portfolio standards for renewable energy; these standards would
apply to electricity distribution companies.

Policy Action #20
Electricity distributors will pursue a voluntary goal to acquire 50 percent of
new supply from BC Clean Electricity over the next 10 years.

The energy plan builds on the task force’s recommendation by
broadening the definition for a portfolio standard and increasing the
percentage from 30 percent to 50 percent.

4.03 Adopt time-of-use pricing and net metering.

Policy Action #21
New rate structures will provide better price signals to large electricity
consumers for conservation and energy efficiency.

The energy plan provides a framework to pursue new rate options for
conservation and energy efficiency.

4.04 Rewrite the Energy Efficiency Act and Regulations.

Policy Action #22
The Province will update and expand its Energy Efficiency Act, and will work
with the building industry, governments, and others to improve energy
efficiency in new and existing buildings.

The energy plan adopts the task force’s recommendation.

4.05 Develop a wind project with private-sector expertise using federal
funding as announced in the federal budget of December 2001.

Policy Action #13
The private sector will develop new electricity generation, with BC Hydro
restricted to improvements at existing plants.

The energy plan provides the private sector with the framework to
pursue projects.

N/A

Policy Action #23
The Utilities Commission Act will be amended to remove a disincentive for
energy distributors to invest in conservation and energy efficiency.

The energy plan provides regulated distributors with the tools to
pursue energy conservation and efficiency.

5.01 Develop a wholesale electricity market based on open access to the
electricity transmission system. The development of this market must
be consistent with market developments in Alberta and the US Pacific
Northwest.

Policy Action #1
A legislated heritage contract will preserve the benefits of BC Hydro’s existing
generation.
Policy Action #14
Under new rate structures, large electricity consumers will be able to choose a
supplier other than the local distributor.
Policy Action #15
The BC Hydro Transmission Corporation will improve access to the
transmission system and enable IPP participation in US wholesale markets.

While the task force recommended the development of a wholesale
electricity market in B.C., the energy plan builds on two themes: low
electricity rates and high reliability and security. Low electricity rates
will be assured through a legislated heritage contract. A robust
market for new supply will be created providing market discipline
and opportunities.

5.02 Establish an independent transmission entity as a Crown corporation
clearly separate from all generators, distribution utilities and retailers. All
transmission in the province needs to be coordinated by that entity. The
entity would be regulated and would:
• manage transmission assets;
• ensure reliability and security of the system;
• administer a wholesale market; and
• schedule and balance the transmission system.
The establishment of an independent transmission entity would
necessitate the restructuring of BC Hydro.

Policy Action #15
The BC Hydro Transmission Corporation will improve access to the
transmission system and enable IPP participation in US wholesale markets.
Policy Action #16
The BC Utilities Commission will determine the terms and rates for this new
transmission entity.

The energy plan follows the task force’s recommendation with the
exception that BC Hydro Transmission Corporation will not own the
transmission assets. The transmission assets will remain with
BC Hydro.

ELECTRICITY
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ELECTRICITY
5.03 Restructure BC Hydro. A new Crown corporation responsible solely
for generation from the endowment assets and Burrard Thermal needs
to be established. In addition, four separate regional distribution utilities
need to be established. Non-core assets need to be handled in a separate
entity.

Policy Action #8
BC Hydro’s distribution will operate as a separate line of business from
generation.

5.04 Establish Crown-owned entities on a commercial basis to resemble
comparable, non-government-owned commercial enterprises.
5.05 Encourage private-sector investment in additional electricity
generation in the province. This generation needs to be for both domestic
and export markets.

The energy plan does not support the creation of separate generation
and distribution Crowns. Instead, lines of business for generation and
distribution will be created to pursue efficiencies and complement the
heritage contract noted in Policy Action #1.
The energy plan follows the task force’s recommendation. BC Hydro
is already structured in this manner. This plan does not create
numerous Crowns.

Policy Action #13
The private sector will develop new electricity generation, with BC Hydro
restricted to improvements at existing plants.

The energy plan adopts the task force’s recommendation by clarifying
that the private sector will develop new electricity generation.

5.06 Recognize Burrard Thermal as integral to British Columbia’s electrical
system. Burrard Thermal can be upgraded or replaced, the latter requiring
lead time and significant financial resources.

The Province will establish a Committee of Members of the
Legislative Assembly to review Burrard Thermal operations and make
recommendations on phasing out the existing facilities.

5.07 Recognize Williston Reservoir’s direct and valuable role in supporting
electricity generation on the Peace River. The current water license for the
Williston Reservoir should be respected.

A water use plan is being developed for the Peace River system and
will be brought to Cabinet for final approval. WUP is a collaborative
process to change the operations of hydroelectric facilities that reflect
contemporary values and scientific research.
Policy Action #1
A legislated heritage contract will preserve the benefits of BC Hydro’s existing
generation.

5.09 Eliminate the electricity rate freeze on January 1, 2003, or sooner,
and institute at least a three per cent per annum rate increase for three
years to provide funding for electricity infrastructure upgrades and
expansion, cost of service and the foundation.

Policy Action #5
The BC Utilities Commission will once again regulate BC Hydro rates.

Policy Action#2
BC Hydro ratepayers will continue to benefit from electricity trade.
Policy Action #21
New rate structures will provide better price signals to large electricity
consumers for conservation and energy efficiency.

5.10 Ensure the move to market pricing is fully coordinated with other
major policy changes underway. This is particularly important in the forest
sector.
5.11 Ensure distribution companies send strong price signals to
consumers by reflecting full market prices in electricity bills.

Similar to the task force’s recommendation, the energy plan has a
10-year heritage contract. However, the price will be based upon
costs of production rather than set by market prices. Further, BC
Hydro ratepayers will continue to benefit from electricity trade.
The Province has eliminated the social services tax for production
machinery and equipment. Further changes may be reviewed as part
of the annual budget process.
The energy plan adopts part of the task force’s recommendation.
Starting with large electricity consumers, a stepped rate will provide
an incentive for conservation and energy efficiency. These consumers
will also be able to choose a supplier other than the local distributor.
Developing a similar program for other rate classes may be more
complex, however, some elements may be pursued in the future.
The energy plan does not adopt the task force’s recommendation to
prescribe a rate increase. Rather, the BC Utilities Commission will
review and approve the appropriate rates.
There is no move to market pricing.

Policy Action #21
New rate structures will provide better price signals to large electricity
consumers for conservation and energy efficiency.

The energy plan partially adopts the task force’s recommendation.
Starting with large electricity consumers, a stepped rate will provide
an incentive for conservation and energy efficiency.
Continued
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5.08 Establish 10-year transitional arrangements for the market pricing
of generation from the Columbia and Peace River dams, referred to
as the endowment, and ensure all customers receive a fair share of the
endowment through a rebate. The remaining rebate is to be government
revenue with a portion directed to the Foundation on Conservation,
Efficiency and Alternative Energy.
The Province also needs to take the following complementary policy
action:
• remove the Provincial Sales Tax on energy inputs for industry, a tax
policy unique to British Columbia;
• provide accelerated write-offs for investment in energy-saving
technology; and
• provide rate design incentives to promote energy efficiency by all
consumers.

ELECTRICITY
N/A

Policy Action #3
Public ownership of BC Hydro’s generation, transmission and distribution
assets will continue.

N/A

Policy Action #4
BC Hydro will outsource the delivery of services where costs can be reduced
for electricity consumers while maintaining quality of service.

N/A

Policy Action #6:
The Vancouver Island Generation Project will be reviewed by the
BC Utilities Corporation to determine if it is the most cost-effective means to
reliably meet Island power needs.

N/A

Policy Action #9 :
Electricity distributors will acquire new supply on a least-cost basis, with
regulatory oversight by the BC Utilities Commission.

OIL AND NATURAL GAS
Policy Action #7
High reliability and energy security will be maintained through well-functioning
natural gas markets and coordinated electricity planning.

The moratorium on drilling for underground storage will remain.
The Province is confident that market participants will develop the
appropriate infrastructure and price risk mitigation measures.

6.02 Through clear, certain and proactive planning and regulation, support,
encourage and facilitate timely pipeline expansion. To ensure British
Columbia ’s natural gas transmission system has adequate capacity to
meet demand, the Task Force also recommends the following:
• sound and independent supply/demand forecasts to assist regulators
and the market;
• investment returns that are competitive in the North American market;
and
• establish a clear process for the BC Utilities Commission to ensure that
adequate gas supplies and transmission capacity are reserved for the
domestic market to ensure these consumers have access to natural gas at
reasonable, stable rates.

Policy Action #7
High reliability and energy security will be maintained through well-functioning
natural gas markets and coordinated electricity planning.
Policy Action #12
The structure of the BC Utilities Commission, and its mandate in regulating
BC Hydro and other energy distributors, will be strengthened.
Policy Action #17
The Ministry of Energy and Mines will provide support for continued industry
investment in natural gas production over the next 10 years.

The energy plan adopts most of the components of this
recommendation. The Province is confident that market participants
will develop the appropriate infrastructure and price risk mitigation
measures.
With a strengthened and focussed BC Utilities Commission,
regulatory oversight will be in place ensuring that consumers have
access to natural gas at reasonable, stable rates.

6.03 Promote road infrastructure, specifically for oil and gas. In setting
road priorities, consideration should be given to the economic benefits
of resource development. Tools to help develop the infrastructure include
innovative public-private partnerships and fiscal measures.

Policy Action #18
Pre-tenure and land use planning, as well as northern road improvements, are
improving access to oil and gas resources.

The energy plan adopts the task force’s recommendation.

6.04 Expedite the development of pre-tenure plans in special management
areas so that resource development, as envisioned in the land use planning
process, can occur in a timely manner. Land-use priorities and conditions
of access should be defined whether in special management areas, which
require pre-tenure plans, or elsewhere.

Policy Action #18
Pre-tenure and land use planning, as well as northern road improvements, are
improving access to oil and gas resources.

The energy plan adopts the task force’s recommendation.

Continued
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6.01 Support and encourage industry to establish one or more natural
gas storage facilities in or near the Lower Mainland, possibly including
Vancouver Island, to serve British Columbia markets. The storage facility
must be accessible to all parties selling natural gas directly to consumers
and should be regulated by the BC Utilities Commission.

OIL AND NATURAL GAS
6.05 Investigate appropriate measures for petroleum and natural gas
tenure that allow for large-scale regional exploration within Interior
basins.

Policy Action #17
The Ministry of Energy and Mines will provide support for continued industry
investment in natural gas production over the next 10 years.
Policy Action #10
Development of coalbed methane and other unconventional resources will be
encouraged to provide a new source of energy supply and opportunities for
regional economic development.

The energy plan adopts the task force’s recommendation.

6.06 Undertake geoscience studies aimed at enhancing opportunities
in underexplored petroleum regions, such as the Interior basins, and
identify underexplored or new petroleum resources for development in
established regions within Northeast British Columbia.

Policy Action #17
The Ministry of Energy and Mines will provide support for continued industry
investment in natural gas production over the next 10 years.

The Ministry of Energy and Mines adopts the task force’s
recommendation and will undertake geoscience studies.

6.07 Develop royalty regimes for new resource opportunities such as tight
gas and Interior basins.

Policy Action #17
The Ministry of Energy and Mines will provide support for continued industry
investment in natural gas production over the next 10 years.
Policy Action #10
Development of coalbed methane and other unconventional resources
development will be encouraged to provide a new source of energy supply and
opportunities for regional economic development.

As part of the Province’s commitment to provide support for
continued industry investment in natural gas production, new royalty
regimes will be explored.

6.08 Create a system of royalty credits to encourage investment in highcost and high-risk new resources.

Policy Action #17
The Ministry of Energy and Mines will provide support for continued industry
investment in natural gas production over the next 10 years.
Policy Action #10
Development of coalbed methane and other unconventional resources
development will be encouraged to provide a new source of energy supply and
opportunities for regional economic development.

A new coalbed methane royalty is already in place. As part of the
Province’s commitment to provide support for continued industry
investment in natural gas production, new royalty regimes for
conventional and unconventional resources are being explored.

6.09 Insist that the federal government lives up to its commitment under
the Northern Pipeline Act to consult with the province and that the two
jurisdictions work to facilitate passage of the pipeline through British
Columbia to maximize benefits for the people of the province.

The Province is confident that market participants will develop the
appropriate infrastructure. The Province will work with other levels of
government and industry for the benefit of the province.
Policy Action #24
The government is developing strategies to manage B.C.’s greenhouse gas
emissions and air quality in threatened airsheds.

The Oil and Gas Commission and the Ministry of Water, Land and Air
Protection are in discussions on transferring the responsibility to the
Oil and Gas Commission under the Oil and Gas Waste regulation.

6.11 Promote acid-gas re-injection as the preferred method for handling
waste-gas production by developing appropriate regulatory and fiscal
regimes to ensure this becomes the method of choice for the industry.

Policy Action #24
The government is developing strategies to manage B.C.’s greenhouse gas
emissions and air quality in threatened airsheds.

B.C.’s strategies to manage greenhouse gas and other emissions will
look at numerous alternatives, including acid-gas re-injection.

6.12 Evaluate the potential and technical feasibility for large-scale
greenhouse-gas (carbon dioxide)sequestration or subsurface waste-gas
disposal in regions likely to require these technologies.

Policy Action #24
The government is developing strategies to manage B.C.’s greenhouse gas
emissions and air quality in threatened airsheds.

B.C.’s strategies to manage greenhouse gas and other emissions will
look at numerous alternatives, including sequestration.

6.13 Insist that the federal government engage in serious discussions on
treaty-related issues.

The Province is already engaged with the federal government in
discussions on treaty-related issues.

6.14 Work with industry to find creative means to engage First Nations in
the development of energy in the province.

The Province is already working with industry to find creative
means to engage First Nations in the development of energy in the
province.
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6.10 Establish flaring standards for both test flaring and ongoing flaring
for operational purposes.

OIL AND NATURAL GAS
6.15 Support and encourage increased customer choice of provider and
offerings for all natural gas customers and, particularly, residential and
small commercial customers.

Policy Action #19
Natural gas marketers will be allowed to sell directly to small customers, and
will be licensed to provide consumer protection.

6.16 Eliminate the requirement for Energy Removal Certificates in order
to streamline the regulatory approval process and avoid duplication of
National Energy Board functions.

The energy plan adopts the task force’s recommendation.

Energy Removal Certificates will be eliminated as part of government’s
New Era commitment to reduce unnecessary red tape and regulation
by one third within three years.
Policy Action #11
The Ministry of Energy and Mines will establish a dedicated provincial
offshore oil and gas team to a develop a provincial position, work with the
federal government and move effectively toward development of the offshore
resources.

The energy plan addresses offshore oil and gas exploration and
development. The task force concluded that this was not part of it’s
terms of reference.

7.01 Review best practices, including the application of new coal
technology to meet environmental standards and encourage pilot projects
by industry.

Policy Action #24
The government is developing strategies to manage B.C.’s greenhouse gas
emissions and air quality in threatened airsheds.
Policy Action #26
To allow for a fair evaluation of coal-fired electricity projects, final emission
standards will be adopted for coal-fired power plants.

The energy plan adopts the task force’s recommendation regarding
emission guidelines for coal-fired power plants.

7.02 Finalize emission guidelines for coal generating plants with
stakeholders as soon as possible. As any provincial guideline may
be superseded by federal requirements, relevant inter-governmental
discussions need to be undertaken.

Policy Action #24
The government is developing strategies to manage B.C.’s greenhouse gas
emissions and air quality in threatened airsheds.
Policy Action #26
To allow for a fair evaluation of coal-fired electricity projects, final emission
standards will be adopted for coal-fired power plants.

The energy plan adopts the task force’s recommendation.

7.03 Develop guidelines on boiler emission standards.

Policy Action #24
The government is developing strategies to manage B.C.’s greenhouse gas
emissions and air quality in threatened airsheds.

The energy plan adopts the task force’s recommendation.
The Ministry of Water, Land and Air Protection has launched a broad
review of the 20-year-old Waste Management Act. The review process
will take approximately 18 months to complete.

7.04 Ensure that applications for permits are dealt with in a timely manner
and that review processes are transparent and efficient. Impose timelines
for the permitting process and review public consultation and appeal
provisions to ensure that the public interest is adequately protected.

Policy Action #25
Provincial processes for environmental assessment, water licensing and waste
permitting are being streamlined.

The Ministry of Water, Land and Air Protection has launched a
broad review of the 20-year-old Waste Management Act. The review
process will take approximately 18 months to complete. A reformed
Environmental Assessment process encourages concurrent
permitting.

7.05 Review current environmental assessment processes to ensure
coal is treated consistently with other energy sources.

Policy Action #25
Provincial processes for environmental assessment, water licensing and waste
permitting are being streamlined.

A reformed environmental assessment legislation was introduced in
the spring 2002 session of the Legislature and will be brought into
force by the end of 2002.

N/A

COAL

8.01 Strengthen the capacity of the Ministry of Energy and Mines to
play the lead role in energy policy formulation and implementation in the
province.

The ministry’s service plan includes performance measures to
implement the energy policy.
Continued

46

Energy for our Future: A Plan for BC

Appendix A

REGULATION

REGULATION
8.02 Ensure the Ministry of Sustainable Resource Management makes
energy a priority in its pre-tenure planning activity.

Policy Action #18
Pre-tenure and land use planning, as well as northern road improvements, are
improving access to oil and gas resources.

The Ministry of Sustainable Resource Management recently approved
the Besa-Prophet pre-tenure plan for the exploration of natural gas
deposits estimated to have a value of $2 billion.

8.03 Ensure the Ministry of Water, Land and Air Protection provides clear
standards on energy emissions from all sources.

Policy Action #25
Provincial processes for environmental assessment, water licensing and waste
permitting are being streamlined.
Policy Action #26
To allow for a fair evaluation of coal-fired electricity projects, final emission
standards will be adopted for coal-fired power plants.

The Ministry of Water, Land and Air Protection has launched a broad
review of the 20-year-old Waste Management Act.
The review process, which will take approximately 18 months to
complete.
The Ministry of Water, Land and Air Protection will adopt guidelines
for coal-fired power plants by January 1, 2003.

8.04 Strengthen the BC Utilities Commission, a key regulatory agency
for energy in the province. This requires significant changes to
regulatory practice, with a much greater reliance on a results- based and
performance-based regulatory framework. A complete rewrite of the
BC Utilities Commission Act is required.

The Policy Action #12
The structure of the BC Utilities Commission, and its mandate in regulating
BC Hydro and other energy distributors, will be strengthened.
Policy Action #5
The BC Utilities Commission will once again regulate BC Hydro rates.

The energy plan adopts the task force’s recommendation. The
Utilities Commission Act will be updated and amended as needed to
implement the plan.

8.05 Strengthen the B.C. Oil and Gas Commission and use it as a model
for developing a single-window-permitting agency for energy.
8.06 Strengthen the BC Environmental Assessment Office and review
process. This requires greater results-based practice. It also requires
greater harmonization of process with the federal government and this
should be accomplished by improving the Canada-British Columbia
Agreement for Environment Assessment Cooperation that is currently
under negotiation.

The B.C. Oil and Gas Commission’s service plan has identified a
number of initiatives to develop a single-window-permitting agency
for 95% of the oil and natural gas sectors permitting requirements.
Policy Action #25
Provincial processes for environmental assessment, water licensing, and
waste permitting are being streamlined.

8.07 Resolve the difficulties investors are having with the Department of
Fisheries and Oceans. This will require joint federal/provincial action at
the highest levels.

Reformed environmental assessment legislation was introduced in
the spring 2002 session of the Legislature and will be promulgated
by the end of 2002.

The B.C. Oil and Gas Commission has developed a strategy to
establish a close working relationship with the Department of
Fisheries and Oceans.

8.08 Provide provincial standards for air emissions and thereby avoid
duplication and confusion at the local level.

Policy Action #24
Provincial processes for environmental assessment, water licensing, and
waste permitting are being streamlined.

The Ministry of Water, Land and Air Protection has launched a
broad review of the 20-year-old Waste Management Act. The review
process, which will take approximately 18 months to complete.

8.09 Encourage regulators to undertake greater public dialogue and
debate with stakeholders and consumers, recognizing that education is
the best means to facilitate energy conservation and consumer choice.

The Policy Action #12
The structure of the BC Utilities Commission, and its mandate in regulating
BC Hydro and other energy distributors, will be strengthened.

The energy plan adopts the task force’s recommendation.
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APPENDIX 2:

B.C. Energy Snapshot
GEOGRAPHIC CONTEXT
The majority of B.C.’s current energy supplies are located in
the Northeast and Southeast. Oil and natural gas production
presently comes from a portion of the Western Canada
Sedimentary Basin that extends into northeastern B.C. There are
unexplored basins in the Interior and Northwest, on Vancouver
Island, and offshore. Recently, very large unproven natural
gas reserves, methane hydrates, were reported off western
Vancouver Island.
Hydroelectric resources are concentrated on the Peace River
in northeastern B.C. and the Columbia River in the southern
Interior. Other hydroelectric and thermal power plants are
located in the Lower Mainland and on Vancouver Island and the
Mid-coast. Some potential alternative energy resources are more
focused in coastal areas (e.g., tidal and wind), while others, such
as small hydro and wood residue, are scattered throughout B.C.
The province’s richest coal deposits are found in the Rocky
Mountains in its extreme southeast corner. Additional
production occurs in the Northeast and on Vancouver Island,
with a promising coalfield (Hat Creek) in central B.C. Coalbed
methane deposits have been identified in the Northeast,
Southeast, Interior and on Vancouver Island.
Many of our resources are located far from provincial demand
centres and export markets. This means long distances over
rugged terrain for high-voltage power lines, oil and gas pipelines
and rail shipments of coal.

B . C . S U P P LY

An extensive energy production network comprises more than
100 power plants, over 3,700 producing oil and gas wells, 29
48
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B.C. CONSUMPTION
Refined petroleum products (RPPs), such as gasoline, diesel,
and heating oil, account for the largest share (42%) of B.C.
energy consumption, followed by natural gas and electricity.
Most of these RPPs are used in transportation, which makes up
37 percent of total energy consumption and is one of the fastest
growing consuming sectors. The industrial sector, on the other
hand, accounts for the largest share of natural gas (44%) and
electricity (49%) consumed, reflecting the energy intensity of BC
industry. Although coal represents about 46 percent of primary
energy produced, very little of that production is consumed in
BC.

TRADE AND CONNECTIONS
B.C. exports energy to markets in Canada, the US, Asia, Europe,
and Central and South America. Virtually all coal produced is
destined for outside markets, while about 55 percent of natural
gas is exported. Although BC Hydro is generally in demand/
supply balance, it becomes a net exporter of electricity during
high water inflow years. A net energy exporter overall, B.C also
imports refined petroleum products and, at times, electricity as
part of our trading activities.
The Duke Energy natural gas pipeline connects with the US
Pacific Northwest at Sumas, Washington. Among other facilities,
the Alliance Pipeline delivers natural gas to the US Midwest and
the Southern Crossing Pipeline brings Alberta gas to the Interior.
BC Hydro’s transmission interconnections with the US provide
a transfer capacity of 1,230 to 3,150 MW south and 2,000 MW
north. The Alberta links can deliver 400 to 800 MW east and up
to 700 MW west.
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B.C. is a major producer of coal, natural gas, hydroelectricity,
and oil. While electricity represents approximately 38 percent
of the value of the energy sector, it makes up only 11 percent
of total primary energy production. Most (80 percent) of the
energy produced comes from coal and natural gas, due to B.C.’s
endowment of these resources.

gas processing plants, two petroleum refineries, and eight coal
mines. There are 18,000 kilometres of power transmission lines,
300 substations, and 80,000 hectares of right-of-way involved
in bringing B.C. electricity to market. Approximately 24,000
km of gas-gathering and transmission lines connect natural
gas producers and provincial consumers. Another 2,500 km of
pipelines carry oil and natural gas liquids to refining facilities
within and outside the province.

B.C. utilities participate in US and Alberta wholesale power
markets. They do so to take advantage of lower cost electricity,
augment their generation during low water inflow years, and sell
any surplus energy. BC Hydro has developed an active trading
business in these markets by using its flexible hydroelectric
plants and an ability to time water releases from reservoirs.
By reducing electricity production from dams and importing
electricity during low price periods, it can increase production
and export during high price periods, while still meeting
domestic needs.

INDUSTRY STRUCTURE
BC Hydro, a provincial Crown corporation, owns and operates
80 percent of BC’s 14,000 MW of dependable generating
capacity. It accounts for more than 90 percent of annual
electricity production. The balance is divided among Columbia
Power Corporation, Aquila Networks Canada, Alcan, Teck
Cominco Limited, self-generators, and independent power
producers. Another eight municipal utilities purchase from
Aquila Networks Canada and BC Hydro and distribute power
in their local areas. Other investor-owned utilities include
Hemlock Valley Electrical Services, Princeton Light and Power,
Yoho Power and Yukon Electrical Company.
Private ownership characterizes fossil fuel industries. About 200
oil and gas companies and about half a dozen of coal companies
presently operate in the province. Duke Energy Corporation
(formerly Westcoast Energy Inc.) owns and operates the major
natural gas pipeline from the Northeast to Vancouver. Three
distribution utilities - BC Gas, Centra Gas and Pacific Northern
Gas - and various gas marketers and brokers deliver natural gas
to provincial consumers.

The BC Utilities Commission regulates energy utilities and
reviews and approves rates and new facilities. BC Hydro was
effectively taken out of BC Utilities Commission regulations as a
result of the rate freeze in 1996 and ministerial exemptions of BC
Hydro’s projects.

Energy policy is the responsibility of the Ministry of Energy
and Mines, which also has a role in government’s direction
to BC Hydro. The Ministry of Water, Land and Air Protection
sets requirements for water quality, waste management
(including air emissions) and wildlife, while the Ministry of
Sustainable Resource Management oversees land and water use
management and pre-tenure planning. The Greater Vancouver
Regional District also has delegated authority for air emissions
permitting and other environmental matters. In addition, local
governments influence the siting of energy facilities through
official community plans and zoning bylaws.

PRICING
For all energy production other than electricity, prices are
determined in regional (natural gas) or international (oil
and coal) commodity markets. The NEB regulates rates
for interprovincial and international pipelines. Instead of
traditional cost-of-service regulation, it now encourages the use
of negotiated settlements among the parties involved.
The BC Utilities Commission regulates rates for natural gas
distribution and electricity to ensure that they are just and
reasonable and do not discriminate between customers.
Regulated utility rates blend the cost of new with existing energy
supplies. Most rates are flat, charging the same price per unit
of energy no matter how much consumers use. They are also
postage stamp, so that the price does not vary from one location
to another.
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R E G U L AT I O N

Provincial and federal environmental assessment processes
are used to review major energy development projects. The
National Energy Board (NEB) regulates energy exports, while
the Department of Fisheries and Oceans has jurisdiction over
fish and fish habitat in the ocean and some inland waters. The
B.C. Oil and Gas Commission regulates all oil and gas activities,
including exploration and development, production, processing
and storage.
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For more information contact:
Ministry of
Energy and Mines
phone: 250 952-0275
fax: 250 952-0271
1810 Blanshard Street
PO Box 9323 Stn Prov Govt
Victoria, BC V8W 9N3
www.gov.bc.ca/em
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BC Clean Electricity Guidelines
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1

DEFINITIONS OF BC CLEAN ELECTRICITY AND GREEN ENERGY

2
3

This Appendix sets out the definitions of “BC Clean Electricity” and “Green Energy” used
by BC Hydro.

4

1.

BC Clean Electricity

5
6
7
8

BC Hydro applies the definition of “BC Clean Electricity” set out in the 2002 Energy Plan,
as modified and updated by the most recent version of the “BC Clean Electricity
Guidelines” issued by the BC Ministry of Energy, Mines and Petroleum Resources
(MEMPR).

9

The 2002 Energy Plan defines BC Clean Electricity as follows (page 32):

10
11
12
13
14
15

“BC Clean electricity refers to alternative energy technologies that result in a net
environmental improvement relative to existing energy production. Examples
may include small/micro hydro, wind, solar, photovoltaic, geothermal, tidal, wave
and biomass energy, as well as cogeneration of heat and power, energy from
landfill gas and municipal solid waste, fuel cells, and efficiency improvements at
existing facilities”.

16
17
18
19

MEMPR issued BC Clean Electricity Guidelines to clarify and expand upon the definition
of “BC Clean Electricity” set out in the BC Energy Plan. The most recent version of the
BC Clean Electricity Guidelines is dated 15 September 2005 and is found at
Attachment 1 to this Appendix.

20
21
22
23

Pursuant to the BC Clean Electricity Guidelines, BC Clean Electricity refers to electricity
generated from resources and facilities built in British Columbia that have a lesser
environmental impact relative to conventional generation sources and technology.
Generally, an electricity producer generates BC Clean Electricity if:

24
25
26
27
28
29
30
31
32
33
34
35
36
37
38
39
40
41

•
•
•

The facility is located within the Province of British Columbia and is in-service
after 25 November 2002; and
The facility is certified or certifiable under Environment Canada’s Environmental
Choice Program (ECP); or
The facility generates electricity using a process or technology that is not
recognized or has not yet been incorporated into the ECP certification criteria but
receives recognition from the Minister of Energy, Mines and Petroleum
Resources.

The BC Clean Electricity Guidelines list the following resources and technological
applications are potential qualifying as a source for BC Clean Electricity: biogas energy;
biomass energy; cogeneration which uses fuels that have no other commercial use or
have the lowest environmental impact compared to other alternatives, and have no other
higher-order use; energy recovery generation; hydro energy; hydrocarbon energy
produced from a facility combusting or converting fossil fuel using a closed loop process
whereby all air and water emissions from the operation of the facility are either deemed
to be zero, negligible or subject to long-term sequestration from the immediate receiving
environment; geothermal energy; hydrogen; solar energy; supply-side efficiency gains;
tidal energy; wave energy; and wind energy.

Page 1 of 23
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2.

Green Energy

2
3
4
5
6

With respect to “Green Energy”, BC Hydro has adopted and applies Environment
Canada’s ECP “renewable electricity low-impact” criteria. ECP has criteria to assess
water-powered, biogas-fuelled, solar-powered and wind-powered generators. A copy of
ECP’s renewable electricity low-impact criteria are set out in Attachment 2 to this
Appendix.

7
8

Green Energy is a subset of BC Clean Electricity. BC Clean Electricity is more broadly
defined and includes cogeneration and energy efficiency projects.

Page 2 of 23
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ATTACHMENT 1

BC CLEAN ELECTRICITY GUIDELINES

2
3

Revised September 15, 2005

4

Introduction

5
6
7

In November 2002 the Province released Energy For Our Future: A Plan For BC (the Energy
Plan), which establishes a framework for energy development throughout British Columbia. The
Energy Plan is built on the following four cornerstones:
Low electricity rates and public ownership of BC Hydro;
Secure reliable energy supply;
More private sector opportunities; and
Environmental responsibility and no nuclear power sources.

8
9
10

The Province supports environmentally responsible development of its diverse and abundant
energy resources as a means of improving energy security, encouraging private sector energy
development opportunities and stimulating economic growth throughout British Columbia.

11
12
13

Policy Action #20 in the Energy Plan requires electricity distributors to pursue a voluntary goal to
acquire 50 percent of new supply from BC Clean Electricity over the next 10 years. The Energy
Plan states that:

14
15
16
17
18

"BC Clean Electricity refers to alternative energy technologies that result in a net environmental
improvement relative to existing energy production. Examples may include small/micro hydro,
wind, solar, photovoltaic, geothermal, tidal, wave and biomass energy, as well as cogeneration of
heat and power, energy from landfill gas and municipal solid waste, fuel cells and efficiency
improvements at existing facilities."

19
20

The BC Clean Electricity energy classification is intended to promote the development of a wide
range of energy resources and technologies throughout British Columbia.

21
22
23
24
25

These guidelines are provided to assist electricity distributors, the British Columbia Utilities
Commission (BCUC), and other interested parties by clarifying and expanding upon the definition
of BC Clean Electricity (also referred to as "BC Clean" in this document). The guidelines may be
amended from time to time in response to requests for clarification or as a result of circumstances
unforeseen at the time the initial document was prepared in March 2004.

26
27
28

BC Clean Electricity
Electricity acquired or generated by electricity distributors in British Columbia may be reported as
BC Clean Electricity if it meets the following requirements:

29
30

1) The electricity is generated from a new facility that started commercial production in British
Columbia after November 25, 2002 and:
Uses a renewable energy source,
Can demonstrate to the satisfaction of the reporting electricity distributor that the facility meets
the certification criteria for "electricity - renewable low-impact" as defined by Environment
Canada's Environmental ChoiceM Program; and,
Has a British Columbia Environmental Assessment Certificate, if its capacity is greater than or
equal to 50 MW.

Page 3 of 23
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OR
2) The electricity is generated as a result of the installation of a supplemental process and/or
equipment that alters and/or adds to the processes of an existing British Columbia facility
specifically to generate electricity and:
Uses a renewable energy source, or captures and uses waste heat or steam from the process,
Can demonstrate to the satisfaction of the reporting electricity distributor that the facility meets
the certification criteria for "electricity - renewable low-impact" as defined by Environment
Canada's Environmental ChoiceM Program; and,
Has a British Columbia Environmental Assessment Certificate, if its capacity is greater than or
equal to 50MW.

5
6
7
8

AND
3) The facility maintains Environmental ChoiceM Program certification for the duration of the
plant’s operation or can demonstrate to the satisfaction of the reporting electricity distributor that
the facility continues to satisfy certification criteria.

9

Or notwithstanding items 1), 2) and 3):

10
11
12
13

Electricity is generated using a process or technology that is not recognized or has not been
incorporated into the certification criteria for "electricity - renewable low-impact" as defined by
Environment Canada's Environmental ChoiceM Program but receives recognition from the
Minister of Energy, Mines and Petroleum Resources as BC Clean Electricity.

14
15
16
17
18

Defining BC Clean Electricity
BC Clean Electricity refers to electricity generated from resources and facilities built in British
Columbia that have a lesser environmental impact relative to conventional generation sources
and technology. The definition is intended to be dynamic and incorporates an expectation of
continuous improvement in energy development -- economically, environmentally and socially.

19
20
21
22

Generally, an electricity producer generates BC Clean Electricity if the facility is certified or
certifiable under Environment Canada's Environmental ChoiceM Program, and for facilities of 50
MW or more, if the plant receives an Environmental Assessment Certificate from the British
Columbia Environmental Assessment Office.

23
24
25
26
27

The Environment Canada program defines “Renewable Low-Impact Electricity” as electricity from
renewable energy sources that are likely to have relatively low impacts on the environment and
produce potential benefits including among others, low net greenhouse gas emissions, limited or
no depletion of non-renewable resources, reduced emissions of other pollutants and reduced
impacts on aquatic, riparian and terrestrial ecosystems and species.

28
29
30
31
32

The Energy Plan emphasizes development of provincial energy resources, stimulating private
sector opportunities and encouraging employment growth within the province. For the purposes
of meeting the Energy Plan target of acquiring 50 percent of new supply from clean energy
sources, BC Clean Electricity includes only those energy resources developed within British
Columbia.

33
34
35
36
37
38
39

The BC Clean Electricity Guidelines are a policy standard. This document does not constitute a
legislative or regulatory interpretation, and does not affect the application of the Environmental
Management Act, Environmental Assessment Act or any other relevant environmental protection
statutes and regulations. Further, the electricity output of a BC Clean facility, that is, the attributes
associated with the resource, are not required to be allocated to the Province to be recognized as
BC Clean Electricity. The output and attributes remain with the facility and generator, subject to
commercial negotiation, unless otherwise sold or transferred to another party.
Page 4 of 23
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Measuring and Reporting the 50 Percent Clean Electricity Target
The 50 percent BC Clean Electricity target is measured as the percentage of total net, new
electricity supply acquisitions made over the ten-year period beginning November 25, 2002
through to March 31, 2013. Net electricity supply means total new supply requirements less
demand-side management efficiency savings.

6
7
8

Electricity distributors are requested to provide a report by July 1st of each year for the preceding
fiscal year ending March 31st to the Ministry of Energy, Mines and Petroleum Resources
highlighting progress made in acquiring BC Clean Electricity supply.

9
10
11

BC Clean Electricity Resources and Technologies
Resources and technological applications that may qualify as a source for BC Clean Electricity
production are listed below:

12
13
14
15
16

Biogas Energy - means electricity generated from a system that captures biogas for combustion
or conversion. Biogas means the gaseous products (primarily methane and carbon dioxide)
produced from organic waste material that has no other commercial use or is the alternative with
the lowest environmental impact. Facilities producing biogas include landfill sites, sewage
treatment plants and anaerobic digestion organic waste processing facilities.

17
18
19
20
21

Biomass Energy - means electricity generated from the combustion or gasification of clean
biomass. Clean biomass is derived from organic waste material that has no other commercial use
or is the alternative with the lowest environmental impact and with no other higher-order use. It
includes wood-wastes and agricultural wastes that are solid residues arising from the harvesting
and processing of agricultural crops or forestry products that fall into the following types:

22
23
24
25

1. Dedicated energy crops;
2. Liquid fuels derived from biomass including bio-oil, ethanol, methanol and diesel; and,
3. Clean organically sourced material separated from municipal solid waste (MSW) and
processed to serve as a combustion fuel.

26
27

Clean biomass does not include organic material that has been treated with organic and/or
inorganic substances to change, protect or supplement the physical properties of the materials.

28
29
30
31
32
33
34
35
36

Cogeneration - Cogeneration aims to maximize the efficiency of energy resource combustion by
producing electricity and heat from one or more boilers, combustion turbines or engines at a
single facility. Host facilities typically include industrial plants, and large commercial and
institutional buildings. While the electricity can be used within the facility, it can also be made
available to the grid. Similarly, the heat (i.e., liquid or steam) can be used for processes within the
facility or for applications in neighbouring facilities. To qualify as BC Clean Electricity, the fuels
used must have no other commercial use or have the lowest environmental impact compared to
other alternatives and have no other higher-order use. Such fuels include biomass and municipal
solid waste.
Portions of energy from a cogeneration project may be considered BC Clean Electricity if:
The calculated proportion of energy output (thermal and electrical) is attributable to a fuel
source or technology defined as BC Clean; or
An existing simple-cycle or combined-cycle generation facility is retrofitted and the incremental
energy produced meets the BC Clean criteria for supply-side efficiency gains.

37
38
39

Energy Recovery Generation (ERG) - means electricity produced from the recovery of waste
energy from an industrial process, either in the form of heat or steam that would otherwise have
been vented or emitted into the atmosphere. Eligible processes use a closed-loop system and do
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not use fossil fuels as an input source within the ERG technology process. The only product of
ERG is electricity.

3
4
5
6
7

Geothermal Energy - means electricity produced using the natural heat of the earth and all
substances that derive an added value from it, including steam, water and water vapour heated
by the natural heat of the earth and all substances dissolved in the steam, water or water vapour
obtained from a well. This does not include hydrocarbons or water that has a temperature less
than 80oC at the point where it reaches the surface.

8
9
10
11
12

Hydrocarbon Energy - means electricity produced from a facility combusting or converting fossil
fuel using a closed-loop process whereby all air and water emissions from the operation of the
facility are either deemed to be zero, negligible, or subject to long-term sequestration from the
immediate receiving environment. Such a system requires approval of the Minister of Energy,
Mines and Petroleum Resources for classification as BC Clean Electricity.

13
14

Hydro Energy - means electricity generated from a system or technology that uses a mechanical
method to capture and convert the potential energy of water.

15
16
17
18

Hydrogen - Usually recognized as an energy currency, hydrogen can also be used as a primary
fuel source for internal combustion engines. Hydrogen produced from a renewable resource and
combusted in an internal combustion process or otherwise converted into electricity is considered
BC Clean.

19
20

Solar Energy - means electricity generated by converting the radiant light or heat energy of the
sun through the use of photovoltaic and concentrating solar thermal technologies.

21
22

Supply-Side Efficiency Gains – means an upgrade to an existing facility that uses or results in
the use of a renewable energy source and creates an incremental supply of electricity.

23
24
25

Tidal Energy - means electricity produced by harnessing the natural rise and fall of a tide in an
estuary or bay of the ocean, provided the system does not use technology that results in negative
impacts to marine life and ecosystems.

26
27
28

Wave Energy - means electricity produced by harnessing the natural rise and fall of waves in the
ocean, provided the system does not use technology that results in negative impacts to marine
life and ecosystems.

29
30

Wind Energy - means electricity produced from a system of airfoils or blades that spin a drive
shaft to capture the kinetic energy of the wind.

31
32
33
34
35

Other Potential BC Clean Electricity Sources – can include a project where the proponent or
electricity distributor can demonstrate to the satisfaction of the Minister of Energy, Mines and
Petroleum Resources that a project or application of technology, otherwise excluded by this
guideline or not qualifying for certification under the Environmental ChoiceM Program should be
recognized as producing BC Clean Electricity.

36

Last Updated September 15, 2005
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SIXTH FLOOR, 900 HOWE STREET, BOX 250
VANCOUVER, B.C. CANADA V6Z 2N3
TELEPHONE: (604) 660-4700
BC TOLL FREE: 1-800-663-1385
FACSIMILE: (604) 660-1102

ROBERT J. PELLATT
COMMISSION SECRETARY
Commission.Secretary@bcuc.com
web site: http://www.bcuc.com

Log No. 9355

VIA E-MAIL
regulatory.group@bchydro.com
October 12, 2005

Mr. Tony Morris
Acting Chief Regulatory Officer
British Columbia Hydro and Power Authority
17th Floor, 333 Dunsmuir Street
Vancouver, B.C. V6B 5R3
Dear Mr. Morris:
Re: British Columbia Hydro and Power Authority
Resource Expenditure Acquisition Plan and Fiscal 2006 Open Call for Energy
Further to your March 7, 2005 filing of the Resource Expenditure Acquisition Plan and the Negotiated Settlement
that took place, we enclose Commission Order No. G-103-05 and the Negotiated Settlement document attached as
Appendix 1 of the Order.
Yours truly,
Original signed by:
Robert J. Pellatt
RJP/cms
Enclosure(s)
cc:
Registered Intervenors/Interested Parties

PF/BCH_REAP/Order & Negotiated Settlement Release
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BRITISH COLUMBIA
UTILITIES COMMISSION

ORDER
NUMBER

SIXTH FLOOR, 900 HOWE STREET, BOX 250
VANCOUVER, B.C. V6Z 2N3 CANADA
web site: http://www.bcuc.com

G-103-05

TELEPHONE: (604) 660-4700
BC TOLL FREE: 1-800-663-1385
FACSIMILE: (604) 660-1102

IN THE MATTER OF
the Utilities Commission Act, R.S.B.C. 1996, Chapter 473
and
British Columbia Hydro and Power Authority
Resource Expenditure and Acquisition Plan and Fiscal 2006 Open Call for Energy

BEFORE:

R.H. Hobbs, Chair
L.A. Boychuk, Commissioner
P.E. Vivian, Commissioner

October 5, 2005

O R D E R
WHEREAS:
A. On March 7, 2005, British Columbia Hydro and Power Authority (“BC Hydro”) filed its Resource
Expenditure and Acquisition Plan (“REAP”) pursuant to Subsection 45(6.1) of the Utilities Commission Act;
and

B. The REAP includes a plan of capital expenditures for Fiscal 2006 (“F2006”) and F2007; a forecast of
expenditures for the acquisition of energy pursuant to existing electricity purchase agreements for F2006
through F2009; and a plan of how BC Hydro intends to reduce the demand for energy purchased from BC
Hydro by its customers and a forecast of expenditures for that purpose for F2006 and F2007. The REAP also
includes a plan of how BC Hydro intends to meet the demand for energy by acquiring energy from other
persons through a proposed “open call” to the private sector in F2006 (“F2006 Call”); and

C. By letter dated March 14, 2005, the Commission requested comments on the process for the review of REAP;
and

D. By letter dated March 29, 2005, BC Hydro said that it would submit “Supplemental F2006 Call Evidence” on
May 17, 2005; and
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E. As stated in Letter No. L-28-05 dated April 7, 2005, the Commission concluded that the review of the REAP
should include both an oral hearing and a written hearing process, and that the scope of the oral hearing
process would be determined following the filing of BC Hydro’s Supplemental F2006 Call Evidence. The
Commission also established a Regulatory Timetable that included a Pre-Hearing Conference (“PHC”) to be
held on June 2, 2005; and

F. By letter dated May 20, 2005, BC Hydro amended the proposed date for filing its F2006 Call Evidence to
June 15, 2005; and

G. By Letter No. L-33-05 dated May 26, 2005, the Commission stated that it would hear submissions regarding
issues for the oral hearing process at the PHC, which it re-scheduled for July 12, 2005, and that it expected
that issues not included in the scope of the oral hearing process would be addressed by way of written
submissions; and

H. By letter dated June 17, 2005, BC Hydro advised the Commission that it was exercising its right to terminate
the Energy Purchase Agreement related to the Duke Point Project and therefore needed to reconsider the
evidence it had planned to file in support of the F2006 Call. BC Hydro stated that it expected to be able to
advise the Commission on the status of its F2006 Call in advance of the PHC scheduled for July 12, 2005;
and

I.

In a letter dated July 7, 2005, BC Hydro advised that it intended to file its Supplemental F2006 Call Evidence
the following day, and requested an amended timetable allowing for information requests and responses on
the Supplemental F2006 Call Evidence and re-scheduling the PHC until a date in August; and

J.

BC Hydro filed its Supplemental F2006 Call Evidence on July 8, 2005; and

K. By Letter No. L-51-05 dated July 8, 2005, the Commission re-scheduled the PHC to August 17, 2005; and
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L. All participants at the PHC who took a position with respect to whether or not a negotiated settlement process
(“NSP”) should be included in the Regulatory Timetable strongly supported an NSP; and

M. By letter L-69-05 dated August 22, 2005, the Commission established a Regulatory Timetable that included
an NSP regarding the entire 2005 REAP, including the F2006 Call, commencing on September 20, 2005. The
Regulatory Timetable also established a second PHC to be held on October 5, 2005; and

N. The Negotiated Settlement discussions were held on September 20, 21 and 22, 2005 and a proposed
Negotiated Settlement was supported by BC Hydro and Intervenors who participated in the discussions; and

O. The Negotiated Settlement and letters of comment from NSP participants were circulated to the Commission
Panel and all Intervenors on October 4, 2005. Non-participants were requested to provide any comments on
the Negotiated Settlement to the Commission at the PHC scheduled for October 5, 2005; and

P. The only NSP non-participant who commented on the Negotiated Settlement at the PHC supported the
Negotiated Settlement; and

Q. The Commission has reviewed the Negotiated Settlement, including the letters of support filed by participants
in the NSP and the comments offered in support of the settlement at the PHC, and considers that approval of
the Negotiated Settlement is in the public interest.

NOW THEREFORE the Commission approves the Negotiated Settlement attached as Appendix 1 to this Order.

DATED at the City of Vancouver, in the Province of British Columbia, this

11th

BY ORDER
Original signed by:
Robert H. Hobbs
Chair
Attachment
Page 4 of 11

day of October 2005.
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CONFIDENTIAL
NEGOTIATED SETTLEMENT
British Columbia Hydro and Power Authority
2005 Resource Expenditure and Acquisition Plan Application
On 7 March 2005 British Columbia Hydro and Power Authority (BC Hydro) filed its 2005 Resource
Expenditure and Acquisition Plan application (the 2005 REAP) pursuant to Section 45(6.1) of the
Utilities Commission Act (Act) for the British Columbia Utilities Commission's (Commission) review and
approval. The 2005 REAP includes planned expenditures on capital (Capital), existing Electricity
Purchase Agreements (EPAs), and demand side management (DSM). The 2005 REAP also includes a
plan to meet the demand for electricity by acquiring energy from other persons, and seeks Commission
approval of an "open call" for energy to the private sector in fiscal 2006 (the F2006 Call).
On 8 July 2005 BC Hydro filed Supplemental F2006 Call Evidence that supplemented and amended the
2005 REAP, and addressed the nature of the proposed F2006 Call and the need for the F2006 Call. BC
Hydro sought Commission approval of the need for the F2006 Call, and Commission comment on the
proposed terms and conditions of the F2006 Call (Terms and Conditions).
A conference was held on 20, 21 and 22 September 2005 pursuant to the Commission's Negotiated
Settlement Process to negotiate a settlement of the 2005 REAP. Participating in the settlement conference
were representatives of the Joint Industry Electricity Steering Committee, BC Old Age Pensioners’
Organization et al, Commercial Energy Consumers of BC, Independent Power Producers of British
Columbia, BC Sustainable Energy Association & Sierra Club, Elk Valley Coal Corporation, the City of
New Westminster, Terasen Gas, Cloudworks Energy Inc., Columbia Power Corporation, Geza Vamos,
Green Island Energy Ltd., Epcor Power Development Corp., Sea Breeze Power Corp., Dokie Wind
Energy, Western GeoPower Corp., Global Cogenix Industrial Corporation and Aeolis Wind Power Corp.
and BC Hydro. Parties were assisted in reaching a settlement by Commission staff.
The parties discussed the 2005 REAP in two separate components: (i) the F2006 Call, and (ii) the Capital,
existing EPAs and DSM expenditures. The parties were successful in reaching settlements on both
components, and these settlements are attached as Schedule A – F2006 Call; and Schedule B – Capital,
EPA and DSM Expenditures.
The parties unanimously agree that the F2006 Call is justified in terms of BC Hydro’s projected energy
requirements and that BC Hydro should proceed as soon as possible with the F2006 Call as set out in the
2005 REAP and evidence filed to date, with the modifications set out in Schedule A. In the interests of
proceeding with the F2006 Call as soon as possible, the parties
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further agree that the F2006 Call settlement in Schedule A is conditional on the Commission’s approval
of the F2006 Call size (Issue #1 in Schedule A), and receipt of Commission comments, if any, on the
proposed Terms and Conditions of the F2006 Call on or before 27 October 2005, notwithstanding that the
Commission may not have approved the Capital, EPA and DSM Expenditures settlement (Schedule B) by
that time.
The parties acknowledge and agree that none of the provisions of the F2006 Call settlement (Schedule A)
are severable, and that none of the provisions of the Capital, EPA and DSM Expenditures settlement
(Schedule B) are severable. If the Commission does not accept Schedule A in its entirety, there is no
agreement on the F2006 Call. If the Commission does not accept Schedule B in its entirety, there is no
agreement on the Capital, EPA and DSM expenditures in the 2005 REAP. However, in the interests of
proceeding with the F2006 Call as soon as possible the parties agree that the settlements in Schedule A
and Schedule B are severable from each other.
BC Hydro confirms it will seek regulatory approval of the Long-Term Acquisition Plan (LTAP), to be
included with the 2005 Integrated Electricity Plan (IEP), pursuant to Section 45(6.2) of the Act. Without
prejudice to the parties’ rights to make submissions on the scope of Commission oversight of the 2005
IEP, the evidence in the 2005 IEP that supports the LTAP will be subject to Commission review, and will
reflect the following issues, amongst other things:
•

later Commercial Operation Dates (COD) for large projects;

•

the impact of greenhouse gas (GHG) regulation on resources, including GHG adders; and

•

the use of imports for firm supply, and bridging.

BC Hydro and the participants agree to hold confidential the discussions held during the settlement
conference unless agreed to by all participants and released publicly by Commission staff. Agreement to
this negotiated settlement is on a without prejudice basis. Any position taken or statement made during
discussions, by the participants or BC Hydro, will not be made public or restrict in any way, positions
taken in future proceedings concerning other applications.
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2005 REAP NEGOTIATED SETTLEMENT
SCHEDULE A – F2006 CALL
In its 2005 REAP Application BC Hydro has sought Commission approval of the need for the F2006 Call,
and Commission comment on the proposed Terms and Conditions of the F2006 Call. Thus, this part of the
Settlement Agreement addresses both the need for the F2006 Call and the Terms and Conditions discussed
during the settlement process.
Issue

Original Proposal

Settlement

1. Call Size

Target minimum of 800 GWh/yr of
firm electrical energy from large
projects and associated non-firm
electrical energy, and a target
minimum of 200 GWh/yr of
electrical energy from small projects
(<10 MW).

2. COD

The target COD is between 1
January 2008 and 1 October 2009,
with a 6 month “grace period.”
For monthly firm contracts, the
successful bidder is required to
deliver the tendered monthly firm
energy amount in each month. All
energy delivered in any given month
(below any Split Bid Threshold
Level) is measured against the
tendered firm energy amount for that
month.
Shortfalls in monthly
deliveries will be subject to mark-tomarket LDs with a $100/MWh cap.
LDs are also capped at twice the
performance security per year.
The proposed EPA allows flow
through of 50% of the costs
associated with property tax rate
changes.
Seller to comply with all Canadian
federal, provincial and local
regulatory regimes for GHG
emissions, regardless of whether or
not the regimes are otherwise
applicable to the successful bidder’s
plant, based on the timing of COD
or any other date stipulated in
applicable laws and regulations.

The call will be for a target of approximately 2400 GWh/yr
of firm electrical energy (and associated non-firm electrical
energy) from large projects. The 200 GWh/yr of electrical
energy target minimum for small projects (<10MW) is
unchanged. The awards will take into account BC Hydro’s
need for approximately 800 GWh/yr of firm electrical
energy in F2010 and approximately 1600 further GWh/yr
of firm electrical energy n F2011.
The call will allow for a COD between 1 October 2007 and
1 November 2010, with no “grace period” after 1
November 2010.
BC Hydro commits to allow greater tolerances on hourly
and monthly firm deliveries before LDs will apply.
Specifically, BC Hydro will include a provision for a 10%
buffer (LDs are applied to deliveries under 90% of
contracted firm electrical energy) on hourly and monthly
firm deliveries before LDs are applicable. This will include
planned and unplanned outages.
For clarity, the LDs are only payable on the positive
difference between Mid-C and the adjusted bid price (i.e., if
the Mid-C price is less than the adjusted bid price there are
no LDs). The LDs are capped at a Mid-C price of
C$100/MWh (escalated at CPI) less the adjusted bid price.

3. Liquidated
Damages (LDs)
for
Delivery
Obligation

4. Flow Throughs

5. Compliance with
GHG Regulations

By way of clarification, the baseline property tax rate is the
rate at COD.

The Seller must comply with all applicable laws and all
permits during the term of the EPA, including any
requirements imposed by government agencies, relating to
GHG emissions from the successful bidder's plant.
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6. Disclosure
Price Data

7. Firm Imports

of BC Hydro will publish on its BC Hydro will publish on its website after EPA award the
website after EPA award the bid bid prices of all successful and unsuccessful tenders. The
prices of all successful and intention is to provide sufficient information to allow
unsuccessful tenders.
stakeholders to understand the outcome of the F2006 Call
evaluation and basis of the awards; however, the specifics
of how bid prices will be disclosed requires further input
from independent power producers (IPPs) and stakeholders.
Projects must be located in British BC Hydro believes this mandatory requirement is
Columbia and capable of connection appropriate for the reasons set out in BC Hydro’s response
to the integrated system.
to JIESC IR 2.18.2:
•
•
•

•
•
•

minimize jurisdictional risk over the term of the EPA;
minimize transmission risk over the EPA term;
alignment of F2006 Call with intent of the 2002 BC
Energy Plan. The 2002 BC Energy Plan stresses that
unless domestic energy sources are developed, British
Columbians could find themselves increasingly
dependent on imports and vulnerable to price swings.
Policy Action No. 13 addresses this concern by
providing that BC’s IPPs are to develop new electricity
generation in BC;
consistent with majority of Canadian jurisdictions;
BC Hydro is confident adequate volumes of costeffective resources exist within BC and will be bid into
the F2006 Call to ensure projected needs are met;
alignment with the desires of a majority of First
Nations and stakeholder comments supporting BC
development.

Addressing the issues described in this response would
delay or jeopardize the F2006 Call. The use of imports will
be among the range of resource options considered in the
2005 IEP.
8. Discount of Tier BC Hydro expected the discount to BC Hydro has completed its analysis and now proposes an
1 Power
be the same for all successful $8/MWh discount for the non-firm Tier 1.
bidders and the amount to be applied
was expected to range from
$8/MWh to $12/MWh.
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9. Pre-Qualification
Requirements
and Project Risk
Assessment

BC Hydro proposes that the call
consist of one tender stage, there
will be no preliminary or separate
pre-qualification stage for bidders or
projects. A single stage simplifies
the process, shortens the period from
issue of the Call for Tenders (CFT)
to EPA award, reduces costs for BC
Hydro and bidders, and is consistent
with input from bidders in past calls.
The mandatory requirements and
evaluation criteria (including project
risk assessment) are set out in the
Supplemental Evidence and will be
set out in the finalized CFT
documents. This information allows
bidders to determine whether they
are likely to qualify.

10. Bridging (use of Not permitted.
alternative
resources
to
bridge a bidder's
commitments
prior to COD)

No change from Application.
For clarity, the mandatory requirements and evaluation
criteria set out in the final CFT documents will include the
specific thresholds by project type that BC Hydro will use
in its project risk assessment. These factors include those
listed in Exhibit A to the Direct Testimony of Mary
Hemmingsen at page 9, as well as progress in the
environmental assessment process if applicable, First
Nations and community support, and wind and water
availability data.
In conducting a project risk assessment, BC Hydro will,
amongst other things, take into account whether a bidder
proposes to offset its GHG emissions to the applicable
Province of British Columbia standard, or, in the absence of
such a standard, to a combined cycle gas turbine level, as
evidenced in its GHG mitigation plan.

No change from Application. The complexity and project
risk assessment issues associated with permitting bridging
at this late stage would delay or jeopardize the F2006 Call.
BC Hydro will consider this concept during the
development of future calls.
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2005 REAP NEGOTIATED SETTLEMENT
SCHEDULE B – CAPITAL, EPA AND DSM EXPENDITURES
Many parties feel they do not have enough information about certain projects identified in the 2005 REAP
Application and, thus, take no position on the Capital, EPA and DSM expenditures in the 2005 REAP.
Therefore the parties agree that:
1. With the filing of the 2005 REAP, BC Hydro is in compliance with the requirements of Section 45(6.1)
of the Act in relation to the level of development of the planning process underlying the 2005 REAP.
2. The Commission need not exercise its jurisdiction under Section 45(6.2)(b) or (c) of the Act respecting
the 2005 REAP.
3. As part of BC Hydro’s F2007 Revenue Requirements Application, BC Hydro will seek a Commission
determination that its planned F2007 capital expenditures (F2007 Capital Plan) are in the interests of
persons within British Columbia who receive, or may receive, service from BC Hydro. With respect to
planned capital expenditures at Mica, GM Shrum, John Hart and Ruskin, BC Hydro will seek a
Commission determination that total planned capital expenditures (i.e., beyond F2007) at each of those
facilities are in the interests of persons within British Columbia who receive, or may receive, service
from BC Hydro. In support of these components of the F2007 Capital Plan BC Hydro would provide the
same level of detail and justification that a Certificate of Public Convenience and Necessity application
would contain, commensurate with, among other things, the planned level of expenditure and the
development status of the various projects at each facility.
To provide an early overview of what the supporting information would look like for capital programs at
one of its major facilities, and how it is developed, BC Hydro will host a workshop as soon as practicable
with respect to the asset plan of the GM Shrum facility.
4. BC Hydro is in the process of developing its 2005 IEP. BC Hydro will address, amongst other things,
Site C, Burrard Thermal and DSM in its 2005 IEP and F2007 Revenue Requirements Application.
5. BC Hydro will address its First Nations expenditures in its F2007 Revenue Requirements Application.
6. Subject to confidentiality and security issues, BC Hydro will make available to any interested party the
Annual Dam Safety Report and the Advisory Board Reports in respect of the Little Chief Slide, John
Hart and Ruskin projects. As requested, BC Hydro will file with the Commission for information the
Annual Dam Safety Report and the Advisory Board Reports in respect of the Little Chief Slide, John
Hart and Ruskin projects.
7. BC Hydro will host a workshop for interested parties as soon as practicable with respect to its Aberfeldie
project. At that workshop, BC Hydro will present its analysis and assumptions of the project and where
practicable, compare it to the requirements of the F2006 Call.
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8. BC Hydro will establish a public committee to provide advice and input into DSM (electricity
conservation and efficiency) as soon as practicable and will reflect, as appropriate, such input and advice
in the F2007 Revenue Requirements Application.
9. BC Hydro will conduct a thorough update of its 2002 Conservation Potential Review to assist in the
identification of cost-effective demand side management potential.
10. BC Hydro confirms that it evaluates its own projects inclusive of grants in lieu and water rental charges
in constant dollars.
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GREENHOUSE GAS (GHG)
Part 1 - Development of Estimates for GHG Compliance Instruments
Natsource Report

BC Hydro engaged Natsource to forecast a reasonable range of values for the price of
GHG offsets in the 2006 IEP to reflect the risk of future regulations that can affect
resource costs. To examine the potential GHG regulatory cost impact to the electricity
sector, Natsource generated three different international climate policy scenarios, each
of which forecast a range of GHG offset prices. BC Hydro modeled the high, low and the
mid range price for each scenario, generating nine overall GHG price forecasts. The
three policy scenarios and an illustration of the nine price forecasts are summarized in
Table 1 below.

Table 1
Policy
Scenario

Policy Scenario Description

1

Kyoto Protocol continuation, No U.S./No
further Canadian action beyond measures in
place by 2012

2

Kyoto Protocol plus, with U.S. and Canada
participating in international targets system

3

Kyoto Protocol plus with more stringent
requirements, plus separate U.S./Canada
reduction program

Price Forecasts
(2015 for illustration)
High $31.00
Mid: $26.00
Low: $19.00
High $50.00
Mid: $46.00
Low: $37.00
High $37.00
Mid: $32.00
Low: $25.00

The Natsource report is attached to this Appendix as Attachment 4. Section III of the
Natsource report provides greater detail on these three policy scenarios and Natsource’s
inherent assumptions. The Natsource report also included a literature review of a
number of studies that have modeled potential future GHG emission reduction costs,
which contain a range of assumptions around future GHG regulation. This literature
review confirms that the Natsource report results are within the range of reasonable
forecast GHG costs.
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BC Hydro Use of Natsource GHG Policy Scenarios and Price Forecasts

(a) Price Forecast Scenarios

To analyze GHG risk for purposes of this 2006 IEP, BC Hydro used five cost forecasts to
test a range of possible futures:
•

Highest (High GHG) GHG price forecast from the Natsource report;

•

Lowest (Low GHG) GHG price forecast from the Natsource report;

•

A moderate GHG price forecast (the low range price from the Natsource
moderate scenario) (Mid-GHG);

•

$10/tonne CO2e held constant over time (examined at the request of some
members of PIEPC); and

•

$0 per tonne CO2e held constant over time (examined to measure the impact of
no emission charges).

The five IEP cost forecasts are summarized in Table 2 below. The cost forecasts
escalate over time to reflect expected developments in Canadian and international
GHG regulation. BC Hydro chose this range of scenarios to represent GHG risk as it
believes it is a conservative approach that adequately captures the potential risk to
ratepayers of future GHG regulations.
Table 2
Price per tonne CO2e
Scenario

2005

2010

2015

2020

2025

Low GHG

$10.00

$15.00

$19.00

$19.00

$24.00

Mid-GHG

$10.00

$15.00

$25.00

$25.00

$32.00

High GHG

$10.00

$15.00

$50.00

$50.00

$64.00

$10/tonne

$10.00

$10.00

$10.00

$10.00

$10.00

$0/tonne

$0.00

$0.00

$0.00

$0.00

$0.00

As a benchmark, BC Hydro also confirmed that the projected values set out in Table 2
above are within the range of values used by U.S. electric utilities in their resource
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planning. Table 3 below sets out the GHG adders used by various US electric utilities in
their planning and procurement processes. Additional detail concerning the ranges of
values used by US electric utilities is set out in Chapter 3 of the 2006 IEP.
Table 3
Entity
PacifiCorp.
PacifiCorp.
Public Service Company of
Colorado (PSCo)
PSCo
Northwest Power and
Conservation Council
Puget Sound Energy
Idaho Power Company
Avista Utilities
Portland General Electric
California Public Utilities
Commission

Process
IRP
RFP
RFP
IRP
IRP (Northwest Electric
Power and Conservation
Plan)
Least Cost Plan
IRP
IRP
IRP
Imputed cost for GHG
emissions that utilities must
use in developing long-term
resource plans

Cost Range (per tonne
CO2e, CDN $2005)
$9.28 - $46.43
$9.28
$11.80
$7.13 - $14.27
$4.90 - $14.71

$2.16 - $31.08
$16.61 - $66.48
$7.48 - $39.48
$13.51
$10.81 - $33.78

(b) Future Regulation Scenario

To accompany the five GHG emission reduction price forecasts, BC Hydro also applied
a regulatory scenario to account for expected future regulation of fossil fuel-fired
generation. For purposes of the 2006 IEP, it was assumed that fossil fuel-fired
generation facilities would be required to offset or reduce GHG emissions intensity to
0.36 tonnes of CO2e/MWh. Facilities with a GHG emission intensity of less than 0.36
tonnes of CO2e/MWh are assumed to not be subject to regulation. The 0.36 tonnes of
CO2e/MWh is the GHG intensity of a new combined cycle gas turbine facility. 1
Starting in 2013, the year after the end of the first Kyoto Protocol period, this assumed
regulatory standard drops for each future five year increment. The increasing stringency
over time assumes advances in the best available technology economically achievable
(BATEA) standard over time. It is also assumed that the BATEA standard will be

1

Report of the Electricity Project Team – Greenhouse Gas Allocation Subgroup (submitted to the
Alberta Provincial Government July 2004), p. 11.
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updated every five years to coincide with Canadian Environmental Protection Act’s five
year review periods.

(c) Incorporation Into Portfolio Modeling Process

For each portfolio analyzed, the PVs for each of the five GHG cost forecasts were
computed by summing up the portfolio cost and the GHG emission reduction costs from
each resource in the portfolio. The GHG emission reduction cost for each resource for
each year is estimated as follows:

1. Determine the GHG liability in each year.
a. The GHG emission intensity in excess of assumed GHG emission
intensity target is the GHG liability for the resource.
example: Coal fired facility GHG emissions ............0.855 tonnes/MWh
Facility GHG Intensity target ....................0.360 tonnes/MWh
Facility GHG Liability ................................0.495 tonnes/MWh

2. Convert the GHG liability to GHG emission reduction unit cost for each of the
five GHG cost scenarios.
a. The cost per MWh of generation based on the facility GHG liability and
the selected cost forecast.
example: Coal fired facility GHG Liability ................0.495 tonnes/MWh
Mid GHG cost forecast (2010)..................$15.00/tonne CO2e
Facility GHG unit cost...............................$7.43/MWh

3. Determine the GHG emission reduction annual cost.
a. The total cost for the year for GHG emission reductions based on facility
production and GHG unit cost.
example: Coal fired facility annual production .........500,000 MWh
Facility GHG unit cost...............................$7.43/MWh
Annual facility GHG cost ..........................$3,700,000/year
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Part 2 - Actions by U.S. states to address GHG regulatory risk

Oregon

In 1997, Oregon adopted House Bill 3283, which established CO2 emissions standards
for developers of new energy facilities. 2 The rules were updated in 2000 and apply to
base-load gas plants, non-base load power plants and non-generating energy facilities
that emit CO2. The rule requires new power plants to offset CO2 emissions 17% below
the most efficient combined cycle natural gas generation technology as a condition of
obtaining an operating permit. 3 Entities have two options to comply with this regulation.
They can: (1) implement projects to avoid, sequester or displace CO2 directly or through
a third party (projects must meet set criteria); or, (2) they may elect to pay a deemed
amount per ton of CO2 to The Climate Trust, a state-sanctioned non-profit entity
responsible with securing qualifying offsets. Current rates for CO2 offsets purchased
through The Climate Trust are $1.16/tonne (CDN) plus administrative costs in 2002. 4
The cost of an offset can be adjusted, but not by more than 50% in either direction
during any two-year period.

Washington State

On March 9, 2004, the Governor of Washington signed into law a bill that requires new
power plants with a capacity greater than 25 MW to offset 20% of their CO2 emissions
over a 30 year lifetime. The law also requires existing power plants that expand their
generating capacity by at least 25 MW, or increase their CO2 emissions by 15% or more,
to offset 20% of their CO2 emissions over a 30 year lifetime. The law requires that
affected plants offset 20% of their projected CO2 emissions based on a 30-year project
life and 60% operating capacity. 5 The Washington State rule is modeled largely on the
Oregon CO2 offset rule described above. In order to achieve compliance, applicants
would have the option of paying $1.99 (CDN) per tonne per offset to a qualified
2

http://www.energy.state.or.us/climate/3283b.htm.
http://www.energy.state.or.us/climate/ccnewst.pdf.
4
The rate for CO2 offsets purchased through the Climate Trust is $0.85/short ton CO2 +
administrative costs (http://www.oregon.gov/ENERGY/SITING/docs/ccnewst.pdf). This price per
short ton was converted into a price per tonne, and then was from $US to $CDN using an
exchange rate of US $1 = CDN $1.244.
5
http://www.leg.wa.gov/pub/billinfo/2003-04/House/3125-3149/3141-s_pl_03102004.txt
3
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organization. 6 Alternatively, applicants could directly invest in or undertake mitigation
projects to meet the 20% offset requirement. Companies could also apply carbon credits
purchased on the market towards complying with their offset requirements. Credits must
be “real, verified, permanent and enforceable” and be approved by the state’s Energy
Facility Site Evaluation Council.

California

California announced new GHG emission reduction targets on June 1, 2005, which call
for a reduction of GHG emissions to 2000 levels by 2010, a reduction of emissions to
1990 levels by 2020 and a reduction of GHG emissions of 80% of 1990 levels by 2050.

In a December 2004, the California Public Utilities Commission (PUC) adopted a
policy requiring utilities to use an imputed cost for GHG emissions in developing
long-term resource plans. The policy requires that the state’s largest utilities
(Pacific Gas & Electric, Southern California Edison Company and San Diego Gas
& Electric) apply a GHG adder of CDN $10.81 to $33.78 per tonne to fossil prices
bid into future procurement starting in 2007. 7,8

Utilities must justify the value within that range that they choose until the PUC adopts a
single value. 9 The PUC’s decision notes that the adder will be used to evaluate the cost
to customers of different resources and thereby to aid in the selection of resources,
but will not change prices. 10

6

The rate for CO2 offsets in Washington is set at US $1.60/tonne CO2. This price was converted
from $US to $CDN using an exchange rate of US $1 = CDN $1.244.
7
California Public Utilities Commission, Decision 04-12-048, 16 December 2004,
http://www.cpuc.ca.gov/WORD_PDF/FINAL_DECISION/43224.PDF;
Natural Resources Defense Council (NRDC) internal memorandum, 22 December 2004,
http://www.fypower.org/pdf/NRDC_GHG.pdf.
8
The price range for the GHG adder was US $8 to $25 per short ton CO2 in 2004 dollars. This
price per short ton was converted into a price per tonne, and was then converted from $US to
$CDN using an exchange rate of US $1 = CDN $1.19. Lastly, the prices were converted from
2004 dollars to 2005 dollars based on the U.S. consumer price index.
9
NRDC, 2004, op. cit.
10
Ibid.
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Montana

In 2003, the Montana Public Service Commission adopted Default Electric
Supplier Procurement Guidelines. 11 The Guidelines provide a framework for
default supply utilities (DSUs) to consider resource needs in the procurement
process. They also provide a basis for Commission review and assessment of
the prudence of a DSU's planning and procurement actions. DSUs are instructed
to obtain and consider recommendations from an advisory committee in their
planning and procurement process. They also must use modeling and analysis to
evaluate, manage and mitigate risks relating to future environmental regulations
or taxes on emissions of CO2, mercury and criteria pollutants. No specific GHG
price adder is proposed in the Guidelines.
Other U.S. States

In addition, a number of other U.S. states have been moving ahead with GHG emission
regulation. Some of the most significant and recent developments include:
•

New York’s State Energy Plan calls for the reduction of the state’s CO2
emissions to 5 percent below 1990 levels by 2010 and to 10 percent below those
levels by 2020.

•

New England governors and the eastern Canadian premiers issued a Climate
Change Action Plan in August 2001, calling for the reduction of GHGs to 10
percent below 1990 levels by 2020. A Regional Greenhouse Gas Initiative
involving nine northwest states is working on developing a cap-and-trade marketbased emissions trading program which will be aimed at electric power
generators.

•

Massachusetts and New Hampshire have requirements for power plants (new
and/or existing) to reduce or offset their CO2 emissions.

•

Eighteen states (Arizona, California, Colorado, Connecticut, Iowa, Maine,
Maryland, Massachusetts, Minnesota, Hawaii, Nevada, New Jersey, New

11

Administrative Rules of Montana, Utility Division, Sub-Chapter 82, Default Electric Supplier
Procurement Guidelines, 31 December 2003,
http://www.psc.state.mt.us/eDocs/AdministrativeRulesandNotices/
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Mexico, New York, Pennsylvania, Rhode Island, Texas and Wisconsin) have
adopted renewable portfolio standards that require electric power companies to
use increasing percentages of electricity produced from renewable sources.

As well on August 1, 2005, 174 cities have signed on to a U.S. Mayors Climate
Protection Agreement, which calls for federal and state governments to meet or exceed
U.S. Kyoto Protocol targets and taking action at the city level to reduce GHG emissions.
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ATTACHMENT 1

DEPARTMENT OF THE ENVIRONMENT
CANADIAN ENVIRONMENTAL PROTECTION ACT, 1999
Notice of intent to regulate greenhouse gas emissions by Large Final Emitters
The Notice of Intent to Regulate Greenhouse Gas Emissions by Large Final Emitters outlines
how the federal government plans to implement its climate change policy with respect to
greenhouse gas (GHG) emission reductions by Large Final Emitters (LFEs).
The working assumption is that the proposed regulations would be developed under Parts 5 and
11 of the Canadian Environmental Protection Act, 1999 (CEPA 1999). The Minister of the
Environment would be the responsible Minister, and the proposed regulations would be
administered by Environment Canada.
The key elements of the proposed regulatory approach are the following:
— Partnership between the federal government and provinces and territories on
(a) the broad policy outcomes and objectives of the LFE system;
(b) the detailed design of the system through development of the proposed regulations and
equivalency agreements through a national process; and
(c) longer-term LFE targets (beyond 2012).
— Engagement with the industry, environmental non-governmental organizations (ENGOs), and
other stakeholders on the design of the system as the proposed regulations are developed.
— Maximum use of equivalency agreements, in such a way as to ensure national consistency
while allowing for a single regulator in any given jurisdiction, if desired.
Summary of notice of intent
To achieve significant reductions in greenhouse gases over the long term, the Canadian
economy needs to begin the transformation to low-carbon technologies while maintaining strong
economic growth. Achievement of this goal requires a policy approach that seeks to attain the
highest level of environmental quality as a means to enhance the health and well-being of
Canadians and preserve Canada's natural environment, while advancing Canada's long-term
competitiveness.
It also implies a focus on the positive economic impacts of such a transformation, including
technological advances and innovation and innovative market mechanisms, as a way to achieve
the environmental goals while encouraging economic growth and supporting the competitiveness
of Canadian industry.
Implementation of the Large Final Emitter System, as described in the Government's April 2005
Climate Change Plan, is an initial step in this longer-run transformation of the economy. The
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Government's working assumption is that Parts 5 and 11 of CEPA 1999 would provide the
legislative basis for the regulations necessary to implement the LFE system.
This Notice of Intent is a statement of the policy goals that the Government intends to use to
guide the design and implementation of the Large Final Emitter System under CEPA 1999.
•
•
•
•
•
•
•
•
•
•
•
•

•
•

A key element is partnership with provinces and territories.
This partnership includes the maximum use of equivalency agreements, in order to
ensure national consistency of the mandatory emission intensity targets, but allows for a
single regulator in any given jurisdiction, if desired.
Consultations on the development of the proposed regulations will be based on current
practices, which will include consulting with the CEPA National Advisory Committee
(CEPA NAC).
The CEPA 1999 Five-Year Review would provide an opportunity to make legislative
changes that would complement the development and implementation of the proposed
LFE regulations.
Targets would be based on sectoral emissions intensity.
Proposed longer-term targets would be determined by the Government, in partnership
with provinces and territories and in consultation with the industry, ENGOs, and other
stakeholders.
Proposed emissions intensity targets for activities carried out in new large facilities and
major transformations or expansions of existing facilities would be based on best
available technology economically achievable.
Proposals for the treatment of emission reductions resulting from clean energy, demandside management, and co-generation are under development.
Consideration will be given to establishing minimum emissions thresholds for companies
(and, possibly, facilities) to ensure the regulatory burden is commensurate with the
environmental benefits to be achieved.
Companies would have several options for meeting their targets: reducing their own
emissions; paying into a recognized technology investment fund; or purchasing domestic
offset credits or international credits, including "greened" international credits.
A price assurance of $15/tonne of carbon dioxide equivalent would be available for the
2008–2012 period.
The federal government would work towards developing a policy not to seek a penalty
greater than $200 per excess tonne of emissions unless circumstances dictate otherwise,
or to recommend that the Governor in Council designate excess emissions as a
contravention under the Contraventions Act with a $200 fine per excess tonne.
Monitoring, quantification, and reporting requirements would be implemented to ensure
transparency and accountability and would build on the existing federal-provincial
National Reporting Steering Committee process.
The proposed LFE regulations would be fully consistent with the various commitments
that have been made by the federal government to the industry, including existing
memoranda of understanding regarding emission targets that have been signed with
several industry associations and companies.

Key elements
1. Regulatory development under CEPA 1999
1.1 Development of the LFE regulations
The working assumption is that Parts 5 and 11 of CEPA 1999 would provide the legislative basis
for the implementation of the LFE regulations. This would enable a nationally consistent approach
to implementing the targets and the establishment of an emissions trading system. A condition
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precedent of regulating under Part 5 is that greenhouse gases be added to the list of substances
in Schedule 1 to the Act, based on the criteria set out in section 64. International science clearly
demonstrates that greenhouse gases meet the second criterion for listing, namely that they
"constitute or may constitute a danger to the environment on which life depends." This conclusion
is supported by a synthesis report prepared by Environment Canada. The report (available on the
Internet at www.ec.gc.ca/CEPARegistry/default.cfm) considers the science contained in the Third
Assessment Report of the Intergovernmental Panel on Climate Change (IPCC) in the context of
CEPA 1999.
The development of the LFE regulations would take place in partnership with provinces and
territories. The Government intends to have the regulations in force before January 1, 2008, the
beginning of the Kyoto Protocol commitment period. The development of the regulations would
involve a number of stages (see Annex 2), where interested stakeholders would have several
specific opportunities to provide comments.
As part of the development of the proposed LFE regulations, the Government would continue
sectoral discussions with industry on implementation of emission intensity targets, building on
previous discussions. In addition, the Government would hold additional consultations with
industry, ENGOs, and other stakeholders on cross-cutting issues such as implementation of
BATEA standards, minimum emissions thresholds, trading issues and implementation of the $15
price assurance.
The consultation process would be based on current practice for consultations on regulations,
which include consulting with the CEPA National Advisory Committee.
The Ministers of the Environment and of Health would recommend to the Governor in Council that
an order be made to add greenhouse gases to Schedule 1 to CEPA 1999. There would be a
mandatory 60-day comment period on this proposal following its publication in the Canada
Gazette, Part I. By the end of 2005, the final order in council to add greenhouse gases to
Schedule 1 could be published in the Canada Gazette, Part II.
Elements of the proposed regulatory framework could be published in fall 2005. The development
of regulations related to reporting and quantification would take place in close coordination with
the federal-provincial and stakeholder process already in place for quantification and reporting. It
is envisaged that at least part of the regulatory package would be recommended no later than
early 2006 for publication in the Canada Gazette, Part I, with a 60-day comment period.
1.2 Partnership with provinces and territories
Under CEPA 1999, the federal government recognizes the importance of endeavouring, in cooperation with provinces, territories, and aboriginal peoples, to achieve the highest level of
environmental quality for all Canadians. The Government would work on the development of the
proposed LFE regulations through a full partnership with provinces and territories and in
consultation with industry, ENGOs, and other stakeholders, building on work that has already
been done over the past two years.
1.3 Equivalency and administrative agreements under CEPA 1999
As part of this partnership, the Minister of the Environment would seek to develop equivalency or
administrative agreements with interested provinces and territories, as allowed for under sections
9 and 10 of CEPA 1999.
A key objective would be to ensure national consistency of the mandatory emission intensity
targets. National consistency is necessary to protect competitiveness among Canadian industry
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by avoiding a patchwork of different regulations being applied to the same industry sectors and to
ensure an effective emissions trading regime.
Where provinces or territories are interested, work on both the equivalency agreement and the
regulations under CEPA 1999 could take place in parallel such that the federal regulations would
never be applied, but the provincial instrument designed to achieve the same outcome would take
effect on the same day that the federal regulations would have come into force. Equivalency
agreements under CEPA 1999 could also be negotiated after the federal regulations have come
into effect.
Preliminary discussions on the development of the regulations and equivalency agreements with
interested provinces or territories would begin in summer 2005.
Administrative agreements could also be negotiated with interested provinces and territories to
provide more efficient implementation of the regulations, including a "one-window" approach for
regulatees.
Any equivalency or administrative agreement under CEPA 1999 would be developed and agreed
to by the federal Minister and the provincial Minister. The agreement would be published in the
Canada Gazette, Part I, for a 60-day comment period, and the Minister would publish a report
that summarizes how any comments or notices of objection were dealt with. Once the agreement
had been finalized, it would be published in the Canada Gazette, Part I. In the case of
equivalency agreements, an order would also be published in the Canada Gazette, Part II,
declaring which of the proposed regulations under CEPA 1999 do not apply.
1.4 CEPA review
The timing for the publication of and consultations on the proposed regulations coincides well with
that of the CEPA 1999 Five-Year Review. CEPA 1999 has been referred to the Standing
Committee on Environment and Sustainable Development for the mandatory five-year review.
The Review provides Parliament with the opportunity to evaluate the implementation of the Act
over the past five years and to propose any changes it feels may increase the Act's effectiveness
and efficiency. The Review also provides provinces and territories, industry, ENGOs and other
interested citizens with the opportunity to provide advice on how to improve the Act.
Once the Committee begins the Review, it will have one year before it is required to report back
to Parliament. The Government will then have 120 days in which to respond to the Committee's
report. Potentially, the LFE regulations could be finalized within the same timeframe.
2. Proposed emissions intensity targets
The proposed LFE regulations would prescribe specific emission intensity targets for industrial
activities in each LFE sector. Emission intensity targets define an allowed amount of greenhouse
gas emissions (in carbon dioxide equivalency) per unit of output, where output is defined
according to sector.
The definition of covered activities and the corresponding emission intensity targets have been
the focus of extensive consultations with industry and other stakeholders over the past two years.
These consultations will continue as the proposed regulations are finalized.
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2.1 Targets for existing facilities
The proposed LFE regulations would define targets for existing facilities for the 2008–2012 period
only.
Targets for covered activities carried out in existing facilities would be based on a percentage
reduction in emissions intensity relative to the 2010 business-as-usual forecast. The calculation of
the target would be based on the following:
•
•

Fixed process emissions—those caused by a fixed chemical reaction and that cannot be
reduced with existing technologies—would receive a 0 percent reduction target during the
2008–2012 period.
All other covered emissions would receive a 15 percent emission intensity reduction
target relative to the 2010 business-as-usual projections, subject to the limit that the
targeted reductions from these other emissions could not exceed 12 percent of total
covered emissions for a given sector.

Targets would generally not vary from facility to facility within a sub-sector. This implies that a
company that had invested early to reduce the emissions intensity of a facility would receive an
advantage relative to its competitors. In some cases, the targets would be determined by the
application of a single formula to different facilities, thereby accounting for factors such as
resource-specific operational factors.
Within any LFE sector, not all emissions would be covered by the LFE regulations; for example,
some transportation emissions might not be covered. If an LFE company succeeded in reducing
those uncovered emissions, it could potentially receive credits under the offsets program for
those reductions. It could then use those offset credits against its LFE target or sell them on the
market.
2.2 Best-available-technology targets for new facilities
In order to achieve the environmental goal of greenhouse gas emission reductions and to
promote sustainable development over time, as well as to encourage technological advances and
innovation and the application of the lowest emissions intensity technology economically
achievable, emission intensity targets for new large facilities and existing facilities undergoing
major transformations or expansions would be based on Best Available Technology Economically
Achievable (BATEA) performance standards. The regulations would not require that specific
technology be installed, but would require that targets based on BATEA be met. A method for
establishing BATEA-based targets for new small facilities could also be explored.
This approach recognizes that there can be environmental and economic benefits if a capital
stock life-cycle approach is taken to achieve greenhouse gas emission reductions. Such an
approach can be more effective in achieving the environmental goal, while being less costly to
industry. It also recognizes that new facilities may have greater greenhouse gas emission
mitigation potential than existing facilities, due to the former's greater access to new technology.
The Government would establish BATEA-based targets, taking into consideration any
equivalency or administrative agreement under CEPA 1999. The BATEA standards would be
developed in partnership with provinces and territories, and in consultation with industry and
ENGOs.
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An LFE Technology Board could be established with representation by industry, technology
specialists, and ENGOs to oversee and provide advice on the BATEA-based targets for the
various sub-sectors in the LFE system.
Determination of the BATEA-based targets for new facilities and major expansions could be
informed by a number of methods:
•
•
•

by reference to international benchmarking standards;
by reference to best practices approved in a multi-stakeholder process or provincial
regulatory process; or
by other approaches, as developed by an LFE Technology Board.

Regardless of the process, the BATEA-based targets for new facilities would reflect the
continuous improvement over time in emissions intensity performance through new technology
and innovation.
It is proposed that the BATEA-based targets, as defined by the proposed regulations, be made
applicable for at least 10 years. Implementation of the BATEA approach to major expansions will
require further consultation. The exact period of applicability would be determined in consultation
with provinces and territories, industry, technology specialists, and ENGOs. At the end of this
period, a facility that had been operating under the BATEA-based target would become an
"existing facility" for purposes of the regulations and would receive the corresponding emission
intensity targets. These targets would be developed in partnership with provinces and territories
and in consultation with industry and ENGOs.
BATEA-based targets could be based on industry standards from a specific year, for example,
2000 or 2002.
2.3 Longer-term targets
Targets for the period beyond 2012 would be determined by the Government in partnership with
provinces and territories, and in consultation with industry, ENGOs, and other stakeholders.
Possible criteria that could be used to determine specific longer-term targets include the most
current scientific evidence; consistency with long-term national climate change objectives and
energy policy, aim to make Canadian industry best-in-class; Canada's international obligations;
and recognition of sectoral capabilities, relative compliance costs and other competitiveness
considerations.
2.4. Co-generation
Co-generation raises issues and adds complexities because it straddles two activities: electricity
generation and the production of heat. The division of co-generation facility emissions between
power and heat and the setting of LFE targets for the electricity generated and the heat
production activity would be designed to ensure that the appropriate incentives are given to cogeneration use. Co-generation outside the LFE system could be eligible for offset credits.
2.5 Clean energy and demand-side management
An output-based, or emissions intensity, approach to target setting by definition does not penalize
growth in output or reward a decline in output. In the case of thermal electricity generation,
however, this means that the LFE system provides only a limited incentive to replace fossil-fuel
based generation by clean energy or by demand-side management (DSM). As a result, emission
reductions from clean energy use or demand-side management need to be addressed through
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the offsets system as a complement to the LFE system. Options for the best way to account for
such emission reductions in the domestic offset system are under development and will be
consulted on.
For treatment of clean energy, DSM, and non-LFE co-generation in the offsets system, a start
date would need to be chosen. Eligibility criteria for offset credits would need to be developed.
That start date should reflect the start date for the offsets system more generally, as well as other
considerations, such as the base year for eligibility for BATEA-based targets.
2.6 Minimum emission thresholds
The costs associated with the quantification and reporting of greenhouse gas emission reductions
and complying with reduction obligations by relatively small companies within the LFE sectors
should be considered in relation to the environmental benefits derived from reduced greenhouse
gas emissions from these companies. For small emitters, identifying these companies and
monitoring their emission and compliance reports could be administratively burdensome for
Government, imposing a large cost for relatively small additional amounts of greenhouse gas
reductions.
Therefore, in order to minimize the regulatory burden on Government and smaller companies,
consideration would be given to the establishment of minimum thresholds of annual greenhouse
gas emissions that a company (or possibly facility) must exceed in order to be covered by the
proposed LFE regulations. Among other issues to be explored are whether minimum emissions
thresholds could vary by sector or whether a single minimum emission threshold for all LFE
sectors should be used. The Government would explore how best to establish minimum emission
thresholds with provincial and territorial regulators and in consultation with industry, ENGOs, and
other stakeholders.
3. Flexible compliance options
LFEs would have several options to meet their legal obligations under the proposed LFE
regulations. They could reduce their own emissions through abatement action, such as energy
efficiency measures or improved energy management systems. Where their emission intensity
after such actions is still above their targets, companies would have to remit to the Government
compliance units equal to the difference. Compliance units, or credits, will be, for the most part,
tradeable units that companies would be free to buy and sell in the carbon market. Companies
that achieve an emissions intensity below their targets would receive credits from the
Government that could be banked or sold. The proposed emissions intensity target system would
therefore give rise to a form of "baseline-and-credit" emissions trading system.
LFE companies would be able to use the following types of compliance units under the proposed
LFE regulations:
•
•
•
•

credits from other LFE companies that have done better than their emission intensity
targets;
domestic offset credits;
Technology Investment Units (see below); and
International Kyoto units, including credits from Clean Development Mechanism (CDM)
and Joint Implementation (JI) projects and "greened" Assigned Amount Units (AAUs).

LFE companies would be able to acquire domestic offset credits or CDM or JI credits through
either direct investment in qualifying projects or by purchasing the credits in the carbon market.
Companies would also be able to purchase surplus credits from other LFE companies and
"greened" AAUs. LFE companies would also be able to obtain non-tradeable Technology
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Investment Units through contributions made to the proposed Greenhouse Gas Technology
Investment Fund or through other qualifying contributions to a technology investment vehicle.
In addition to these sources of compliance units, the Government would implement, if required, a
"price assurance mechanism" to ensure that LFE companies would be able to meet their
regulatory obligations at a cost of no more than $15/tonne for the period 2008–2012.
3.1 Emissions trading system
It is expected that the LFE regulations and the domestic offset system would create the
conditions for the emergence of a carbon, or emissions trading, market. Market participants would
include companies covered by the proposed LFE regulations. The larger the market, the greater
the opportunity to find low-cost carbon units that could be used for compliance. Hence, the
Canadian market would be open to individual Canadians, brokers, and other levels of
government. For example, proponents of domestic offset projects would be able to sell their
credits to LFE companies or to other buyers, such as the Government's proposed Climate Fund,
through the Canadian carbon market.
In addition, the Canadian market could link to the international carbon market established under
the Kyoto Protocol and other regional markets.
The Government would set the basic rules regarding the creation of the traded commodity and its
use for compliance purposes; however, it is expected that the actual emissions trading
infrastructure, including any "carbon" exchanges that may be established, would be established
by the private sector.
The Government would establish an electronic tracking system to act as the official record of
carbon unit transactions and use of the units for compliance purposes by LFE companies.
Anyone wishing to participate in the Canadian carbon market would be required to hold an
account in the tracking system. The tracking system would record ownership, and any transfers of
ownership, of the units.
3.2 Technology investment for compliance purposes
Allowing LFEs to meet part of their compliance obligations through contributions to qualifying
technology investment vehicles would increase compliance flexibility while encouraging additional
investment in technology and infrastructure that could reduce future greenhouse gas emissions
and help the transformation to a low-carbon economy. The proposed LFE regulations would set
out the conditions under which contributions to technology investment may qualify for compliance.
One vehicle is the Greenhouse Gas Technology Investment Fund (TIF) created in the Budget
Implementation Act, 2005. The TIF would be set up as an account in the accounts of Canada.
Grants and contributions would be made for research into, or the development or demonstration
of, technologies or processes intended to reduce greenhouse gas emissions from industrial
sources or to remove greenhouse gases from the atmosphere in the course of an industrial
operation. In addition, elements of the infrastructure necessary to support research into, or the
development or demonstration of, those technologies or processes could be funded by the
proposed TIF.
The Governor in Council would appoint an advisory board, which would make recommendations
to the Minister of Natural Resources on any issue related to the making of grants or contributions.
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Under the Act, "Technology Investment Units" would be created in exchange for contributions
made to the proposed TIF from 2008 forward. The rate of contribution would be set by the
Minister of the Environment through regulations under the Greenhouse Gas Technology
Investment Fund Act; the Government would consult on the appropriate contribution rate. For the
first commitment period, the maximum rate of contribution would not be more than $15.
Technology Investment Units could be used only by LFEs for compliance purposes; they would
not be tradeable.
Alternative investment vehicles to the TIF are possible and are envisaged in the Greenhouse Gas
Technology Investment Fund Act. One such vehicle that has been suggested is the Energy
Innovation Network. Any such vehicle would need to meet certain conditions, including that it be
national in scope.
One of the principles that should guide the implementation of the technology development option
is that sectors should benefit from technology development funds in proportion to their
contribution to those funds.
In total, contributions to technology investment may not count for more than 9 Mt of compliance in
any given year.
3.3 Price assurance
The Government intends to keep its commitment to cap the cost of compliance to $15/tonne for
the 2008–2012 period. In the event that technology contributions exhaust the 9 Mt limit, there
would be the need for an additional mechanism to deliver this commitment. There are a number
of options that will be explored for implementing this commitment, including the issuance of
special credits, payment into a fund at a rate of $15, and a rebate on verified costs that exceed
$15. The choice of which option to implement should take into account criteria such as
effectiveness, fiscal prudence, and incentives for appropriate fiscal management by LFE
companies. The Government will consult with industry, ENGOs, and other stakeholders on the
most appropriate mechanism.
4. Compliance assessment and infrastructure
4.1 True-up provisions
Truing-up involves the comparison of a company's actual emission intensity with its target.
Companies that emit above their target would be required to surrender sufficient compliance units
to cover their exceedance. Companies that emit less than their target would receive credits from
the Government that they could either bank or sell to other companies.
True-up would occur annually. Compliance details would be set in regulations. One option is that
companies would be required to report their emissions and other needed data by June 30 of the
year following the year of assessment (for example, 2008 emission intensities could be required
to be reported by June 30, 2009). The Government would then use these data to assess a
company's compliance with its target and would report back to a company whether it has met its
target or not by September 30. Companies could then have a three-month period (to December
31) for true-up.
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4.2 Mergers and acquisitions
Mergers and acquisitions that result in changes in facility operators have implications for reporting
and compliance obligations of the parties to the merger or acquisition. The proposed regulations
would have rules to determine which party carries the reporting obligation and compliance
liability. Two approaches are under consideration:
•

•

The acquiring company would be responsible for reporting the emissions and production
data for the period it operated an acquired facility or facilities. It would also be responsible
for truing up to its target for this period. The company that disposed of a facility or
facilities during the compliance year would remain obliged to report its production and
emissions data for the time that it was the operator of the facility and would be
responsible for truing up to its target during this time; or
The operator of record as of December 31 would be responsible for reporting the
emissions and production data for the full calendar year. It would also be responsible for
truing-up to its target for the full year. The parties to the transaction leading to the change
in ownership and operator would make their own contractual arrangements to divide up
the compliance liability or credit.

4.3 Penalties
The federal government would work to develop a policy not to seek a penalty of greater than
$200 per excess tonne of emissions unless circumstances dictate otherwise or to recommend
that the Governor in Council designate excess emissions as a contravention under the
Contraventions Act with a $200 fine per excess tonne.
Penalties for fraud, including deliberate misreporting, and other criminal offences would be
treated under CEPA 1999 and existing legislation covering such actions.
4.4 Quantification, monitoring and reporting
In addition to the credit tracking systems referred to earlier, the environmental and economic
integrity of the system will require rigorous monitoring and reporting requirements for emissions
and output.
Federal, provincial and territorial governments, through the National Steering Committee on
Reporting (NSCR), in consultation with stakeholders, including the Stakeholder Advisory
Committee on Reporting, are working to develop a single, harmonized system for mandatory
reporting of greenhouse gas emissions and related information, including the specification of
quantification protocols, using internationally accepted protocols where possible. The
development of the LFE regulations with respect to quantification and reporting would be
undertaken in close consultation with this process.
With respect to public reporting, guidelines are being developed by the NSCR in consultation with
industry and other stakeholders for the "one-window" greenhouse gas reporting system. Sections
51 and 313 of CEPA 1999 would apply, in that any person who provides information under the
mandatory reporting system can request in writing that such data not be released on grounds that
they would reveal proprietary business, competitive or trade secret information about a specific
facility, technology or corporate initiative. Access-to-information requests to the Minister of the
Environment for such unreleased confidential data would be governed by the Access to
Information Act and Privacy Act, which also afford protections to personal and confidential
business information.
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5. Prior policy commitments
The proposed LFE regulations would be fully consistent with the various commitments that have
been made by the federal government to industry (see Annex 1 for details), including
commitments made through existing memoranda of understanding regarding emission targets
that have been signed with several industry associations and companies.
Public comment period
Any person may, within 60 days of publication of this notice, file with the Minister of the
Environment comments with respect to this proposal. All comments must cite the Canada
Gazette, Part I, and the date of publication of this notice and be sent to Dr. Leigh Mazany, Senior
Policy Advisor, Greenhouse Gas Reductions Directorate, Environment Canada, 155 Queen
Street, Suite 200, Ottawa, Ontario K1A 0H3, (613) 996-5387 (telephone), (613) 995-3663 (fax).
ANNEX 1
Government Commitments on the Large Final Emitters System

2002 Climate Change Plan

2005 Plan

55 Mt reduction target for 2008–
2012

45 Mt reduction target for
2008–2012
Fixed process emissions
receive a 0% reduction target.
All other emissions will receive
a 15% target, subject to the
limit that the target reductions
from these other emissions as
a percent of total emissions will
not exceed 12% of total
emissions.

Access to emissions trading,
domestic offsets, and international
permits

LFE companies can trade
emission reductions that go
beyond their regulated
standard. They also have
access to CDM and JI credits,
"greened" international permits
(AAUs), and domestic offsets.

Emissions-intensity approach

Emissions-intensity approach

Special provision for early action,
competitiveness and capital stock
turnover through covenants

Dealt with through target
approach described above and
emissions intensity targets

Letter from Minister Dhaliwal to
CAPP, December 2002
$15/tonne price cap

$15/tonne price cap

Emission intensity targets for oil
and gas sector will not be more

Delivered through target
approach described above
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than 15% below projected BAU
emission intensity levels for 2010.
Letter from Prime Minister
Chrétien to CAPP, July 2003
Dealt with through targetPost-2012 emission reduction
targets will not make Canadian oil setting process described
and gas production uncompetitive, above
and industry will be consulted on
the technical feasibility and
economic impacts of targets for the
period post-2012.
The Government will seek the most
efficient means of implementing
climate change policies, drawing on
existing reporting and regulatory
processes where appropriate; it will
promote harmonized policies with a
single efficient, federalprovincial/territorial harmonized
reporting, verification and policy
enforcement system where
feasible.

The proposed approach is
based on maximizing
efficiencies, using existing
reporting and regulatory
processes, and using
provincial equivalencies where
possible. A harmonized
reporting and verification
system with provinces and
territories has been set up and
a Phase 1 implementation
stage is underway.

Equitable treatment of all sectors
will continue to guide policy post2012.

Delivered through proposed
approach to longer-term targetsetting

The "business-as-usual" reference Will be reflected in regulations
for intensity targets will take into
account future federal
environmental regulations so as to
avoid imposing a "GHG penalty" on
mandated actions to improve
environmental performance.
Emissions targets for new projects
will be based on targets for existing
best-practice facilities using similar
technologies and will be locked in
for up to ten years from first
production.

Targets for new large facilities
will be based on best available
technology economically
achievable (BATEA); targets
will be set in regulation,
thereby providing maximum
possible certainty.

Delivered through trading
Emissions below targets will
mechanism and technology
generate credits that can be
investment fund
banked or transferred. Offset
options will include offsets
generated by reductions in other
facilities of the operator, qualifying
domestic and international offsets,
and exercising the $15/tonne price
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assurance through 2012.
Methods will be developed to
integrate into the compliance
options an incentive to increase
qualifying R&D to reduce carbon
intensity.

Delivered through Technology
Investment Fund

Delivered through standard tax
Costs incurred to comply with
emission targets and that represent treatment
a cost to earned income will be
treated consistently with other
comparable operating and capital
expenses by the tax system.
ANNEX 2
Proposed Process for the Implementation of the Regulatory Framework for the Large Final
Emitters System
The development of the proposed LFE regulations would take place over the next two years. The
Government intends to have the regulations come into force before January 1, 2008, the start of
the Kyoto Protocol commitment period. The development of the proposed LFE regulations would
involve the following stages. Interested stakeholders would have specific opportunities to provide
comment. In addition, the Government will continue to work with provinces and territories and to
consult with industry, ENGOs, and other stakeholders on specific elements of the proposed LFE
regulations.
1. Publication of the Notice of Intent to regulate greenhouse gas emissions by Large Final
Emitters.
2. Concurrent publication of the science assessment on the CEPA Registry.
3. Publication in the Canada Gazette, Part I, of the proposed Order in Council to add greenhouse
gases to Schedule 1 of CEPA 1999.
4. Public consultations on discussion papers on elements of the regulatory framework.
5. Publication of the final Order in Council in the Canada Gazette, Part II, to add greenhouse
gases to Schedule 1 of CEPA 1999.
6. Publication of proposed LFE regulations in the Canada Gazette, Part I.
7. Publication of final LFE regulations in the Canada Gazette, Part II.
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réglellentaires Ie ) 2 janvier 2005, et au moins tous les deux mercredis par la
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Part II of the Canada Gazette contains all "regulations" as defined in the
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and documents required to be published therein. However, certain regulations

textes réglememaires et de documents qu'il est prescrit dy publier.

and classes of regulations are exempted from publication by section 15 of the
Statl/tory Instruments Regl/lations made pursuant to section 20 of the

Cependant, certains règlements et catégories de règlements sont soustraits à la
publication par larticle 15 du Règlement Sill' les textes réglementaires, établi
en vertu de larticle 20 de la Loi .Illi' le.ç textes réglementaires.

Instruments Act on January i 2, 2005, and at least every second Wednesday

Statl/tory Instruments Act.

The Canada Gazette Part II is available in most libraries for consultation.

La Partie II de la Gazette dl/ Canada est Ie recueil des (( règlements "

On peut consulter la Gazette dii Canada Partie II dans la plupart des
bibliothèques.

For residents of Canada, the cost of an annuat subscription to the Canada

Pour les résidents du Canada, Ie prix de labonnement annuel à la Gazette

Gazette Par II is $67.50, and single issues, $3.50. For residents of other

dl/ Canada Partie II est de 67,50 $ et Ie prix dun exemplaire, de 3,50 $. Pour
les résidents dautres pays, Ie prix de labonnement est de 67,50 $US et

countries, the cost of a subscription is US$67.50 and single issues, US$3.50.
Orders should be addressed to: Government of Canada Publications, Public

Ie prix dun exempIaire, de 3,50 $US. Veuillez adresser les commandes à :

Publications du gouvernement du Canada, Travaux publics et Services

Works and Government Services Canada, Ottawa. Canada K i A OS5.

gouvernementaux Canada, Ottawa, Canada KIA OS5.
The Canada Gazette is also available free of charge on the Internet at

La Ga::.ette dii Canada est aussi disponible grtuitement sur Internet au

accessible in PDF (Portable Document

http://gazetteducanada.gc.ca. La publication y est accessible en format PDF

Format) and in HTML (HyperText Mark-up Language) as the alternate

(PoI1able Document Format) et en HTML (langage hypertexte) comme média

format.

substitut.

Copies of Statutory Instruments that have been registered with the Clerk of
the Privy Council are available, in both offcial languages, for inspection and
sale at Room 418, Blackburn Building, 85 Sparks Street, Ottawa. Canada.

Conseil privé sont à la disposition du public, dans les deux langues

http://canadagazette.gc.ca.

It
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Des exemplaires des textes réglementaires enregistrés par Ie greffer du

offcielles; pour examen et vente à la Pièce 418, Édifice Blackburn, 85, rue
Sparks, Ottawa, Canada.
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Enregistrement
DORS/2005-345

November 21, 2005

Le 21 novembre 2005

CANADIAN ENVIRONMENTAL PROTECTION ACT, 1999

LOI CANADIENNE SUR LA PROTECTION DE
L'ENVIRONNEMENT (1999)

Order Adding Toxic Substances to Schedule 1 to

Décret d'inscription de substances toxiques à

the Canadian Environmental Protection Act, 1999

l'annexe 1 de la Loi canadienne sur la protection
de I'environnement (1999)

P.c. 2005-2037 November 21,2005

C.P.2005-2037 Le 21 novembre 2005

Whereas, pursuant to subsection 332(I)" of the Canadian Environmental Protection Act, 1999', the Minister of the Environment

canadienne sur la protection de I'environnement (1999l, Ie

published in the Canada Gazette, Par I, on September 3, 2005,

ministre de lEnvironnement a fait publier dans la Gazette du

Attendu que, conformément au paragraphe 332(1)" de la Loi

a copy of the proposed Order Adding Toxic Substances to Sched-

Canada Parie I, Ie 3 septembre 2005, Ie projet de décret intitulé

ule 1 to the Canadian Environmental Protection Act, 1999, sub-

Décret dinscription de substances toxiques à I'annexe 1 de la Loi

stantially in the form set out in the annexed Order, and persons
were given an opportunity to file comments with respect to the
proposed Order or to file a notice of objection requesting that a
board of review be established and stating the reasons for the

canadienne sur la protection de I'environnement (1999), con-

objection;

forme en substance au texte ci-après, et que les intéressés ont
ainsi eu la possibilité de présenter leurs observations à cet égard
ou un avis d opposition motivé demandant la constitution dune
commission de révision;

And whereas, pursuant to subsection 90(I) of that Act, the

Attendu que, conformément au paragraphe 90(1) de cette loi, la

Governor in Council is satisfied that the substances set out in the
annexed Order are toxic substances;

gouverneure en conseil est convaincue que les substances visées

par Ie décret ci-après sont des substances toxiques,

Therefore, Her Excellency the Governor General in Council,

À ces causes, sur recommandation du ministre de lEnviron-

on the recommendation of the Minister of the Environment and
the Minister of Health, pursuant to subsection 90(1) of the Canadian Environmental Protection Act, 1999b, hereby makes the annexed Order Adding Toxic Substances to Schedule 1 to the Canadian Environmental Protection Act, 1999.

nement et du ministre de la Santé et en vertu du paragraphe 90(1)
de la Loi canadienne sur la protection de l environnement (1999l, Son Excellence la Gouverneure générale en conseil
prend Ie Décret dinscription de substances toxiques à I'annexe 1

de la Loi canadienne sur la protection de l environnement (1999),

ci-après.
ORDER ADDING TOXIC SUBSTANCES TO SCHEDULE 1
TO THE CANADIAN ENVIRONMENTAL
PROTECTION ACT, 1999

DÉCRET D'INSCRIPTION DE SUBSTANCES TOXIQUES
À L' ANNEXE 1 DE LA LOI CANADIENNE SUR LA
PROTECTION DE L'ENVIRONNEMENT (1999)

AMENDMENT

MODIFICATION

1. Schedule 1 to the Canadian Environmental Protection Act,
19991 is amended by adding the following after section 73:

l'environnement (1999i est modifiée par adjonction, après

1. L'annexe 1 de Ia Lai canadieiiie sur la protection de
l'article 73, de ce qui suit:

74. Carbon dioxide, which has the molecular formula CO2

74. Dioxyde de carbone, dont la formule moléculaire est CO2

75. Methane, which has the molecular formula CH4

75. Méthane, dont la formule moléculaire est CH4

76. Nitrous oxide, which has the molecular formula N20

76. Oxyde nitreux, dont la formule moléculaire est N20

77. Hydrofluorocarbons that have the molecular formula

77. Hydrofluorocarbures dont la formule moléculaire est
CnHxF(2n+2-x), où 0-cn-c6

CnHxF(2n+2-x) in which 0-cn-c6

78. The following perfluorocarbons:

78. Les hydrocarbures perfuorés suivants :

(a) those that have the molecular formula CnF2n+2 in which

a) ceux dont la formule moléculaire est CnF2n+2' où 0-cn-c7;

0-cn-c7; and

b) loctafluorocyclobutane, dont la formule moléculaire est

(b) octauorocyclobutane, which has the molecular formula C4Fg.

C4Fg.

79. Sulphur hexafluoride, which has the molecular formula SF6

79. HexafluofUre de soufre, dont la formule moléculaire est SF6

" S.c. 2004, c. 15. s. 3 I
b S.c. 1999, c. 33
1 S.c. 1999, c. 33

" L.c. 2004, ch. 15, aI1. 31
b L.c. 1999. ch. 33

1 L.c. 1999, ch. 33
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COMIG INO FORCE

ENTRÉE EN VIGUEUR

2. This Order comes into force on the day on which it is
registered.

2. Le présent décret entre en vigueur à la date de son enre-

gistrement.

REGULATORY IMPACT

RÉsuMÉ DE L'ÉTUDE D'IMPACT

ANALYSIS STATEMENT

DE LA RÉGLEMENT A TION

(This statement is not part of the Order.)

(Ce résumé nefait pas partie du décret.)

Description

Description

The purpose of this Order is the addition of the Greenhouse

Le décret a pour but dinscrire les gaz à effet de serre (GES)

Gases (GHGs) specified in the Kyoto' Protocol to the United
Nations Framework Convention on Climate Change to the Schedule I of the Canadian Environmental Protection Act, 1999 (CEPA

visés par Ie Protocole de Kyoto à la Convention-cadre des

1999):

Carbon dioxide (C02),

Nations Unies sur les changements climatiques à i' annexe I de

la Loi canadienne sur la protection de lenvironnement, 1999
(LCPE 1999) :
Dioxyde de carbone(C02),
Méthane (CH4),

Methane (CH4),

Nitrous oxide (N20),

Oxyde nitreux (N20),

Hydrofluorocarbons (HFCs),
Perfuorocarbons (PFCs),

Hydrofluorocarbures (HFCs),

Sulphur hexafluoride (SF6).

HexafluofUre de soufre (SF6).

Hydrocarbures perfuorés (PFCs),

Adding the six GHG substances to Schedule I enables the

L'ajout des six substances de GES à I'annexe i permet au gou-

Government to use a varety of preventive or control actions un-

vernement dutilser une varété de mesures de prévention ou de

derCEPA 1999.

contrôle en vertu de la LCPE (1999).

Background

Contexte

These six substances, or groups of substances, were included

Ces six substances ou catégories de substances, ont été incluses

within the Kyoto Protocol because they have significant global
warming potentials (GWPs), are long-lived and therefore of
global concern. Furthermore given historical emissions from anthropogenic sources, and the quantity of emissions expected over
the next century, they have the potential to contribute substantially to climate change. GHGs, upon being emitted to the atmos-

dans Ie Protocole de Kyoto parce qu'elles ont des potentiels de

phere, alter its composition, thereby affecting its chemical and

fois libérés dans I'atmosphère, en modifient la composition, ce
qui in flue sur ses propriétés chiffiques et physiques. Les propriétés radiatives des GES et Ie rôle qu'ils jouent dans Ie bilan éner-

physical properties. The radiative properties of GHGs, and the
role they play in the energy balance of the Earth are well estab-

lished. As a result of human activities, predominantly the com-

bustion of fossil fuels, the atmospheric concentrations of GHGs
have increased substantially since the onset of the industrial revolution. This has led to an enhanced greenhouse effect - or global
waring - and other climatic changes.
The Montreal Protocol on Substances That Deplete the Ozone
Layer and international science assessment processes were used
in the late nineteen-eighties to identify the specific Ozone Depleting Substances (ODSs) that posed the most risk of harm to the
stratospheric ozone layer, and these were subsequently added on
Schedule 1 of CEPA 1999. A similar process has been followed
to pursue adding the Kyoto Protocol's basket of GHGs (i.e. CO2,

CH4, N20, PFCs, HFCs and SF6) to Schedule I of CEPA 1999.
The Kyoto GHGs are those that pose the most risk of harm with
regard to climate change. The only other long-lived GHGs that
have contributed significantly to climate change over the past
century are the halocarbons - Chlorofluorocarbons (CFCs) and
Hydrochlorofluorocarbons (HCFCs) - which are already being
controlled under the Montreal Protocol.

réchauffement du globe (PRG) élevés, elles persistent pendant
longtemps dans i' atmosphère, et constituent donc une préoccupa-

tion mondiale. De plus, étant donné la quantité démissions prévue au cours du prochain siècle, elles ont Ie potentieI de contri-

buer substantiellement au changement climatique. Les GES, une

gétique de la Terre sont bien établis. Les activités humaines, et en
particulier la combustion des combustibles fossiles, ont entraîné
une augmentation substantielle des concentrations atmosphériques des GES depuis Ie début de la révolution industrielle. Cette
situation a conduit à une accentuation de I'effet de serre, doù un
réchauffement planétaire, et à dautres changements du climat.
Le Protocole de Montréal relatif à des substances qui appau-

vrissent la couche dozone et des processus dévaluation scientifique intemationaux ont été utilisés vers la fin des années 1980
afin de déterminer quelles substances appauvrissant la couche

d ozone (SACO) constituaient Ie plus grand danger pour la couche dozone stratosphérique, et de les ajouter par la suite à
I'annexe i de la LCPE (I999). On propose un processus semblable pour ajouter les GES visés par Ie Protocole de Kyoto (soit
Ie CO2, CH4, NP, les PFC, les HFC et Ie SF6) à i' annexe I de

la LCPE (1999). Les GES de Kyoto sont ceux qui posent Ie plus
grand risque en matière de changement climatique. Les seuls autres GES de longue durée qui ont contribué significativement au
changement climatique au cours du dernier siècle sont les halocarbures - chlorofluorocarbures (CFC) et hydrochlorofluorocarbures (HCFC) - qui sont déjà régis par Ie Protocole de Montréal.
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The Third Assessment Report of the Intergovernmental Panel

Le troisième rapport dévaluation du Groupe dexperts inter-

on Climate Change (lPCC T AR)1 provides the scientific basis for

gouvernemental sur lévolution du climat (TRE du GIEC)! fournit

the recommendation for adding the six GHGs identified in the
Kyoto Protocol to Schedule I of CEPA 1999. The IPCC has
concluded that the Earth's climate has already changed over
the 20th century, and that the waring, at least that of the Nort-

visés dans Ie Protocole de Kyoto à lannexe 1 de la LCPE (1999).

em Hemisphere, is likely unprecedented durng the past i 000 years.
They furter conclude that most of the waring of the past 50 years

is likely to have been due to increase emissions of GHGs from
human activities.

la base scientifique de la recommandation d ajouter les six GES
Le GIEC est arvé à la conclusion que Ie climat de Ia planète a
déjà changé au cours du 20e siècle, et que Ie réchauffement, du
moins dans lhémisphère Nord, n'a probablement pas eu de précédent dans les 1 000 dernières années. II a également conclu que
la majeure parie du réchauffement observé ces 50 dernières années est probablement imputable aux augmentations des concen-

trations de GES découlant des activités humaines.

The IPCC has also clearly demonstrated that the amount of fu-

ture global waring will be dependent on the amount of GHG
from human activity that is emitted in the future. The aggregate
quantity of emissions in the future will be influenced by development choices made by individual countries worldwide. In the
absence of GHG policy interventions, even the most optimistic
(i.e. lowest growth) emission scenarios indicate that atmospheric
temperature will increase over the next 100 years and beyond.
This warming of the Earh's atmosphere will be accompanied by
other climatic changes that wil impact on both the natural and
human systems of the Earth. Impacts are projected to become
increasingly negative the larger and more rapid the climate
change.

Le GIEC a aussi clairement montré que lampleur du réchauffement planétaire à venir dépendra de la quantité de GES
anthropiques qui sera émise dans lavenir. La quantité totale des
émissions dans Ie futur sera quant à elle régie par les choix de
développement faits individuellement par les pays du monde entier. En I'absence dinterventions stratégiques visant Ies GES,
même les scénarios démission les plus optimistes (autrement
dit, de la croissance minimum) indiquent que la température de
I' atmosphère montera encore au cours des 100 prochaines années

et au-delà. Ce réchauffement de I' atmosphère de la Terre sera
accompagné dautres changements du climat qui auront un impact
sur les systèmes tant naturels qu'humains de la planète. On prévoit que les impacts seront de plus en plus négatifs au fur et à

mesure que les changements climatiques deviendront de plus en
plus importants et rapides.
Implementing the "Plan for Honouring our Kyoto Commitment"

Mise en reuvre du (( Plan pour honorer notre engagement de
Kyoto ))

In "Project Green: Moving Forward on Climate Change - A
Plan

for Honouring our Kyoto Commitment,,2 (www.climatechange.

gc.ca) the Government has laid out a comprehensive strategy for

reducing Canadian emissions of greenhouse gases.

The Plan addresses a variety of sources of GHGs in Canada
such as transportation, energy, mining, manufacturing and residential sectors. One key aspect of the Plan is to establish regula-

tory emission intensity standards for large industrial emitters

of GHGs. These large emitters are also known as Large Final
Emitters (LFEs). LFE sectors are those sectors with average annual emissions per facility of at least 8kt CO2 equivalent (C02e),
and average annual emissions per $ I 000 of output of at least 20kg
of C02e. They are large contributors to our GHG emissions - just
total Canadian GHG emissions. Canada's LFEs
include companies in the mining and manufacturing, oil and gas,
and thermal electricity sectors. These sectors while making an
important contribution to Canada's economic base, must also play
a significant role in meeting Canada's climate change goals.

under 50 percent of

Dans Ie document (( Pro
jet vert, Aller de I'avant pour contrer
les changements climatiques: Un Plan pour honorer notre enga-

gement de Kyoto ))2 (www.climatechange.gc.ca). Ie gouvernement
a défini une stratégie globale permettant de réduire les émissions
canadiennes de gaz à effet de serre.

Le plan vise diverses sources de GES au Canada, comme les
secteurs des transports, de l énergie, des mines et de la fabrication

et Ie secteur résidentiel. Un élément clé du plan est I' établissement de niveaux de référence réglementaires pour les plus importants producteurs de GES. Ces grands émetteurs sont aussi connus

sous Ie vocable de (( grands émetteurs finaux )) (GEF). Les GEF
sont définis com
me des secteurs qui ont des niveaux d émissions
annuelles moyennes de 8kt ou plus d équivalent en dioxyde de

carbone (éq CO2) et des émissions annuelles moyennes de 20 kg
ou plus d éq CO2 par tranche de 1 000 $ de production brute. Ces
secteurs sont dimportants contributeurs à nos émissions de GES juste un peu moins de 50 p. 100 du total des émissions de GES au

Canada. Parmi les GEF du Canada figurent des entreprises des
secteurs minier et manufacturier, du secteur pétrolier et gazier et
de la production thermique délectricité. Ces secteurs apportent

une importante contribution à i' assise économique du Canada,
mais ils doivent aussi jouer un rôle significatif dans latteinte des
objectifs du pays en matière de changement climatique.
J The report can be viewed from the following web site: www.grida.nol
climate/ipcc_tarl
2 The Government of Canada's action on climate change is a component of Project
Green. Project Green is a set of policies and programs aimed at supporting a

sustainable environment, healthy population and competitiveness issues for
the 21 st century including measures to reduce greenhouse gas emissions, to increase fuel and energy efficiency and to increase Canadian and Foreign markets
for environment technologies, can drive our economy and protect our environment and health

J On peut consulter Ie rappoI1 à I'adresse suivante sur Ie Web: www.grida.no/
climate/ipcc_tar/

2 Le plan d'action du gouvernement du Canada sur les changements climatiques
est une composante du Projet veI1. Le Projet vert est un ensemble de politiques et

de programmes visant à appuyer I'environnement durable, la population en santé
et les questions de concurrence pour Ie 21' siècle, notamment les mesures pour
réduire les émissions de gaz à effet de serre, pour augrenter I' effcacité des carburants et de I' énergie et pour augmenter les marchés canadiens et étrangeTS en
matière de technologies environnementales, et ii peut diriger notre économie et
protéger notre environnement et notre santé
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The purpose of the LFE system is to secure emission reduc-

L'objectif du système des GEF est dobtenir des réductions

tions from Canada's large emitters through a system that is

dérnission de la par des plus importants émetteurs du Canada au

market-based and in line with the Government of Canada's policy
regarding Smart Regulations. The LFE system wil achieve significant reductions in GHG emissions in a manner that supports
the continued competitiveness of Canadian industries.

que
du gouvernement du Canada relative à Ia réglementation intelligente. Le système de GEF permettra de réaliser des réductions
significatives des érnissions de GES dune manière qui maintient
moyen dun système basé sur Ie marché et conforme à la politi

la compétitivité des industries canadiennes.

The LFE system will cover about 700 companies operating in
Canada.
In July of 2005, the Government published a Notice of Intent,
outlining how the Federal Government plans to implement its

climate change policy with respect to greenhouse gas (GHG)
emission reductions by LFEs. The Notice of Intent provided the
following summary of the key points of the LFE system.
. A key element is partnership with provinces and territories.

. This partnership includes the maximum use of equivalency
agreements authorized under CEPA 1999, in order to ensure
national consistency of the mandatory emission intensity targets, but allowing for a single regulator in any given jurisdiction, if desired.
. Consultations on the development of the proposed regula-

tions will be based on current practice, which wil include
consulting with the CEPA National Advisory Committee
(CEPA NAC).
. The CEP A 1999 Five-Year Review would provide an oppor-

tunity to make legislative changes that would complement
the development and implementation of the proposed LFE
regulations.
. Targets would be based on sectoral emissions intensity.
. Proposed longer-term targets would be determined by the

Government, in parnership with provinces and territories
and in consultation with industry, ENGOs, and other stakeholders.
. Proposed emissions intensity targets for activities caried out

in new large facilities and major transformations or expansions of existing facilities would be based on Best Available
Technology Economically Achievable.
. Proposals for the treatment of emission reductions resulting

from clean energy, demand-side management, and co-

generation are under development.
. Consideration will be given to establishing minimum emis-

sions thresholds for companies (and, possibly, facilities) to
ensure the regulatory burden is commensurate with the environmental benefits to be achieved.

Le système des GEF concemera quelque 700 entreprises en activité au Canada.

En juillet 2005, Ie gouvernement a publié un avis d'intention
qui indiquait comment Ie gouvemement fédéral compte mettre en
æuvre sa politique de lutte contre les changements politiques en
ce qui a trait aux réductions des émissions de GES par les GEE
L'avis donnait Ie résumé ci-dessous des points clés du système

des grands émetteurs finaux.

. Un des éléments clés est Ie parenariat avec les provinces et
les territoires.

. Ce parenariat comprend une utilsation maximale des accords d équivalence perm

is en vertu de la LCPE (I999) afn

dassurer la cohérence à I'échelle nationaIe des cibles obligatoires relativement à I'intensité des émissions, mais qui permet Ie recours à un unique organe de réglementation au sein
dune même administration, s'ii y a lieu.
. Les consultations sur I'élaboration du règlement proposé fe-

ront appel aux pratiques habituelles, lesquelles comprendront
des consultations avec Ie Comité consultatif national de
la LCPE (CCN de la LCPE).

. L'examen quinquennal de la LCPE (1999) fournirait
I'occasion dapporter des modifications législatives qui compléteraient I' élaboration et la mise en æuvre du règlement
proposé sur les GEE
. Les cibles seraient fondées sur des normes sectorielles relatives à I'intensité des émissions.
. Les cibles proposées à plus long terme seraient déterminées

par Ie gouvernement en partenariat avec les provinces et les
territoires et en consultation avec I'industrie, des ONGE et
dautres intervenants.
. Les cibles des émissions proposées pour les activités considérées qui ont lieu dans de nouvelles grandes installations et
les transformations en profondeur ou les agrandissements

dinstallations existantes seraient fondées sur la meilleure
technologie dapplication rentable.
. Les propositions sur Ie traitement des réductions des émis-

. Companies would have several options for meeting their tar-

sions proven
ant de I'énergie propre, de Ia gestion axée sur la
demande et de la cogénération sont en voie délaboration.

gets: reducing their own emissions; paying into a recognized
technology investment fund; or purchasing domestic offset
credits, or international credits, including "greened" interna-

. On envisagerait I'imposition de seuils démission minimums
aux sociétés (et peut-être même aux installations) afin de garantir que Ie fardeau réglementaire corresponde aux avantages procurés sur Ie plan de I'environnement.

tional credits.

. A price assurance of $I5/tonne of carbon dioxide equivalent

would be available for the 2008-2012 period.
. The Federal Government would work towards developing a

policy not to seek a penalty greater than $200 per excess
tonne of emissions unless circumstances dictate otherwise.
. Monitoring, quantification, and reporting requirements

would be implemented to ensure transparency and accountability and would build on the existing federal-provincial
National Reporting Steering Committee process.
. The LFE regulations would be fully consistent with the various commitments that have been made by the Federal Gov-

ernment to industry, including existing Memoranda of

. Les sociétés se verraient offrir plusieurs options pour atteindre leurs cibles : réduire leurs propres émissions; déposer de
I'argent dans un fonds dinvestissement technologique reconnu; ou acheter des crédits compensatoires intérieurs ou
internationaux, y compris des crédits internationaux (( écologisés )).
. On garantirait un prix de is $ la tonne d équivalent en

dioxyde de carbone pour la période 2008-2012.
. Le gouvernement fédéral chercherait à élaborer une politique
visant à exiger tout au plus une pénalité dè 200 $ la tonne
d émissions excédentaires, à moins que les circonstances
n'obligent à procéder autrement.
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Understanding regarding emission targets that have been

. Des exigences en matière de surveilance, de quantification

signed with several industry associations and companies.

et de déclaration seraient appliquées pour garantir la

transparence et I' obligation de rendre compte, et prendraient
appui sur I'actuel processus fédéral-provincial du comité de

direction sur les rapports nationaux.
. Les règlements sur les GEF seraient pleinement conformes

aux divers engagements pris par Ie gouvernement fédéral à

I'égard de I'industrie, y compris les protocoles dentente
actuels qui ont été signés avec plusieurs associations et
sociétés de I'industrie relativement aux cibles en matière
démissions.

The Order provides the enabling mechanism for implementing

Le décret foumit les mécanismes de mise en æuvre de cette

this strategy.

stratégie.

Authority

Autorité

Under subsection 90(1) of CEPA 1999 (or "the Act"), the Governor in Council, acting on the recommendation of the Ministers
of the Environment and of Health, may add a substance to Sched-

Ie gouverneur en conseil peut, sur recommandation des ministres

ule I of the Act if the Governor in Council is satisfied that
the substance meets any of the criteria set out in section 64

I'annexe 1 de la Loi s'i! est déterminé que la substance répond à
un des critères établis à I' aricle 64 de la LCPE (1999).

ofCEPA 1999.
Once a substance is added to Schedule 1 of CEPA 1999, the
Government may proceed in developing risk management op-

Une fois la substance ajoutée à I'annexe i de la LCPE (1999),
Ie gouvernement peut élaborer et mettre en æuvre des options de

tions.

gestion du risque à son égard.

Assessment of Greenhouse Gases based on the Third Assessment
Report of the IPCC

Évaluation des gaz à effet de serre basée sur le troisième rapport
d évaluation du GIEC

There is growing evidence that climate change is already
occurrng and the Earth's climate has changed since the pre-

On a de plus en plus dindications qu'un changement climatique est déjà en cours et que Ie ~Iimat de la Terre s'est modifié
depuis I' époque préindustrielle. A I' échelle planétaire, les tempé-

industrial era. Globally, average surface temperatures rose

En vert du paragraphe 90(1) de la LCPE (1999) (ou (( la Loi ))),
de I'Environnement et de la Santé, ajouter une substance à

about 0.6°C over the 20th century, with North America warming

ratures moyennes à la surface de la Terre ont grimpé den-

by 0.7°C during the same period. In Canada, there have been

than 10% over the 20th century. There have also been decreases
in snow depth, in Arctic sea-ice extent and in the annual duration

viron 0,6 °C au cours du 20e siècle, et I' Amérique du Nord s'est
réchauffée de 0,7 °C au cours de la même période. Au Canada, on
a constaté un nombre moins élevé de jours ayant des températures
minimales extrêmes au cours de I'hiver, du printemps et de I'été
et un nombre plus élevé de jours à températures plus élevées extrêmes au cours de I'hiver et du printemps. Les changements des
températures quotidiennes minimales ont été plus importants que
les changements des températures quotidiennes maximales. Le
réchauffement s' est accompagné dune série d autres changements du système dimatique qui donne une image densemble
dune planète qui se réchauffe. Par exemple, il y a également eu
un allongement de la période sans gel et une augmentation de la

of lake and river ice cover. Most of the global waring of the

nébulosité. Les précipitations au Canada ont augmenté, en

past 50 years is likely to have been due to increases in greenhouse

moyenne, de plus de 10 p. 100 au cours du 20e siècle. II y a aussi
eu des diminutions de I' épaisseur de la neige, de I' étendue de la
glace de mer dans I' Arctique et de la durée annuelle de la couverture de glace sur les lacs et les cours d eau. La plus grande partie

fewer days with extreme low temperatures during winter, spring
and summer, and more days with extreme high temperatures during winter and spring. The changes in daily minimum temperatures have been larger than the changes in daily maximum temperatures. This warming has been accompanied by a suite of other
changes in the climate system that together give a collective picture of a warming world. For example, there has also been an
increase in the frost-free period, and an increase in cloudiness.

Precipitation in Canada has increased by an average of more

gas concentrations. Atmospheric GHG concentrations and their

radiative forcings have generally increased over the 20th century
as a result of human activities. The rates of increases for carbon
dioxide and methane are unprecedented.

du réchauffement des 50 dernières années est probablement due

aux augmentations des concentrations de gaz à effet de serre. Les
concentrations atmosphériques de GES et leurs forçages radiatifs
ont connu un accroissement général au 20e siècle du fait des activités humaines. Les taux daugmentation pour Ie dioxyde de carbone et Ie méthane sont sans précédent.

It is clearly demonstrated that the amount of future global

II est cIairement démontré que I'ampleur du réchauffement

warming will be dependent on the amount of greenhouse gas

planétaire à venir dépendra de la quantité de gaz à effet de serre
anthropiques qui sera émise dans I' avenir. Tous les scénarios
d émissions du GIEC projettent une élévation des concentrations
de dioxyde de carbone, de la température en surface moyennée
sur la planète et du niveau de la mer au cours du 2ie siècIe. Le

from human activity that is emitted in the future. Carbon dioxide
concentrations, globally averaged surface temperatures and sea
level are projected to increase under all IPCC emission scenaros
during the 21st century. The projected warming of I.4-5.8°C over
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the period 1990 to 2100 is very likely to be without precedent

réchauffement de 1,4 à 5,8 °C projeté pour la période de 1990

during the last 10,000 years. Global mean sea level is projected to

à 2100 est très probablement sans précédent depuis 10 000 ans.
On projette une élévation de 10 à 90 cm de la moyenne planétaire

nse between 10 and 90 cm by the end of this century. The WCC

further makes a number of statements of relevance to countries
like Canada. For example, it is very likely that nearly all land
areas wil war more rapidly than the global average, particularly

those at northern high latitudes in the cold season. There is also
projected to be a decrease in diurnai3 temperature range in many

areas, with nighttime lows increasing more than daytime highs.
More intense precipitation events are very likely, and there is
likely to be an increase in summer continental drying and associated risk of drought over most mid-latitude continental interiors.
The ear's cryosphere (snow, ice and permafrost) wil continue

to respond to the waring. The widespread retreat of glaciers and
ice caps is projected to continue, as is the decrease in snow cover,
permafrost and sea-ice extent.

du niveau de la mer dici la fin du siècle. Le GIEC présente en
outre quelques énoncés qui sont pertinents pour des pays tels que
Ie Canada. Par exemple, il est très probable que la presque totalité
des régions terrestres se réchaufferont plus vite que la moyenne
planétaire, surtout celles des hautes latitudes nord pendant la saison fro ide. On projette également un rétrécissement de I' amplitude thermique quotidienne3 dans de nombreuses régions, Ie minimum de la nuit montant plus que les maximums de la joumée. II

est très probable qu'iI y aura plus dépisodes de précipitations
intenses, et probable qu'il y aura en été, une augmentation de
I'assèchement sur les continents et des risques connexes de sécheresse sur la plupar des régions de I'inténeur des continents des

latitudes moyennes. La cryosphère (neige, glace et pergélisol)
continuera à réagir au réchauffement. Le recul généralisé des

glaciers et des calottes glaciaires se poursuivra, de même que la
diminution de la couverture nivale, du pergélisol et de I'étendue
de la glace de mer.

These climatic changes have far reaching implications for the
natural and human systems. Impacts are expected to become increasingly negative the larger and more rapid the changes in climate.

Ces changements du climat ont de très vastes implications pour
les systèmes naturels et humains. On prévoit que les impacts seront de plus en plus négatifs au fur et à mesure que les changements climatiques deviendront de plus en plus importants et rapides.

Environment Canada (EC) has prepared an EC Science Synthe-

Environnement Canada (EC) a préparé un rapport de synthèse4

sis Report4 on the findings of the Third Assessment Reports

sur les conclusions du troisième rapport d évaluation du GIEC

of IPCC in the context of CEP A 1999. The purpose of this Report
is to assess whether the GHGs meet one or more of the criteria set
out in section 64 of the Act and considers only the scientific information presented in the IPCC TAR.

dans Ie contexte de la LCPE (I 999). Ce rapport avait pour but

Impact on Natural Systems

Impact sur Ies systèmes naturels

An organism wil respond to a change in its environment, including climate change, either by migrating or adapting, depending, among other things, on the magnitude and rate of climate

Les organismes répondent aux changements de leur environit en
s'adaptant, selon, entre autres facteurs, I'intensité et la vitesse du
changement en question. S'iis ne peuvent pas réagir daucune de
ces façons, leur population locale sera menacée d extinction.
Dans Ie cas d écosystèmes complets, les études par modélisation

change. In the event where the organism is unable to respond in

either of these two ways, its local population will face extinction.
With regard to entire ecosystems, modeling studies have shown
that migration of ecosystems is unlikely to occur. Instead, species
composition and/or dominance within the system will change.
The outcome of these changes, some of which may take many

d évaluer si les GES répondent à un ou plusieurs critères définis à
laricle 64 de la Loi et ne tient compte que de I'information

scientifique présentée dans Ie TRE du GlEe.

nement, comme Ie changement climatique, soit en migrant so

ont montré que la migration est une issue peu probable. À la

place, il se produira des changements dans la composition en
espèces et/ou de la dominance d espèces données au sein de

years, decades or even centuries to occur, will be ecosystems

lécosystème. Après ces changements, dont certains pourront

unlike those of today. As this process unfolds, there may be large

prendre de nombreuses années, des décennies, voire des siècles,
les écosystèmes en place seront différents de ceux daujourdhui.
À me
sure du déroulement de ce processus, il pourra se produire
des pertes à grande échelle décosystèmes uniques à lheure actuelle, et ce, sur des périodes relativement courtes.

scale losses of unique contemporary ecosystems, over relatively
short periods of time.

Based on the available international science presented in
the IPCC TAR, there is high confidence in the collective evidence
to support a conclusion that recent regional changes in temperature have had discernible impacts on many physical and biological systems. Examples of observational changes with linkages

to climate change include shrinkage of glaciers; thawing of

3 Relating to or occurrng in a 24-hour period
4 MSC (2005), Greenhouse Gases (GHGs) within the Context of CEPA, J999: A
synthesis of relevant science from the IPCC Third Assessment Report http://
www.ec.gc.ca/CEP ARegisir/documents/paI1yoto_ghg/index. cfm

À la lumière des informations scientifiques internationales présentées dans Ie TRE du GIEC, on accorde une confiance élevée
au fait que I' ensemble des indications suggère que les récents
changements régionaux des températures ont eu des impacts perceptibles sur nombre de systèmes physiques et biologiques. Parmi
les changements observés liés au changement climatique figurent

3 Sur une pérIode de 24 heures

4 SMC (2005), Les gaz à effet de serre (GES) dans Ie contexte de la LCPE (1999):
synthèse des éléinents scientifiques pertinents issus du troisième RappoI1
d évaluatIon du GIEC http://www.ec.gc.ca/CEP ARegistry/documents/paI1yoto-

ghg/index.cfm
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permafrosi5; shifts in ice freeze and break-up dates on rivers and
lakes; increases in rainfall and rainfall intensity in most mid- and
high latitudes of the Northern Hemisphere; lengthening of grow-

ing seasons; and earlier flowering dates of trees, emergence of
insects, and egg-laying in birds. In about 80% of the biological
cases and about 99% of the physical cases the changes are consis-

tent with well-established relationships between temperature and
physical and biological processes. The observed changes indicate
a sensitivity in these systems to climate changes of a magnitude

Ie recul des glaciers; Ie dégel du pergéliso¡5; Ies changements des
dates de prise et de rupture des glaces sur Ies cours deau et les
lacs; les augmentations des quantités et de I'intensité des pluies

sur la plupart des régions des latitudes moyennes et élevées de
I'hémisphère Nord; un allongement des saisons de croissance; et
un avancement des dates de floraison des arbres, d émergence
des insectes et de début de la ponte chez les oiseaux. Pour environ 80 p. 100 des manifestations biologiques et 99 p. 100 des

manifestations physiques, les changements concordent avec des

much smaller than those projected for the coming century.

relations bien établies entre la température et des processus physiques et biologiques. Les changements observés indiquent que
ces systèmes sont sensibles à des changements climatiques beaucoup plus faibles que ceux qu'on projette pour Ie siècle à venir.

The EC Science Synthesis Report also indicates that according
to the IPCC TAR there is high confidence that diversity in ecological systems wil be adversely affected by climate change and
sea-level rise in the future, with an increased risk of extinction for
some species currently listed as "critically endangered" and of
currently "endangered or vulnerable" species becoming even rarer
in the 21 st century. Recent modeling studies continue to show
potential for significant disruption of ecosystems under climate
change. As a class of ecosystems, inland waters are paricularly
vulnerable to climate change. Within these systems, the impacts
include reduction and loss of lake and river ice, loss of habitat for
coldwater fish, and increases in extinctions and invasions of exot-

Le rapport de synthèse dEC indique également que, selon
Ie TRE du GIEC, on accorde aussi une confiance élevée au fait
que la diversité des écosystèmes sera affectée par Ie changement

ics. Other natural ecosystems at risk include coral reefs, man-

groves, and other coastal wetlands; montane ecosystems that are
restricted to the upper 200-300 m of mountainous areas; prairie

climatique et par I' élévation du niveau des mers, Ie tout
s'accompagnant dune augmentation au 2ie siècle du risque
d extinction pour certaines espèces déjà classées " gravement
menacées dextinction )) et dun accroissement de la rareté

d espèces " en voie de disparition )) ou (( vulnérables )). De récentes études par modélisation continuent de montrer un risque de

perturbation significative des écosystèmes due au changement

cIimatique. Les eaux intérieures, en tant que classe décosystèmes, sont particulièrement vulnérables au changement climatique. En ce qui les conceme, les impacts incluent la réduction et

la disparition de la glace de lac et de cours deau, la perte

wetlands; remnant native grasslands; ecosystems overlying

dhabitat pour les poissons deaux froides et des augmentations
des extinctions et des invasions d espèces exotiques. Les autres

permafrost; and ice edge ecosystems that provide habitat for polar
bears and penguins. Many of these ecosystems exist within
Canada.

écosystèmes naturels en péril sont les récifs coralliens, Jes mangroves et autres milieux humides côtiers; les écosystèmes alpins
qui sont limités aux 200 ou 300 m supérieurs des régions monta-

gneuses; les milieux humides de prairies; les prairies indigènes
reliques; les écosystèmes situés sur du pergélisol et les écosystèmes des lisières des glaces qui assurent I'habitat des ours blancs
et des pingouins. Le Canada abrite nombre de ces écosystèmes.

The Arctic region is identified as being extremely vulnerable to

La région de I' Arctique est identifiée comme extrêmement vul-

climate change, and major physical and ecological impacts are

nérable au changement climatique, et on prévoit que dimport-

expected to appear rapidly there as warming in northern high
latitudes is expected to be greater than the global average. There
will be different species compositions on land and sea, poleward
shifts in species assemblages, and severe disruptions for commulifestyles.
nities of people who lead traditional

antes conséquences physiques et écologiques y surviendront rapi-

dement, puisque Ie réchauffement aux latitudes élevées de
I'hémisphère Nord devrait être supérieur à la moyenne planétaire.

On verra des modifications des compositions taxonomiques sur
les terres comme en mer, des décalages vers Ie pôle des assemblages d espèces, et de graves perturbations des collectivités hu-

maines aux modes de vie traditionnels.

Impacts on Systems on which Human Life Depends
Direct impacts of climate change on water resources and agriculture include changes to precipitation patterns, timing of snowmelt, glacier retreat, evaporation of soil moisture and surface wa-

Impacts sur Ies systèmes essentieIs pour Ia vie humaine
Les impacts directs du changement climatique sur les ressources en eau et I' agriculture sont des changements qui concernent
les régimes de précipitations, la date dapparition de Ja fonte des

ter, and changes in crop yields. Climate change would further
exacerbate the current water shortage and water quality problems

neiges, Ie recul des glaciers, I'évaporation de I'humidité du sol et

in many water-scarce areas of the world. Climate change is projected to reduce stream flow and groundwater recharge in many

cIimatique exacerberait les problèmes actuels de pénurie et de

pars of the world. It is projected that approximately 1.7 billion

cette res

people presently living in water scarce regions of the world will
increase to approximately 5 billion by the year 2025, depending
on the rate of population growth.

tique réduirait I'écoulement et la recharge des eaux souterraines

5 Layer of soil or rock, at some depth beneath the surface, in which the temperature

5 Couche de terre ou de pierre à une certaine profondeur sous la surface. dans

has been continuously below 0 °C for at least some years. It exists where summer

laqiielle la température a toujours été au-dessoiis de 0 °C durant au moins quelques années. C'est Ie cas lorsque Ie réchauffement durant lété n'atteint pas Ie
demier niveau de la couche du sol congelé

heating fails to reach the base of the layer of frozen ground

des eaux de surface, et Ie rendement des cultures. Le changement

qualité de I'eau dans de nombreuses régions du monde où
source est rare. II a été projeté que Ie changement clima-

dans de nombreuses régions du monde, et que Ie nombre de

personnes qui vivent dans ces régions, actuellement chiffré à

2632

Page 29 of 56

Appendix D

2005- II -30

Canada Gazette Part II, VoL. 139, No. 24

Gazette du Canada Partie II VoL. 139, nO 24 SOR/ORS/2005-345
environ 1,7 milliard, passerait à quelque 5 millards dici 2025,
selon Ia croissance démographique.

Degradation of soil and water resources is one of the major future challenges for global agriculture. These processes are likely
to be intensified by adverse changes in temperature and precipita-

tion. Although some crops would benefit from modest waring
and increases in CO2, effects would var among crops and re-

La dégradation des sols et des ressources en eau est lun des
ever lagriculture mondiale. Ces
processus seront probablement intensifiés par des changements
principaux défis que devra reI

nocifs de température et de précipitation. Certaines cultures tireraient profit dun réchauffement et dune augmentation du CO2

gions. Some declines wil occur due to drought in some areas,

modérés, mais les effets de ce changement vareraient dune

including pars of the Canadian Prairies. Overall climate change

culture et dune région à l autre. II y aura des baisses dues à la

is likely to tip agriculture production in favour of well-to-do and
well-fed regions at the expense of less well-to-do and less well-

fed regions. By the 2080s, the additional number of people at

sécheresse dans certaines régions, dont certaines parties desPrai-

ries canadiennes. Le changement climatique global va probabIement faire basculer la production agricole en faveur des régions

risk of hunger as a result of climate change is estimated to be

mieux nanties et mieux nourries aux dépens des régions moins

about 80 millon.

bien nanties et moins bien nourries. On estime que, dici les
années 2080, Ie nombre de personnes qui risquent de souffrir de
la faim du fait du changement climatique aura augmenté den-

viron 80 milions.
Changes in extreme events and sea-level rise are arguably the

Les changements des phénomènes extrêmes et l élévation du

most significant impacts of climate change for the environment
on which human life depends, in the near term, having impacts on

niveau de la mer sont sans doute les conséquences du changement

human safety and security as well as on the availability of fresh
water, arable land, and agrcultural productivity. People living in

nement essentiel à la vie humaine, puisqu'ils ont des incidences
sur la santé et la sécurité des hommes, sur la disponibilité d eaux

climatique les plus significatives à court terme pour lenviron-

coastal zones wil generally be negatively affected by sea-level

douces et de terres arables, et sur la productivité de lagriculture.

rise. Highly diverse and productive coastal ecosystems, coastal

Les populations des zones côtières seront généralement affectées

settlements, and island states will continue to be exposed to

pres-

sures whose impacts are expected to be largely negative and potentially disastrous in some instances. Projected sea-level rise will
increase the average annual number of people flooded in coastal
storm surges. Tens of milions of people living in deltas, in low-

par l élévation du niveau marin. Des écosystèmes côtiers très
diversifiés et productifs, des établissements côtiers et des états

insulaires resteront exposés à des pressions dont on prévoit que
les impacts resteront largement négatifs, voire désastreux dans

lying coastal areas, and on small islands wil face risk of dis-

certains cas. L'élévation projetée du niveau des mers fera augmenter Ie nombre annuel moyen de personnes inondées par les

placement.

ondes de tempête. Des dizaines de millons de gens vivant dans

des deltas, sur des côtes basses et dans de petites Îles risquent de
devoir être déplacés.

The vulnerability of human societies to climate extremes is
demonstrated by the damage, hardship and death caused by
events such as droughts, floods, heat waves, avalanches, and

storms, hurricanes and cyclones. The frequency and magnitude of
many extreme climate events increase even with a small temperature increase and will become greater at higher temperatures. The
amplitude and frequency of extreme precipitation events is very
likely to increase over many areas and the return periods for extreme precipitation events are expected to decrease. This would
lead to more frequent floods and landslides with attendant loss of
life and other health impacts, property damage, and loss to infrastructure and settlements. In addition, human settlements along

La preuve de la vulnérabilité des sociétés humaines et des éco-

systèmes aux extrêmes climatiques est donnée par les dommages,
les souffrances et les décès causés par des phénomènes tels que
les sécheresses, les inondations, les vagues de chaleur, les avalanches et les tempêtes, les ouragans et les cyclones. La vulnérabilté

des établissements humains situés Ie long de côtes basses aux
effets combinés de lélévation du niveau marin et des on

des de

tempête fait que ces établissements, de même que les ressources
côtières qui assurent leur survie, sont à la merci des inondations,

des dommages dus aux vagues et de l ennoiement permanent.

low-lying coastlines are vulnerable to the combined effects of
sea-level rise and storm surges. These settlements, and the coastal
resources they depend on, would be threatened with flooding,
wave damage and permanent inundation.

Greenhouse gas forcing in the 21st century could set in motion
large-scale, high impact, non-linear, and potentially abrupt
changes in the Earth's physical and biological systems that could
have severe consequences at regional or global scales. Although
the probabilities of triggering such events are poorly understood

they should not be ignored, given the severity of their consequences. Some of these changes have low probability of occur-

Le forçage des gaz à effet de serre qui se produira au cours
du 2ie siècle pourrait déclencher des changements de grande

échelle, de fort impact, non linéaires et potentiellement soudains
des systèmes physiques et biologiques de la Terre qui pourraient
avoir des conséquences graves à des échelles régionales ou plané-

taires. Bien que lon comprenne encore mal les probabilités de

rence during the 21st century; however, greenhouse gas forcing in

survenue de tels événements, ils ne sauraient être laissés de côté,
étant donné la gravité de leurs éventuelles conséquences. Certains

the 2 I st century could set in motion changes that could lead to

de ces changements ont une faible probabilité de survenir au

such transitions in subsequent centuries and some of these
changes could be irreversible over centuries to milennia. Events
of this type that might be triggered include complete or partial
shutdown of the North Atlantic and Antarctic Deep Water

cours du 2 i e siècle; toutefois, Ie forçage des gaz à effet de serre
au 2 I e siècle pourrait mettre en marche des changements qui entraÎneraient ce genre de transitions dans les siècles à venir et qui

pourraient être irréversibles pendant des siècles, voire des
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formation, disintegration of the West Antarctic and Greenland Ice
Sheets, and major perturbations of biosphere-regulated carbon

milénaires. Pari les événements de ce type qui pouITaient être
déclenchés figurent larêt total ou pariel de la formation deau

profonde dans l Atlantique Nord et dans locéan Antarctique, la
désintégration des inlandsis de l Antarctique de lOuest et du

dynamics.

Groenland, ainsi que des perturbations majeures et la dynamique
du carbone régulée par la biosphère.

Impacts on Human Life
If heat waves increase in frequency and intensity, (as they are
very likely to do), the risk of death and serious ilness would increase, principally in older age groups and the urban poor. The
greatest increases in thermal stress are forecast for mid- to highlatitude cities, especially in populations that have limited resources. The effects of an increase in heat waves often would be

Impacts sur Ia vie humaine

exacerbated by increased humidity and urban air pollution. There
is medium to high confidence of expansion of areas of potential
transmission of malaria and dengue by 2050 to 2100. An increase
in deaths, injuries, and infections associated with extreme weather
such as floods and storms could also occur as a result of climate
change.

chez les populations aux ressources limitées. Les effets de lac-

Si les vagues de chaleur augmentent de fréquence et din-

tensité, comme il est très probable qu'elles Ie fassent, il s'ensuivra
une augmentation du risque de décès et de maladies graves, surtout chez les gens âgés et les populations urbaines pauvres. C'est
dans les viles des latitudes moyennes à élevées que lon prévoit

les plus fortes augmentations du stress thermique, et en particulier
croissement des vagues de chaleur seraient souvent exacerbés par

une hausse du taux dhumidité et de la pollution de lair urbain.
On accorde une confiance moyenne à élevée à l expansion des
régions où pourraient être transmis Ie paludisme et la dengue

dici 2050 à 2100. Le changement climatique pourrait aussi cau-

ser une augmentation du nombre de décès, de blessures et
dinfections associés aux phénomènes météorologiques extrêmes
tels que les inondations et les tempêtes.

In Canada, the projected increased frequency and severity of
heat waves may lead to an increase in illness and death, particu-

larly among young, elderly and frail people, especially in large
urban areas. Acclimatization may be slower than the rate of ambient temperature change. Vector-bome diseases, including malaria
and dengue fever, may expand their ranges in the United States
and may develop in Canada.

Pour Ie Canada, laugmentation projetée de la fréquence et de
I'intensité des vagues de chaleur peut entraîner une augmentation
des maladies et des décès, surtout chez les enfants, les vieilards
et les gens fragiles, et en particulier dans les grandes agglomérations. L'acclimatation pourrait être plus lente que Ie changement
des températures. Les maladies à transmission vectorielle, dont Ie

paludisme et la dengue, pourraient connaître une expansion de
leur aire de distribution aux États-Unis et apparaître au Canada.

Based on the above and the more detailed scientific knowledge,

Sur la base des données ci-dessous et de connaissances scienti-

as documented in the IPCC TAR and summarized in the EC

fiques plus détaillées, telles que celles qui sont présentées dans
Ie TRE du GlEC et résumées dans Ie rapport de synthèse dEC,

Science Synthesis Report, there is sufficient evidence to conclude

that greenhouse gases constitute or may constitute a danger to
the environment on which life depends, thereby satisfying crite-

on dispose dindications suffisantes pour conclure que les gaz à

rion (b) as set out in section 64 of CEPA 1999. This is the legisla-

tive basis for adding these six greenhouse gases to Schedule I
ofCEPA 1999.

l'environnement essentiel à la vie, et répondent donc au critère b)
de l'article 64 de la LCPE (1999). II s'agit du fondement législatif
pour ajouter ces six gaz à effet de serre à l'annexe i de la LCPE
(1999).

Alternatives

Solutions envisagées

In light of the above, the Minister of the Environment and the
Minister of Health have determined that the alternative of not

À la lumière de ce qui précède, Ie ministre de l'Environnement
et Ie ministre de la Santé ont déterminé que la recommandation de

recommending the addition of these Greenhouse gases to Schedule I of CEP A 1999 is not acceptable. If the government were not
to add these substances, it would be unable to use CEPA 1999
Parts 5 and I I as the legislative vehicle for implementing the

ne pas ajouter ces gaz à effet de serre à I' annexe I de la LCPE

Large Final Emitters system. There is no other federal legislation

governments and provides for flexible compliance options. Using

émetteurs finaux. Aucune autre loi fédérale ne peut cibler les activités de gestion du risque pour les GES touchant les secteurs et
substances spécifiques. En outre, la LCPE (I999) permet la mise
en æuvre en collaboration avec les gouvernements provinciaux,
territoriaux et autochtones et prévoit des options flexibles pour la

the existing legislation is supportive of the Government's policy

conformité. Utiliser la loi actuelle appuie la politique du gouver-

on Smart Regulations.

nement du Canada relative à la réglementation intelligente.

The addition of a substance to Schedule I legally enables the
federal government to take appropriate actions and to make a full
range of management instruments available under CEPA 1999,

L'ajout dune substance à I' Annexe I donne au gouvernement
fédéral Ie pouvoir légal de prendre les mesures qui s'imposent et
d offrir une gamme complète d instruments de gestion en application de la LCPE (1999), Y compris une réglementation.

that can target risk management actions for GHGs at the specific
sectors and substances. Furthermore, CEPA 1999 allows for cooperative implementation with provinces, territorial or aboriginal

including regulations.

effet de serre constituent ou peuvent constituer un danger pour

(I999) n'est pas acceptable. Si Ie gouvemement n'inscrivait pas
ces substances, il ne lui serait pas possible dutiliser les parties 5
et I i de la LCPE (1999) comme base pour Ie système des grands
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Benefits and Costs

A vantages et coûts

There wil be no incremental costs to the public, industry or
governments associated with this Order for adding the six GHG
substances to Schedule I of CEPA 1999. The costs and benefits
would be assessed during the risk management phase, when the
government wil undertake an appropriate assessment of the potential impacts of a suite of instruments. These measures and
technoJogies are expected to be considered in consultation with

L'ajout des six substances à I'annexe 1 de la LCPE (1999)
n'engendrera pas de coûts supplémentaires pour Ie public,
I'industrie ou les gouvernements. Lorsque Ie gouvernement ana-

various federal government deparments, provincial and territorial

divers ministères fédéraux, les gouvernements provinciaux et

governments and other stakeholders.

territOfiaux et dautres intervenants.

Consultation

Consultations

IPCC Consultations Process

Processus de consultations du GlEC

As described above, this Order is based on the international
scientific knowledge presented in the Third Assessment Report of
the IPCC, and it was not deemed necessary to undertake assessments of the six Kyoto GHGs specifically for Canada. Canada has
been actively involved in the writing and reviewing process of all
the reports published by the IPCe.

IPCC does not conduct new research or monitor climate-related

Iysera la mise en æuvre de mesures de gestion du risque, il entre-

prendra I'évaluation appropriée des impacts dun ensemble
dinstruments en terme de coûts et avantages. On prévoit que ces
mesures et technologies seront examinées en consultation avec

Comme on I'a décrit plus haut, ce décret est basé sur les
connaissances scientifiques internationales présentées dans Ie

troisième rapport dévaluation du GIEC, et il n'a pas été jugé
nécessaire deffectuer des évaluations des six GES visés par Ie
Protocole de Kyoto dans Ie contexte spécifique du Canada. Le
Canada a en effet participé activement au processus de rédaction
et dexamen de tous les rapports publiés par Ie GlEe.

Le GIEC n'effectue pas de nouvelles recherches ni ne surveille

data. Its mandate is to assess, on a comprehensive, objective,

les données d ordre climatologique. Son mandat est d évaluer, de

open and transparent basis, the scientific, technical and socio-

façon exhaustive, objective, ouverte et transparente, I'information

economic information on climate change that is available around
the world in peer-reviewed literature, journals, books and, where

scientifique, technique et socio-économique sur Ie changement
climatique qui est disponible à I' échelle mondiale dans la littéra-

appropriately documented, in industry literature and traditional

ture, tels les journaux scientifiques et les ouvrages revus par des

practices. This approach ensures that IPCC reports provide balanced reporting of viewpoints and are policy relevant but not

pairs et, lorsqu'elle est appuyée par une documentation suffisante,

policy-prescriptive or policy-driven.

Grâce à cette approche, les rapports du GIEC fournissent un
compte rendu équilibré des points de vue et sont pertinents en

dans la littérature de I'industrie et les pratiques traditionnelles.

matière de politiques, sans en prescrire ni être régis par elles.

The following brief description of the IPCC writing and review
process highlights the scope of the consultations that take place
prior to the publication of any IPCC report on climate change6.

Une courte description du processus de rédaction et d examen
du GIEC mettant en lumière la portée des consultations qui ont eu

lieu avant la publication de tous les rapports du GlEC sur Ie
changement climatiqué est fournie ci-dessous.

IPCC Writing and Reviewing Process

Processus de rédaction et dexamen du GIEC

Approximately 1,000 experts from all over the world have been
directly involved in drafting, revising and finalizing IPCC reports.

tement impliqués dans la rédaction, I' examen et la finalisation des

In addition, about 2,500 experts participate in the review proc-

rapports du GlEe. De plus, quelque 2 500 experts participent au

ess. IPCC authors have been nominated by governments and by

processus d examen. Les auteurs du GIEC, nommés par leurs

international organizations and come from universities, research

gouvernements et par des organisations internationales, sont issus

centres, business and environmental associations, and other organizations in approximately 120 countries. Through this world-

du mileu universitaire, des centres de recherche, dassociations

wide network the IPCC seeks to represent all geographic regions
and to reflect a diverse range of scientific, technical and socioeconomic views and expertise.

Environ i 000 experts de partout dans Ie monde ont été direc-

commerciales et environnementales et dautres organismes denviron 120 pays. Avec ce réseau mondial, Ie GIEC tente de représenter toutes Jes régions géographiques et de refléter une vaste
gamme de points de vue et dexpertise sur les plans scientifique,
technique et socio-économique.

Working groups, with lead authors for each chapter of the assessment reports, are estabJished and are responsible for representing the range of prevailing scientific-technical viewpoints and
expertise as well as ensuring appropriate representation of experts
from deveeoping and developed countries, and countries with

développement et les pays à économie en transition soient adé-

economies in transition.

quatement représentés par des experts.

The lead authors write a first draft of the assessment report

based mostly on peer-reviewed literature, making sure to include
6 The description of the IPCC consultation process draws directly from the IPCC
brochure on "Introduction to the Intergovemmental Panel on Climate Change
(IPCC) - 2003" (www.ipcc.chlaboutleng.pdt)

Des groupes de travail, avec des auteurs principaux pour chaque chapitre des rapports dévaluation, ont la tâche de présenter

les points de vue et expertises scientifiques et techniques de
I'heure et de veiller à ce que les pays industrialisés, les pays en

Les auteurs principaux rédigent une première version du rapport d évaJuation, basée surtout sur la littérature révisée par les
6 La description du processus de consultation du GIEC est directement issue de sa
brochure" Introduction au Groupe dexpeI1s intergouvememental sur lévolution

du c1imat (GIEC) - 2003" (www.ipcc.ch/aboutlbeng.pdf)
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literature published in languages other than English. They also
consider the most recent scientific findings and reports from national academies of sciences, industry and United Nations bodies,
carefully weighing any lack of previous peer review. Diverging

pairs, tout en veilant à y inclure la littérature publiée dans des

viewpoints that are scientifically sound are clearly identified in

tions Unies, en soupesant soigneusernent les cas d absence de

the draft text.

contre-expertise préalabIe. Les points de vue divergents qui sont
scientifiquement défendables sont clairement identtfiés dans la
première version.

To ensure that they are credible, transparent and objective,
the IPCC reports pass through a rigorous two-stage review process.

langues autres que I'anglais. De plus, ils prennent en considération les plus récents rapports et résultats scientifiques des acadé-

mies des sciences nattonaIes, de I'industrie et dorganes des Na-

Pour assurer la crédibilté, la transparence et I' objectivité des
rapports du GIEC, on les sou

met à un rigoureux processus

d examen en deux étapes.

During the first review, the drafts are circulated to specialists
with significant expertise and publications in the field. The reviewers comment on the completeness and objectivity of the sci-

Pour Ie premier examen, les versions provisoires sont communiquées à des spécialistes pariculièrement compétents et ayant

entific and technical content. In the second stage, the revised

des commentaires sur I'exhaustivité et I'objecttvité du contenu
scientifique et technique. À Ia deuxième étape, les versions provisoires révisées sont communiquées aux gouvernements, qui en
font un examen technique et à tous les auteurs et examinateurs

drafts are then distnbuted to governments for government technical review, and to all authors and expert reviewers. The expert

and government comments are then incorprated into the final

beaucoup publié dans Ie domaine. Les examinateurs formulent

draft reports.

experts. Les commentaires des experts et des gouvernements sont
en suite intégrés à I' ébauche finale.

Concurrently with preparation of the main report a Summary
for Policymakers is also prepared for the Assessment Report and
Special Report, which has to be consistent with the full scientific
and technical assessment. The Summaries for Policymakers undergo a simultaneous expert and government review. They are
then approved by the working group, with the concurrence of the
lead authors, to ensure that they are consistent with the underlying
scientific-technical report. Finally, the Summanes for Policymakers are formally accepted by the entire IPCe.

Parallèlement à la préparation du rapport principal, on prépare
pour Ie Rapport d évaluation et Ie Rapport spécial, un Résumé à
I'intentton des décideurs, qui doit concorder avec I'évaluation
scientifique et technique complète. Les résumés à I'intention des
décideurs subissent un examen simultané par les experts et les
gouvernements. lIs sont ensuite approuvés par Ie Groupe de tra-

CEPA National Advisorv Committee

Comité consultatif national de la LCPE

vail, avec Ie concours des auteurs principaux, qui s'assurent de
leur correspondance avec Ie rapport scientifique-technique principaL. Enfin, les résumés à lintention des décideurs sont officiellement acceptés par l ensemble du GlEe.

The CEPA National Advisory Committee (NAC) has been

Le comité consultattf national (CCN) de la LCPE a eu la possi-

given an opportunity to advise the Minister of the Environment

bilité de conseiler Ie ministre de lEnvironnement et Ie ministre

and the Minister of Health on the scientific evidence supporting
the recommendations of adding these substances or groups of

de la Santé quant aux indications scientifiques sur lesquelles sont
fondées les recommandattons d ajouter ces substances ou groupes

substances to Schedule I ofCEPA 1999. The science assessment,
"Greenhouse Gases within the Context of CEPA i 999: A synthesis of relevant science from the IPCC Third Assessment Report",
was reviewed and commented on by CEPA NAC as well as discussed at their conference call of May 27, 2005. There were mi-

de substances à lannexe i de la LCPE (1999). Le rapport de syn-

nor comments made on EC's Science Synthesis Report which

were factored into the version released publicly and no concerns
raised with respect to the addition of these substances or groups
of substances to Schedule i of the Act.

thèse intitulé (( Les gaz à effet de serre (GES) visés par Ie Protocole de Kyoto et la LCPE (1999) : synthèse des éléments scientifiques pertinents issus du troisième Rapport d évaIuation

du GIEC dans Ie contexte de I' article 64 de la LCPE (1999) )), a
fait lobjet dexamen et de commentaires par Ie CCN de la LCPE
et a aussi fait lobjet dune discussion lors dune téléconférence
Ie 27 mai 2005. Certains commentaires mineurs ont été présentés
au sujet du rapport de synthèse dEC et la version publiée a tenu
compte de ces commentaires. Aucune inquiétude n'a été manifestée en ce qui conceme lajout de ces substances ou groupes de

substances à l annexe I de la Loi.
Consultattons on the Proposed Order Following Pre-Publicatton
in the Canada Gazette, Part I

Consultations sur le décret proposé à la suite de I'avis publié dans
la Gazette du Canada, Partie I

On September 3, 2005 the proposed Order for adding the
six GHG substances to Schedule I of CEPA 1999 was published

substances de GES à lannexe i de la LCPE (1999) a été publié

in the Canada Gazette, Part i for a 60-day comment period. Dur-

dans la Gazette du Canada Partie I pour une période de consulta-

ing this comment period Environment Canada received a total

tion de 60 jours. Au cours de cette période, Environnement

of 24 comments from industry, Environmental Non-Government

Canada a reçu un total de 24 commentaires de lindustrie, dor-

Organizattons (ENGO) and the public. In addition, three Nottces
of Objectton were received during the comment period, from the
Province of Alberta, an industry associatton, and a private citizen.

ganisations non gouvernementales de lenvironnement (ONGE) et

Le 3 septembre 2005, Ie décret proposé visant l'ajout de six

du grand public. De plus, trois avis dopposition ont été déposés
au cours de la période de commentaires, provenant de la province

de I' Alberta, dune association de l industrie et dun simple citoyen.
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Comments on the proposed Order from ENGOs and most private citizens supported the addition of the GHGs to Schedule 1
of CEP A 1999 and agreed with the scientific basis for the addi-

tion, while those from the government of Alberta, one citizen and

most industries expressed concerns about the science, or questioned whether CEP A 1999 is the most appropriate instrument to
use to manage GHGs. One industry association did not oppose the
use of CEPA 1999 as the regime for Lage Final Emitters but

expressed concern with the implication of GHGs being considered "toxic" under the Act.

All comments and Notices of Objection received have been
carefully considered in finalizing the proposed Order. The responses by Environment Canada and Health Canada to the comments and the notices of objection received are available at
http://www.ec.gc.ca/CEPARegistry/.A summary of the comments
and the responses to those comments are presented below.
Science
The most prominent concern contained in the comments of
those opposed to the addition of GHGs to Schedule 1 of CEPA
was with regard to the validity and selection of the science that
supports the conclusion that GHGs "constitute or may constitute

a danger to the environment on which life depends" through their
contribution to climate change. Questions were raised about the

government's perceived reliance on the Summary for Policymakers (SPM) Report. Further, it was contended that other studies
which suggest that climate change is a natural phenomenon

should have been considered.

EC explained that it did not, in fact, rely on the Summary for
Policymakers of the IPCC's Third Assessment Report (TAR) for
the science to support the conclusion that the six GHGs are toxic
under paragraph 64(b) of CEPA 1999. Rather, the comprehensive
technical reports that are part of the TAR provide the scientific

justification for listing GHGs on Schedule i of CEP A 1999. The
material presented in the EC Science Synthesis Report was noted
as being ilustrative of that underlying body of science. The IPCC
TAR reviewed published literature available up to and including 2001. The body of science reviewed in the TAR is enormous.
Scientific papers that have been published since that date strongly
support and even strengthen the conclusions of the TAR. EC is
convinced that the weight-of evidence in support of adverse impacts arising from continued increases in anthropogenic sources

of GHGs is substantiaL. No additional scientific evidence was
brought forward which would have led to a change in conclusions.

Les commentaires reçus des ONGE et de la plupar des simples
citoyens au sujet du décret proposé appuyaient I'ajout des GES à
I'annexe I de la LCPE (1999) et acceptaient les études scientifi-

ques soutenant I'ajout. Les commentaires du gouvernement de
I' Alberta, dun citoyen et de la plupar des industries manifestaient certaines préoccupations au sujet des données scientifiques

ou questionnaient I'utilsation de Ia LCPE (1999) comme instrument Ie plus adéquat pour gérer les GES. Une association de
I'industrie ne s'opposait pas à I'utilisation de la LCPE (1999)
comme régime des grands émetteurs finaux mais a communiqué
une préoccupation face à l implication que les GES étaient jugés
(( toxiques )) en vert de la Loi.
Tous les commentaires et avis dopposition reçus ont été évalués soigneusement lors de la finalisation du décret proposé. Les
réponses dEnvironnement Canada et de Santé Canada aux commentaires et aux avis dopposition reçus peuvent être consultés à :
http://www.ec.gc.ca/CEPARegistry/. Un résumé des commentaires et des réponses à ces commentaires est présenté ci-après.

Éléments scientifques
La préoccupation la plus importante présentée dans Ies com-

mentaires des parties opposées à I'ajout des GES à I'annexe I de
la LCPE avait trait à la validité et à la sélection des méthodes

scientifiques qui soutiennent la conclusion que les GES (( constituent ou pourraient constituer un danger pour I'environnement
essentiel à la vie )) de par leur contribution au changement climatique. Des questions soulevées portaient sur la fiabilité perçue du
gouvernement sur Ie Résumé à I'intention des décideurs. En outre, on a soutenu qu'iI aurait fallu considérer dautres études qui
suggèrent que Ie changement climatique est un phénomène natureI.

EC a expliqué qu'en fait, ii ne s'était pas fié au Résumé à
I'intention des décideurs du troisième rapport dévaluation (TRE)
du GIEC pour attester que I' étude scientifique confirme I' énoncé
selon lequelles six GES sont toxiques en vertu de I'alinéa 64b) de
la LCPE (I999). Plutôt, les rapports techniques détaillés qui font
partie du TRE fournissent I'explication scientifique pour ajouter
les GES à la liste de I' annexe I de la LCPE (1999). On a noté que
Ie matériel présenté dans Ie rapport de synthèse dEC ilustrait cet

ensemble scientifique sous-jacent. Le TRE du GIEC examinait la
littérature publiée jusqu'en 2001. L'ensemble de données scientifiques étudié dans Ie TRE est énorme. Les documents scientifiques qui ont été publiés depuis ce moment-Ià appuient solidement
et renforcent même les conclusions du TRE. EC est. convaincu
que la valeur probante de la preuve au sujet des impacts négatifs
découlant des augmentations continues des sources anthropiques
des GES est importante. Aucune preuve scientifique suppIémentaire n'a été soulevée pour mener à des changements aux conclusions tirées.

Using CEPA 1999 to Regulate GHGs
A number of submissions suggested that climate change issues
should not be managed under an existing Act, or part of an Act
(i.e. Part 5), that addresses the regulation of toxic substances. It

Utilsation de Ia LCPE (1999) pour réglementer les GES

was proposed by a couple commenters that a new Act be devel-

tuelle (p.ex. parie 5), qui traite de la réglementation des substances toxiques. Quelques suggestions ont proposé I'adoptiondune
nouvelle Loi à cette fin. D'autres commentaires précis qui ont été
communiqués comprenaient notamment : Ie dioxyde de carbone
et les autres GES de Kyoto devraient être étiquetés (( toxiques )),

oped for this purpose. Other specific comments made included:

carbon dioxide and the other Kyoto GHGs would be labeled
"toxic", which is contrary to the commonly held understanding of the term; the government should, within the context

of CEPA 1999, identify or define the degree of toxicity of each of
the GHG's that are being proposed for addition to Schedule I of
the Act or consider creating sub-categories for the GHGs to distinguish these substances on the basis of their toxicity; and that

Un certain nombre de commentaires ont suggéré que les problèmes liés aux changements climatiques ne devraient pas être

gérés en vertu dune Loi actuelle ou dune partie dune Loi ac-

ce qui est contraire à la compréhension courante du terme; Ie

gouvemement devrait, dans Ie contexte de la LCPE (1999), identifier ou définir Ie degré de toxicité de chaque GES proposé
com

me ajout à I'annexe I de la Loi ou envisager la création de
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provisions other than those found under Par 5 of CEPA 1999
could be used to regulate GHGs, namely, the International Air
Pollution provisions (Par 7, Division 6).

Environment Canada has examined the legislative options
available for addressing the environmental risks posed by GHGs,

catégories secondaires pour les GES pour distinguer ces substaces sur la base de leur toxicité; et que des dispositions autres que
celles de la parie 5 de Ia LCPE (1999) pourraient être utilisées
pour réglementer les GES, notamment les dispositions sur la pollution atmosphérique internationale (partie 7, section 6).

and concluded that Par 5 of CEPA 1999 is the preferred vehicle

Environnement Canada a examiné les options législatives disponibles pour s'attaquer aux risques à lenvironnement posés par
les GES et a conclu que la parie 5 de Ia LCPE (1999) est Ie véhi-

under which the GHGs regulatory and management regime

cuIe préféré pour étabIir Ie régime réglementaire et de gestion

should be developed. This conclusion was based on several considerations. First, CEPA 1999 is the only existing federal legislation with authorities that targets the substances (i.e. the GHGs) to
be reduced and the specific sectors. Second, the Act enables a
cooperative implementation approach with provincial, terrtorial

des GES. Cette conclusion s'est fondée sur plusieurs éléments.
Tout d'abord, la LCPE (1999) est la seule législation fédérale

or aboriginal govemments by allowing for both equivalency

nements provinciaux, territoriaux et autochtones en permettant

agreements with other levels of govemment that have their own

tant les accords d' équivalence avec les autres niveaux de gouvernements qui ont leurs propres régimes réglementaires qu'avec les
accords administratifs entre Ie gouvernement fédéral et une autre
compétence afin de rationaliser I'administration de la réglementation en matière de GES. Troisièmement, I'approche pour la gestion des émissions de GES a été conçue soigneusement pour as-

equivalent regulatory regimes and administrative agreements

between the federal government and another jurisdiction to
streamline the administration of GHG regulations. Third, the approach to manage GHG emissions has been carefully designed

to ensure that it would be equitable both among regions and
the LFE sectors which is most effectively achieved under Part 5
of CEPA 1999. Finally, GHGs meet at least minimally the paragraph 64(b) criterion for listing on Schedule i under CEPA 1999.
Further, as the effects of climate change cannot be attributed to

individual GHGs, the Kyoto Protocol GHGs gases are being
treated collectively within the proposed Order. However, knowledge of which of the gases pose the greatest risk helps to inform
the management process, with initial efforts directed at the highest risk substances and sectors.

actuelle contenant des autorités qui ciblent les substances (c.-à-d.

les GES) à réduire et les secteurs précis. Ensuite, la Loi permet
une approche de mise en æuvre en collaboration avec les gouver-

surer qu'elle sera équitable pari les régions et les secteurs
des GEF, ce qui s'accomplira plus efficacement en vert de la

partie 5 de la LCPE (I999). Enfin, les GES répondent au moins
de façon minime au critère de I'alinéa 64b) pour la liste de I'annexe I en vertu de la LCPE (I

999). En outre, comme les effets

des changements climatiques ne peuvent pas être imputés aux GES

individuels, les GES du Protocole de Kyoto sont traités collectivement à I'intérieur du décret proposé. Toutefois, les connaissances sur les gaz qui posent Ie plus grand risque servent à informer
Ie processus de gestion, et à diriger les premiers efforts vers les
substances et secteurs à plus grand risque.

Benefits and Costs

A vantages et coûts

A few commenters questioned the statement in the RIAS that
accompanied the Order that there would be no incremental costs
bome by govemments, industry or the public as a result of the

Quelques commentaires questionnaient I'énoncé dans Ie RÉIR
accompagnant Ie décret affrmant que I' ajout des substances à
I' annexe i de la LCPE (1999) n' engendrera pas de coûts supplémentaires pour Ie public, I'industrie ou les gouvernements.

addition of the six GHGs to Schedule i of CEP A 1999.

In response, Environment Canada clarified that the Order to
add the six GHGs to Schedule i enables the federal government
to take appropriate measures during the risk .management phase.
Therefore, no incremental costs are incurred by the public, industry or governments at this stage. Incremental costs and benefits of
managing GHGs will be assessed during the risk management
phase.

En réponse, Environnement Canada a clarifié que Ie décret vi-

sant I'ajout des six GES à I'annexe i permet au gouvernement
fédéral d'adopter les mesures adéquates au cours de I'étape de la

gestion du risque. Donc, I'ajout des substances n'engendrera pas
de coûts supplémentaires pour Ie public, I'industrie ou les gouvernements à cette étape-ci. Les coûts supplémentaires et les
avantages de la gestion des GES seront évalués au cours de
I' étape de la gestion du risque.

Notices of Objection
Under subsection 332(2) of the Act, a person may fie a Notice
of Objection requesting that a Board of Review be established.

The Ministers may then establish a Board of Review to
". ..inquire into the nature and extent of the danger posed by the

substance in respect of which the decision is made..." (section 333).

Avis d'opposition
En vertu du paragraphe 332(2) de la Loi, une personne peut

présenter un avis d' opposition demandant I' établissement d'une
commission de révision. Les ministres peuvent ensuite établir une

commission de révision " chargée d'enquêter"' sur la nature et
I'importance du danger que représente la substance visée ... ))

(aricle 333). .

Three Notices of Objection were received, two of which clearly
requested a Board of Review while the third did not. Regardless,
the Ministers have carefully reviewed each of the three Notices of
Objection in considering the need for a Board of Review. The

Trois avis d' opposition ont été déposés, dont deux demandaient
expressément une commission de révision alors que fa troisième
ne faisait pas cette requête. Peu importe, les ministres ont examiné avec soin chacun de ces trois avis d'opposition pour détermi-

Notices of Objection requesting a Board of Review contended
that there was not a sufficient weight of scientific evidence pre-

ner la nécessité d'une commission de révision. Les avis d'opposition demandant une commission de révision soutenaient
qu'un poids insuffisant était accordé à la preuve scientifique présentée ou analysée pour valider Ie danger pour I'environnement

sented or analyzed to validate the conclusion that anthropogenic

sources of GHGs constitute or may constitute a danger to the
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should rely on Canadian or non-international scientific studies to

essentiel à la vie; qu'une considération plus grande devrait être
accordée aux points de vue jugeant que Ie réchauffement planétaire est un phénomène natureI plutôt qu'anthropique; et que Ie
gouvernement devrait se fier sur des études scientifiques cana-

reach its conclusions about the causes and sources of climate
change. Furthermore, one of these notices contended that the

diennes ou non internationales pour atteindre ses conclusions au
sujet des causes et sources des changements climatiques. En ou-

Minister of Health should have concluded that GHGs are toxic to
human health, and that an inadequate assessment was done of the
economic and competitiveness implications of adding GHGs to
Schedule I of the Act.

tre, un de ces avis soutenait que Ie ministre de la Santé devrait

Upon careful consideration, the Ministers of the Environment

Après avoir soigneusement étudié les commentaires et les avis
d opposition, les ministres de lEnvironnement et de la Santé ont
conclu qu'une commission de révision n'était pas nécessaire en la

- environment upon which life depends; that greater consideration

should be given to the views that global warming is a natural
rather than human made phenomenon; and that the Government

and of Health concluded that a Board of Review is not necessary
in this instance. This decision is based upon the following considerations:

avoir conclu que les GES sont toxiques à Ia vie humaine et

qu'une évaluation inadéquate avait été réalisée des répercussions
économiques et sur la compétitivité de lajout des GES à lanexe i
de la Loi.

circonstance. Cette décision se fonde sur les éIéments ci-après :

. The bulk of the available science supports the Ministers'

. La plus grande parie de la preuve scientifique appuie la

conclusion that, given historical data and projected emissions over the next century, the six Kyoto greenhouse gases

conclusion des ministres à leffet qu'étant donné les données
historiques et les émissions projetées au cours du siècle à

wil be the dominant force in climate change over the com-

venir, les six gaz à effet de serre de Kyoto seront la force
dominante du changement climatique au cours du siècle à

ing century, and for some time beyond. The impacts of cli-

mate change are already being felt with adverse consequences for some vulnerable species and ecosystems. For the

coming century and beyond, the impacts will become increasingly negative, the larger and more rapid the changes in

climate. As such, the Ministers have concluded that the
Kyoto GHGs constitute or may constitute a danger to the environment on which life depends.
. Scientific studies which were published after those consid-

ered in the TAR strongly support and even strengthen
the TAR' s conclusions.

venir et pour une période plus longue. Les impacts des changements climatiques sont déjà ressentis et engendrent des
conséquences nuisibIes pour certaines espèces et certains
écosystèmes vulnérables. Au cours du siècle à venir et à plus
long terme, les impacts seront de plus en plus négatifs, au fur
et à mesure des changements climatologiques plus importants et plus rapides. À ce titre, les ministres ont conclu que

les GES de Kyoto constituent ou pourraient constituer un
danger pour l environnement essentiel à la vie.
. Les études scientifiques qui ont été publiées après celles éva-

. Canadian research identifying Canadian impacts are in-

cluded in the IPCC review of published literature, and thus
form part of the IPCC TAR which was the basis for the EC

luées dans Ie TRE soutiennent et consolident même les
conclusions du TRE.

. Les recherches au Canada qui identifient les impacts au
Canada sont comprises dans lexamen de la littérature pu-

Science Synthesis Report.

. Human health-related impacts are considered in the IPCC
TAR.

. The addition of GHGs or any other substances to Schedule I
under CEPA 1999 does not require the Minister of Health to
conclude that the implicated substances are toxic under the
Act to human health. This action simply requires that one of
criteria is satisfied.
the three section 64
. The comments are consistent with previously stated positions expressed during the consultations and were considered
by Environment Canada during the development of the proposed Order.

. A Board of Review would be most unlikely to reveal additional information that would be relevant to the decisions to
be made, as the Notices of Objection did not bring forward
considerations, either scientific or otherwise, that had not
previously been considered.

bliée du GlEC, et font donc partie intégrante du TRE
du GIEC qui formait la base du rapport de synthèse dEe.
. Les impacts anthropiques sont évalués dans Ie TRE

du GlEe.
. L'ajout des GES ou de toute autre substance à lannexe i de

la LCPE (I999) n'exige pas que Ie ministre de la Santé dé-

termine que les substances dont il est question sont toxiques
pour la santé humaine en vertu de la Loi. L' ajout exige simplement de satisfaire à un des trois critères de larticle 64.
. Les commentaires sont cohérents par rapport aux positions
énoncées préalablement, exprimées au cours des consulta-

tions et Environnement Canada en a tenu compte au cours de
l élaboration du décret proposé.
. II serait très peu probable qu'une commission de révision révèle des informations supplémentaires qui seraient pertinentes par rapport aux décisions à prendre étant donné que les
avis dopposition n'ont pas soulevé déléments, scientifiques
ou autres, qui n' avaient pas préalablement été évalués.

Compluunce and Enforcement

Respect et exécunon

There are no compliance or enforcement requirements associated with the addition of the GHGs to Schedule i itself.

Aucune exigence en matière de conformité ou d application ne
se rattache à lannexe i proprement dite.
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TRANSITION PRINCIPLES
Regarding Greenhouse Gas Emission Requirements
For New Coal-Fired Electricity Facilities in Alberta
A. BACKGROUND
Late in 2001, Alberta established a policy that new coal-fired power generation must
effectively reduce the GHG emission intensity to the same level as a natural gas
combined cycle (NGCC) plant. This policy ensures that net GHG emissions from new
coal-fired plants will be as low as has already been achieved by stand-alone, largescale gas-fired facilities in Alberta.
Alberta is currently developing a new long-term management framework for air
emissions from the electricity sector. A number of initiatives are related to developing
this framework, including implementation of Alberta’s climate change action plan Taking
Action; the Clean Air Strategic Alliance Electricity Project Team (CASA-EPT) report; and
negotiation of an agreement with the electricity sector respecting greenhouse gas
(GHG) emissions.
While the long-term management framework is being developed, industry needs
certainty for making investments to reduce or offset GHG emissions associated with
new coal-fired power plants subject to the NGCC requirement. These transition
principles provide greater certainty for an interim period, and will lead into the posttransition management framework being developed for the electricity sector.
Alberta wants to encourage GHG management practices that reduce net emission
intensity and lead to continuous improvement in emissions performance. Alberta is
committed to investing in, and encouraging private sector investment in, technology to
improve the economic and environmental performance of the province’s electricity
generation. Alberta has set an objective of increasing power generation provided by low
intensity and renewable energy sources. Alberta has a long-standing commitment to
allow flexibility in how GHG emission performance targets will be achieved, and also to
recognize early action in reducing GHG emissions so that those who take early action
are not disadvantaged.
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B. TRANSITION PERIOD
1. Period
a) The transition period begins with the commercial start-up of the first new coalfired power facility subject to the NGCC offset requirement and will be in
place for a period of three years.
b) Changes to the provisions included in this document can be made during that
time to conform to CASA-EPT recommendations that are subsequently
approved by the Alberta government.
2. Greenhouse Gas Emission Requirement
a) New coal-fired power plants must reduce their net GHG emissions intensity to
the level of an NGCC plant.
b) The NGCC standard is 0.418 tonnes of CO2 equivalent per MWh.
3. Recognized Emission Reduction Equivalencies
a) In addition to direct emission reductions via application of power generation
technology, the following four types of actions may be used in achieving net
GHG emissions requirements: emission offsets, renewable power generation,
early shutdown of other power generation facilities, and qualifying investment
in technology development.
C. APPLYING EMISSION REDUCTION EQUIVALENCIES
DURING THE TRANSITION PERIOD
4. No Double Counting
a) A particular emission reduction equivalency may be used only once to meet
GHG emission reduction requirements.
b) A particular emission reduction equivalency may not be used by more than
one party.
c) Joint owners may share an emission reduction equivalency and use each
portion uniquely.
d) Notwithstanding the provisions above, a particular emission reduction
equivalency may be used to meet both the Alberta requirement and the
requirement in another GHG management system in a Canadian jurisdiction,
as long as they are used only once in each set of calculations.

Page 39 of 56

Appendix D

3

5. Banking
a) Emission reduction equivalencies established in a year may be banked for use
in subsequent years.
6. Ownership
a) Emission reduction equivalencies from offsets, renewables and premature
facility shutdowns, as described in this document, must be owned by the party
claiming the benefit.
b) Qualifying technology investments, as described in Section 12, must be made
by the party claiming the benefit.
c) Jointly owned emission reduction equivalencies must be used in such a way
that double counting does not occur.
7. Verification
a) Emissions reduction equivalencies must be verified by a qualified independent
third-party auditor.
8. Reporting and Compliance
a) GHG emission requirements will be enforced by Alberta Environment in a
manner consistent with the department's compliance assurance principles
and programs.
b) An annual GHG emission report must be submitted to Alberta Environment by
October of the following year.
c) Regulated parties may be provided up to 3 months following AENV’s review
of the facility’s GHG report to address and correct any shortfall in emission
reduction equivalencies before a determination is made on compliance.
9. Offsets
a) Offsets are off-site reductions of GHG emissions or removals of GHG’s from
the atmosphere.
b) Offsets must be real, measurable and verifiable, and must result from an
action that was not otherwise required by law at the time the action was
initiated.
c) There are no geographical, jurisdictional or sectoral restrictions on offsets.
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d) Information on the geographic location of offset projects will be required for
information purposes.
e) Offsets created since the power generator first participated in the Voluntary
Challenge & Registry may be used in the year they were established or
banked for use in subsequent years.
10. Renewables
a) Renewable power sources in Alberta may be considered in achieving GHG
emissions performance requirements by including any emissions from the
renewable generation in the numerator and the power generated by the
renewable source in the denominator of the GHG emissions intensity
calculation for the facility.
b) Alternatively, renewable power projects can be used to establish credits based
on the difference between the GHG emission intensity of the renewable
project and the emission intensity of the relevant marginal electricity
generation unit, to a maximum credit amount of 0.418 tonnes of CO2
equivalent per MWh.
c) Renewable power from sources built since the power generator first
participated in the Voluntary Challenge & Registry may be used in calculating
net emissions intensity in the year the renewable power was generated or
banked for use in subsequent years.
11. Early Plant Shutdowns
a) Early shut down occurs when power generation facilities are shut down prior
to their normal end of design life and not otherwise in response to a
regulatory requirement to shut down.
b) Normal end of life for coal-fired power plants is reached at 40 years of age or
at the end of the plant's Power Purchase Arrangement (PPA) agreement,
whichever is later.
c) Normal end of life for all units of the Wabamun thermal electric power plant is
March 31, 2010.
d) The incremental GHG emission reduction equivalency for a year is calculated
by multiplying the difference between the emissions intensity of the shut down
facility and the NGCC level of 0.418 tonnes of CO2 equivalent per MWh by the
facility's average annual power generation, as defined by the average of the
three highest years of generation in the five years prior to shutdown, through
to the normal end of life.
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e) Early shut downs of power generation facilities after January 1, 2002 in
Alberta may be used in achieving GHG emissions performance requirements.
f) Emission reduction equivalencies established under the early shut down
provision may be used to meet GHG emission performance requirements for
the year or may be banked for use in subsequent years.
12. Investment in Technology Development
a) The contribution of incremental investment in qualifying technology
development may be included in achieving the NGCC performance
requirement.
b) To qualify, investments must be multi-party in nature and consistent with the
Alberta Energy Research Institute (AERI) strategy in support of Alberta’s
climate change action plan Taking Action.
c) Incremental investment is that amount above the average annual investment
in the three calendar years preceding the first year that the benefit is claimed.
d) Investments that might be considered ongoing, business as usual efforts to
improve performance would not qualify.
e) Qualifying technology investments will be recognized at a rate of 1 tonne of
CO2 equivalent for every $15 of investment.
f) Alberta Environment will provide one year's notice of any rate changes
specified in sub-section e).
g) Qualifying technology investments made since the publication of Alberta's
climate change action plan Taking Action, October 2002, may be used in the
year the investments were made or banked for use in subsequent years.
D. FOLLOWING THE TRANSITION PERIOD
a) Alberta will continue work to develop and implement a framework for long-term
management of GHG emissions from Alberta's electricity sector, informed by
the continuing CASA process and federal-provincial discussions.
b) The intention is to take the CASA recommendations approved by the Alberta
government into consideration for implementation at the earliest practical
opportunity. This may result in amendments to the transition principles prior to
the end of the 3-year term.
c) The long-term management framework is expected to include an overall GHG
intensity performance target for the Alberta generation system or components
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of it, and definition of eligible offsets and credits for compliance with the GHG
performance standards.
d) Emission reduction equivalencies established under the transition principles
may be eligible to bank and carry forward into this future provincial framework.
At a minimum, these reductions will be fully allowed for purposes of meeting
the natural gas combined cycle GHG performance standard. The eligibility of
these credits for other purposes will depend on whether they meet the
requirements under the rules to be developed for the forthcoming system.
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I.

Background/Overview

This report provides information as to how potential global climate change policies could affect
market prices of greenhouse gas (GHG) compliance instruments in 2015. It describes three
potential climate policy scenarios at the national and international levels and outlines potential
policy responses by the federal government of Canada. The report also examines estimates in
economic models of prices of GHG compliance instruments in and beyond 2020, and identifies
an approach for considering GHG prices in 2020 and the years following.
Climate change is a century scale issue. Governmental responses are in their infancy, and policy
will change in response to new scientific understanding of the impacts and magnitude of climate
change and economic and technological developments. As a result, the dynamics that will affect
long term climate policy are difficult to quantify and too numerous to describe. Therefore, in
order to estimate potential prices of GHG compliance instruments in 2015, this report first
describes potential policy responses by the collective international community and by national
governments to address climate change following the end of the Kyoto Protocol’s (KP) first
commitment period in 2012. We then describe how these policy responses could affect the
market, and use prices estimated by models incorporating similar policy scenarios to develop
2015 price estimates for GHG compliance instruments.
For the longer-term post 2020 commentary in this paper, we review economic models that
assume that the international community will agree to stabilize concentrations of GHGs in the
atmosphere at a 550 parts per million volume (ppmv) level. Many issues including: (1) the
allocation between nations of the emission reductions that will be required to achieve the GHG
concentration; (2) when developing nations begin to participate in this effort; (3) technological
developments; and (4) the pace at which the reductions are required during the 21st century will
all have a great impact on the cost of stabilization and the price of GHG compliance instruments
in 2020 and after. In light of these and other challenges to deriving price estimates for 2020 and
beyond, we identify a proxy approach that may be used regarding price forecasts for GHG
compliance instruments from 2020 to 2040.
II.

Drivers of Long Term Climate Policy

International Legal Framework—The United Nations Framework Convention on Climate
Change
Canada is a Party to the UN Framework Convention on Climate Change (UNFCCC). The
paragraph below describes the Convention’s environmental objective.
“The ultimate objective of this Convention and any related legal instruments that the
Conference of the Parties may adopt is to achieve, in accordance with the relevant
provisions of the Convention, stabilization of greenhouse gas concentrations in the
atmosphere at a level that would prevent dangerous anthropogenic interference with the
climate system. Such a level should be achieved within a time frame sufficient to allow
ecosystems to adapt naturally to climate change, to ensure that food production is not
threatened and to enable economic development to proceed in a sustainable manner.”
Natsource
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The international community has not agreed to the concentration level that constitutes “dangerous
anthropogenic interference” with the climate system, and opinion varies widely.
Stabilizing Concentrations of Greenhouse Gases in the Atmosphere
For the most part, the debate over climate policy to date has been over near term emissions
limitations incorporated in the KP and not over stabilization of concentrations of GHGs in the
atmosphere. These are very different.
The objective of the UNFCCC—stabilizing concentrations of carbon dioxide (CO2) and other
GHGs—is not the same as stabilizing emissions. Because emissions accumulate in the
atmosphere, the concentration of CO2 and other GHGs will continue to rise for several hundred
years even if emissions are held at current levels or slightly reduced.
The UNFCCC process has not yet specified a particular target concentration. However, in order
to stabilize concentrations at any level ranging from 450 parts per million volume (ppmv) to 750
ppmv, 1 very large reductions of worldwide emissions (from emission levels that might be
anticipated if present trends were to continue) would be required during the course of the 21st
century. The magnitude of the reductions is dependant on the ceiling that is ultimately selected.
Stabilizing concentrations at 550 ppmv has often been discussed by the scientific community
given that it roughly coincides with a doubling of concentrations levels in the atmosphere from
pre-industrial levels. It is also frequently used as a baseline hypothesis for models examining
climate sensitivity. According to the Intergovernmental Panel on Climate Change (IPCC),
achieving such a concentration ceiling would require significant action on the part of developed
and developing countries. Significant emission reductions below current levels would be required
to achieve such a concentration ceiling on a global basis, and emissions intensity would have to
fall to a fraction of today’s levels. Achieving this level of reductions and the commensurate
improvements in emissions intensity would require a transformation in the way in which society
produces, transforms, distributes, and consumes energy. Stabilization of concentrations at any
level below 750 ppmv requires greater deployment of non-emitting technologies that are
commercially available and the development of technologies such as carbon capture and storage
and advanced transportation that are not yet widely deployed throughout the economy.
If the emissions targets incorporated in the KP are achieved, emissions from developed countries
participating in the KP would fall approximately 5.2% from a 1990 base year from 2008-2012.
Developing country emissions will continue to grow. Talks are scheduled to begin in 2005 at the
international level regarding the shape of an international climate policy framework following the
end of the first Kyoto commitment period in 2012. The international community would need to
agree to emission reduction requirements for both developed and developing countries if the
world is going to get on a path to stabilize concentrations. In this regard, the United Kingdom has
set a long-term goal of reducing emissions by 60% by 2050 and has advocated the same target for
all industrialized countries. To implement such a goal, it has developed a comprehensive energy
plan for the next half century that would lead to significant reductions in its use of fossil fuels.
The European Union has recently stated a goal of capping temperature increases at 2 degrees
1

Concentrations of CO2 today are approximately 380 ppmv, and, under a range of illustrative scenarios
developed by the Intergovernmental Panel on Climate Change (IPCC), are forecast to rise rapidly and reach
as high as 540 to 970 ppmv by the turn of the next century (IPCC Third Assessment Report: Climate
Change 2001 Synthesis Report – Summary for Policymakers).
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Centigrade. Achieving this objective would require significant levels of absolute emission
reductions. On 19 November 2004, Canada’s Environment Minister, in response to the official
ratification of the KP, and its definitive entry into force on 16 February 2005, indicated that the
initial reductions included in the Protocol were “just a start.” He went on to say that over the next
50 years or so, emissions must fall 70% below 1990 levels, 2 one of the most ambitious scenarios
yet laid out by a government in the developed world.
Concentrations of GHG emissions are driven by four variables. These are: (1) population growth;
(2) per capita economic growth; (3) reliance on increased energy use to support economic growth
(energy intensity); and (4) the dominance of fossil fuels in providing this energy (carbon
intensity). Expressing this concept as an equation yields the following:

Population growth rate
+ Per capita economic growth rate
+ Energy intensity growth rate
+ Carbon intensity growth rate
= Growth rate CO2 emissions

This equation was developed by Dr. Yoichi Kaya, director of the Research Institute of Innovative
Technology for the Earth in Japan. The scenarios allow for the calculation of future emissions and
concentrations levels during the century. For example, if population was to double over the next
century and the other three factors did not change, CO2 emissions would double 3 .
One of the scenarios developed by the IPCC, IS92a, has been utilized frequently as a reference
case for analysis to determine emissions levels and concentrations without climate policy. It is
assumed to be a middle range scenario with respect to the key factors driving emissions. More
recently, the IPCC developed scenarios known as the Special Report on Emissions Scenarios
(SRES) for use in its third assessment report. For the most part, the SRES incorporate many of
the same technological assumptions as the IS92 scenarios. 4
Most scenarios of future emissions projections suggest that the expected increases in population
and economic growth will overwhelm the continued improvements in energy and carbon
intensity. For example, some believe a plausible scenario to be a doubling of population over the
next century combined with continued annual economic growth rates of 1.8 percent in per capita
income, resulting in a global economy in 2100 that is 12 times the current size. If the other two
factors that affect emissions did not change, then a 12-fold increase in CO2 emissions would
occur during the 21st century. The only way to stabilize concentrations in this scenario would be
to reduce emissions per dollar of economic output to less than one-twelfth of their current level.
This represents a 92% reduction. 5 Part of this reduction would be accomplished through
2

As reported in the Globe and Mail, November 19, 2004.
Edmonds, Jae, T. Wilson and R. Rosenzweig, 2000.”Global Energy Technology Strategy Addressing
Climate Change, Initial Findings From an International Public-Private Collaboration”, Global Energy
Strategy Project. Battelle.
4
Nakicenovic, N., et. al., 1996, IPCC Special Report, A Special Report of IPCC Working Group III,
Emissions Scenarios, Summary for Policy-makers, Cambridge University Press.
5
Op. Cit., Edmonds, et. al.
Natsource
11120 19th Street, NW, Suite 730, Washington, DC 20036
v. 202.496.1423 • f. 202.496.1416 • www.natsource.com
Page 46 of 56
3

3

Appendix D

improvements in the amount of energy used to create a dollar of economic output (energy
intensity), and part through dramatically reducing carbon emissions from the energy sector
(carbon intensity). Simply put, population and economic growth will lead to rising emissions
unless fundamental transformation of the energy system is achieved through technological
breakthroughs.
The above illustrates the scale of the potential emissions reductions that would be required to
achieve stabilization of concentrations and leads one to the conclusion that the emissions limits
incorporated in the KP are but a first step towards achieving the long-term objective of the
UNFCCC.
Regardless of the long term concentration target that is chosen, the key dynamics that will affect
the cost of stabilization and the price of GHG compliance instruments in 2020 and after include
the allocation of the carbon budget between nations, when developing nations begin to participate
in the effort to stabilize, technological advancements, and the pathway that is adopted to achieve
the target concentration ceiling (i.e. the stabilization path). With regard to the latter, those models
that assume more rapid emission reductions in the first half of the century estimate higher prices
for 2020-2040 than those that assume pathways in which most of the emissions reductions
required for stabilization take place in the second half of the century.

III.

Future Climate Policy Scenarios and Canadian Responses

The preceding discussion highlights just a few of the dynamics that can affect long-term climate
policy and emissions performance. In order to derive prices for GHG market instruments in 2015,
this report describes three alternative climate policy scenarios that are driven by the current policy
and regulatory framework. They are simplified versions of potential futures. This approach limits
the consideration of the variables that will influence future policy to those that are grounded in
politics, competitiveness, and environmental performance. In this regard, a key determinant of
Canada’s eventual policy response will be decisions made by the U.S. The scenarios that follow
evaluate potential outcomes in which the U.S. at the federal level: (1) continues to remain outside
the international climate policy framework following 2012; (2) agrees to participate in an
international climate policy framework after 2012 that requires emission reductions; or (3)
develops a domestic program that imposes emission reduction requirements but remains outside
of an international program.
The direction of U.S. policy likely will have a significant impact on future Canadian policy given
concerns with national competitiveness. Canada is currently out of step with the U.S. on the KP.
Canada is a Party to the agreement, while the U.S. is not. Given the importance of the U.S.
economy on Canadian competitiveness (approximately 90% of Canadian exports are to the U.S.),
the Government of Canada will likely seek to develop a policy that is consistent with the
approach taken by the U.S. As such, we have developed three possible scenarios that could shape
Canada’s future policy response.
Three Post 2012 Policy and Market Scenarios
This section describes three future international and national policy scenarios for the post-2012
time frame. The report provides a range of prices for GHG compliance instruments in 2015.
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Scenario 1 – Continuation of the Kyoto Protocol, no U.S. engagement or action (“KP
continuation, no U.S./ no further Canadian action”).
Description
In this scenario, it is assumed that the national emissions limitations from the first KP
commitment period (2008-2012) for those countries that were Parties to the Protocol will be
maintained in the years immediately following 2012. More stringent targets would not be
adopted because under this scenario the U.S., the world’s largest emitter, would not join a post2012 international agreement and would not take action at the federal level to reduce GHG
emissions. As a result, developed countries that participated in the KP could determine in this
scenario that taking on more stringent requirements would have adverse impacts on national
competitiveness. Developing countries’ emissions would continue to rise in this scenario. This
scenario may be possible in light of: (1) continued uncertainty with respect to U.S. action on
climate change; (2) the possibility that developing countries will not agree to mandatory
emissions limitations; and (3) previous views in the U.S. Senate that the U.S. would continue to
remain outside of any international climate change agreement that imposes reduction
requirements if the agreement did not require developing countries to adopt emissions reduction
targets in the same compliance period.
Under this scenario it would be unlikely that the Government of Canada would impose more
stringent reduction requirements to achieve climate related objectives. Taking on more aggressive
targets could have adverse impacts on Canadian firms that export to the U.S. as the cost to reduce
emissions could put them at a competitive disadvantage. In this scenario, emissions growth would
occur and emissions intensity requirements for thermal power generators would remain virtually
the same as under the Large Final Emitters regime. Further emission reductions or improvements
in emissions intensity would be consistent with technological improvements that could occur. It is
unlikely that the targets for the generation sector would be eliminated or rolled back given
continued calls for lower emitting sources of power to achieve other air quality and public health
objectives such as reducing urban smog and acid rain, and to reduce emissions of hazardous air
pollutants such as mercury. The U.S. and Canadian Governments would likely posit further
progress on climate change on breakthrough technologies not yet widely deployed in the
economy.
It may be argued that this scenario is unlikely given UK Prime Minister Tony Blair’s statements
in November 2005 suggesting that a post-2012 international climate regime would need to
include the U.S. and be focused on technology development and diffusion (although he
subsequently suggested that the technology approach should be supplemental to mandatory
emission targets for Kyoto Protocol participants). In this context, it may be argued that if the U.S.
does not take on mandatory targets following 2012, and instead pursues international and bilateral
agreements and initiatives focusing on technology (such as those discussed at the Gleneagles G-8
conference in July 2005), developed country KP participants would be likely to join the U.S. in
this approach, and to avoid extending mandatory targets which would impose costs on their
economies that would not be confronted by the U.S. economy.
The authors believe that if the U.S. does not take on mandatory targets, either as a participant
in an international regime or through a domestic program, it is likely that most if not all
developed country KP participants would at least maintain their first commitment period targets
beyond 2012. Canada would likely maintain its KP targets because of the progress that could be
made over the next decade, and its goals to achieve other public objectives such as improving air
Natsource
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quality and public health through emission reductions. Canada’s 2005 Climate Plan also
indicates that the Government of Canada will be consulting with stakeholders regarding post2012 targets. The EU is also likely, at a minimum, to maintain its collective KP target, based on
the European Parliament’s Environment Committee’s support for more ambitious emission
reduction targets for the EU by 2020. It is perhaps less certain that Japan would maintain its KP
target because it has stressed the importance of U.S. participation in an international regime (at
Gleneagles and elsewhere), and may not wish to impose additional economic costs on its
economy associated with mandatory emissions targets if the US doesn't take on mandatory
targets. As discussed below, however, it is difficult to estimate prices under a scenario in which
Japan alone does not extend its first commitment targets, as no economic models attempt to
model this scenario.
Relevant model estimates
In order to develop price estimates for GHG compliance instruments in 2015, we have considered
economic model estimates that are most relevant for each scenario that is considered. Three
model estimates are relevant in considering prices under this scenario (KP continuation, no
U.S./no further Canadian action).
•

•

Bernard et al, estimates #1 and #2 ($13.68 and $41.05 6 ) consider prices in 2010 without
U.S. participation, assuming KP continuation, and incorporating sinks policy changes
from Conference of the Parties (COP) 6.5 in Bonn and COP 7 in Marrakech. Estimate # 2
considers sales limits. Thus, these models and their price estimates have some
similarities with this policy scenario.
Similarly, Nordhaus estimate #2 ($8.71) considers prices in 2015 without U.S.
participation, assuming KP continuation, incorporating sinks policy changes, but not
considering sales limits.

We note that these model estimates assume that Canada and Japan maintain their participation in
the international climate regime. As a result, prices estimated by these models could be slightly
higher than in a scenario in which Canada and Japan do not participate. All the models we
reviewed assume that Canada is a net buyer of KP compliance instruments. The increase in net
demand for compliance instruments with Canadian participation would tend to lead to higher
prices.
Price estimates in 2015 under this scenario (KP continuation, no U.S./no further Canadian
action)
As noted above, if developed countries maintain their KP targets beyond 2012, economic growth
and the reduction of low-cost abatement options could lead to higher prices for GHG compliance
instruments, although technological development could mitigate this effect somewhat. The two
low model estimates ($8.71 and $13.68) result because there is an assumption that sellers such as
Russia do not impact the market by taking action to restrict supply in an attempt to maximize
revenue. We call these sales limits throughout the report. In contrast, the high estimate ($41.05)
makes the opposite assumption, but assumes more optimal results for sellers than could be
achievable in practice.
6

Unless otherwise noted, all price estimates in this report were calculated in year 2001 $US, and then
converted from $US to $CDN using an exchange rate of US $1 = CDN $1.244. The exchange rate was
taken from www.x-rates.com on 8 June 2005.
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In light of these considerations, we estimate that prices in this scenario would increase to $19 $31 in 2015.
Advances in technological developments that are greater-than-forecast will tend to result in prices
toward the low end of this range, or perhaps lower. Similarly, if the Clean Development
Mechanism is implemented in such a way as to increase the supply of KP compliance instruments
beyond expected levels, this would also push prices lower. Conversely, higher-than-expected
economic growth and less-than-expected advances in technology could push prices toward the
high-end of this range, or perhaps higher. In addition, if Japan opted not to maintain its first
commitment KP target (which would be a variation on this scenario), prices would be lower as
Japan is expected to be an important buyer.
Scenario 2: KP entry into force plus post-2012 international agreement including the U.S.
and Canada (“KP plus, with U.S./Canada”)
Description
In this scenario, developed countries, including the U.S. and Canada, agree to a post-2012
international agreement that imposes emissions limitations on the U.S. and requires more
stringent reductions than were agreed to in the first Kyoto period. This scenario appears to be
plausible given: (1) the clear importance of U.S. engagement in an international effort to address
climate change (2) the need for global emissions to decrease from 1990 levels in order to meet the
UNFCCC objective of stabilizing GHG concentrations in the atmosphere at levels that have been
discussed; (3) the benefits that international emissions trading would have in lowering U.S.
compliance costs; (4) the impact that state-level and regional U.S. policies would have in raising
the political profile of the climate change issue among the public; and (5) the increased costs for
companies to comply with differing sets of rules under the state programs. In this scenario,
potentially large U.S. and Canadian demand for compliance instruments could significantly
impact international markets and prices for GHG compliance instruments under the KP in 2015.
Relevant model estimates
Several economic models consider similar, if not always identical scenarios, and are therefore
relevant in considering prices under this scenario (“KP plus, with U.S./Canada”). A summary of
some of the key differences between the assumptions incorporated in these models and those in
this scenario, and associated implications, follows.
•

•

Bernard et al, estimates #3 and #4 ($26.12 and $41.05) consider prices in 2015 with U.S.
participation, incorporating sinks policy changes from COP 6 bis in Bonn and COP 7 in
Marrakech. Estimate #2 assumes sales limits. However, these estimates assume targets
described in KP continuation (scenario 1), rather than the more stringent targets we
assume in this scenario in the post-2012 period. These price estimates are therefore
lower than they would be under this scenario.
Jakeman et al ($47.27) considers prices in 2015 under a KP plus scenario in which Annex
B (developed) countries’ emissions targets are 5% below their 2008-12 targets, and
Russia’s and Ukraine’s targets are 10% below. The model also takes sinks and sales
limits into account. However, it does not include U.S. participation. Consequently,
prices are lower than they would be with the U.S., due to the impact of U.S. demand.
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•

•

Manne and Richels ($73.40), two prominent climate change modelers in the U.S.,
consider prices in 2020 under a KP plus scenario in which the U.S. takes on its original
KP target (7% below 1990 levels) and other Annex B countries’ emissions targets are
10% below their 2008-12 targets. The model takes sinks and sales limits into account.
Since prices are estimated for 2020, they reflect 5 more years of emissions growth, and
are therefore higher than they would be if they were estimated for 2015.
Several models (McCracken: $51.00; Kurosawa et al: $33.59; Kainuma et al: $17.42;
Bernstein et al: $13.68; McKibbin et al: $14.93; average = $26.12) consider prices in
2020 in a scenario in which the U.S. participates. However, the scenario is similar to that
which is considered in which the KP continues but developed countries do not take on
more aggressive targets as described in this scenario. In addition, these models do not
take into account sales limits or sinks developments in 2001 and 2002. Modeling prices
for 2020 raises prices, as does the way in which the models considered sinks. On the
other hand, prices in these models can be lower because they assume the more modest
targets considered in Scenario 1 and do not take sales limits into account.

Price estimates in 2015 under this scenario, (KP plus, with U.S./Canada)
In this scenario, several dynamics, including increased demand for GHG compliance instruments
(largely from the U.S.), and more stringent targets for developed countries, would significantly
increase demand and prices relative to Scenario 1 (KP continuation, no U.S./no further Canadian
action). As in Scenario 1, economic growth by 2015 and the reduction of low-cost abatement
options would also likely lead to higher prices, although technological advancement could
mitigate this effect somewhat. We would expect that prices under this scenario would be higher
than in either of the other two scenarios we consider for 2015.
In considering the relevant model estimates, we made some inexact adjustments to each estimate
to reflect the directional impact of the dynamics noted above. We estimate that prices for GHG
compliance instruments in 2015 under this scenario would be $37 - $50 based upon: (1) adjusted
model estimates; (2) current prices; (3) consideration of the directional impacts of reduction of
existing low-cost abatement options; and (4) consideration of the directional impacts of
technological developments.
A key question in this scenario is the stringency of the U.S. target. If the U.S. receives a
relatively less stringent emissions target, it could be able to meet its target largely through
domestic reductions that are available at a lower marginal cost of abatement than the international
clearing price for GHG compliance instruments. This would reduce U.S. demand (and therefore
international prices) significantly relative to a scenario in which the U.S. took on ambitious
targets, such as its original KP target of 7% below 1990 levels. Therefore, prices could be higher
or lower than the estimated range based on the target adopted by the U.S. Similarly, the
stringency of other Annex B countries’ targets will affect price.
Scenario 3: Kyoto Protocol with more stringent requirements for industrialized countries
plus separate U.S./Canada reduction program (KP plus with more stringent requirement,
plus separate U.S./Canada program)
Description
Under this scenario, we assume KP entry into force plus a post-2012 international agreement that
imposes more stringent emissions limitations but does not include U.S. and Canada and
Natsource
8
11120 19th Street, NW, Suite 730, Washington, DC 20036
v. 202.496.1423 • f. 202.496.1416 • www.natsource.com
Page 51 of 56

Appendix D

developing countries. However, the U.S. and Canada develop a domestic program that requires
reductions and allows for trading flexibility in 2015 (KP plus with more stringent requirement,
plus separate U.S./Canada program).
In this scenario, the U.S. and Canada do not join a post-2012 international agreement, but instead
decide to adopt domestic reduction programs that allow regulated firms to purchase GHG
instruments for compliance. Other developed countries that are Parties to the KP would take on
more stringent targets post-2012 in order to make further progress in the effort to achieve
stabilization of atmospheric concentrations of GHGs. Trading flexibility provisions likely would
be incorporated in any U.S. and Canadian domestic trading program in order to lower compliance
costs. For example, the programs could incorporate the following elements:
•
•

Mandatory cap and trade program limiting emissions;
Companies having full compliance flexibility, enabling them to use:
o All KP compliance instruments, including certified emission reductions (CERs)
created by CDM projects, emission reduction units (ERUs) created by Joint
Implementation projects, and assigned amount units (AAUs);
o U.S. and Canadian allowances under the cap and trade program;
o U.S. and Canadian domestic offsets (if an offset program is developed); and
o Compliance instruments from any other national emissions trading program.

Legislation introduced in the U.S. by Senators McCain and Lieberman in October 2003
incorporated an emissions limitation and allowed the use of KP instruments for a portion of
compliance.
Under this scenario, two separate systems would emerge. The first would be the KP system and
the second would be the U.S./Canadian system. The U.S./Canadian system could impact the KP
system through potentially strong demand for KP compliance instruments. However, given that
KP participants’ demand for compliance instruments is already high in this scenario, prices for
KP compliance instruments may be higher than the marginal cost of abatement under the U.S.
and Canadian programs. This would mean that firms from KP Parties would pay more for GHG
compliance instruments in 2015 than U.S. and Canadian firms. In such a case, it is possible that
prices for KP instruments would be differentiated according to the buyer. For example, sellers of
CERs would be able to charge KP participant buyers up to the international clearing price for
GHG compliance instruments, but would only be able to charge U.S. and Canadian buyers up to
the domestic marginal cost of abatement, since it is unlikely that these buyers would be willing to
pay more for KP compliance instruments. In this scenario, U.S. and Canadian demand for KP
compliance instruments may not impact prices in the KP system.
Relevant model estimates and price estimates in 2015 under this scenario (KP with more
stringent requirement, plus separate U.S./Canada program)
Based on our review of the economic modeling literature and discussions with experts in this
field, we are unaware of any economic modeling effort to date that has considered a scenario
similar to one in which developed country Parties to the KP take on more stringent targets in the
post-2012 time frame and in which the U.S. and Canada establish separate domestic programs
that allow regulated firms to purchase external instruments for compliance. Such a model would
be instructive, given the possibility that separate trading systems could emerge in the future. As
noted above, a key question would be the extent of U.S. and Canadian demand for KP
compliance instruments, which in turn would depend on the cost of these instruments, the
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stringency of U.S. and Canadian emissions targets, and the marginal costs of abatement under the
U.S. and Canadian programs.
The closest approximation to this scenario in the economic models we reviewed is Scenario 2 in
which the U.S and Canada participate in an international agreement in the post-2012 period. The
principal difference between that scenario and this one is that the U.S. and Canada would likely
take on less stringent targets in this scenario than under Scenario 2. Less stringent U.S. targets in
this scenario imply lower demand for compliance instruments than in the prior scenario and
therefore lower prices for KP instruments. As noted above, U.S./Canadian demand for KP
compliance instruments could be reduced to zero if the marginal cost of abatement for the
U.S/Canadian program was lower than the price of KP instruments. Alternatively, prices for KP
instruments could be differentiated based on the buyer. Sellers of KP instruments would prefer to
sell to KP participants at higher prices, but U.S./Canadian buyers could potentially be able to find
supply at lower prices if there were surplus available in the market. In either case, U.S./Canadian
demand would have little or no effect on KP instrument prices for KP participant buyers.
Estimates of prices under this scenario can provide a basis for assessing the likelihood of
additional U.S./Canadian demand in the KP system. Two estimates have been prepared of U.S.
compliance instrument prices under the McCain-Lieberman domestic emissions trading proposal,
which called for a year-2000 emissions cap starting in 2010. An economic modeling analysis by
the Massachusetts Institute of Technology (MIT) estimated that prices in 2015 under the cap
would be $13.68. 7 Another analysis by the Energy Information Administration of the U.S.
Department of Energy estimated that prices in 2015 would be $27.37. 8 The average of these two
estimates, rounded to the nearest dollar, is $19.90. Without further information available, we
estimate that prices in the U.S. system in 2015 will be approximately $12 - $25.
We would expect that prices in the KP system in this scenario would be lower than in Scenario 2
because of less stringent U.S. targets, but potentially higher than in the first scenario described
because of the potential that the U.S. would impose some demand in the KP system and because
developed countries would take on more stringent targets. As noted above, we estimate that
prices in 2015 in Scenario 2, in which the U.S and Canada participate in a post-2012 international
agreement, will be approximately $37 - $50. We estimate that prices in the first scenario in which
Parties to the KP maintain their targets following 2008-2012, the U.S. continues its current stance
at the federal level on climate policy, and Canada maintains targets for the power sector but does
not participate in an international agreement, will be approximately $19 - $31. Without further
information available, we estimate that prices in the KP system under Scenario 3 would be
approximately $25 - $37. If KP prices are in this range in 2015, and if U.S./Canadian prices are
in the range of $12 - $25, U.S. demand might not impact prices for KP buyers. However, this
question requires significant further analysis.

7

Paltsev, S., J. M. Reilly, H.D. Jacoby, A. D. Ellerman and K.H. Tay (2003), “Emissions Trading to
Reduce Greenhouse Gas Emissions in the United States: The McCain-Lieberman Proposal,” Report No. 97,
MIT Joint Program on the Science and Policy of Global Change, June.
8
Energy Information Administration (2003), “Analysis of S.139, the Climate Stewardship Act of 2003,”
Office of Integrated Analysis and Forecasting, U.S.Department of Energy, SR/OIAF/2003-02, June.
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Summary of Price Expectations for 2015
Table 1 below summarizes our price expectations for 2015 based on consideration of estimates
from relevant models. As noted throughout the report, there remain numerous variables outside
the scenarios that could have a significant impact on the price projections.
Scenario

Description

Relevant Models

1

KP continuation, no
U.S./no further
Canadian action
beyond existing
2005 LFE plan

Bernard et al estimates #1
and #2 ($13.68 and $41.05)
Nordhaus estimate #2
($8.71)

2

3

Bernard et al estimates #3
and #4 ($26.12 and $41.05)
Jakeman et al ($47.27)
Manne and Richels
KP plus, with U.S.
($73.40)
and Canada
participating
McCracken ($51.00)
Kurosawa et al ($33.59)
Kainuma et al ($17.42)
Bernstein et al ($13.68)
McKibben et al ($14.93)
No models with directly
comparable scenarios
KP plus with more
stringent requirement, found.
Closest was analysis done
plus separate
U.S./Canada program for McCain-Leiberman bill
with less stringent
MIT ($13.68)
targets than KP Plus US Department of Energy
($27.37)

Estimated Price
Range in 2015
Based on Relevant
Models

$19 - $31

$37 - $50

$25 - $37

Post 2020 Modeling
Deriving price estimates of GHG compliance instruments so far into the future is extremely
challenging given the many variables that will impact their prices. As noted earlier in the
discussion on long term global climate policy, the ultimate objective of the international legal
regime (UNFCCC) is to stabilize concentrations at a yet-to-be-specified level. The variables that
will affect future emissions and stabilization include population growth and economic activity,
energy intensity and carbon intensity.
Long-term modeling of prices in economic models that we reviewed is based on the assumption
that the world will adopt a quantitative target concentration of GHGs in the atmosphere. The
economic models reviewed in this report assume that the international community will agree to
stabilize concentrations of GHGs in the atmosphere at a 550 ppmv level. All concentration
ceilings have an associated carbon budget for the 21st century – i.e. a finite budget of GHGs to
emit over the next 95 years. Some of the key dynamics that will affect the cost of stabilization
Natsource
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and the price of GHG compliance instruments in 2020 and after include the allocation of the
budget between nations, when developing nations begin to participate in the effort to stabilize,
technological advancements, and the stabilization pathway that is ultimately selected (discussed
below).
A number of economic models have looked at potential costs of achieving stabilization to nations
or regions, expressed in terms of percentage of GDP. While instructive when comparing different
scenarios, the variables associated with these forecasts makes translation of these model results
into a price per tonne of CO2 extremely difficult. A closer proxy for considering GHG
compliance instrument prices in 2020 and beyond is found in models that forecast what the
carbon tax that would be required to reach long term emissions reduction targets, and that we
have reviewed for this report.
However, it is important to note that extrapolated carbon tax projections for the period of 2020 to
2040 are merely points along a long term pathway to stabilization of concentrations. Prices vary
widely depending on the emissions pathway that is chosen, the baseline emissions forecasts used
to determine the level of emission reductions that will be required to achieve stabilization, and the
technological assumptions incorporated in the model.
By way of illustration, Table 2 below summarizes model results for eight models that looked at
carbon tax levels needed to reach a stabilized 550 ppmv concentration by the end of the century. 9
Model

Authors

Asia Pacific Integrated
Model (AIM)

M. Kainuma, T. Morita, T.
Masui, K. Takahashi, Y.
Matsuoka
J. Macfarland, J. Reilly, H.
Herzog (MIT)

Emissions Projection
and Policy Analysis
(EPPA)
Global Relationship
Assessment to Protect
the Environment
(GRAPE)
IMAGE 2.2

A. Kurosawa (Institute of
Applied Energy)

Multiregional Approach
for Resource and
Industry Allocation
(MARIA8)
Model for Evaluating
Regional and Global
Effects of GHG
Reduction Policies
(MERGE4.2)

D. an Vuuren, B. deVries, B.
Eickout, T. Kram (National
Institute of Public Health and
the Environment)
S. Mori (Tokyo University)
and T. Saito (Hitachi)

A. Manne (Stanford
University) and R. Richels
(Electric Power Research
Institute)

2020
forecast
$4.42

2040/2050
forecast
$50.98

2100
forecast
$163.28

$3.73 (2030
price)

$61.18

$1,189.61

$33.98

$84.97

$1,070.66

$15.30

$23.80

$64.58

$10.20

$59.48

$50.98

$3.74-$4.08

$10.87$11.22

$122.36

9

From “Review of Post 2020 Modelling Insights for BC Hydro” Trexler Climate and Energy Services, June 9, 2005
draft report.
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Model for Energy
Supply Strategy
Alternatives and their
General Environmental
Impact (MESSAGE)
Mini-Climate
Assessment Model
(mini-CAM)

K. Riahi, L. Schrattenholzer
(ECESP), E. Rubin, D.
Hounshell (Carnegie Mellon
University) , M. Taylor (UC
Berkeley)
J. Edmonds, J. Clarke,
J.Dooley, S. Kim, S. Smith
(University of Maryland)

$7.81

$20.05

$151.93

$1.39

$22.54

$75.80

As can be seen from the above table, model predictions for 2020 range from $1.39 per tonne of
CO2 to $33.98; for 2040/2050 the range is from $10.87 to $84.97; and in 2100 the range is from
$50.98 to $1,189.61. Those models that assume more rapid emission reductions in the first half
of the century estimate higher prices for 2020-2040 than those that assume pathways in which
most of the emissions reductions required to achieve the target concentration take place in the
second half of the century.
Price Forecasting for 2020 to 2040
There is not yet any indication regarding the emissions pathway to achieve stabilization that may
ultimately be agreed to by the international community. There also is no understanding at present
of how the carbon budget will be allocated among nations and when the developing countries will
begin to participate in the effort to stabilize GHG emissions. In the absence of such, an
alternative to using economic model estimates of prices in 2020 and beyond is required. Based
on the range of uncertainties that leading experts associate with future climate change policy, one
approach that may be used regarding price forecasts from 2020 to 2040 for GHG compliance
instruments would be to inflate 2015 price forecasts by 5% on an annual basis. While it
obviously provides a very rough proxy, this approach has the advantage of avoiding the
difficulties involved in trying to synthesize extremely diverse results from economic models that
incorporate wide-ranging assumptions regarding baseline emissions, technological advancement,
and the stabilization pathway that is implemented in the 21st century.
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1

Hydrological System Simulation Model (HYSIM) Description

2

BC Hydro’s HYSIM simulates the resource dispatch of a given portfolio. The HYSIM

3

simulation is executed over the range of historical streamflow conditions for each of the

4

gas and electricity price forecast scenarios. The gas price forecast is used to calculate

5

the fuel cost for gas-fired resources, such as Burrard, Island Cogeneration Project (ICP)

6

and any future CCGTs, by multiplying the gas price (after fuel tax) and the plant’s heat

7

rate. Monthly HLH and LLH electricity prices are used to represent the cost of imports

8

and the value of exports.

9

Monthly import and export energy limits act as constraints in HYSIM. The intertie

10

maximum import and export transfer capability with the US is 2000 MW and 3150 MW,

11

while the import and export transfer capability with the Alberta is 1000 MW and 1200

12

MW. While these are the maximum transfer capabilities, tie lines to both the US and

13

Alberta are frequently derated, with the Alberta tie line often down to 0 MW. In addition,

14

the Interior to Lower Mainland transmission path within BC is frequently more

15

constrained than the US tie lines and HYSIM does not explicitly model this constraint.

16

The monthly energy limits used in the model to represent the transmission interties are

17

represented as monthly average values based on historical data. The range of monthly

18

values used in the model is:

19

Heavy Load Hour imports

750 to 850 GWh per month

20

Light Load Hour Imports

550 to 650 GWh per month

21

Heavy Load Hour Exports

900 to 1,100 GWh per month

22

Light Load Hour Exports

600 to 900 GWh per month

23

In addition to the intertie capacities, the imports are constrained by the generation

24

minimum output constraints 1 , the contribution of non-dispatchable generation and the

25

generation constraints associated with meeting system inertia requirements . HYSIM

26

captures the impact of the first two minimum generation constraints but does not model

27

the inertia constraint.

2

1
Generation minimum output constraints include minimum flow to support fish, reservoir levels for nonpower requirements, and constraints for generation stability.
2

At times, particularly during periods of low load, generation within BC transmission regions must be run at
minimum levels to avoid unacceptable frequency excursions in the event of a system disturbance.

1

3

1

HYSIM dispatches the existing and new resources scheduled in the portfolio to meet

2

domestic energy requirements for each year of the 20-year planning horizon. HYSIM

3

dispatches the resource based on its variable operating cost or dispatch cost; that is,

4

resources with lower dispatch cost are dispatched first.

5

HYSIM assumes that the energy from “take-or-pay” IPP contracts is first in the “dispatch”

6

order. Because the contracts are take-or-pay, the variable operating costs are zero from

7

the perspective of BC Hydro.

8

HYSIM then assumes that BC Hydro’s run-of-river hydroelectric and smaller

9

hydroelectric projects that do not have significant storage capability are ordered next.

10

Their variable cost is the provincial water rental fees.

11

For hydroelectric projects with significant reservoir storage, the dispatch cost is based on

12

the value of water stored in the reservoir. The value of water stored in the reservoir is

13

estimated by the expected future cost savings that could be realized by not dispatching

14

the water in the current planning period and instead storing it to be used to generate

15

electricity in some later planning period. In other words, the value of water represents

16

the opportunity cost of releasing water in the current time period rather than storing it for

17

future use. This considers factors such as current reservoir elevations, available

18

reservoir storage and the range of expected future inflows.

19

To determine the economic dispatch from the hydroelectric capability, HYSIM compares

20

the value of stored water in each month to the variable cost of dispatchable thermal

21

resources (such as Burrard, ICP and any future CCGTs) as well as the cost of imports

22

and the value of exports. Depending on the monthly electricity price, HYSIM may

23

schedule imports rather than dispatching higher-cost resources.

24

To assess portfolio performance under a range of future streamflow conditions, the

25

dispatch for each of the 20 years is simulated for 60 historical streamflow sequences.

3

Dispatchability refers to a supply-side or demand-side resource that can have the power output adjusted
for short-term variation in load or resource balance due to weather changes, unit outages, market price
changes and non-power considerations.

2

4

1

These 60 streamflow sequences are based on historical data from 1940 through 2000 .

2

These sequences cover a range of water conditions from low to high, which provide a

3

large enough sample to accurately estimate the average hydroelectric output.

4

Generation output for each year is calculated by averaging the resulting 60 dispatch

5

scenarios corresponding to each streamflow sequence. The results provide the expected

6

20-year monthly dispatch of each resource and corresponding expected imports and

7

exports.

8
9

Unit Capacity Cost (UCC) Calculation for Revelstoke Unit 5, Including System
Benefits

10

The methodology for calculating the UCC for Revelstoke Unit 5, including system

11

benefits was laid out in BC Hydro’s response to BCUC Information Request (IR) 2.85.0

12

in the 2005 REAP Application. A reproduction of the content of BC Hydro’s response to

13

BCUC IR 2.85.0 follows:

4

The first 20-year sequence matches the F2006 to F2025 load years with the historical water conditions
from 1940/41 to 1959/60. The second 20-year sequence matches the F2006 to F2025 load years with the
historical water conditions from 1941/42 to 1960/61, and so on. Later sequences match the load years to the
historical water conditions up to 2000/01 and then loop back to 1940/41.

3

1

85.0

Reference:

2
3
4
5

2.85.0

6

RESPONSE:

Exhibit B-2, Response to BCUC IR 1.13.0

Using the method outlined in the response to BCUC Information
Request 1.13.0, please provide an estimate of the unit cost of energy
and capacity for Revelstoke 5. Please show the calculation and
assumptions used in the developing the estimates.

7
8
9
10
11

An estimate of the unit cost of capacity net of energy benefits for Revelstoke Unit 5 (Unit
5) using the method outlined in response to BCUC IR 1.13.0 follows. BC Hydro includes
with this response a copy, on CD, of the economic model described in the text below.
Finally, a list of assumptions employed in the analysis is set out at the end of this
response.

12

The steps as described in response to BCUC IR 1.13.0 are as follows:

13

1. Identify the project costs including the capital costs and ongoing operating costs

14
15
16
17

2. Identify the products being provided
a. Capacity
b. Energy
c. Others

18

3. Calculate the present value of the project costs from (1)

19
20

4. Calculate the present value of the non-capacity products from (2b) and (2c) the
value of some of the products may not be easily monetized.

21
22

5. Deduct the present value of the non-capacity products from (4) from the present
value of the project costs in (3)

23
24

6. To derive the unit capacity cost, divide the net present value cost from (5) by the
dependable capacity (2a)

25

Step 1: Project costs including capital and ongoing operating costs.

26
27
28
29
30
31
32

Unit 5 is entering into the early stages of the Definition phase of project development
(see response to BCUC 1.32.1). Since the 2005 REAP application was filed, further work
has been completed to update the project and the total capital cost estimate has been
revised higher to $172.0 million. The increase in estimated project cost, from $138.9
million, is due primarily to higher estimates of equipment supply and installation costs. It
has also been affected by a delay in in-service date due to longer lead time to supply
major turbine and generator components.

33
34
35

Although total project costs have increased, the forecast capital spending on Unit 5 in
each of F2006 and F2007 has decreased: in F2006, from $1.9M to $1.3M; and in F2007,
from $9.4 M to $1.5 M.

36
37
38
39
40
41

Notwithstanding the forecast change in capital expenditures for Unit 5, BC Hydro does
not propose to amend its 2005 REAP application. The planning process continues
throughout the year, while the REAP will always be a “snapshot in time” of planned
expenditures. Since a REAP will be filed annually, BC Hydro expects that generally it
would amend a REAP after it has been filed only as a result of a significant change in
planned expenditures in the first year covered by the particular REAP application.

4

1

Step 2: Products being provided

2

a) Capacity Gain

3
4
5
6
7

To meet instantaneous peak demands, Unit 5 will be able to supply over 500 MW of
additional capacity. From a long term planning perspective, the dependable capacity
from Unit 5 is determined to be approximately 480 MW. The dependable capacity is
slightly lower than the rated capacity because the former is a measure of the sustainable
peak capacity over a prolonged winter peak period across a range of water conditions.

8

b) Energy Related Benefits

9
10

The energy related benefits present themselves in three different categories: (1) Energy
Gain at Revelstoke GS; (2) System Energy Gain; and (3) System Shaping.

11

b.1) Energy Gain at Revelstoke GS

12
13
14
15
16
17

Unit 5 will enable an increase in the average annual energy generation from the
plant. The additional energy will be derived by preferentially loading the new unit as it
will be more hydraulically efficient than the existing four units. This is expected to
increase average energy generation at Revelstoke GS by 140 GWh/yr. This value is
fairly constant year to year, ranging from 120 GWh/yr (firm energy gain) to 150
GWh/yr depending on water conditions.

18

b.2) System Energy Gain

19
20
21
22

Unit 5 also enables energy gains on the entire system. This is achieved by reducing
a small amount of spill and improving hydraulic efficiency from the power projects
situated on the Columbia River and by enhancing the balance of water and system
flexibility during the winter and summer.

23

b.3) System Shaping

24
25
26
27
28

Unit 5 will allow the Revelstoke GS to generate more electricity during the highest
value time periods and less electricity during the lower value time periods. This
allows improved daily load factoring, and weekly and seasonal shaping. The value of
the shaping operation is influenced by the differential in market prices between light
load hours and peak load hours.

29
30

The primary factors affecting the amount of energy related benefits are (1) BC Hydro’s
supply/demand balance and (2) electricity market price conditions:

31
32

(1) When BC Hydro has greater annual energy supply relative to demand, there is more
energy available for Unit 5 to shape to higher value periods.

33
34
35
36
37
38
39
40
41

(2) Unit 5 creates more value when electricity market prices have greater differentials
between peak load hours and light load hours (refer to discussion b.3 from above),
and when market prices are strong in both the winter and summer seasons. Market
prices peak during the winter because of the supply/demand influence of the Pacific
Northwest while market prices peak during the summer because of the
supply/demand influence of other markets, such as California. Overall, BC Hydro
system operation tends to be more constrained in the winter than in the summer.
Therefore, when and if significant market strength exists during the summer, Unit 5
adds flexibility in operations to capture additional value.

42

Four Scenarios are presented to test a range of expected energy benefits of Unit 5.

5

1
2
3
4
5
6
7
8
9
10
11
12
13
14
15
16
17
18
19

Scenario 1
Scenario 1 is designed to represent an annual energy surplus condition, and is
based on the 2004 IEP 2008/2009 load/resource balance. There are sufficient
capacity resources to meet peak demands without Unit 5. Market prices are based
on the September 2004 BC Hydro electricity and gas price forecast.
Scenario 2
Scenario 2 is on the same resources as in Scenario 1, but the load has been
increased by 2000 GWh to represent a system that is energy constrained. Market
prices are assumed to be less favourable for Unit 5 (i.e. less differential between
peak and light load hours, winter peak price only). To model this market pricing
scenario, BC Hydro used the unescalated price forecast from September 2001.
Scenario 3
Scenario 3 is based on the 2004 IEP 2016/2017 load/resource balance. In this
Scenario, there is an annual energy balance but Unit 5 is required to meet domestic
capacity requirements. Market prices are based on the September 2004 BC Hydro
electricity and gas price forecast.
Scenario 4
The load and resource balance is the same as in Scenario 3, however, the
September 2001 price forecast is used.

20
21
22
23
24

The Scenarios were chosen to test a wide range of possible conditions that BC Hydro
may face in the future. The focus was on the more conservative cases and scenarios
that deal with the benefits of Unit 5 should it be in-service before system capacity is
needed. This provides the basis to test the decision that is currently faced in the Unit 5
project – the appropriateness in moving the project forward into the Definition phase.

25
26
27
28
29
30
31
32
33

The table below shows the estimated allocation of the sources of value of Unit 5 for the
Scenarios described above. The energy gains at Revelstoke GS and across the system
are fairly constant across all scenarios. The value of system shaping varies significantly
across scenarios, ranging from $3 to $22 million/year. When there is market opportunity,
the system would be operated to maximize shaping opportunities. However, when
market opportunities are less prevalent, the system would be operated to maximize
system energy gains. The energy values are lower for the scenarios that have a capacity
deficit without Unit 5 because it reflects the additional cost of purchasing spot supply to
meet peak demands.

6

Scenario 1

Scenario 2
(Ref. Case)

Scenario 3

Scenario 4

Energy Supply /
Demand Balance

Surplus

Constrained

Balance

Balance

Capacity Supply /
Demand Balance

Sufficient
without Unit 5

Sufficient
without Unit 5

Deficit without
Unit 5

Deficit without
Unit 5

Strong
summer and
winter heavy
load price

Softer
summer peak
prices

Strong
summer and
winter heavy
load price

Softer
summer peak
prices

Higher margin
between peak
and light load
prices

Lower margin
between peak
and light load
prices

Higher margin
between peak
and light load
prices

Lower margin
between peak
and light load
prices

Value of Energy Gain
at Revelstoke (b.1)

$7 M/yr

$7 M/yr

$7 M/yr

$7 M/yr

Value of System
Energy Gains (b.2)

$2 M/yr

$3 M/yr

$5 M/yr

Market Conditions

$5 M/yr
Value of Shaping
(Time Shifting) (b.3)

$22 M/yr

$3 M/yr

$6 M/yr

Total Value of Energy
Related Benefits

$31 M/yr

$13 M/yr

$18 M/yr

$12 M/yr

1
2
3
4
5

While it is expected that the above Scenarios can all be considered representative of
conditions that may exist through the life of Unit 5, Scenario 2 has been chosen as the
Reference Case. This Scenario contains conservative energy supply/demand and
market assumptions for Unit 5, and tests the appropriateness of proceeding through the
Definition phase and planning to its earliest F2011 in-service date.

6

c) Ancillary Service Benefits

7
8

In addition to the system benefits discussed above, Unit 5 provides other ancillary
service benefits:

9
10
11
12
13
14
15

•
•

Any unloaded capacity of Unit 5 and any displaced capacity of the other existing four
units as a result of Unit 5 are available to provide operating reserve.
During times of low load and high imports (occurs when the cost of imports are low),
BC Hydro is occasionally limited from further imports by the amount of rotational
energy in the system. Unit 5 would be capable of operating in synchronous
condenser mode to provide the rotational energy which would facilitate importing
additional low cost energy.

7

1
2
3

While these ancillary services provide value, there is no economic value assigned to
ancillary services benefits for the purposes of the analysis contained in this information
response.

4

Steps 3 to 6: Present Value Results:

5
6
7

Based on the new estimate of capital costs and using the steps outlined in the response
to BCUC IR 1.13.0, the estimated annualized (levelized) unit cost of capacity is as
follows:

8
Scenario 1

Scenario 2
(Ref. Case)

Scenario 3

Scenario 4

Dependable Capacity

480 MW

480 MW

480 MW

480 MW

PV of Dep. Capacity

5,619 MW

5,619 MW

5,619 MW

5,619 MW

PV of Project Costs

$ 140.1 M

$ 140.1 M

$ 140.1 M

$ 140.1 M

PV of Energy Related
Benefits

$ 363.9 M

$ 155.2 M

$ 215.1 M

$ 140.5 M

NPV Capacity Cost Net of
Energy Related Benefits

$ (223.8) M

$ (15.0) M

$ (74.9) M

$ (0.4) M

Unit Capacity Cost Net of
Energy Related Benefits

$ (39.8)/ kW-y

$ (2.7)/ kW-y

$ (13.3)/ kW-y

$ (0.1)/ kW-y

9
10
11
12
13

The unit cost of capacity for Unit 5, after accounting for system benefits, is negative in all
Scenarios, including the Reference Case. This means that the energy related savings
are expected to be sufficient to justify the estimated capital and operating expenditures,
leaving no net cost to providing dependable capacity from Unit 5. As Unit 5 proceeds
through the Definition phase, the analysis is expected to be refined.

14

Key Modelling Assumptions:

15
16
17
18
19
20
21
22
23
24

•
•
•

A 10 year streamflow was used, from 1 October 64 to 30 September 73, which
period contains wet and dry water years as well as some dry and wet sequences.
The operations of major plants of the Peace and Columbia Rivers were modelled
incorporating their operating characteristics and operating constraints.
Hourly market prices were derived from the September 2004 electricity and gas price
forecast and used for Scenarios 1 and 3. Hourly market prices reflecting the softer
market conditions were derived from the unescalated September 2001 electricity and
gas price forecast and used for Scenarios 2 and 4. The prices are presented in the
following charts:

8
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1

Detail on the Methodologies for Calculating Various Attributes

2

Present Value (PV)

3

The Multi-Attribute Portfolio Analysis (MAPA) model calculates the PV of the costs for

4

each portfolio by discounting and summing the capital costs, fixed annual and variable

5

operating costs, and the cost of imports and exports over the 20-year planning horizon.

6

Two different methods are used to reflect the cost of new or existing resources in the PV

7

calculations, depending on whether the resource is non-dispatchable or dispatchable.

8

Method 1 – UEC Approach:

9

This method is used to calculate the resource cost for generation projects that are not

10

typically dispatched due to take or pay contracts or low energy costs, such as Green

11

Energy or coal projects. The total resource cost is the product of the UEC provided in the

12

2005 ROR and annual energy production.

13

Method 2 – PV Approach:

14

This method is used to calculate the resource cost for dispatchable resources. This

15

method is applied to natural gas projects, large hydro projects and BCTC transmission

16

projects. The annual running cost is based on the investment cost and the actual

17

dispatch costs. The capital costs of these projects are amortized equally over the project

18

life. Only the stream of annual amortization within the planning period is used for the PV

19

calculation. The total resource cost is the sum of the annual running cost and the

20

annualized capital cost.

21

The following examples demonstrate that both methods provide for equivalent treatment

22

of resource options to the extent that the operations are consistent.

23

Examples: Two Methods for Calculating Resource Costs

24

In Method 1 (Figure E-1), capital investment cost is levelized and equally distributed,

25

based on a fixed amount of annual generation, to the Unit Energy Cost (UEC).

10

1

Figure E-1

Method 1 – UEC Approach

2

3

11

1

In Method 2 (Figure E-2), the capital cost is again levelized and treated as a fixed annual

2

cost. The variable costs are calculated based on the actual amount of annual

3

generation.

4

Figure E-2

Method 2 – PV Approach

5

6

7

As indicated in the examples, the two methods yield the same answer as long as the

8

annual generation is the same as the originally expected energy capability (in this case

9

total annual cost of 244.15).

10

Method 1 is simple and easy to use and appropriate for resources with fixed contracts.

11

However, if the resource’s annual generations varies, Method 1 is inappropriate and

12

Method 2 must be used. Note that to understand the complete impact of resource

13

additions, the resources must be considered in a portfolio to assess capacity

14

requirements, transmission impacts, and transmission losses.

12

1

Rate Impact

2

The 2006 IEP calculates the rate impact of portfolios on a year to year basis over the

3

20 year planning period. This rate impact represents the increase or decrease in rates

4

as a result of incremental costs incurred from a respective portfolio. The rate impact is

5

calculated using the marginal cost recovery (MCR) method. 5 At a high level, the MCR

6

method calculates the marginal cost of the portfolio and divides by the yearly billable

7

load at 2005 rates to determine the cumulative rate impact in %. The annual rate impact

8

in % is calculated from the change in cumulative rate impacts from year to year. Further

9

detail on some of these calculations is provided below.

10

Marginal portfolio costs: The capital cash flows from the MAPA-HYSIM analysis are

11

converted into yearly depreciation and expected incremental market opportunity cost of

12

capital for each of the portfolio additions. These costs, together with the incremental

13

fixed and variable costs and net trade income, are summed to provide the marginal

14

portfolio costs. These costs are then adjusted to reflect inflation (assumed at 2% for the

15

20 year planning period) and the increases/decreases in water rental fees as a result of

16

the prior year’s rate change.

17

The amortization rates for assets of various types are as follows:

18

•

DSM – Amortized over 10 years;

19

•

Hydroelectric, gas 6 and transmission – Based on the average amortization rate of

20

the respective capital asset category and assuming that the in-service date is in the

21

middle of the year.

22

F2005 income statement data: F2005 financial data is assumed as the base year 7 for

23

the rate impact analysis and is extrapolated until F2025. No inflation impacts are

24

considered when extrapolating the F2005 numbers. This base data serves as a

5

As noted in section 2.4.1.2 of Chapter 2: This analysis does not reflect the rate impacts that may occur as
a result of varying costs for transmission, distribution or for existing generation sustaining costs. As a result,
the attribute is not intended to be a true reflection of what rates may be in the future, but rather to
demonstrate the relative impact on rates of any one portfolio as compared to the other portfolios.
6
The amortization of capital investments for gas projects in the model is treated in the same way as the
capital for BC Hydro projects even though these projects would be developed by IPPs.
7
Base rate of $51.58/MWh is based on F2005 financial performance as shown below:
•
Revenue: Domestic Revenue less Miscellaneous and Seattle City Light = $2625.3M
•
Billable Load: Domestic Sales less energy sold to Seattle City Light = 50,895 GWh/y
•
Base Rate: $2625.3M / 50,895 GWh = $51.58/MWh

13

1

benchmark over which the incremental IEP portfolio costs are superimposed to arrive at

2

the total costs to be recovered by rate increases. F2005 net income performance is

3

maintained for all the planning years, excluding items that do not impact the rate

4

calculation.

5

Comparison of the PV and rate impact attributes

6

In general, the ranking of portfolios based on the two financial attributes (PV and rate

7

impact) is similar. Exceptions can occur due to the following reason:

8

•

9

with supply side resources of similar size and cost because incremental costs are

10
11

Amount of DSM: A portfolio with DSM may have higher rates relative to a portfolio

allocated across a smaller remaining load base (due to the additional DSM savings).
•

Timing of capital expenditures: The PV analysis and Rate Impact attribute reflect the

12

timing of expenditures in different ways. For example, take two portfolios with the

13

same total capital expenditure but with all of Portfolio A expenditures occurring at the

14

start of the period and all of Portfolio B expenditures occurring at the end of the

15

period. Portfolio A will result in a higher PV than Portfolio B because Portfolio B’s

16

expenditures are more heavily discounted. However, on the Rate Impact attribute,

17

Portfolio A has a lower rate impact in year 20 because the net asset declines over

18

time with depreciation and the interest expense required to support the net asset will

19

be lower at the end of the study period. Conversely, Portfolio B has had less time to

20

depreciate the asset so the interest expense will remain at a high level at the end of

21

the planning period causing a higher rate impact.

22

Differences between the two financial attribute calculation methodologies are

23

summarized in Table E-1.

24

Table E-1

Differences between PV and Rate Impact Methodologies
PV

Rate Impact

Power Smart Cost

Total Resource Cost is used

Total Utility Cost is used

Approach

Discounted Cash Flow

Marginal Cost Recovery method

Results

One PV number for each
portfolio

Year over year or cumulative
rate impact over study period

14

1

Table E-2 shows the incremental rate increase over F2005. Figure E-3 shows the rate

2

impact versus PV for the various portfolios. Table E-3 also shows the rate impact

3

compared to PV in tabular form.

15

1

Table E-2

Low Air
Impacts
HI100

2

-3%
-2%
-4%
-3%
-3%
-5%
1%
2%
-5%
-6%
-4%
-3%
-1%
-1%
3%
2%
4%

Low Air
Impacts
without
EE3,4,5

-3%
-3%
-4%
-4%
-3%
-4%
3%
7%
5%
5%
4%
6%
6%
9%
15%
16%
18%

Low Cost
(GHG @
$10/tonne)

-3%
-3%
-4%
-4%
-3%
-3%
2%
6%
5%
8%
6%
5%
5%
7%
9%
11%
12%

Cumulative Rate Impact over 20 Years

Low Cost
Low Cost
(Imports up (Imports up Low Cost
to 3000
to 6,000
(mid-GHG)
GWh)
GWh)

-3%
-3%
-4%
-3%
-3%
-3%
1%
3%
2%
5%
2%
2%
1%
2%
5%
6%
6%

-3%
-3%
-4%
-4%
-3%
-3%
0%
4%
1%
2%
1%
1%
0%
2%
4%
5%
6%

Low Cost
(mid-GHG,
no Site C)

-3%
-3%
-4%
-3%
-3%
-3%
2%
6%
4%
4%
2%
2%
0%
3%
6%
7%
7%

-3%
-3%
-4%
-3%
-3%
-3%
2%
5%
5%
5%
4%
4%
3%
6%
9%
10%
11%

3

16

Low Cost
without
EE3,4,5

-3%
-3%
-4%
-4%
-3%
-3%
5%
6%
3%
3%
3%
5%
6%
8%
12%
14%
15%

Low Land
Impacts

-3%
-3%
-4%
-4%
-3%
-4%
1%
3%
2%
3%
3%
4%
3%
5%
8%
9%
13%

Maintain
Burrard

-3%
-3%
-4%
-3%
-3%
-3%
0%
2%
1%
5%
2%
2%
1%
3%
6%
7%
7%

Maintain
Burrard for
Capacity

-3%
-3%
-4%
-3%
-3%
-4%
1%
6%
4%
4%
2%
2%
1%
3%
7%
9%
9%

Security of
Supply

-3%
-3%
-2%
0%
0%
-1%
1%
6%
4%
4%
2%
2%
1%
2%
5%
5%
6%

Security of
Supply with
Insurance

-3%
-2%
-1%
2%
4%
2%
4%
8%
6%
7%
5%
4%
2%
5%
7%
8%
7%

Figure E-3

Cumulative Rate Increase at the End of 20 Years and PV Comparison

Incremental cumulative rate increase at the end of 20 years

20%
18%
Low Cost (up to 6,000 GWh imports)

16%

Maintain Burrard
Low Cost (up to 3,000 GWh imports)
Burrard Repower

14%

Low Cost (mid-GHG)
Maintain Burrard for Capacity

12%

Low Land Impact
Security of Supply

10%

100% Green
Low Cost (mid-GHG, no Site C)
Diverse Technology

8%

Low Cost (GHG @ $10/tonne)
Security of Supply and Insurance

6%

Coal
Low Cost without EE3,4,5

4%

Low Air Impact without EE3,4,5
Low Air Impact - EIA 100

2%

Low Air Impact - CON25
Low Air Impact - HI100

0%
3500

3700

3900

4100

4300

4500

4700

Present Value ($ million)
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4900

5100

5300

1

2

Table E-3

Cumulative Rate Increase at the End of 20 Years and PV Comparison

Portfolio Names
Low Cost (up to 6,000 GWh imports)
Maintain Burrard
Low Cost (up to 3,000 GWh imports)
Burrard Repower
Low Air Impact - EIA 100
Low Cost (mid-GHG)
Maintain Burrard for Capacity
Low Land Impact
Security of Supply
100% Green
Low Cost (mid-GHG, no Site C)
Diverse Technology
Low Cost (GHG @ $10/tonne)
Security of Supply and Insurance
Coal
Low Cost without EE3,4,5
Low Air Impact without EE3,4,5
Low Air Impact - CON25
Low Air Impact - HI100

PV Cost (mid GHG) (in $millions)
4178
4261
4271
4267
4330
4339
4344
4408
4458
4549
4540
4635
4667
4824
4902
5039
5207
4565
3992

18

Incremental cumulative
rate increase at the end
of 20 yrs
6%
7%
6%
5%
7%
7%
9%
13%
6%
11%
11%
13%
12%
7%
17%
15%
18%
10%
4%

1

BC Clean Electricity

2

BC Hydro has adopted the voluntary BC Energy Plan commitment to source 50 per cent

3

of new load requirements from BC Clean Electricity. As described in the BC Energy

4

Plan, the target is to be achieved over a ten-year period from 2002 to 2012.

5

2006 IEP Approach

6

Assumptions

7

As noted above, the 50 per cent BC Clean Electricity commitment in the BC Energy Plan

8

extends over a 10-year time period from 2002 to 2012. BC Hydro expects that the 50%

9

Clean target will extend beyond 2012 and assumed the requirement would be extended

10

to the end of the planning period (F2025) for portfolios evaluated in the 2006 IEP. The

11

issue of whether to extend the target beyond 2012 was discussed with First Nations and

12

stakeholders participants on PIEPC, with most favouring extending the BC Clean

13

Electricity target beyond 2012. Reasons for extending beyond 2012 were two-fold:

14

participants either had preferences that favoured BC Clean Electricity or they expected

15

that some sort of regulatory requirement for BC Clean Electricity would continue.

16

The planning assumption of retiring Burrard in F2014 led to discussion with PIEPC

17

regarding the BC Clean Electricity target. The BC Energy Plan defines the BC Clean

18

Electricity target in terms of incremental load growth, and does not address energy

19

replacement for generating plant retirements. BC Hydro has assumed that if the energy

20

provided by Burrard is replaced then the new resources replacing Burrard would need to

21

meet 50 per cent BC Clean Electricity. This methodology was accepted by PIEPC.

22

Method

23

Prior to the 2006 IEP and in consultation with Provincial Government staff, BC Hydro

24

had developed a methodology to track and audit its BC Clean Electricity target for the

25

purposes of reporting on its progress. This methodology was used to track the BC Clean

26

Electricity target in the 2006 IEP.

27

There are two tests that must be met in each portfolio for the 50 per cent BC Clean

28

Electricity target:

19

1

Test 1: 50 per cent of net incremental load energy requirements met on average over

2

the planning period, rather than achieving this target in each year.

3

Test 2: 50 per cent of incremental energy is BC Clean Electricity in the last year of the

4

planning period.

5

Test 1 is a volume test to ensure that, on average over the 20-year period, the amount of

6

BC Clean Electricity acquired is at least 50 per cent of the incremental load growth.

7

Test 2 is a snapshot test to ensure that at the end of the 20-year period that 50 per cent

8

of the incremental energy growth is BC Clean Electricity.

20

1

Description of Risk Calculation and Metric

2

The PV cost analysis of the different portfolios is most sensitive to market price and

3

GHG cost risk. Given the wide range in possible future values for each, they become the

4

most significant measurable risks in the analysis. This section identifies how those risks

5

were analyzed.

6

The method used to analyze these risks is through probability analysis using the

7

statistical measure TailVaR90. Five market price scenarios and five GHG cost scenarios

8

were examined in the 2006 IEP. The different market price and GHG cost scenarios can

9

be combined in different ways to create 25 possible outcomes as demonstrated in Chart

10

E-1.

11

Chart E-1

Possible GHG Cost and Market Price Outcomes

12

5 GHG Scenarios

5 market price scenarios

25 combined scenarios

13

GHG 1

market price 1

GHG1, market price 1

14

GHG 2

15

GHG 3

market price 3

GHG1, market price 3

16

GHG 4

market price 4

GHG1, market price 4

17

GHG 5

market price 5

+

market price 2

=

GHG1, market price 2

18
19

GHG5, market price 5

20

By assigning a probability of occurrence to each of the GHG and market price scenarios,

21

the joint probability of the combined scenarios can be calculated as demonstrated in

22

Chart E-2.

21

1

Chart E-2

Assignment of Probabilities to Possible Scenarios

2
3

5 GHG Scenarios

4

5 market price scenarios

Probability

25 combined scenarios

Probability

Probability

5

GHG1

0.20

market price 1

0.0

GHG1, mp 1

0.0

6

GHG2

0.20

market price 2

0.3

GHG1, mp 2

0.06

7

GHG3

0.20

market price 3

0.5

GHG1, mp 3

0.1

8

GHG4

0.20

market price 4

0.1

GHG1, mp 4

0.02

9

GHG5

0.20

market price 5

0.1

GHG1, mp 5

0.02

GHG5, mp 5

0.025

10

1.0

1.0

11
12
13
14

1.0

15

For each of these 25 combined scenarios, there is a distribution of PV costs based on

16

the sixty inflow scenarios that are evaluated in the HYSIM model. The 25 distributions

17

are combined (based on their assigned probability) to create one distribution of PV costs

18

that represents the combined affects of GHG cost and market price scenarios.

19

Different statistical risk metrics can then be calculated for this distribution. For the 2006

20

IEP, the TailVaR90 risk metric is used and is defined as the average value of the highest

21

10% of PV outcomes.

22

The TailVaR90 is a better risk measure than standard deviation, which is often used as a

23

risk metric. To illustrate, imagine two portfolios, A and B, that have the same expected

24

NPV and the same standard deviation. However, portfolio A has a left-hand skew to

25

portfolios costs (some outcomes with low costs) and portfolio B has a right-hand skew

26

(some outcomes with high costs). As demonstrated in Chart E-3, the standard deviation

27

does not differentiate the risk between these two portfolios but the TailVaR90 metric

28

does.

22

1

Chart E-3

TailVaR90
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2
3

To assess the trade off between cost and cost risk in the IEP, a graph of expected cost 8

4

versus cost risk (as measured by TailVaR90) for the different portfolios is plotted. The

5

portfolio closest to the origin is preferred because it bears the lowest expected cost and

6

lowest risk in regards to gas and electricity price and GHG offset costs. An example of

7

one such graph described in the IEP is provided in Figure E-4.

8

Expected value is a term used in probabilistic assessments. The expected value is 50th percentile in a
cumulative distribution function. For data sets with a normal distribution, the expected value is the same as
the average value.

23

Figure E-4
Tradeoff of Cost and Risk - Portfolios for the Resource Mix Question

5600
1. This graph shows the expected cost PV on the Y axis and the risk value on the X axis.
2. Different probabilities were assigned to both the gas and electricity market price and GHG
offset cost scenarios. These probabilities are then used to calculate the expected cost PV
and risk value for each portfolio.
3. The TailVar90 is a measure of how the PV results vary with input assumptions, i.e., gas
and electricity prices, GHG offset costs, and reservoir inflow variability. The risk value used
in these Figures is explained in Appendix E.
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1

Review of Integrated Resource Plan (IRP) Best Practices

2

Introduction

3

Integrated resource planning (IRP) is typically built on comprehensive and holistic

4

analysis principles based on traditional electric resource planning methods that focus on

5

supply-side resource options and DSM. As part of the 2006 IEP process, BC Hydro

6

undertook a comparison exercise to:

7

•

Determine what constituted best practices in IRPs; and

8

•

Compare its 2006 IEP to other recent IRPs in North America against these best

9

practices.

10

As part of this comparison exercise, BC Hydro surveyed IRPs of nine different North

11

American utilities. These utilities, and the reference IRP document, are:

12

•

Fortis BC Inc.: 2004 IRP

13

•

Idaho Power Company: 2004 IRP

14

•

Avista Corp.:2003 IRP

15

•

PacifiCorp.:2004 IRP

16

•

Portland General Electric Co.: 2002 IRP

17

•

Puget Sound Energy: 2005 IRP

18

•

Otter Tail Power Corp.: 2005 IRP

19

•

Hawaiian Electric Company:2005 IRP

20

•

Burlington Electric Department: 2004 IRP

21

The results of this exercise are summarized in the following text and in Table E-4.

22

Findings

23

BC Hydro’s 2006 IEP analytical approach was informed by the BCUC Guidelines 9 The

24

Guidelines outline a comprehensive process to assist with the development of long-term

25

resource plans, which includes the following steps:

26

1. Identification of the planning context and the objectives of a resource plan.

27

2. Development of a range of gross (pre-DSM) demand forecasts.

28

3. Identification of supply and demand resources.

9

www.bcuc.com/Guidelines.aspx.

25

1

4. Measurement of supply and demand resources.

2

5. Development of multiple resource portfolios.

3

6. Evaluation and selection of resource portfolios.

4

7. Development of an action plan.

5

8. Stakeholder input.

6

9. Regulatory input.

7

10. Consideration of government policy.

8

11. Regulatory review.

9

For this comparison exercise a document prepared for the United States Agency for

10

International Development (USAID) by the Tellus Institute entitled: A Best Practices

11

Guide: Integrated Resource Planning for Electricity (“Best Practices Guide”) was also

12

instructive. This document provides electric utility resource planners at all levels with the

13

analytical framework and assessment methodologies needed to promote IRPs in

14

different economic, political, and geographic settings. Some broad objectives of IRPs

15

specified in the Best Practices Guide include the following:

16



Conforming to regulatory agency requirements;

17



Maintaining supply reliability;

18



Minimizing the economic cost and environmental impact of delivering electricity

19
20

services;


21
22

Enhancing energy security by minimizing external energy supply and foreign
exchange costs; and



Providing local economic benefits.

23

The Best Practices Guide states that (1) IRPs should consider a full range of feasible

24

supply-side and demand-side options and evaluate them against a common set of

25

planning objectives and criteria such as those listed above; (2) IRPs should be

26

transparent and participatory processes where the planning is open to government

27

agencies, consumer groups, and all other relevant stakeholders with a stake in the future

28

electric system. The process provides an opportunity for electric utility planners to

29

address complex issues in a structured and inclusive manner that allows interested

30

parties to review, understand and provide input to the planning decisions.

26

1

From these high level principles, the Best Practices Guide established the following best

2

practices for IRPs:

3

•

Establish planning objectives.

4

•

Collect current energy use patterns and develop demand forecasts based on

5

population and economic growth.

6

•

Investigate electricity supply options and prepare/evaluate supply plans.

7

•

Investigate demand-side management options and prepare/evaluate demand-

8
9

side management plans.
•

10

Integrate supply-side and demand-side plans into proposed integrated resource
portfolio plans.

11

•

Evaluate the portfolio plans and select the preferred plan.

12

•

Implement the preferred portfolio plan and revise the plan periodically as

13

required.

14

The above-mentioned guidelines from the Best Practices Guide are similar guidelines to

15

the BCUC Guidelines, but not necessarily in the same order or using the same terms.

16

Discussion: Application to 2006 IEP

17

The 2006 IEP process began by reviewing the previous 2004 IEP, developing long term

18

planning objectives, and defining a general approach to preparing the 2006 IEP. Issues

19

that required addressing in the 2006 IEP were identified along with the government

20

regulations that govern the IEP and the various stakeholders that the IEP may affect.

21

This introductory stage of the 2006 IEP is more comprehensive than is outlined in the

22

Best Practices Guide.

23

Following a review of the BC Hydro system, a demand-supply outlook was developed for

24

the 20-year planning period. The demand-supply outlook was based on all existing

25

resources over the next 20 years and compared with anticipated demand, thus

26

identifying the need for new supply resources. BC Hydro completed a report on the

27

potential resource options (including DSM) in BC that could be available to meet the

28

anticipated shortfall in energy demand in the next 20 years. Various combinations of the

29

available resources were combined into portfolios that each satisfied the anticipated

30

energy demand. Such portfolios were developed to be able to test relative impacts of the

31

portfolio on the identified social, economic and environmental factors. The portfolios

32

were evaluated based on several attributes and an acquisition strategy developed, which

27

1

lays the foundation for the LTAP. The implementation of the LTAP will enable BC Hydro

2

to meet its anticipated energy demand in the next 10 years. This process is very similar

3

to that outlined in the Best Practices Guide.

4

Throughout the development of the 2006 IEP, BC Hydro completed various levels of

5

First Nations and stakeholder engagement throughout the province to both inform the

6

First Nations and stakeholder participants on the development of the IEP and to allow

7

the First Nations and stakeholders to provide their comments and input on the direction

8

of the 2006 IEP. This process is in line with the Best Practices Guide of keeping the

9

development process of the IEP transparent, open and participatory.

10

Comparing the development process of BC Hydro’s 2006 IEP with the processes

11

undertaken by other electric utility providers in North America to develop their IRPs finds

12

similar trends. The results of this comparison exercise are summarized in Table E-4.

13

Although the terms and the process of all utilities may not be identical to that in the Best

14

Practices Guide, the general approach does appear to be similar. The table below

15

compares how the selected electric utilities have developed their latest resource plan as

16

documented in their respective reports.

17

The 2006 IEP compares well against the resource plans prepared by other electric

18

utilities throughout North America in terms of the content and the evaluation process

19

involved in preparing the respective plans. Some of the resource plan reports by other

20

utilities do not include all of the major components that BC Hydro has incorporated into

21

its 2006 IEP, such as identifying policy framework & planning objectives and stakeholder

22

engagement. However, the Best Practices Guide does not require that these two items

23

be included in utility resource plans within the United States. This comparison indicates

24

that the 2006 IEP prepared by BC Hydro is consistent with industry best practices.
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Table E-4:

Summary of IRP Performance against Best Practices

Avista Corp.

PacifiCorp
Portland General
Electric Co.
Puget Sound
Energy
Otter Tail Power
Corp
Hawaiian Electric
Company
Burlington Electric
Department

Develop LongTerm Plan

Idaho Power
Company

Stakeholder
Engagement

Fortis BC Inc.

Portfolio
Development &
Evaluation

Guidelines:
BCUC Resource
Planning
Guidelines
USAID Best
Practices
Guidelines
Utilities:
BC Hydro

Supply-Demand
Outlook

Resource Plan
Guideline or
Utility Name

Identify Policy
Framework &
Planning Context

Required Major Components of Electric Utility
Resource Planning
Establish
Planning
Objectives

1

2003 British Columbia

Yes

Yes

Yes

Yes

Yes

Yes

1999 United States

Yes

No

Yes

Yes

No

Yes

2005 British Columbia
Southeast British
2004
Columbia

Yes

Yes

Yes

Yes

Yes

Yes

No

Yes

Yes

Yes

No

Yes

2004 Southern Idaho

Yes

No

Yes

Yes

Yes

Yes

Yes

No

Yes

Yes

Yes

Yes

Yes

Yes

Yes

Yes

Yes

Yes

2002 Oregon

Yes

No

Yes

Yes

Yes

Yes

2005 Washington

Yes

Yes

Yes

Yes

Yes

Yes

Minnesota, North
2005 Dakota & South
Dakota

Yes

No

Yes

Yes

Yes

Yes

2005 Hawaii

Yes

Yes

Yes

Yes

Yes

Yes

2004 Vermont

Yes

Yes

Yes

Yes

No

Yes

Report
Year

General
Operating
Location

Northern Idaho,
Oregon, Eastern
2003
Washington &
Northern California
Oregon, Wyoming,
2004 Washington, Utah,
Idaho & California
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1

Resource Contingencies

2

In Chapter 8 of the IEP, BC Hydro has provided the LTAP plan and two contingency

3

plans that were developed to address risks and uncertainties. The LTAP also contains

4

certain contingency actions that are related to the contingency plans.

5

This section of the technical appendix shows how these uncertainties can affect a

6

resource plan and provides justification for the contingency plans in the LTAP.

7

The key uncertainties with regard to resource planning that are considered in identifying

8

resource contingencies are:

9
10

1. Load Forecast Uncertainty.
•

Risk that load growth is higher than expected.

11
12

2. Resource Acquisition Uncertainty.

13

•

DSM Deliverability Uncertainty – risk that less DSM is delivered than planned.

14

•

Supply Side Deliverability Uncertainty – risk that acquisition of the required

15
16

supply side resources is not timely.
•

Supply Side Type and Location Uncertainty – risk that the type and location

17

of new supply side resources that will be acquired in calls is different than

18

that assumed in the LTAP at Figure 8-1.

19

The next two sections further discuss the nature of these uncertainties.

20

Load Growth Variability

21

Load growth variability is discussed in Chapter 4 of the IEP. As shown in Figure E-5, if

22

new resources are acquired to meet the forecast load growth, the impact of higher load

23

growth is that there is a gap between load and planned resources. To fill this gap,

24

additional new resources would need to be advanced.

25

If the load tracked along the High Load Forecast, BC Hydro would need to advance the

26

resources in a similar manner to the Security of Supply with Insurance portfolio shown in

27

Chapter 7 of the IEP.

28

30

Figure E-5

Load Growth Variability Risk: Load Forecast Range
2005 Load
Forecast Range
after full DSM
targets

90,000
85,000

Additional Market
Purchases

Operating Planning

75,000

New Resource
Smart

70,000
(GWh)

Firm Energy Capability

80,000

IPPs

65,000
60,000

Existing Resources

55,000
50,000
2005 Mid Load
Forecast after full
DSM targets

45,000

F2
00
6
F2
00
F2 7
00
F2 8
00
9
F2
01
F2 0
01
F2 1
01
2
F2
01
F2 3
01
F2 4
01
5
F2
01
F2 6
01
F2 7
01
8
F2
01
F2 9
02
F2 0
02
F2 1
02
F2 2
02
F2 3
02
4
F2
02
5

40,000

Fiscal Year
(year ending March 31)

Note: Future resources must be acquired to meet the difference between the total supply and the load forecast.
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* full DSM targets
include EE2, LD2, EE3,
EE4, EE5

Table –E-5 Load and Resource Data for Figure E-5

32

1

Resource Acquisition Uncertainties

2

The key deliverability uncertainty and associated risks for the different resources are

3

described as follows.

4

DSM Deliverability Uncertainty

5

Achieving the savings targets from the future DSM programs (EE 3, 4, and 5) requires

6

legislative changes as well as requiring BC Hydro’s customers to participate at assumed

7

levels in the programs. It is uncertain whether programs will be able to be developed and

8

whether customers will participate to the degree required to make these programs

9

successful. The impact of DSM not meeting its targets (the DSM deliverability risk) would

10

cause an increased supply/demand gap if it were to unfold. Figure E-6 shows the gap if

11

20 per cent of targeted savings in EE 3, 4 and 5 are not achieved and would also result

12

in the requirement for advancing new supply resources. This gap is similar to the high

13

load growth gap (albeit of lesser magnitude) demonstrated in Figure E-5.

33

Figure E-6

DSM Deliverability Risk: 80% of Full DSM Targets
2005 Load
Forecast Range
after 80% of full
DSM targets

90,000
85,000

Additional Market
Purchases

Operating Planning

75,000

New Resource
Smart

70,000
(GWh)

Firm Energy Capability

80,000

IPPs

65,000
60,000

Existing Resources

55,000
50,000
2005 Mid Load
Forecast after 80%
of full DSM targets

45,000

F2
00
6
F2
00
F2 7
00
F2 8
00
9
F2
01
F2 0
01
F2 1
01
2
F2
01
F2 3
01
F2 4
01
5
F2
01
F2 6
01
F2 7
01
8
F2
01
F2 9
02
F2 0
02
F2 1
02
F2 2
02
F2 3
02
4
F2
02
5

40,000

Fiscal Year
(year ending March 31)

Note: Future resources must be acquired to meet the difference between the total supply and the load forecast.
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* full DSM targets
include EE2, LD2, EE3,
EE4, EE5

Table E-6

Load and Resource Data for Figure E-6

Note: Future resources must be acquired to meet the difference between the total supply and the load forecast.
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1

Supply Side Deliverability Uncertainty

2

There are a number of reasons why IPPs with EPAs may not meet their in-service dates,

3

including attrition or project development delay. Attrition rates in the last five years have

4

ranged from 30-40 per cent. As shown in Figure E-7, there is a risk the new generation

5

fails to materialise resulting in a gap between load and planned resources. The figure

6

shows the scenario if 20 per cent of planned supply resources are not built. This will

7

result in needing to secure additional resources beyond what is currently projected.

36

Figure E-7

IPP Deliverability Risk: 80% of IPP Delivery
2005 Load
Forecast Range
after full DSM
targets

90,000
85,000

Additional Market
Purchases

Operating Planning

75,000

New Resource
Smart

70,000
(GWh)

Firm Energy Capability

80,000

80% of IPPs

65,000
60,000

Existing Resources

55,000
50,000
2005 Mid Load
Forecast after full
DSM targets

45,000

F2
00
6
F2
00
F2 7
00
F2 8
00
9
F2
01
F2 0
01
F2 1
01
2
F2
01
F2 3
01
F2 4
01
5
F2
01
F2 6
01
F2 7
01
8
F2
01
F2 9
02
F2 0
02
F2 1
02
F2 2
02
F2 3
02
4
F2
02
5

40,000

Fiscal Year
(year ending March 31)

Note: Future resources must be acquired to meet the difference between the total supply and the load forecast.
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* full DSM targets
include EE2, LD2, EE3,
EE4, EE5

Table E-7

Load and Resource Data for Figure E-7

Note: Future resources must be acquired to meet the difference between the total supply and the load forecast.
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1

Supply Side Type and Location Uncertainty

2

BC Hydro’s open, all source calls have not to date specified project location

3

requirements. The key consideration is the associated cost of transmission to deliver the

4

supply to the load. The calls have addressed this impact by including a transmission cost

5

adder to the tenders for resources in particular regions where the adder varies by the

6

cost to deliver to the LM/VI load centre. In this manner, the most cost-effective resources

7

are acquired while encouraging competition by attracting a greater number of bidders for

8

each call.

9

The LTAP plan has associated resource locations for the calls based on the ROR data.

10

This provides a predicted location for new resources based on amount of resources

11

available and expected costs. However, exact costs are unknown and the location of the

12

development of resource options may not occur as predicted. Hence, the Supply Side

13

Location risk is that resources contracted are in locations that require more transmission

14

than expected. As a result, BC Hydro must consider a range of possible resource siting

15

outcomes in its plans.

16

Supply side type uncertainty is the uncertainty with respect to what resources will be bid

17

into and be awarded contracts through future calls. The key risk is that resources

18

acquired do not have as much dependable capacity as is predicted from the ROR data.

19

The range of resource type dependable capacities is shown in Table 3-1 of the ROR.

20

The Contingency Plans need to consider a range of resource outcomes to ensure

21

adequate capacity is made available to support the load requirements.

22

Portfolio Resource Schedules and Expected Resource Use

23

The remainder of this Appendix provides details of the various portfolio results modelled

24

in the 2006 IEP:

25

•

26
27
28

Pages 40 – 73 present the timing of when resources are scheduled in the 17
portfolios modeled in the 2006 IEP; and

•

Pages 74 – 90 present the expected resource use or dispatch of each resource
category and also show the volume of imports and exports.
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this is a change from the 2004 IEP , where permitted area for wind and geothermal
projects was included in the land impact.
Box 5land Impact

Measure

Land impacts will be measured as hectares of land impacted by structures (footprint of
generating facility, roads , transmission lines , pipelines and inundated area). These

impacts wil then be further categorized by using the Baseline Thematic Mapping

(BTM)

database of B. C.'s Ministry of Sustainable Resource Management.

The results of the calculations to measure land impacts are shown in Section 10 Results
Summary.

Water Impacts
Potential Impacts
Any activity disturbing the land , diverting water , crossing over water or located in the

water has the potential to disturb aquatic systems. When aquatic systems are disturbed
fisheries impacts usually are of the greatest concern. Biomass , customer cogeneration

and DSM options typically pose no risks to aquatic (fish) habitat. However , natural gas

coal , large hydro , run-of-river small hydro , wind and geothermal projects all require new

infrastructure (e. , access roads , pipelines , penstocks , transmission) and thus pose

risks to aquatic habitat.
Among the resource options , the small hydro and large hydro (Site C) options pose the
highest risk to the aquatic systems. Potential impacts from all hydro projects can be
1,
defined broadly within six categories: backwater effects , dewatering effects fish

passage - upstream blockage , fish passage - entrainment ,

habitat alteration and

downstream effects. These potential impacts are mitigated through environmental
design to meet regulatory requirements , then any residual impacts are offset through the

provision of compensation at a rate sufficient to offset the risk of failure in either the

assessment process or the provision of mitigation and compensation. Despite these
environmental regulations and the application of best management practices , there are
1 As used in this section , backwater is the area of the river affected by inundation. Dewatering
refers to the river section that is affected by water diversion.
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Site C on the Peace River is the only large hydro project in the province with significant
energy that has been investigated in the last decade, so it is included as a separate
datasheet in the resource options database (Appendix B) to represent the large hydro
potential. After an initial investigation in the 1980s and early 1990s , BC Hydro reviewed

the capital costs and implementation schedule for Site C. A reconciliation of the costs in

the 1981 Site C Project Application to the current 2004 Site C cost estimate that is the
basis for the costs included in this ROR is provided in Appendix F. Site C has been

costed assuming a schedule that allows the proposed six-unit 900 MW project to be fully
operational by 2017.
In the future , BC Hydro will evaluate a select number of large hydro sites. This could

include new sites or further investigation of previously examined sites.

11, 3 Environmental and Social Attributes
New large hydro development has faced increasing regulatory and public pressures due

to social and environmental concerns. Large hydro projects require full environmental

social and economic assessments to examine and address the local impacts of the
project and develop compensation and mitigation programs as appropriate as part of the

project licensing and environmental permitting process.
The project footprint area of large hydro projects can be substantial , particularly for

faciliies with large reservoirs. The large hydro project footprint area is typically made up
of the dam/generating station , an access road to the site , a new transmission line and
inundated land.

Large hydro projects that involve new bank to bank dams and significant head ponds or
reservoirs can have impacts on local wildlife , due to the inundation of terrestrial

ecosystems and on aquatic ecosystems by restricting fish migration , loss of spawning

habitat , and fish mortality at the generating station. Other impacts that may affect aquatic
habitat or the river system downstream of the hydro facility could include changes in

water temperature , changes to the daily or annual flow regime of the river , and a
reduction in sediment transport.

BC Hydro 2005 Resource Options Report (ROR)
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Potential social impacts of large hydro projects include the potential acquisition of private
property, relocation of local residents , and inundation of local infrastructure. An

economic benefit will be provided to the local area during construction and a small
number of permanent jobs will be created. However , local infrastructure may not be able

to accommodate the temporary influx of a large number of construction workers. Local
recreational opportunities will shift from typical river uses to lake uses , and increased

access for recreational purposes may occur. A reservoir with substantial storage could
provide downstream flood control.

First Nations concerns are expected to require significant consideration for a successful

large hydro project. Some of their concerns could include impacts to habitat loss that
could affect their traditional food sources , impacts on archaeological or spiritual sites

and increased access to their traditional lands. Rulings from the Supreme Court of
Canada have resulted in significant changes in the recognition of the Aboriginal peoples

rights. Both First Nations and Metis expectations will likely be high for support of their
economic interests in exchange for an agreement to allow development of a large hydro

project.

Resource Smart
The Resource Smart program ,

initiated by BC Hydro in 1987 , provides additional energy

or capacity to the BC Hydro generation system through physical and operational
modifications to existing facilities. Projects may reduce the amount of energy consumed
in generating stations or substations , or they may increase electricity production.

Examples of projects include turbine upgrades , tailwater improvements and the addition
of new generating units.
In some situations , facilities are reaching the end of their lives , and may have

deteriorating reliability or increasing maintenance costs. In these cases , redevelopment
of the facility may be considered.

The best opportunities , as measured in economic return , size and ease of external
permitting and internal approvals , have been completed or are under development.

Generally, these opportunities have been at BC Hydro s larger facilties. The remaining

opportunities offer smaller gains.
BC Hydro 2005 Resource Options Report (ROR)
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3 HLH and LLH Price Shape
Table

LLH

CA

HLH /

indicates the forecast relative cost of market electricity by month and by

period. These values average to 100% over the year , assuming a flat electricity

purchase profile. This table is derived from the average of the six electricity price
scenarios that are included in the March 2005 forecast.
Table C,

HLH and LLH Price Shape

Month

Mar05 Price Forecast
Scenario Average

January
Februarv
March
April
May

June
July
August

September
October
November
December

HLH

LLH

116%
109%
106%
102%
102%
100%
102%
105%
105%
104%
106%
113%

100%
101%
98%
88%
73%
75%
82%
94%
98%
98%
103%
99%
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Forward Price Curves

Mar 2005 HYSIM USERS Electricity Price Forecasts (Real 2005 Canadian/MWh)

72.

- - 0.- - -- - - - 0.- - - - h.- - - - 0.- - - - 0.- - - - 0.- - - - 0.- - - - h.- - - - 0.- -

- C3 - C3 - C3 - - - . 8- - - - 8- - - ..1..

D. 30

i: 20

MARKET FORWARDS

-0 -

. . Confer - LRMC: 25% Capital Recovery

Confer - LRMC: Full Recovery
EIA - Reference: Full Recovery
High Gas: Full Recovery

SCENARIO A VERAGE(1)

- - Q - - EIA - Reference: 25% Capital Recovery
-I

- - High Gas: 25% Capital Recovery

2005 2006 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020
Notes:

Year

1. Refer to " Forecast Description " for discussion of forecasts.
2. Scenario prices for 2006 are provided for INFORMATION ONLY.
3. Zero values indicate that forecasted values are not available.
4. High and low exchange rate scenarios are provided for sensitivity analysis.
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2021 2022 2023 2024 2025

Mar 2005 Sumas Gas Price Forecasts (Real 2005 Canadian/GJ)

c: 6

a: 4
i: 3

MAKET FORWARDS

C) 2
-0

- SCENARIOAVERAGE(1)
Confer 2005 LRMC

EIA2005 Reference
High Gas

2005 2006 2007 2008 2009 2010 2011 2012 2013 2014 2015
Notes:
1. Refer to " Forecast Description " for discussion offorecasts.
2. Scenario prices for 2006 are provided for INFORMATION ONLY.

2016

2017 2018 2019 2020 2021 2022 2023 2024

Year

3. Zero values indicate that forecasted values are not available.
4. High and low exchange rate scenarios are provided for sensitivity analysis.
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Appendix F

Peace Site C Cost Estimate

Reconcilng Cost Estimate in 1981 Site C Application Versus 2005 ROR
At the ProvinciallEP Committee on June 1 , 2005 , BC Hydro agreed to reconcile the cost
estimate contained in the 1981 Site C Project Application to the cost estimate reported in
the May 2005 Draft Resource Options Report (ROR). In particular , BC Hydro was asked
to reconcile the 1981 total cost of $2 644M for Peace Site C to the 2004 direct capital
cost of $2 264M. The concern was that the ROR underestimates the cost of the project.

Table 1 compares the 1981 Site C Project Application cost estimate to the 2004 Site C
project cost estimate. The 2004 estimate is the basis for the costs represented in the
2005 ROR and the analysis that will be undertaken in the Integrated Electricity Plan
(IEP) portolio modeling and cost analysis. The 2004 cost estimate is based on the most
recent 2001 project estimate and has been escalated to 2004$ based on the Stats
Canada non-resident construction index.
Table 1

Column A
1981 Site C
Application

Column B

Column C

1981 Site C

2004 Site C

Application
Inflated to 2004

Project Cost
Estimate

Site C Generation
Transmission To Interconnect

953

Direct Capital Cost - Sub-total

998

$2, 056

264

Inflation

574

383

422

Corporate Overhead

140
686
398
246

Interest During Construction

Total Generation Project Cost
Major Transmission Upgrades

Total with Major Transmission Upgrades

$2, 192

439
928
Not Included

484
224
Not Included

$2, 644

Notes
Column A: 1981 Site C Project Application for an Energy Project Certificate
Column B: 1981 Site C Project Application updated to 2004$ using actual inflation rates. Inflation
Corporate Overhead and IDC have been recalculated based on the percentages in Column C.
Column C: As per 2005 ROR for Direct Capital Costs.
1 Constant 1980$ - as if all $ were spent in 1980
2 1981$ inflated to 2004$ (factor of 206%)
3 Constant 2004$ - as if all $ were spent in 2004
4 Based on construction of the 3 Wiliston to Kelly Lake transmission line - the line was built in early
1990'
5 Transmission upgrades to deliver Site C electricity wil be determined in the IEP portolio modeling

process.
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Comments:

The Direct Capital Cost is also comparable to the $1 900M shown in 1994$ in the
19951EP.
Direct Capital Costs in Columns A and C are estimated in constant $ for a particular
year (see Table 1 , Notes 1 and 3).

The 1981 estimate of Direct Capital Costs of $998M in Column A can be inflated by
actual inflation over the period from 1980 to 2004 of 206% resulting in an inflated
1980 Direct Capital Cost estimate of $2 056M as per Column B. Thus , the 2004 Site
C Direct Capital Cost estimate of $2 264M is higher than that estimated in 1980 by
$208M.
. Inflation ,

Corporate Overhead and Interest During Construction (IDC) are added to
Direct Capital Costs. The expected Inflation , Corporate Overhead and IDC were
much higher in 1980 than in 2004.

The Total Generation Project Costs of $2 398M in 1981 , $2 928M as per Column B
and $3, 224M in 2004 , are prior to delivery to the Lower Mainland , including only
transmission costs to connect to the existing transmission system.

. As has been discussed in the ROR and at PIEPC meetings , transmission impacts of
various portolios wil be assessed by the BCTC and included in portolio modeling.
Currently it is expected that a new 500kV line from the Interior to the Lower Mainland
wil be required in portolios which have their generation located outside the Lower

Mainland - Vancouver Island load centre.
In summary, the 2004 Direct Capital Cost of $2 264M included in the 2005 ROR is
comparable to the 1981 estimate and is the best information BC Hydro currently has
available. How this cost is used in the 2005 IEP is discussed in the 2005 ROR.
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CHAPTER 1
INTRODUCTION

Appendix F

1

1.0

Introduction

2

This Resource Options Report (ROR) identifies a broad range of resources and

3

technologies that could potentially be used to meet BC Hydro’s future electricity demand.

4

Resource options include both supply-side and demand-side options.

5

The purpose of this ROR is to:

6

•

Fulfil regulatory requirements in the two-year resource planning process;

7

•

Describe the characterization of resource options that will be used in the 2005
Integrated Electricity Plan (IEP);

8
9

•

Facilitate a transparent public review of the resource options; and

10

•

Document where, based on the First Nations and Stakeholder engagement, there is
broad agreement or disagreement on the resource type characterization.

11
12

In characterizing the resource options, BC Hydro’s goal was to use current and verified

13

information to provide realistic ranges on volume and cost and to appropriately

14

characterize environmental and social attributes.

15

BC Hydro’s need for additional resources and an evaluation of resource options is

16

undertaken in the IEP. This is achieved by modeling the BC Hydro system and

17

assessing the benefit and cost of the various resource options in portfolios.

18

Ultimately, the information resulting from the ROR and IEP will aid in making decisions

19

about (i) how to structure competitive acquisition calls (what, when, where, why), (ii)

20

what BC Hydro projects should be advanced, and (iii) what level of transmission service

21

should be contracted.

22

1.1

23

This ROR is the first regulatory filing in a two-year business planning process which will

24

encompass the 2005 IEP and the 2006 Resource Expenditure and Acquisition Plan

25

(REAP). The proposed Terms of Reference for the regulatory review of the ROR are

26

provided in Appendix A.

Two-Year Resource Planning Process
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1

The 2005 IEP is expected to be filed with the British Columbia Utilities Commission

2

(Commission) in November 2005 and will serve as a contextual document to understand

3

the 2006 REAP. The IEP will use the resource options identified in the ROR to evaluate

4

the volume and cost of different portfolios of resource options to meet future load

5

requirements. The evaluation is expected to result in a plan that defines BC Hydro’s

6

long-term strategy for meeting future load requirements, including an acquisition strategy

7

and a number of contingency measures.

8

The 2006 REAP follows next in the planning cycle. The 2006 REAP includes the action

9

plan resulting from the 2005 IEP, and contains BC Hydro’s annual plans for capital

10

expenditures, energy acquisitions and demand-side management (DSM). BC Hydro will

11

file the 2006 REAP in February 2006, and request approval by the Commission in

12

accordance with section 45 (6.1) of the Utilities Commission Act (“UCA”). A diagram of

13

the two-year resource planning process is provided in Figure 1-1.

14
15

Figure 1-1
Two-Year Resource Planning Process

16
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1

1.2

IEP Components

2

The primary purpose of the IEP is to project the nature and quantity of domestic

3

resource needs over the next 20 years and develop a strategic direction of how those

4

needs will be met. This strategic direction then guides the management of BC Hydro’s

5

owned and contracted energy resources, as well as future acquisition processes. The

6

identification and characterization of resource options described in this ROR is only one

7

component of the 2005 IEP. Table 1-1 describes all of the IEP components.
Table 1-1
2005 IEP Components

8
9
#
1

Step
Develop a First
Nations and
Stakeholder
Engagement Plan
Establish Planning
Objectives

Description
The Engagement Plan describes how First
Nations and Stakeholders will be involved at
key points in the IEP process to seek their
input into energy planning.
Planning objectives guide the evaluation of
options in the IEP. One component of
establishing Planning Objectives is defining
the measures (attributes) used to evaluate
different options.

3

Develop a
Demand Supply
Outlook

The demand supply outlook consists of a 20year load forecast and the projected supply of
existing and committed electricity resources.

4

Identify Resource
Options (ROR)

Resource Options are identified and
characterized in this ROR.

5

Portfolio
Evaluation and
Selection Process

6

Develop an IEP

7

Create an Action
Plan (REAP)

The gap between the load forecast and the
projected supply in the demand supply outlook
is filled with different mixes of resource options
(portfolios1). The PIEPC will provide guidance
for creating portfolios and will compare
portfolio results against the planning
objectives based on the established
measurements. Key risks and uncertainties
are also considered.
The selected portfolios will be used to develop
the IEP, which includes planning
contingencies.
BC Hydro will implement short-term plans to
develop projects and programs that align with
the long-term strategy indicated in the IEP.

2

1

Status
Completed and shared
with First Nations and
Stakeholders in fall
2004.
Draft Planning
Objectives and
measures have been
adopted by the
Provincial IEP
committee (PIEPC).
Completed. The 2005
IEP uses the December
2004 load forecast and
projected supply as of
April 1, 2005.
Filed with the
Commission June 13,
2005.
The PIEPC has
provided guidance for
creating the first set of
portfolios.

Expected Nov 2005.
Part of the 2006 REAP,
expected to be filed in
February 2006.

A portfolio is a group of sequenced resource options that meets BC Hydro’s customer electricity
requirements for the 20-year planning period.
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1.3

Information Sources and Screening Criteria

2

1.3.1

Data Collection and Information Sources

3

The 2005 ROR builds from the content of Part 3 – Resource Options, of the 2004 IEP,

4

where information was based primarily on previous BC Hydro studies. In accordance

5

with the Provincial Government’s Energy Plan, new supply will be provided by the

6

private sector2. This change in focus means that BC Hydro is not as likely to study

7

individual projects or the potential of a resource type, but instead must work closely with

8

future energy suppliers to obtain information on resource options that can be used for

9

long-term energy planning.

10

For this reason, an extensive First Nation and Stakeholder Engagement process was

11

designed for the ROR to solicit information on resource options. Data was obtained from:

12

•

Participants at the Regional First Nations and Stakeholder Engagement information
sessions and workshops;

13
14

•

Members of the PIEPC;

15

•

Participants at two Technical Resource Options Workshops;

16

•

Technology-specific workshops and meetings with suppliers;

17

•

Studies commissioned by BC Hydro such as the B.C. Wind potential study by Garrad
Hassan, and biomass study by B W McCloy & Associates; and

18
19

•

20

Information sources for specific projects or resource types are documented in the

21

sections or in the datasheets in Appendix B for the different resource types. Obtaining

22

data from a variety of sources and levels of study can be problematic in ensuring

23

consistent assumptions. BC Hydro reviewed the data and compared it with industry

24

standards to provide quality assurance. As suggested by the Commission in the

25

BC Hydro Revenue Requirement Application (RRA) decision, the accuracy of cost data

26

for long-term planning purposes may be +/-35 per cent for specific projects, and may

27

have confidence levels exceeding this range for resource types without specific project

28

information.

Project information received directly from Independent Power Producers (IPPs).

2

With the exception of upgrades at existing Heritage facilities and possible large hydro
developments.
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1

This approach to resource characterization presents some challenges, given the

2

availability of information and differences in depth of study, and some IPPs may prefer

3

not to disclose project-specific information for competitive reasons. BC Hydro respects

4

the need to maintain confidentiality of certain information. In general, this has not been a

5

constraint on the process and there has been good co-operation and sharing of

6

information between the IPP community and BC Hydro staff.

7

1.3.2

8

One objective of the ROR is to simplify the representation of resource options data and

9

show how the data will be used in portfolios. The Resource Options Database from the

Screening Criteria and Project Categories

10

2004 IEP contained over 150 potential projects, technologies, or bundles with varying

11

levels of information. Not all of these projects can realistically be included in portfolios.

12

Moreover, the objective of the portfolio analysis is not to pick individual projects, but to

13

establish a strategy for future resource acquisitions. As a result, the approach taken in

14

the 2005 ROR is to represent the potential of different resource types as “generic

15

blocks.” Supply curves and project-specific information for the different resource types

16

are used to develop the generic blocks.

17

The ROR focuses on resource options that could reasonably be expected to be

18

developed to meet load requirements within the 20-year resource planning time frame

19

and that can be defined as a volume of energy or capacity and associated cost. These

20

include projects that would reasonable be expected to (1) bid into a competitive

21

acquisition call, or (2) be advanced by BC Hydro. Other strategic policies that may

22

influence the future load growth or acquisition outcomes, but cannot be defined as a

23

volume and price are mentioned in this report, may be explored more thoroughly in the

24

IEP. Examples include rate options and some other DSM activities.

25

A simple screening process was developed to categorize the projects in the Resource

26

Options database into seven groups. Figure 1-2 graphically shows this process. The

27

seven categories are:
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1

1. Imports

2

2. Backup generation

3

3. Net metering

4

4. Near-commercial technology projects

5

5. DSM

6

6. Future resource options (projects with unverified resources or a project that is not

7

being actively investigated in B.C.)

8

7. Generic resource blocks

9

Projects in the last group were used to develop the generic blocks for different resource

10

types. These generic blocks and the DSM programs will be used in the portfolio analysis

11

of the IEP.
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1-6

Appendix F

1

Figure 1-2
Screening Criteria

2
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1

2.0

First Nations and Stakeholder Engagement Summary

2

2.1

Background

3

The 2005 Resource Options Report (ROR) First Nations and Stakeholder Engagement

4

was undertaken within the context of BC Hydro’s 2005 Integrated Electricity Planning

5

(IEP) process.

6

The purpose of the engagement was to involve, in a meaningful way, First Nations,

7

stakeholders and other interested parties in electricity planning. In undertaking this

8

process, BC Hydro sought:

9

•

to assemble people and organizations from a variety of locations, with a broad range
of interests and perspectives;

10
11

•

to be transparent and inclusive; and

12

•

to achieve meaningful dialogue and mutual respect.

13

The key objective of the ROR engagement was to obtain technical information to ensure

14

proper characterization of the resource options. As a result, BC Hydro designed the

15

process to engage knowledgeable stakeholders in the energy industry and also worked

16

with future energy suppliers who have conducted studies for their respective projects.

17

The IEP engagement process was designed to gain insight into First Nations’ and

18

stakeholders’ values and interests with respect to the resource options. This values-

19

based process also provided feedback on the attributes used to characterize the

20

resource options, which have been incorporated into the ROR.

21

The 2005 First Nations and stakeholder engagement process builds upon the 2004 IEP

22

engagement process. Feedback received on the process in 2004 has been incorporated

23

into the design of the current engagement process.

24
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1

2.2

2005 IEP First Nations and Stakeholder Engagement

2

Between December 2004 and May 2005, First Nations and stakeholders across British

3

Columbia were engaged in discussions about resource options through four key

4

streams1:

5

Broad public engagement: This stream was created to capture the interests and

6

perspectives of the broad public regarding resource options and other electricity

7

planning issues. Recognizing that perspectives vary by region, public information

8

sessions were held in 15 communities around B.C. These sessions informed the public

9

about resource options and integrated electricity planning, and helped to elicit their

10

values around preferred resource options. British Columbians were also able to obtain

11

information about this engagement process through the 2005 IEP website

12

(www.bchydro.com/iep) and were invited to provide feedback through a toll-free number

13

(1-888-BC HYDRO or 1-888-224-9376) and email (iep.2005@bchydro.com).

14

First Nations engagement: BC Hydro held seven introductory meetings with First

15

Nations around the province, and five more in-depth workshops. A meeting was also

16

facilitated by BC Hydro and British Columbia Transmission Corporation (BCTC) with

17

First Nations that experience unique reliability issues. In all cases, the purpose of the

18

information sessions, workshops and events was to provide information about electricity

19

planning and elicit First Nations’ values about the various resource options. Through the

20

engagement process, it was recognized that First Nations have different preferences for

21

involvement in planning, and different perspectives on what constitutes meaningful

22

engagement.

23

Regional workshops: In the 15 communities where public information sessions were

24

held, subsequent, additional in-depth workshops were held to enable stakeholders to

25

participate in exercises designed to elicit their values about resource options and to

26

discuss those values in more detail.

27

Provincial IEP Committee (PIEPC): The purpose of the PIEPC is to review the

28

feedback received through the public, regional, First Nations and technical resource
1

The 2005 IEP First Nations and Stakeholders Engagement Plan is available on BC Hydro’s web
site.
BC Hydro 2005 Resource Options Report (ROR)
2-2

Appendix F

1

options streams, and to help BC Hydro identify a preferred portfolio of resource options

2

for its 2005 IEP. The PIEPC includes 16 representatives from a variety of First Nations

3

and stakeholders, and from various regions around the province2. The committee will

4

meet approximately six to eight times throughout the process.

5

2.3

6

Three Technical Resource Options Workshops (ROW) were held to seek more specific

7

and detailed technical input on resource options from knowledgeable stakeholders in the

8

energy industry, and helped determine and characterize the resource options available

9

for discussion in the other IEP engagement streams.

10

2005 ROR First Nations and Stakeholder Engagement

The key objectives of the technical resource options engagement included:
•

11

Ensuring that the full range of options have been considered and are
representative of the options available in the province;

12

•

13

Ensuring that the assumptions and characterization of all potential resource
options are based on the best available data;

14

•

15

Ensuring a consistent, fair and appropriate comparison of potential projects built
by BC Hydro and the private sector;

16
17

•

Providing realistic ranges of volume and cost over the 20-year planning period; and

18

•

Eliciting input on how best to define the social and environmental attributes of

19

resource options to allow the comparison of impacts across a wide range of

20

electricity resources.

21

The ROWs were attended by IPPs, consultants, environmental organizations,

22

government and utility representatives. The first workshop focused on achieving the first

23

objective. The second workshop covered the four topics that were of greatest interest to

24

participants attending the first meeting. The third workshop reviewed material in the

25

ROR and provided an opportunity for participants to ask clarifying questions before

26

submitting comments on the ROR. Table 2-1 summarizes the resource options

27

workshops and their outcomes.

2

Members on PIEPC are listed on the IEP web page www.bchydro.com/rx_files/info/info20333.pdf
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1

Comments on emerging and other technologies were obtained from First Nations and

2

stakeholders throughout the IEP and ROR engagement process.
Table 2-1
Resource Options Workshops

3
4
#
ROW
#1

ROW
#2

ROW
#3

Date
December 7,
2004

March 8/9,
2005

May 27, 2005

Topics Covered
Resource options characterization
based on the 2004 IEP

Key Outcomes
Suggestions of other options not included
in the 2004 IEP.

Proposed changes for the 2005
IEP

Strong interest in environmental
attributes, planning criteria, financial
assumptions, and DSM options.
Questions and a need to follow up with
more information on BC Hydro’s
proposed simple financial approach and
pre-tax evaluation.3

Financial

DSM

Suggested technologies or DSM
programs that BC Hydro could
investigate.

Environmental Attributes

Discussion about the difficulties and
challenges of representing planning level
information on environmental impacts.
Disagreement on whether upstream
impacts should be included.

Reliability and Planning Criteria

Understanding of planning criteria.

Present information from the 2005
ROR

Provided an opportunity for participants
to ask clarifying questions before
submitting comments on the ROR.

Explain changes and how
feedback has been used

5

To solicit resource-specific information from future electricity suppliers, a series of

6

meetings was held with representatives from the Independent Power Producers

7

Association of B.C. (IPPBC). Three subgroups were formed to represent wind, small

8

hydro and thermal. In addition, specific individuals knowledgeable about coal, biomass

9

and geothermal were contacted to provide input and comments about those resource

10

types. Subgroups and resource-specific meetings are summarized in Table 2-2.

3

The comparison of pre-tax versus post-tax analysis has been posted on BC Hydro’s web site in a
sample calculation for Small Hydro. Rationale for the simplified analysis is contained within this ROR.
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Table 2-2
Subgroups

1
2
Resource
Wind

Participants
Organizing
committee:
Ron Percival
Earth First Energy

Meeting Format
Wind Workshop
January 25/26, 2005

Main Discussion Points
Two priorities identified at the
workshop are addressed in this
report:
• Wind characterization in B.C.
• Wind dependable capacity.

Tony Duggleby
SeaBreeze Power
Corp.
Michael Margolick
Nai Kun Wind
Development Inc.
Participants:
IPP companies,
government,
consultants, turbine
manufacturers,
transmission
operators
Small Hydro

Steve Davis
IPPBC
Jeremy Haile and
Samuel Mottram
Knight Piesold
Consulting

Meetings with small
hydro
representatives
February 11,
February 25,
March 29, 2005

Agreement on the supply curve
and characterization for small
hydro including technical,
environmental and social
attributes.

Nick Andrews
Cloudworks Energy
Alexander Kiess
Pamawed Resources
Ltd.
Glen McDonnell
Sigma Engineering
Ltd.
Stuart Croft
Summit Power Group
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1
Resource
Thermal –
Natural Gas and
Cogeneration4

Coal

Biomass

Geothermal

Participants
Paul Willis
Willis Energy
Services and Chair of
Thermal Committee,
IPPBC

Meeting Format
Meeting
March 1, 2005

Rick Hopp
Maxim Power Corp.
Dave Newlands
Representing Elk
Valley Coal Corp.

Email exchanges

Provincial Ministry of
Energy and Mines
was contacted to
discuss B.C. thermal
coal resources and
market price outlook.
B. W. McCloy &
Associates,
Consultant

Kenneth MacLeod
Craig Aspinall
Frank Baumann

Conference call
April 1, 2005

Main Discussion Points
Confirming the characterization
of small gas cogeneration
projects; including availability,
barriers, and economics.
Update and confirming gas
turbine cost numbers.

Telephone
discussion

Representation of coal in the
IEP should be based on the
world market price for coal, not
the cost of coal production. Main
concern was that GHG
emissions from coal were
overstated relative to gas.

Meeting
March 2, 2005

Mr. McCloy was retained to
update the biomass options in
the 2004 IEP. Report included:
 Availability and cost of wood
residue
 Barriers to biomass projects

Personal
communications
2005

Provided financial and technical
updates on their proposed
South Meager Geothermal
Project.

Western Geopower
Corp.
2

4

Cogeneration is the simultaneous production of electrical and thermal energy from a single fuel source.
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2.4

2

Input received from the 2005 ROR First Nations and Stakeholder engagement activities

3

was used in several ways:

4

•

Meeting notes and facilitators’ notes from each session were forwarded to the PIEPC
to guide and assist their decision-making.

5
6

Outcomes

•

In the interest of maintaining transparency, meeting notes, reading materials and

7

presentations were posted on the IEP website, under the ROR section

8

(www.bchydro.com/iep).

9

•

Information received about resource options was used to update BC Hydro’s 2005

10

resource options database. A description of how the information and feedback was

11

used is provided in various sections of the ROR.

12
13

•

A draft version of the ROR was made available for public comment for two weeks
starting mid-May, in advance of the regulatory review process.

14

As part of the 2005 IEP, a First Nations and Stakeholder Engagement Report will

15

summarize the results from the IEP engagement streams.
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1

3.0

Technical Characteristics

2

Technical characteristics of the different resource options described in this report include

3

capacity, energy, dispatchability, and ancillary services. These characteristics affect the

4

benefit that an individual project brings to the integrated system. These terms are

5

defined in the following sections.

6

3.1

7

Capacity is the instantaneous power output of a generating plant at any given time. The

8

installed capacity, provided in the data sheets for each project in Appendix B, is the

9

maximum rating given by the manufacturer for a generating unit under specified

Capacity

10

conditions. For thermal projects, the gross capacity is the capacity before accounting for

11

the plants’ auxiliary power requirements.

12

BC Hydro also uses the term dependable capacity, which is the capacity a plant can

13

reliably deliver for the duration of time that it is required. Factors external to the plant

14

affect its dependable capacity. For example, streamflow conditions can restrict the

15

dependable capacity of hydro plants and fuel supply constraints can impact the

16

dependable capacity of thermal plants. Planned and forced outage rates are not

17

included in the determination of dependable capacity.

18

For major hydroelectric generating plants and plants with significant controllable

19

upstream storage, BC Hydro calculates dependable capacity based on 60 years of

20

historical streamflows and applying an 85 per cent confidence level. For some BC Hydro

21

hydroelectric and many IPP plants, the availability of fuel (e.g., natural gas, water,

22

biomass) during the cold winter period is a key factor for estimating dependable

23

capacity. Actual billing information is often used to revise the estimated dependable

24

capacity. For thermal plants, assuming a firm fuel supply contract is in place,

25

dependable capacity is quoted net of auxiliary power requirements. The dependable

26

capacity used for long term planning is the maximum capacity that a plant/unit can

27

reliably provide for three hours per day in the peak load period during two weeks of

28

continuous cold weather.

29

This 3-hr dependable capacity is used in long term energy planning as follows:
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•

Used in the annual resource balance

2

•

Used in the loss of load analysis to determine Effective Load Carrying Capability

3

(ELCC) of the system and the required reserve margin to maintain a loss of load

4

probability of one day in ten years

5

As part of the 2005 ROR engagement, wind developers suggested that BC Hydro should

6

use the availability frequency-distribution curve for wind projects directly in the loss of

7

load model to determine the incremental ELCC provided by a project. In other words,

8

resources would be represented by their frequency distribution curve instead of by their

9

dependable capacity. In response to this request, BC Hydro conducted a study to

10

determine the ELCC of 1,000 MW of incremental new capacity. The study accounted for

11

the forced outage rate due to mechanical failures and the resource availability of the

12

small hydro and wind projects. Other outages, such as tripping of wind turbines caused

13

by vibrations, were not included. The results are provided in Table 3-1 along with the

14

dependable capacities for each resource type. The study did not include biomass and

15

geothermal; however, these resource types are expected to be similar to the thermal

16

category. Individual small hydro and wind projects will show a large range in their ELCC.

17
18

Table 3-1
Dependable Capacity and ELCC of 1,000 MW of Incremental New Capacity
Resource Type
Thermal1,2
Large hydro
Small Hydro
Geothermal
Biomass
Wind-onshore
Wind-offshore
Solar
Tidal

19
20
21

Dependable
Capacity
100%
100%
25%
100%
100%
5-10%
12%
0%
5%

ELCC
86%
96%
25%
n/a
n/a
21%
29%
n/a
n/a

Notes:
1) Assumes a firm fuel supply contract is in place
2) Includes coal and natural gas fired generation

22

If the study was repeated for a different increment of new capacity, for example 5,000

23

MW, the ELCC would be expected to change. This demonstrates one of the

24

complications of assigning ELCC to a given project or resource type as the ELCC

BC Hydro 2005 Resource Options Report (ROR)
3-2

Appendix F

1

depends on the system as a whole. BC Hydro is continuing its evaluation of ELCC in the

2

2005 IEP and will model the final portfolios in a loss of load analysis.

3

3.2

4

Annual average energy is the energy expected to be produced over the period of a year.

5

For example, using hydrologic records, average inflows at a small hydro plant could be

6

used, with other key plant assumptions, to estimate average annual energy for the plant.

7

Another important characteristic is the monthly energy profile of the resources, as the

8

value of electricity varies by month.

9

Firm energy is defined as:

10

•

Energy

The energy available from hydroelectric resources owned by BC Hydro under the

11

most adverse sequence of stream flows occurring within the adopted historical

12

record. Currently the period from October 1940 through September 2000 is being

13

used as the historical record. Flows during this period of time are considered

14

representative of the range of inflows that may occur in the future.

15

•

The energy capability of thermal projects owned by BC Hydro, based on

16

conservative estimates of plant availability factors. Plant availability factors are

17

typically based on historical operating experience or, where applicable, industry

18

statistics for similar facilities1.

19

•

Energy that is anticipated to be reliably available under contract. Depending on the

20

nature of the contract, the firm energy may be as specified in the contract or may

21

have to be determined from the contract and the plant characteristics. In some

22

cases, firm capability may be determined based on the plant’s historical

23

performance, in a manner similar to the determination of firm energy for BC Hydro

24

projects.

25

Firm energy has not been estimated for small hydro or wind resources. For energy

26

planning purposes the average energy for wind and small hydro is used.
Confusion often arises when a plant is given a relatively large firm capability even though its historic
dispatch may be relatively low (e.g., Burrard). This is because the dispatch is determined both by
capability and by economics. Although a plant may be capable of providing energy, it may be more
economic to acquire that energy from other resources, resulting in a low dispatch for the plant.
1
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3.3

Dispatchablity

2

A dispatchable resource is one whose output can be adjusted for short-term variations in

3

load or resource balance or for economic reasons. In other words, dispatchable

4

resources can be turned ON/OFF or UP/DOWN either directly or indirectly by the

5

BC Hydro control centre, depending on what power is required. Non-dispatchable

6

projects are ones for which BC Hydro accepts output as it is delivered, since their output

7

is controlled by other factors. Examples where the output is controlled by other factors

8

include the amount of water in a small run-of-river hydro project or the wind strength at a

9

given time.

10

3.4

Ancillary Services

11

Ancillary services are services required to operate a power system and provide a

12

constant, reliable supply of electricity to consumers. Ancillary services are typically

13

provided by generators and include reactive power, voltage support, and load following

14

capability. The varying ability for the listed resource options to provide these services

15

have not been detailed in this report but may be considered in the future.

16

Ancillary equipment is discussed further in Section 8.3.
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1

4.0

Financial Assumptions

2

The resource cost information provided in the ROR is intended to provide:

3

•

Listing of the costs and the electricity supply volumes for each resource option.

4

•

Presentation of a high-level unit cost for each resource, which allows a broad range

5

of reviewers to understand the relative costs of each resource option. For this

6

purpose, high-level unit energy costs (UEC) and unit capacity costs (UCC) have

7

been developed.

8

•

Representation of the costs and technical attributes of resource options that are input
to the IEP portfolio analysis and rate impact analysis.

9
10

There are a number of objectives that BC Hydro needs to achieve with the presentation

11

of this information:

12

•

Transparent input assumptions and analysis for all reviewers to understand.

13

•

Consistency of treatment between BC Hydro projects and IPP projects, as well as
among various IPP projects and proponents.

14
15

•

16

The following provides a description of the unit cost calculation methodology and the

17

input data used in the calculation of unit costs. Comparability issues with respect to the

18

evaluation of private sector and BC Hydro projects are discussed and BC Hydro’s

19

recommended approach to addressing these issues is provided. Limitations of the unit

20

cost methodology are discussed. As well, how unit costs are used in portfolio analysis is

21

introduced.

22

4.1

23

The IEP is the process of identifying preferred portfolios of resources scheduled to meet

24

the forecast of energy and peak capacity requirements of BC Hydro’s customers. Each

25

resource option provides either energy with varying amounts of dependable capacity or

Accuracy at a reasonable level for planning analysis.

Unit Cost Calculations
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1

dependable capacity with varying amounts of energy1. Calculating a unit cost of energy

2

for energy resources or a unit cost of capacity for capacity resources provides an initial

3

ranking of energy and capacity resources, respectively, based on cost. The following

4

explanation of how unit energy costs are calculated is also applicable to the calculation

5

of unit capacity costs. This explanation uses simple examples in order to explain the

6

concepts.

7

The UEC is simply the present value of the total annual cost of an energy resource

8

divided by the present value of its annual average energy benefit. Table 4-1 shows a

9

simple example of the calculation of unit energy cost to demonstrate the concept of

10

calculating the present value of future costs and the present value of future energy

11

benefits. In this example, a project costs $225 to build, takes three years to build and

12

$10/year to operate. Once it is in operation it produces 2 megawatt-hours (MWh) of

13

energy per year for five years. The project has no value at the end of Year 8. Costs are

14

in real dollars (net of inflation). Using a 6 per cent real discount rate, the unit energy cost

15

is $33/MWh in Year 1 dollars. This method is being called the Discounted Cash Flow

16

Method.

17

1

Energy is kWh per year and is usually measured in million kWh = GWh. Dependable capacity is
measured in megawatts (MW).
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Table 4-1
Unit Energy Calculation – Discounted Cash Flow Method

1
2

EXAMPLE OF UNIT ENERGY COST CALCULATION
Sample Energy Project In-service for
5 Years Starting in Year 4
Assume discount rate is

6% (real)

DISCOUNTED CASHFLOW CALCULATION OF UNIT COST:
1
2
Year
Capital Cost to Construct ($225)
$75
$75
Annual Operating Cost
$75
$75
Total Cost
Discount factor formula
Discounting factor
Total Cost times discounting factor:
Sum of Total discounted cost equals
Present Value of total cost:

3
$75

4

5

6

7

8

$75

$10
$10

$10
$10

$10
$10

$10
$10

$10
$10

1

1/(1.06)

1/(1.06)^2

1/(1.06)^3

1/(1.06)^4

1/(1.06)^5

1/(1.06)^6

1/(1.06)^7

1

0.943

0.890

0.840

0.792

0.747

0.705

0.665

$75

$70.8

$66.7

$8.4

$7.9

$7.5

$7.0

$6.7

0
0

0
0

2
1.679

2
1.584

2
1.495

2
1.410

2
1.330

$250

Annual Energy Benefit (MWh)
Annual Energy times discount factor:

0
0

Sum of discounted Annual Energy
equals Present Value of Energy:

7.5

UNIT ENERGY COST = PV Total Cost/PV Energy Benefit=

33 $/MWh

3
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1

There is another method applicable to resources that have uniform annual energy

2

benefits, which is referred to as the Annualized Cost Method. In this method, the direct

3

capital plus interest during construction is calculated and a uniform annual payment is

4

calculated based on the project life and the opportunity cost of capital, similar to a

5

mortgage payment. This is referred to as the annualized cost of capital. The annualized

6

capital cost is combined with the annual operating costs and these are then divided by

7

the annual energy benefit of the project to derive the unit energy cost. Table 4-2 shows

8

an example of this method to calculate unit energy cost. The resulting UEC is $33/MWh,

9

which is the same as calculated using the Discounted Cash Flow Method demonstrated

10
11
12

in Table 4-1.
Table 4-2
Unit Energy Cost Calculation - Annualized Cost Method
ANNUALIZED COST METHOD (applicable for projects that have same energy benefit every year)
The Annualized Capital Cost is the Uniform Annual Payment over the project's 5 year life to repay the Capita
Cost plus interest during construction based on 6%.
Total
Years to in-service:
Annual capital:
Interest during construction (IDC):
Capital plus IDC:

-3
$75

-2
$75

-1
$75

(1.06)^2

(1.06)^1

1

84

80

75

Total Capital + IDC:
Annualized Capital Cost:
Annual Operating Cost:
Total Cost
Annual Energy
Unit Energy Cost

239
57
10
67

0
0

$225

0

$239

$
$/year
$/year
$/year

2 MWh
33 $/MWh

13

In general, the annualized cost method is the method adopted to calculate unit costs in

14

this ROR. For resources that do not have uniform annual costs and uniform annual

15

benefits the Discounted Cash Flow Method is required. For example, the DSM programs

16

have non-uniform annual energy savings benefits over the duration of the program.

17

The UCC is simply the present value of the total annual cost of a capacity resource

18

divided by the resource’s dependable capacity. Table 4-3 provides a simple example of

19

the calculation of the unit capacity cost for a dependable capacity project. The example
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1

is a peaking plant2 that provides 3 kW of dependable capacity each year of a five year

2

life. Its capital cost is $225 and it takes three years to build. At a 6 per cent real pre-tax

3

discount rate, its annualized capacity cost is $57/year. Its fixed annual operating cost is

4

$2/year. The resultant unit capacity cost is $20/kW-yr ($20 per kW per year).
Table 4-3
Unit Capacity Cost – Annualized Cost Method

5
6

UNIT CAPACITY COST USING ANNUALIZED COST METHOD
* Applicable if dependable capacity is uniform
* The Annualized Capital Cost is the Uniform Annual Payment over the project's 5 year life to repay the
Capital Cost plus interest during construction based on 6%.
Total
Years to in-service:
Annual capital:
Interest during construction:
Capital plus IDC:

-3
$75

-2
$75

-1
$75

(1.06)^2

(1.06)^1

1

84

80

75

Total Capital + IDC:
Annualized Capital Cost:
Fixed Annual Operating Cost
Total Cost:
Dependable Capacity
Unit Capacity Cost

239
57
2
59

0
$0

$225

0

$239

$
$/year
$/year
$/year

3 kW-yr
20 $/kW-yr

7

4.2

Comparability and Simplified Analysis Issues

8

BC Hydro is both the purchaser of resources via IPP contracts and the owner of certain

9

resource options (primarily hydro projects and transmission projects via BCTC).

10

BC Hydro is striving to ensure that the methods of representing and evaluating resource

11

options are transparent and non-discriminatory. In addition, BC Hydro also strives to

12

undertake the representation of unit costs and portfolio modelling in a simple but

13

meaningful manner. The analysis must be understandable by a broad range of reviewers

14

and must represent the planning-level cost estimates of future resource options at an

15

appropriate level of accuracy. For these reasons, the following issues have been

16

identified and a recommended approach is described:

2

A peaking plant is a generating plant that is used to meet peak demand for electricity such that it
is typically operated only a limited number of peak hours per year. An example is a simple cycle
gas turbine.
BC Hydro 2005 Resource Options Report (ROR)
4-5

Appendix F

1

4.2.1

Issue #1: Income Taxes

2

How should the cost of resources be represented, given that IPPs pay income tax but

3

BC Hydro does not pay income tax? It is recommended that for all projects pre-tax cash

4

flows in real (uninflated) dollars be used and that these be discounted using real pre-tax

5

discount rates. This allows the ROR to provide the estimated economic unit cost of

6

resources, regardless of which entity develops the resource. This approach avoids the

7

complexities of trying to estimate post-tax cash flows for individual IPP projects, taking

8

into account capital cost allowances and tax deferral opportunities. The pre-tax

9

methodology provides unit costs that are comparable to those derived from the more

10

complex post-tax analysis. 3

11

4.2.2

12

BC Hydro has access to lower cost pre-tax debt than IPPs because it has access to

13

government-secured debt. IPPs can deduct interest expenses from earnings. As well,

14

some IPPs may have stronger balance sheets than others and therefore have some

15

advantages over other IPPs. However, such financing advantages do not alter the

16

investment risk inherent in the project. Therefore, it is recommended that the same

17

discount rate be applied to all resource options regardless of who develops them.

18

4.2.3

19

A project’s economic life (or “project life” or “service life”) reflects how long a project is

20

expected to be operable and economically providing service. Alternatively, when

21

purchasing an energy or capacity contract, the term of the contract can often be shorter

22

than the project life. Using the economic life in the calculation of unit costs provides the

23

economic unit cost of resources. BC Hydro evaluates its own projects over their

24

economic life. To date, IPP contracts have been over a shorter period, which gives rise

25

to the question of using contract life in the calculation of unit costs for those projects

26

expected to be developed by the private sector. However, in future acquisition

27

processes, there are expected to be opportunities for BC Hydro and IPPs to negotiate

28

contract terms that more closely approximate the economic life of the project. Therefore,

29

it is recommended that economic life be used for assessing the future costs and benefits

Issue #2: BC Hydro versus IPP Cost of Capital

Issue #3: Project Economic Life versus Contract Life

3

A comparative analysis of pre-tax and post-tax analysis has been provided on the web site
under the Resource Options Workshops.
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1

of all projects for resource ranking and resource costing purposes in the portfolio

2

economic analysis and the rate impact analysis.

3

4.2.4

4

Some renewable resources currently receive federal government development

5

subsidies. Reducing their cost by the subsidy would bring the resource cost closer to

6

what BC Hydro would expect to pay for the resource in upcoming acquisition processes.

7

However, reducing the cost of the resource with subsidies does not provide the accurate

8

economic cost of the resource. It overlooks the fact that the subsidy is a cost to

9

taxpayers. An additional reason for excluding subsidies is that they may not be available

Issue #4: Federal Government Subsidies

10

over the 20-year planning horizon of scheduling new resource additions. Furthermore,

11

reducing the resource cost by the subsidy could be double-counting in the multi-attribute

12

portfolio analysis.

13

One example that has been discussed with IPPs is whether the subsidies to renewable

14

resources announced in the recent federal government budget should be included in the

15

cost of resources. The primary motivation behind these subsidies was to reduce GHG

16

emissions. However, in the IEP’s multi-attribute analysis, GHG emissions are reflected

17

as a trade-off or an additional cost associated with thermal resources. Therefore, it

18

would be double-counting to give a renewable resource a cost reduction benefit

19

associated with avoiding GHG and charge a GHG cost to thermal resources like coal or

20

gas. Therefore, it is recommended that federal government subsidies be excluded, even

21

though some IPPs feel strongly that subsidies should be included in the costing of

22

resource options. Subsidies are reflected in an IPP’s bid price when resources are

23

acquired by BC Hydro.

24

4.3

25

This section describes the inputs to the unit cost calculations. This provides a guide to

26

the database sheets provided in Appendix B for each resource option, using the

27

Annualized Cost Method. All costs are provided in real (uninflated) 2004 Canadian

28

dollars.

Unit Cost Calculation Inputs
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•

Capital cost includes all the direct construction costs of the project for materials,

2

labour, engineering, and project management. Capital cost includes an estimate of

3

the mitigation and compensation costs associated with the impacts of the project.

4

•

BC Hydro Corporate Overhead is excluded from the cost of BC Hydro-developed

5

projects since all incremental costs of the project are part of the capital cost. No

6

BC Hydro corporate overhead associated with administering contracts is charged to

7

private sector projects either.

8

•

fuel transportation contracts, administration, staffing and insurance costs.

9
10

Fixed operating costs fixed annual costs, which include fixed maintenance, firm

•

Variable operating costs vary with how many GWh of energy are produced

11

annually. For example, some maintenance costs vary with the amount the unit is

12

operated. These can be thought of as the wear and tear costs associated with

13

running the unit.

14

Instead of including future major maintenance as a uniform charge per MWh, some

15

projects may have an estimate of sustaining capital specified as a uniform annual

16

fixed cost over the life of the project. Either approach is an estimate of the expected

17

future capital investment required to maintain the project’s operating capability.

18

•

Fuel costs are a component of a thermal resource’s annual variable cost. To

19

calculate UEC, the fuel cost is typically based on the forecast long-term levelized

20

cost of fuel. The levelized cost of fuel is the time-weighted average cost over the

21

period of time that is of interest. This period is the project life. The concept of

22

levelizing a series of future costs is illustrated in Table 4-4. In the table, annual fuel

23

cost forecast is levelized over two different periods. The present value of the cost

24

over the period of interest is divided by the present value of a corresponding unit of

25

fuel over the period of interest.
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Table 4-4
Calculation of Levelized Cost

1
2
CALCULATION OF LEVELIZED COST
Assume discount rate =
Assume forecast fuel cost =

6%

year
Forecast Fuel Cost $/unit

1
3

2
3.3

3
3.7

4
4

5
4.8

6
4.9

7
5.1

8
5.2

Levelizing is done over a specified period as per the following two examples:
Present
Value @6%:

Fuel Cost levelized over years 1 to 8:
year
Forecast Fuel Cost $/unit
# of units of fuel

1
3
1

2
3
4
5
6
7
8
3.3
3.7
4
4.8
4.9
5.1
5.2
1
1
1
1
1
1
1
LEVELIZED FUEL COST Years 1-8 (a) divided by (b):

25.74 (a)
6.21 (b)
4.14 $/unit

Fuel Cost levelized over years 4 to 8:
year
Forecast Fuel Cost $/unit
# of units of fuel

1
-

2
3
4
5
6
7
8
4
4.8
4.9
5.1
5.2
1
1
1
1
1
LEVELIZED FUEL COST Years 4-8 (c) divided by (d):

20.09 (c)
4.21 (d)
4.77 $/unit

3
4

The sensitivity of the unit energy cost to the future cost of fuel can be calculated by

5

varying the estimated levelized cost of fuel. Fuel cost in $/MWh is the project’s heat rate

6

times the fuel cost ($/unit of fuel). Heat rate is fuel use per unit of electricity produced.

7

For example, a heat rate of 8 GJ/MWh and a unit fuel cost of $5/GJ results in a fuel cost

8

of $40/MWh.

9

Provincial taxes and other transfer payments are included in annual operating costs.

10

Some provincial transfer payments are part of the fixed annual operating cost and some

11

are part of the variable operating cost. Transfer payments are a cost from BC Hydro’s

12

corporate cost perspective, but are not an economic cost of the project from the

13

provincial cost perspective. Transfers include fixed and variable water rentals for

14

hydroelectric resources, grants-in-lieu of taxes paid by BC Hydro projects built on the

15

Peace or Columbia Rivers, fixed property taxes (i.e., municipal taxes net of the

16

incremental cost of services provided by the municipality as a result of the project) and

17

fuel tax on natural gas. Unit costs are calculated with provincial taxes and transfer

18

payments included.
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4.4

2

In the datasheets in Appendix B unit costs are provided based on real pre-tax discount

3

rates of 6 and 8 per cent. Using these discount rates the annualized capital cost is

4

estimated in $000/year. Table 4-5 provides an example to show the calculation of the

5

unit energy cost at these two discount rates based on the sample project in Table 4-2.

6

Unit costs are more sensitive to choice of discount rate for projects that have

7

predominantly up front capital costs compared with projects that have proportionately

8

larger annual operating costs, such as fuel costs. Unit costs are also more sensitive to

9

discount rate for projects that have longer construction lead times and longer project

10

Discount Rate

lives.
Table 4-5
Example of Unit Energy Cost at 6 and 8 per cent Real Pre-tax Discount Rate
(based on example in Table 4-2)

11
12
13

EXAMPLE OF UNIT ENERGY COSTS
AT 6 AND 8 PER CENT REAL PRE-TAX DISCOUNT RATE
(Based on example in Table 4.2)

Pre-tax discount rate:
Total Capital:
Total Capital + IDC:
Project life:
Annualized Capital Cost:
Annual Operating Cost:
Total Cost:
Annual Energy
Unit Energy Cost

6 per cent
$225
239
5
57
10
67

years
$/year
$/year
$/year

8 per cent
$225
243
5
61
10
71

2 MWh
33 $/MWh

years
$/year
$/year
$/year

2 MWh
35 $/MWh

14

4.5

Cost Uncertainties

15

This report presents planning estimates of resource costs and unit energy costs that are

16

subject to uncertainty. One source of uncertainty reported in the datasheets in Appendix

17

B is the cost of development, or capital costs. Projects with fewer detailed studies or less

18

information available typically have higher cost uncertainty. For example, costs for

19

emerging technology or costs for projects that are only at a conceptual level have a
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higher degree of uncertainty. A rating of low, medium, or high was given for each

2

resource or project, based on the uncertainty attributed to the capital cost estimation.

3

Ratings of capital cost uncertainties have been proposed as follows:

4

•

cost uncertainty estimated to be –10 per cent to +20 per cent.

5
6

•

9

Medium: Feasibility-level studies, or well-established non-site-specific information.
Capital cost uncertainty estimated to be –10 per cent to +40 per cent.

7
8

Low: Design-level studies or well-established non-site-specific information. Capital

•

High: Pre-feasibility or conceptual-level studies, or developing technologies. Capital
cost uncertainty estimated to be –10 per cent to +60 per cent.

10

These ratings have been developed for planning purposes only and are not directly

11

related to engineering-specific levels of accuracy used at various stages in a project’s

12

development. For the purposes of the 2005 IEP, these measures are intended to reflect

13

relative rankings between resources and the greater upside risk is an indication that

14

there may be additional costs as generic resource options become project-specific.

15

Another source of uncertainty with UECs is fuel price uncertainty, particularly for natural

16

gas. For this ROR, unit costs are reported based on a single fuel price assumption. In

17

the development of an IEP, portfolio analysis explores the sensitivity of portfolio costs to

18

a range of gas price forecasts. This portfolio analysis simultaneously addresses the

19

uncertainty with respect to the future cost of imports and the future value of exports by

20

modelling future electricity price forecasts.
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4.6

Development Uncertainty

2

Development uncertainty translates into a risk of non-development. A rating of low,

3

medium or high was estimated to demonstrate the likelihood that a project will not be

4

financed, built or approved. Reasons for the uncertainty could include, but not be limited

5

to:

6

•

Technology advances required for a resource to be developed in the 20-year
planning time frame;

7
8

•

Environmental or social concerns that could restrict licensing;

9

•

Financing or technical barriers for large, high-risk projects; or

10

•

Technical challenges that make project completion less likely.

11

4.7

12

The unit cost calculation described above is intended to be simple and transparent.

13

However, each resource type or each resource project has a unique combination of

14

characteristics and provides a unique combination of products, which affects the costs

15

and benefits of the resource or project. Resource products include dispatchability,

16

annual energy, which can be further detailed as monthly energy capability, dependable

17

capacity, and ancillary services such as reactive power. These are provided in different

18

combinations depending on the resource. Limitations of the simplified unit cost method

19

are further described as follows.

20

4.7.1

21

Resources can also be differentiated by whether they are dispatchable as described in

22

the Section 3.3. The ability to regulate output based on need and cost can be valuable

23

and is not reflected in a simple UEC or UCC cost and is difficult to value without

24

modelling the operation of the power system.

Limitations of Using a Simplified Unit Cost

Dispatchability
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4.7.2

Dependable Capacity

2

Resources can vary by the amount of capacity, relative to the energy produced, that is

3

available to meet peak customer loads as described in Section 3.1. Dependable

4

capacity, or ensuring the ELCC is adequate, is required to ensure a reliable system.

5

Energy resources value varies by the contribution to peak system capacity and this

6

value is not reflected in a simple UEC.

7

4.7.3 Transmission

8

Projects are located in various regions of the BC Hydro system and their impact on

9

transmission requirements and transmission losses varies. In general, all resources in

10

the ROR reflect transmission required to interconnect the project from its site to the

11

existing transmission system (the exceptions are Burrard replacement and Revelstoke/

12

Mica unit additions which have transmission projects reported separately). However,

13

transmission requirements to transport the electricity to the load centres (largely the

14

Lower Mainland and Vancouver Island) are not reflected in the UEC or UCC.

15

Furthermore, it becomes difficult to associate a particular transmission upgrade with any

16

one resource or project since the transmission system is impacted by all projects.

17

Transmission to the load centre is addressed in the Portfolio Modelling and Cost

18

Analysis Section 4.9.

19

4.7.4 Predictability

20

The energy output of some resources can be intermittent and thus subject to some

21

degree of variability (variability here is considered as an hourly or daily variability as

22

opposed to the seasonal impacts). Since that variability can be difficult to predict, the

23

output of those resources is more difficult to match to the demand for energy such that

24

other generation is required to provide load-following capability. Studying the impacts of

25

such resources requires simulation of system operation in an hourly time-step model.

26

Such modelling is not conducted during the portfolio analysis. Therefore, the future

27

system cost implications are uncertain if increasing amounts of intermittent resources

28

are added.

BC Hydro 2005 Resource Options Report (ROR)
4 - 13

Appendix F

1

4.8

Unit Cost Adjustments

2

To address the most significant short comings suggested in the prior section, two unit

3

cost adjustments have been included in the ROR. In order to rank resource options by

4

their unit energy cost, a dependable capacity adjustment has been presented in the

5

datasheets in Appendix B. With this adjustment, a cost of dependable capacity is added

6

to resources so that their dependable capacity equals their installed capacity. The cost

7

of dependable capacity was assumed to be $50/kW per year, which is intended to

8

approximate the cost of capacity based on the various capacity resources available.

9

For capacity resources, an adjustment to their unit capacity cost is made in order to

10

credit that capacity resource for its accompanying energy. For this adjustment, energy

11

was valued at $55/MWh net of the applicable variable costs of producing that energy.

12

This price is intended to approximate a long-term estimate of heavy load hour market

13

price, which coincides with the time when capacity (peaking) resources would be

14

operating.

15

Unit costs are presented with and without these adjustments. The adjusted unit cost is

16

intended only to provide an enhanced ranking of resources by unit cost. Additional

17

adjustments to unit costs to account for the other differences in characteristics discussed

18

above has not been attempted because of the additional complexity and subjectivity that

19

would be introduced into the unit cost calculations.

20

4.9

21

Portfolio modelling involves creating alternative sequences of resource additions to meet

22

BC Hydro’s load-serving obligation over the long-term. Generation and DSM resources

23

are scheduled to meet forecast requirements for both energy and dependable capacity.

24

BCTC evaluates the scheduled resources to determine associated bulk transmission

25

requirements required to transport the electricity to the load centre. The portfolio cost

26

analysis captures all of the incremental costs associated with a proposed portfolio. The

27

net present value of these incremental costs represents the economic cost of a

28

proposed portfolio and is indicative of the future long-term cost to BC Hydro’s customers.

29

Portfolio analysis addresses a number of the unit cost limitations described in Section

30

4.7:

Portfolio Modelling and Cost Analysis
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•

monthly load requirements, excess generation is exported;

2
3

•

Dispatchability is modelled in the portfolios and indicates when it is economic to run
dispatchable resources and when it is economic to import or export;

4
5

Monthly energy profiles are modelled to simulate the generation required to meet

•

Costs associated with transmission and dependable capacity requirements

6

associated with alternative sequences of resource additions are captured in the

7

portfolio analysis.

8

Currently, portfolio modelling does not have the capability to model hourly operations

9

and hence does not reflect the impacts of resource hourly variability.

10

Table 4-6 is a simplified example of a portfolio analysis that compares two alternative

11

portfolios. This example illustrates how new resources are scheduled to meet the

12

forecast growth in annual energy requirements, which exceed existing supply as of fiscal

13

20064. New resource options A, B and C were selected in Portfolio X and new resource

14

options A, D and E were selected in Portfolio Y.

15

In each portfolio the selected resources were scheduled to meet the forecast energy

16

requirement based on their unit energy cost. Since resource options vary in capacity and

17

do not exactly meet the annual increase in energy requirement, then in some years there

18

is surplus energy capability. In this simple example, the new resources are assumed to

19

be non-dispatchable, which means their annual costs are fixed and they produce a given

20

amount of energy each year based on their capability. Another way of explaining this is

21

that their variable cost or dispatch cost is zero, so they are used first in the economic

22

dispatch order, ahead of resources that have a variable operating cost associated with

23

the decision to use that resource.

24

Note that there is a surplus energy capability available on a short-term basis, as each

25

portfolio introduces new resources. This surplus energy could be used to displace the

26

use of existing dispatchable resources or for short-term export sales. In this example,

27

future spot market prices (i.e., export market prices) are forecast to increase over time

28

from $40/MWh to $57/MWh. In this example, the incremental cost of using existing
4

BC Hydro’s fiscal year is from April to March.
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resources (i.e., the variable operating cost or dispatch cost of using existing resources)

2

is only $5/MWh. Therefore, it is more economic to export the surplus than to displace the

3

use of existing resources. The revenues from exports are a benefit that offsets the

4

annual cost of the resources in the portfolio. The Net Present Value of the Costs of the

5

Portfolio is the Present Value of the annual costs less export revenues.

6

This example illustrates how the UEC of resource options can be used to quantify the

7

annual cost of those resources in a portfolio for resources that are non-dispatchable, i.e.,

8

they produce a uniform amount of energy annually based on their energy capability.

9

Dispatchable resources are not this straightforward. For dispatchable resources, the

10

fixed costs can be represented as a uniform annual payment. However, the amount at

11

which they are economically dispatched must be determined by simulating the operation

12

of the system of existing and new resources. Their economic dispatch can vary from

13

year to year.
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1

5.0

Environmental and Social Attributes

2

Developing environmental and social attributes that can assist in decision-making

3

requires finding a balance between what is easy to measure and what is meaningful to

4

the decision-makers. As an example, estimating emissions into the atmosphere from a

5

project is relatively easy to do. However, people care about these emissions only insofar

6

as they impact more fundamental objectives, such as the protection of human health and

7

the environment. Unfortunately, these more fundamental objectives are difficult to

8

measure, and the link between the stressor (emissions) and impacts (e.g., human

9

health) is loose and complex. Moreover, the measures that decision-makers use to

10

make choices regarding long-term electricity planning may be subsets or combinations

11

of the relevant impact measures, expressed in units more easily understood.

12

The role of stakeholder input into the process of creating decision criteria is critical; the

13

measurement of stressors is relatively objective, but choosing what to measure, what

14

units to use, and how to use these in making decisions depends on stakeholders’

15

values.

16

In developing environmental and social attributes to assist in its IEP process, BC Hydro

17

solicited input from stakeholders about what environmental and social impacts people

18

need to know about when assessing long-term electricity planning questions. Based on

19

this feedback and on previous electricity planning processes (i.e., 2004 IEP, 1995 IEP),

20

BC Hydro has proposed environmental and social attributes in the following areas:

21

•

Land impacts;

22

•

Water impacts;

23

•

Air impacts (local emissions and greenhouse gas (GHG) emissions); and

24

•

Social impacts.

25

BC Hydro worked with stakeholders and subject matter experts to develop a common

26

understanding about the impact of the resource options in the above categories. The

27

impacts of power generation and its associated activities can occur through several

28

stages of a project’s life, including building, operating and decommissioning. Each of
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1

these stages can be thought of as having impacts at the site of the activity, “upstream” in

2

the production process, or “downstream” in the production process.

3

Some stakeholders demonstrated a large appetite for the development of a

4

comprehensive list of social and environmental impacts including “upstream” and

5

“downstream” impacts in the whole life-cycle of production. Others felt that the scope

6

should be limited to activities at the site. Life-cycle attributes have been separated from

7

this discussion of attributes of impact because they are less certain than other attributes

8

due to data constraints and “line of sight” issues in tying impacts to at-site generation.

9

However, to reflect the interest in knowing more about upstream and downstream

10

impacts, preliminary information on some attributes of interest is provided in Appendix D.

11

5.1

12

Resource options are identified as “Green Energy” or “B.C. Clean.” These classifications

13

are used for certain policies such as the voluntary 50 per cent Clean energy target that is

14

part of the provincial government’s Energy Plan.

15

5.1.1

16

The definition of green energy varies between jurisdictions. A commonly supported

17

definition for "green energy" is low-impact, renewable energy. In Canada, Environment

18

Canada's EcoLogo program is the nationally recognized certification standard by which

19

projects are evaluated. BC Hydro uses EcoLogo's Electricity-Renewable Low-impact

20

criteria to assess the “green energy” eligibility of existing and new IPP facilities. EcoLogo

21

has criteria to assess water-powered, biogas-fuelled, biomass-fuelled, solar-powered

22

and wind-powered generators. Projects that meet their low-impact renewable energy

23

criteria receive certification under the program.

24

5.1.2

25

Under the provincial government’s 2002 Energy Plan, “B.C. Clean” energy refers to

26

alternative energy technologies that result in a net environmental improvement relative

27

to existing energy production. Green energy is seen as a subset of Clean energy; Clean

28

energy is more broadly defined and includes large hydro, cogeneration and energy

29

efficiency projects. Green energy would not normally include these resources.

EcoLogo Green Energy and B.C. Clean Energy Criteria

Green Energy

Clean Energy
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Table 5-1 summarizes the resource types that meet the EcoLogo and/or B.C. Clean

2

criteria. These standards are based on existing technologies and may change in the

3

future to reflect new performance standards. Because project-specific information is

4

generally not available to determine if a project meets the EcoLogo criteria and because

5

projects attain EcoLogo certification after they are operational, resource types have been

6

classified as Green based on their potential eligibility.
Table 5-1
Summary of Resource Types that meet EcoLogo or B.C. Clean Criteria

7
8

Potentially meet EcoLogo
(Green) criteria
Biomass – wood residue
Biomass – biogas
Small hydro
Wind
Geothermal
Tidal
Wave energy
Photovoltaic (solar)

Meet B.C. Clean Criteria

Do not meet either criteria

Includes all of Green plus:
- Biomass – MSW1
- Cogeneration2
- Large hydro
- Fuel cells
- Efficiency improvements

Natural gas
Diesel
Oil
Coal

9
10
11
12
13

Notes:
1) MSW is municipal solid waste
2) Cogeneration is the simultaneous production of electricity and thermal energy from a single fuel source.
The percentage of a cogeneration facility that qualifies as BC Clean must be determined on an
individual basis.

14

5.2

Land Impacts

15

5.2.1

Potential Impacts

16

Power generation facilities can have different impacts on the land, depending on where

17

they are located and the type of power generation. Some impacts will completely alter

18

the land so that it is not available for any other use, while other impacts will change the

19

land but leave it available for other uses. For example, the land affected by roads or

20

other structures cannot be used for other purposes. Inundated areas created by

21

hydroelectric reservoirs cannot be used for other land activities but can be used for

22

water sports, fishing and other recreational purposes. Land between wind turbines,

23

between geothermal wells and under transmission lines can be used for other purposes.

24

Land impact is a broad category, used to consider both effects on wildlife habitat as well

25

as aesthetics or visual impacts. Habitat is affected directly where the land is altered, but

26

can also so be impacted by nearby changes. For instance, a project could fragment
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parcels of interconnected habitat, making the migration of wildlife from one portion to the

2

other difficult. Development could also increase access to previously remote areas.

3

Aesthetic impacts occur through the removal of existing features (e.g., deforestation) or

4

the addition of features (e.g., roads, transmission lines).

5

Based on input from First Nations and Stakeholders, the two characteristics most

6

important to capture with a land impact measure are:

7

•

Land altered that cannot be used – First Nations and Stakeholders suggested that

8

the land impact attribute should be based on land that is permanently altered and

9

that cannot be used for other purposes. This was highlighted in the discussions

10

about the land impact of geothermal and wind. For example, a 100 MW geothermal

11

development typically requires 200 to 2,000 hectares of land. The Meager Creek

12

project discussed in Section 7.8 has a permitted area of 4,267 ha, but only 269 ha

13

would be permanently altered. Likewise, the land area required for a wind

14

development is relatively large; however, the permanently altered area is only about

15

10 ha of land for 100 MW, and other activities can coexist with wind development.

16

Transmission lines can be used for different purposes; however, due to their high

17

aesthetic impact, they are included in the list of permanently altered structures.

18

•

Quality of Land Impacted – First Nations and Stakeholders suggested that simply

19

summing the hectares of land impacted across activities and regions was

20

inappropriate. Rather, some adjustment for the “weight of the footprint” was needed

21

in order to reflect what “type” of land was being impacted. Discussions at the

22

Provincial Committee suggested that categorizing land impacts through some land

23

inventory database might be useful.

24

Other types of land impacts, while important, would be difficult to assess and quantify in

25

a timeframe useful to the 2005 IEP.

26

5.2.2

27

The area altered by new roads, buildings, structures, pipelines, transmission lines and

28

inundation will be tracked for the different resource options, and the category of land

29

type will also be recorded. This definition does not include land area that is changed but

30

that is still available for other uses with the one exception of transmission lines. Note that

Measure for Land Impacts
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this is a change from the 2004 IEP, where permitted area for wind and geothermal

2

projects was included in the land impact.
Box 5-1
Land Impact Measure

3
4
5

Land impacts will be measured as hectares of land impacted by structures (footprint of

6

generating facility, roads, transmission lines, pipelines and inundated area). These

7

impacts will then be further categorized by using the Baseline Thematic Mapping (BTM)

8

database of B.C.’s Ministry of Sustainable Resource Management.

9

The results of the calculations to measure land impacts are shown in Section 10 Results

10

Summary.

11

5.3

Water Impacts

12

5.3.1

Potential Impacts

13

Any activity disturbing the land, diverting water, crossing over water or located in the

14

water has the potential to disturb aquatic systems. When aquatic systems are disturbed,

15

fisheries impacts usually are of the greatest concern. Biomass, customer cogeneration,

16

and DSM options typically pose no risks to aquatic (fish) habitat. However, natural gas,

17

coal, large hydro, run-of-river small hydro, wind and geothermal projects all require new

18

infrastructure (e.g., access roads, pipelines, penstocks, transmission) and thus pose

19

risks to aquatic habitat.

20

Among the resource options, the small hydro and large hydro (Site C) options pose the

21

highest risk to the aquatic systems. Potential impacts from all hydro projects can be

22

defined broadly within six categories: backwater effects, dewatering effects2, fish

23

passage – upstream blockage, fish passage – entrainment, habitat alteration and

24

downstream effects. These potential impacts are mitigated through environmental

25

design to meet regulatory requirements, then any residual impacts are offset through the

26

provision of compensation at a rate sufficient to offset the risk of failure in either the

27

assessment process or the provision of mitigation and compensation. Despite these

28

environmental regulations and the application of best management practices, there are
2

As used in this section, backwater is the area of the river affected by inundation. Dewatering
refers to the river section that is affected by water diversion.
BC Hydro 2005 Resource Options Report (ROR)
5-5

Appendix F

1

risks that impacts will occur. These potential impacts are addressed in the aquatic

2

habitat attribute in the 2005 IEP.

3

Issues relating to mercury impacts from large hydro were also raised during the

4

engagement process. Mercury is a heavy metal found in many lakes, streams, forests

5

and fields that can convert to a toxic and bioaccumulative form known as methylmercury.

6

Reservoir impoundment associated with large hydro projects and the bacterial

7

decomposition of flooded organic material can promote the methylation of mercury and

8

its bioaccumulation in the food chain. Preliminary studies suggest that Site C would have

9

low releases of methylmercury. The potential for methylmercury is indirectly addressed

10

in the 2005 IEP, as the area subject to backwater effects is accounted for in the aquatic

11

habitat attribute.

12

Other water impacts discussed with stakeholders included the water consumption of

13

thermal generation plants and the treatment of resulting wastewater. A conventional

14

CCGT power plant, for example, can consume between 2,000 to 4,000 acre-feet of

15

water per year (equivalent to the amount used by 4,000 to 8,000 homes), although this

16

amount can be reduced by recycling the water. The majority of this water is used in

17

cooling towers to condense the steam exiting the steam turbine. The wastewater from

18

these plants is also a potential impact, although this can be mitigated through treatment

19

and would be regulated by water quality criteria to concentrations that should not pose a

20

significant threat to aquatic habitat. The potential impacts to water associated with

21

thermal generation will not be considered further in the 2005 IEP, because stakeholders

22

did not show broad interest to pursue this issue.

23

5.3.2

24

Discussions during the engagement process highlighted the need to develop measures

25

for fishery impacts. Potential measures that can describe the risks to aquatic habitats

26

from different resource options are limited by the existing information on the proposed

27

resource options and our knowledge of links between physical changes caused by these

28

projects and the productive capacity of aquatic habitat. The primary measure that can be

29

derived from readily available information is the surface area of aquatic habitat

30

potentially affected by the development. This attribute is used in the 2005 IEP.

Measure for Water Impacts
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Aquatic habitat surface area can be calculated for both small and large hydro. However,

2

the link of this measure with habitat impacts is not necessarily the same for small and

3

large hydro, so the attribute must be used with caution. Site C is considered a run-of-

4

river project because flows downstream of the project will remain relatively unchanged

5

(i.e., flows are regulated by the upstream G.M. Shrum hydro facility). However, there

6

may be additional impacts associated with Site C that are not quantifiable and that are

7

different from small hydro projects. Therefore, qualitative comparisons of the nature of

8

impacts between large and small hydro should also be considered when making

9

decisions based on the quantitative measures. A qualitative assessment that evaluates

10

the sensitivity of six aspects of aquatic habitat is provided below.

11

There are key questions and data gaps that affect measures of aquatic habitat impacts.

12

Most of these questions and data gaps cannot be addressed within the 2005 IEP time

13

frame; some may be addressed before the start of the 2007 IEP. Three key uncertainties

14

have been identified: 1) accuracy of physical data in the resource database; 2) accuracy

15

of the prediction of aquatic habitat effects from physical data; and 3) comparability of

16

predictions between different resource options. These uncertainties have been

17

acknowledged by defining the assumptions inherent to each measure.
Box 5-2
Aquatic Habitat Area at Risk

18
19

Several variants of the aquatic habitat-area-at-risk calculation are provided; each
describes an aspect of aquatic habitat impact expected for a resource option. The
measures quantify the:
A. Area subject to dewater effects in the diversion section of small hydro projects (refer
to the original channel area shown in Figure 5-1)
•

Area = stream width x diversion length

•

Stream width as a function of mean annual flow

•

Diversion length as a function of penstock length

•

Assumption: small hydro streams have the same stream width to flow
relationships as do typical B.C. streams
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B. Area subject to backwater effects at large hydro projects (refer to the original channel
area shown in Figure 5-1)
•

Area includes upstream river section and major tributaries

•

Assumption: 1980 assessment data for Site C are accurate for physical variables

C. Area subject to backwater effects at small hydro projects (refer to the original
channel area shown in Figure 5-1)
•

Area = stream width x weir height / gradient

•

Gradient = head / diversion length

•

Assumptions: Typical weir height is 3 m; diversion section gradient similar to that
at the headpond

D. Footprint area of weirs/dam on all hydro projects
•

Area = stream width2

•

Assumption: Structure impacts habitat at footprint

E. Fish presence (a binary modifier of other impacts)
•

Fish presence = 1 if fish is present and 0 if not

•

Assumptions: Fishless streams are at very low risk from small hydro
developments; the fish presence inventory in the Green Energy Study is accurate

F. Area affected by stream crossings
•

Area = sum of length of access roads, transmission lines, pipelines (pipelines for
geothermal projects are excluded from this calculation), penstocks/tunnels x
aquatic habitat loss per crossing x crossing density

•

Aquatic habitat loss per crossing = 550 m2 for access roads, pipelines,
penstocks/tunnels; 500 m2 for transmission lines

•

Crossing density = 1/km
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•

Assumptions: penstock/ tunnels, pipeline and transmission line crossings have
similar impacts to road crossings

To calculate the area of aquatic habitat at risk (potentially affected) by the development
of a resource option, the appropriate measure variants (A to F listed above) are
selected, combined, and calculated to yield the area affected in hectares (ha). These
measures should be applied cautiously, influencing decisions only if qualitative
information on potential impacts is also considered. For each resource option the
following calculations are made to yield area affected in hectares (ha):
Small hydro. . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . (A + C + D) x E + F
Large hydro. . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . (B + D) x E + F
Where E = 1 for Site C
Natural gas, coal, wind and geothermal. . . . . . . . . . . . . . . . . . . F
Biomass, Resource Smart, customer cogeneration
and Power Smart options. . . . . . . . . . . . . . . . . . . . . . . . . . . . . none
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Figure 5-1
Area affected by backwater effects (upstream of project)

1
2

Original
Channel
at Mean
Annual
Flow

Land

New wetted area created from backwater

Original channel at Mean Annual Flow

Land

Reduced wetted area due to dewater effects
3

5.3.3

Results

4

For comparison of small and large hydro projects, the result of a qualitative assessment

5

is summarized in Tables 5-2 and 5-3. This provides general guidance on the nature of

6

small and large hydro impacts that can be considered along with the quantitative

7

measures of potential consequences for aquatic habitat area.

BC Hydro 2005 Resource Options Report (ROR)
5 - 10

Appendix F

Table 5-2
Aquatic Habitat Sensitivity and Cumulative Effects for
Small Run-of River Hydro and Large Hydro (Site C)

1
2
3

Habitat Sensitivity Factor

Rationale

Small Hydro

Site C

Habitat Diversity

Number of species present. Highly
diverse communities have specialized
members more sensitive to
environmental change.

low

high

Habitat Productive
Capacity

Highly productive habitats typically have
few environmental stressors and so are
more likely to be affected by
environmental change.

low

medium

Natural habitat stability

Species in stable habitats are adapted
to narrow ranges of environmental
parameters and are more sensitive to
environmental change.

low

medium

low

medium

Overall

Table 5-3
Aquatic Habitat Impact Type by Magnitude, Frequency and Duration for
Small Hydro and Site C

4
5
6

Magnitude
low

Frequency
continuous

Duration
long

Overall
low

Site C

high

continuous

long

high

Small hydro

low

frequent

short

low

Site C

nil

rare

short

low

Fish passage –

Small hydro

low

occasional

short

low

Upstream blockage

Site C

high

continuous

long

high

Fish passage –

Small hydro

low

medium

seasonal

low

Entrainment

Site C

medium

medium

continuous

medium

Habitat

Small hydro

high

continuous

long

high

Alteration

Site C

high

continuous

long

high

Downstream

Small hydro

low

rare

short

low

Effects

Site C

low

continuous

long

low

Backwatering
Dewatering

Impact
Small hydro

7

The potential impacts on aquatic habitat are assessed quantitatively for all resource

8

options and the results are summarized in Table 10-3 in Section 10 Results Summary.

BC Hydro 2005 Resource Options Report (ROR)
5 - 11

Appendix F

1

5.4

Air Impacts and Greenhouse Gas Emissions

2

5.4.1

Potential Impacts

3

Power operations can produce a variety of air emissions that are released into the

4

atmosphere that can affect the local air quality. Sulphur dioxide and oxides of nitrogen,

5

under the right conditions, can lead to the formation of smog, acid rain and haze.

6

Inhalable particulates and toxic compounds, such as mercury, can have both health and

7

ecological impacts. Health impacts are associated with increased respiratory symptoms

8

and disease, difficulty in breathing and premature death. Ecological impacts are

9

associated with damage to forests and crops and fish and aquatic systems.

10

Power operations that burn carbon-based fuels can also produce GHG emissions, which

11

are linked to increasing risk of human-caused climate change. Human-caused climate

12

change risk is defined as the extent to which human activities may be influencing the

13

Earth's “natural” greenhouse effect (i.e., global warming) by increasing atmospheric

14

concentrations of GHG emissions. This enhanced greenhouse gas effect may in turn

15

result in adverse long-term physical impacts (e.g., sea level rise, increased drought),

16

biological impacts (e.g., species loss) and socio-economic impacts (e.g., property loss,

17

displaced populations).

18

Climate change risk is a global scale environmental challenge that necessarily requires

19

international co-operation. Canada is a signatory to the Kyoto Protocol, which is the

20

current international policy framework for reducing global GHG emissions. The Kyoto

21

Protocol requires Canada to reduce or offset its total emissions to 6 per cent below its

22

1990 levels between 2008–2012. Canada has begun implementing its national climate

23

change plan in order to meet its Kyoto targets. Given the link between economic activity,

24

energy use and GHG emissions, Canada's energy sector, including the electricity sector,

25

is expected to play a significant role in the national climate change plan.

26

Local air emissions and GHGs tend to be highest with thermal generation. Some

27

emissions from thermal generation projects can be mitigated through the installation of

28

control technologies. In addition, non-thermal generation also may have associated air

29

emissions, although the amounts tend to be low or negligible. For example, the

30

decomposition of organic matter submerged in reservoirs can result in GHG emissions,
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and, depending on the technology, geothermal energy production contributes to GHG

2

and negligible amounts of local air emissions

3

5.4.2

4

Measuring the health or ecological impacts of local air emissions presents many

5

challenges, so for the 2005 IEP, the stressor (emissions) will be measured, as opposed

6

to the more fundamental objectives. The list of emissions was chosen based on the

7

emissions with the greatest potential problems for the various resource options, and was

8

developed by the PIEPC. This list also covers the air impacts discussed at the regional

9

stakeholder and First Nations meetings.

Measure for Air Impacts

10

To distinguish human health impact differences between portfolios, regional total local

11

air emissions weighted by population will also be calculated during the portfolio analysis.
Box 5-3
Air Impact Measures

12
13
14

Volume of at-site emissions for:

15

•

Oxides of Nitrogen (NOx)

16

•

Oxides of Sulphur (SOx)

17

•

Fine Particulates (PM 10 and PM 2.5)

18

•

Mercury (Hg)

19

•

Volatile Organic Compounds (VOCs)

20

•

Greenhouse Gases - CO2e (CO2, CH4, N2O, SF6)

21

Portfolio Measurement – total regional air emissions weighted by population

22

5.4.3 Results

23

Table 5-4 presents the at-site emission rates for all of the resource options described in

24

the database sheets in Appendix B. These emission rates reflect the actual performance

25

of the various technologies, and in some cases assume the installation of certain control

26

technologies for the project to meet applicable regulation. In some cases, the
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performance may be better than local and national environmental regulations.2 For

2

example, mercury emissions are not currently regulated.
Table 5-4
At-Site Emission Rates

3
4
Emission Rates
(Tonnes/GWh)

NOx

SOx

PM 10

Hg

VOCs

CO2e

Biomass – wood
residue

0.6 – 1.3

0.2

0.6 – 1.0

0

0

0

Biomass – landfill
gas

0.2 – 1.2

0.3 – 0.6

0.03 – 0.1

0

0.68

0

Biomass – MSW

2.4

0.3 – 0.6

0.02

0

0.02

500

Natural gas – 250
MW CCGT

0.05

0.0043

0.03

0

0.01

350

Coal – pulverized
supercritical

0.14

0.66

0.015

0.0000029

0.01

855

Coal – IGCC

0.08

0.19

0.009

0.0000015

n.a.

863

Large Hydro

0

0

0

0

0

0

Small Hydro

0

0

0

0

0

0

Geothermal

0

0

0

0

0

10.42

Wind

0

0

0

0

0

0

5

n.a. = not available

6

Thermal options, including coal, natural gas and biomass, produce the most local air

7

emissions and GHGs. Conventional pulverized coal has the highest emissions rates for

8

sulphur dioxide, mercury and GHGs. The amount of sulphur dioxide and mercury

9

emissions from coal can vary greatly, depending on the content of these elements in the

10

coal.

11

Burning natural gas produces nitrogen oxides and carbon dioxide, but in lower quantities

12

than burning coal or oil. Methane, a primary component of natural gas and a GHG, can

13

also be emitted into the air when natural gas is not burned completely. Emissions of

14

sulphur dioxide and mercury compounds from burning natural gas are negligible. Natural

2

See http://wlapwww.gov.bc.ca/airquality/; http://wwwccme.ca/initiatives/standards?category
id=45; and http: www.gvrd.bc.ca/airquality.htm for information on provincial, federal and regional
standards for air quality, for example.
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gas burns most efficiently in cogeneration configurations or in fuel cells, followed by

2

CCGTs.

3

Emissions from biomass power plants depend on the fuel source: wood residue, landfill

4

gas, or municipal solid waste (MSW). Due to the very different emission characteristics

5

of biomass fuel sources, participants at the engagement sessions preferred not to lump

6

all biomass categories together. Even within these categories, there are ranges of

7

emission rates dependent on the fuel source, generating technology use and the

8

installed emissions controls.

9

Power generated from wood residue has the highest particulate matter emission rate

10

among the resource options. There was considerable discussion and little agreement

11

during the engagement process about how to treat these local emissions. Participants at

12

the engagement sessions took one of two positions:

13

•

Total emissions in the region are reduced, as using the wood residue for generation

14

displaces beehive burners, which have higher emission rates due to fewer

15

environmental controls. Therefore, local emissions should be zero or even negative,

16

to reflect the benefits of biomass generation.

17
18

•

The emissions from the generation station do not necessarily net out those from
beehive burners. Local impacts in the vicinity of the generating station may be worse.

19

The discussion partly comes down to where the boundaries should be set to evaluate

20

the measures. Throughout this discussion for the 2005 IEP, the local air emission

21

boundary has been limited to the on-site emissions from the generating facility. For

22

example, the local air emissions associated with transporting the wood residue to the

23

generating facility are not included. In keeping with this assumption, Table 5-4 includes

24

the local air emissions from biomass that would be emitted at the generating facility. This

25

is a change from the 2004 IEP, where local emissions were assumed to be zero.

26

Estimates of the net benefit of displacing local air emissions from beehive burners are

27

present in Appendix D.
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With respect to GHG emissions from biomass generation, they are considered to be CO2

2

neutral, with negligible non-CO2 GHG emissions. In the case of wood residue, the

3

burning of wood residue produces carbon dioxide, which is considered part of the natural

4

carbon cycle of the earth. Plants take up carbon dioxide from the air while they are

5

growing and then return it to the air when they are burned, thereby causing no net

6

increase. Similarly, the GHG emissions from burning landfill gas are also considered to

7

be zero, because burning the methane gas converts it into carbon dioxide, which is a

8

less potent GHG than methane. The methane gas would otherwise leak into the

9

atmosphere from the landfill.

10

In the case of MSW, stakeholders were not convinced that the fuel source was strictly

11

organic material and therefore thought that there would be associated GHG emissions

12

from the non-organic fuel component. Data available on the incineration of MSW shows

13

that the portion of GHG emissions resulting from combustion of non-organic MSW are

14

not negligible. Section 7.7.8 shows the GHG emissions from the incineration of MSW

15

attributable to the organic and non-organic components. However, in cases where

16

electricity generation is added to existing MSW incineration facilities, it is not clear

17

whether the resulting GHG intensity should be apportioned to the previous incineration

18

or to the electricity generation.

19

Local air emissions and GHG emissions for most non-thermal resource options are

20

considered negligible or zero, with the exception of geothermal. Geothermal GHG

21

emissions are not zero because small amounts of CO2 are vented to the atmosphere

22

with certain generation technologies.

23

Stakeholders also questioned whether GHG emissions from large hydro (Site C) were

24

zero. While net GHG emissions associated with Site C are likely not zero, they are also

25

highly likely to be negligible, because of the net greenhouse gas flux in cold, deep

26

reservoirs. The IEP project team will update the data on net GHG emissions associated

27

with Site C once information is available.
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5.5

Social Impacts

2

5.5.1

Potential Impacts

3

Social impacts associated with resource options can be positive or negative. Positive

4

impacts include, among other things, employment creation, economic development and

5

increase in recreational opportunities. Negative impacts may include reduction in

6

recreational opportunities, adverse visual or scenic impacts and noise pollution.

7

The 2004 IEP tracked temporary and permanent jobs created with building and

8

operating projects for each resource option type, reported in full time equivalents. The

9

mix between temporary and permanent employment required for each resource type will

10

differ because of the difference in building and operating technologies. For instance, a

11

large dam will require a substantial amount of construction effort, but require relatively

12

little labour to actually run, whereas thermal projects are less expensive to build but will

13

require a high-level of ongoing staffing to operate.

14

During engagement sessions, stakeholders agreed that tracking temporary and

15

permanent jobs could represent social impacts, since employment is related to economic

16

growth and development. This was not a unanimous view; some stakeholders felt that

17

this measure was a poor attempt at capturing economic benefits, which were better

18

measured through the financial attributes. Yet other stakeholders attached importance to

19

employment over and above that of the wage, and so requested that this measure be

20

used to help differentiate among portfolios.

21

Indirect job creation was also raised in discussion. This issue of whether to include

22

indirect job creation is similar to the discussion on life cycle attributes and is discussed

23

further in Appendix D.

24

Other social impacts were raised by stakeholders: aesthetic impacts, recreational

25

impacts (e.g., access of kayakers to rivers), and noise pollution. These requests for

26

impact measures tended to be site specific and difficult to develop into decision criteria.

27

As a result, these will not be tracked for the 2005 IEP.
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Finally, First Nations participants expressed a concern that some portfolios may have

2

differential impacts on their rights and title to the land. The link between this high-level

3

planning process and those concerns is an obvious but distant one that does not fit

4

easily into the tracking and measuring framework of portfolio development. As a result,

5

no attributes were developed in these early stages to track these impacts. However, the

6

PIEPC has raised this as an area of concern and can follow up on this issue.

7

5.5.2

8

The suggested measure, agreed to by stakeholders, to track social impacts is outlined in

9

the box below. The PIEPC was also interested in understanding the regional distribution

10

of job creation. It is possible that this social impact measure might be supplemented by

11

some weighting if regional information is available.

Measure for Social Impacts

12
13

Box 5-4
Social Impact Measure

14

Track the permanent and temporary job metrics (in equivalent units) for all resource options. The

15

measure might be supplemented by a regional weighting if information is available
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6.0

Demand-Side Management

2

Customers can be encouraged to use electricity more efficiently or to curtail use at

3

specific times through various DSM programs or rate structures. Rate design to

4

encourage customers to conserve energy or shift load is applied very differently than

5

DSM programs, and is discussed in subsection 6.5. DSM programs generally fall into

6

three main categories.

7

Energy efficiency means that demand is reduced as a result of customers improving

8

efficiency of equipment, optimizing processes (e.g., lighting and motors, buildings and

9

industrial processes), or as a result of conserving electricity.

10

Load displacement means that demand on the BC Hydro system is reduced, usually

11

due to customer self-generation, although the customer’s demand needs and pattern of

12

peak and off-peak periods (load shape) may not have changed.

13

Peak reduction means that the total amount of electricity sold to a customer may not

14

change, but the load during the utility peak period is reduced.

15

Power Smart is BC Hydro’s DSM brand, which encompasses all DSM programs (energy

16

efficiency, load displacement and peak reduction). BC Hydro launched Power Smart in

17

1989, primarily as an education, awareness and reward program to encourage energy

18

efficiency. Within Power Smart, many different program approaches are used, including:

19

•

options;

20
21

•

•

26

Financing programs to assist customers in paying for DSM measures, including loan,
rebate and shared-savings programs;

24
25

Site-specific information programs that provide information about specific DSM
measures appropriate for a particular enterprise or home;

22
23

General information programs to inform customers about generic energy efficiency

•

Direct installation programs that provide complete services to design, finance and
install a package of efficiency measures; and
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1

•

Market transformation programs that change the market for a particular technology

2

or service such that the efficient technology is in widespread use without continued

3

utility intervention.

4

6.1

Energy Efficiency

5

6.1.1

Technology

6

Energy efficiency savings are achieved through a number of actions, including installing

7

new, more-efficient technologies, improving design to reduce waste and improving

8

process controls. New technologies include items such as light-emitting diode (LED)

9

lighting, low-emissivity glazing, high-efficiency motors and high-efficiency chillers.

10

Improved designs include sequenced compressors in supermarkets, daylighting of

11

buildings and sizing of equipment more closely to load requirements for more efficient

12

operation. Improved controls include process controls, such as those designed to

13

minimize overgrinding in pulp mills or in mining plants, more sophisticated HVAC

14

controls to optimize equipment operating efficiency, and lighting controls that adjust

15

electric lighting use according to the need for lighting and available ambient lighting.

16

6.1.2

17

The conservation energy savings for B.C. were estimated in the 2002 Conservation

18

Potential Review (CPR). This study began with a technology assessment, and then

19

estimated the Economic and Achievable potentials of technologies that increase energy

20

efficiency and would be commercially viable by the year 2005.

21

Economic – Potential Annual Savings

22

The Economic potential is the savings from measures with a cost of conserved electricity

23

less than the long run marginal cost of electricity. How much of the Economic potential is

24

attained will depend on what success is achieved in overcoming barriers to adopting the

25

energy efficiency measures. The barriers that commonly need to be overcome include:

Resource Availability
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•

Availability of energy efficiency measures (commercially);

2

•

Awareness of energy efficiency measures (by manufacturers, distributors, retailers,
trade allies and customers);

3
4

•

sales team training, and educational and promotional information);

5
6

Accessibility of energy efficiency measures (product distribution, stocking, displays,

•

Affordability of energy efficiency measures, as those measures are often more

7

expensive than standard practice (especially when first introduced into the

8

marketplace); and

9

•

Acceptance by customer and trade allies (does the energy efficiency measure

10

provide acceptable service to customers in terms of functionality, reliability, ease of

11

installation, and operational and maintenance costs).

12

Most Likely Achievable – Potential Annual Savings

13

The Most Likely Achievable potential is the portion of savings identified in the Economic

14

potential that are considered to provide a high confidence level that BC Hydro can

15

achieve these savings through reasonable actions that most of its customers would

16

expect it to take.

17

Upper Achievable – Potential Annual Savings

18

The Upper Achievable potential is the portion of savings identified in the Economic

19

potential that are considered to be achievable by BC Hydro taking a more aggressive

20

approach to electricity conservation and being supported through actions of

21

governments at all levels.
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CPR Findings – Potential Annual Savings

2

The CPR found that by fiscal 2016:

3

•

Economic savings were 12,462 GWh/yr;

4

•

Most Likely Achievable savings were 5,835 GWh/yr; and

5

•

Upper Achievable savings were 8,222 GWh/yr.

6

These figures are the rate of energy savings at the end of fiscal 2016 and do not include

7

losses.

8

6.1.3

9

BC Hydro’s current DSM program (fiscal 2003 to fiscal 2012) is designed to achieve a

10

portion of the Most Likely Achievable target out to fiscal 2012. It includes both energy

11

efficiency and load displacement programs. Since this program is considered a

12

committed resource in the 2005 IEP, it is not included in the Resource Options

13

database. The 2005 REAP provides the Energy Efficiency Plan, Energy Efficiency

14

Program Summaries, and Load Displacement Plan in Appendices A, B and C

15

respectively. The 2005 REAP (revised March 29, 2005) can be found at

16

www.bchydro.com/info/rpi/epi10200.html.

17

6.1.4

18

The database includes future increments of energy efficiency programs as options that

19

are based on attaining potential savings identified in the CPR beyond those that have

20

been committed to in the current energy efficiency plan. These three future options are

21

all based on energy-efficient technologies, and are characterized by their expected

22

period of implementation. The sequence of these options is an indicator of increasing

23

levels of cost and challenge to achieve (Energy Efficiency 3, 4, 5). The future options are

24

as follows:

25

•

Energy Efficiency 3 – from fiscal 2013 to fiscal 2017;

26

•

Energy Efficiency 4 – from fiscal 2010 to fiscal 2024; and

27

•

Energy Efficiency 5 – from fiscal 2008 to fiscal 2024.

DSM Current Efforts

Future Energy Efficiency Programs
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Energy efficiency savings accumulate over time and are generally assumed to persist

2

once total program goals are achieved, as shown in Figure 6-1. If a particular program

3

were discontinued in midstream, the energy savings would not necessarily persist. The

4

energy savings estimates are closely linked to:

5

•

The start year of the program;

6

•

The identified energy conservation potential;

7

•

A program’s target sector and technologies;

8

•

A program’s approach; and

9

•

The plan for continued investment over the period of the program.

Figure 6-1
Future Energy Efficiency – Projected Annual Energy Savings
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2

Figure 6-2 illustrates the expected total target annual energy savings at program
completion, and the related total resource cost of future energy efficiency programs.
Figure 6-2
Future Energy Efficiency – Energy Supply Curve
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BC Hydro estimated an equivalent dependable capacity for winter heavy-load hours

2

based on the energy savings expected during this period. The CPR describes the

3

approach in more detail. Figure 6-3 depicts the heavy load hour winter dependable

4

capacity equivalent for energy efficiency programs.

5
6

Figure 6-3
Future Energy Efficiency – Heavy Load Hours Dependable Capacity Equivalent
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The savings presented for Energy Efficiency 3, 4 and 5 include transmission and

8

distribution losses and are the savings acquired in the year noted. The allocation of

9

savings among different customer classes is expected to be similar to the current energy

10

efficiency programs: Residential 26.6 per cent, Commercial 28.5 per cent, and Industrial

11

44.9 per cent.
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The savings for Energy Efficiency 3, 4 and 5 are as follows in Table 6-1 below.

2

Dependable capacity values are provided in Table 6-2.

3
4
5

Table 6-1
Future Energy Efficiency – Projected Annual Energy Savings with Transmission and
Distribution Losses (GWh)
Fiscal Year
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024

6

EE 3
n/a
n/a
n/a
n/a
n/a
232
747
1,262
1,777
2,293
2,576
2,576
2,576
2,576
2,576
2,576
2,576

EE 4
n/a
n/a
79
254
430
605
780
956
1,131
1,307
1,482
1,657
1,833
2,008
2,184
2,359
2,534

EE 5
59
191
322
454
585
717
848
980
1,112
1,243
1,375
1,506
1,638
1,769
1,901
2,032
2,164

The capacity for Energy Efficiency 3, 4 and 5 is as follows in the table below.
Table 6-2
Future Energy Efficiency – Heavy Load Hours
Dependable Capacity Equivalent (MW)

7
8
9
Fiscal Year
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024

EE 3
n/a
n/a
n/a
n/a
n/a
33
106
179
252
325
365
365
365
365
365
365
365

EE 4
n/a
n/a
11
36
61
86
111
136
160
185
210
235
260
285
310
335
360

EE 5
8
27
46
64
83
102
120
139
158
176
195
214
232
251
270
288
307
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Energy Efficiency 3

2

Energy Efficiency 3 continues after Energy Efficiency 2 over the period from fiscal 2013

3

to fiscal 2017. By fiscal 2018 it is expected to achieve target energy savings of

4

2,576 GWh per year, bringing the total annual savings for the current DSM programs

5

and Energy Efficiency 3 to approximately the Most Likely Achievable level in the CPR for

6

fiscal 2016.

7

Technologies employed in Energy Efficiency 3 are similar to those in Energy Efficiency

8

2, but with updates and additions, as newer and better energy-efficient technologies

9

become available. The total resource cost for Energy Efficiency 3 is expected to be

10

$36/MWh.

11

Energy Efficiency 4

12

The CPR, in its Upper Achievable scenario, identifies additional potential savings

13

beyond the current DSM programs and Energy Efficiency 3. Beginning in fiscal 2010 and

14

ending in fiscal 2024, Energy Efficiency 4 is expected to achieve additional savings of

15

2,534 GWh per year by fiscal 2024. This brings the total savings, for the current DSM

16

programs, Energy Efficiency 3 and Energy Efficiency 4, to approximately the Upper

17

Achievable level of the CPR.

18

The Upper Achievable scenario is based on a more aggressive energy efficiency

19

program, and includes additional government actions that mandate energy efficiency

20

through regulation and legislation. It also includes aggressive promotion of new

21

technologies and efforts to advance the availability of these technologies. Energy

22

Efficiency 4 is expected to have a total resource cost of $44/MWh.

23

Energy Efficiency 5

24

The CPR identifies additional economic savings beyond the current DSM programs,

25

Energy Efficiency 3 and Energy Efficiency 4. Energy Efficiency 5 is based on an

26

aggressive scenario that captures half of the savings identified in the CPR between the

27

Upper Achievable (Energy Efficiency 4) and the Economic scenarios. Beginning in fiscal

28

2008 and ending in fiscal 2024, Energy Efficiency 5 is expected to achieve additional

29

savings of 2,164 GWh per year by fiscal 2024.
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Energy Efficiency 5 uses aggressive incentives, promotion and education to accelerate

2

the use of new technologies. Government regulation and legislation to ensure these

3

changes are permanent would then support this promotion. This aggressive approach

4

would require increased program costs and it is anticipated that Energy Efficiency 5

5

would have a total resource cost of $54/MWh.

6

6.1.5

7

For the 2005 IEP, only direct jobs are being measured. Direct jobs related to DSM are

8

created in performing the installations, and DSM tends to be labour intensive relative to

9

other resource options. Job data available for DSM projects from the 2004 IEP included

10

indirect jobs, induced jobs, and job creation in the general economy due to re-spending

11

effects. Since the breakdown of direct jobs was not available, it is assumed for this ROR

12

that 63 per cent of the total for direct, indirect, and induced jobs provided in the 2004 IEP

13

would be direct jobs related to installations. These jobs are classified as construction

14

jobs. For a given volume of savings from DSM, there are no permanent jobs, as there

15

are no long-term operation and maintenance jobs related to the DSM project. Direct jobs

16

for Energy Efficiency 3, 4 and 5 are provided in Table 6-3.

17

Job creation for Energy Efficiency 3, 4, and 5 is as follows in the table below.

Environmental and Social Attributes

Table 6-3
Energy Efficiency Job Creation

18
19
Energy Efficiency
Options
Energy Efficiency 3
Energy Efficiency 4
Energy Efficiency 5

Construction Jobs
(person years)
5,000
13,000
15,000

Permanent Jobs
(full-time equivalents per year)
0
0
0

20

6.2

Load Displacement

21

Load displacement means that demand on the BC Hydro system is reduced, usually due

22

to customer self-generation. BC Hydro’s current DSM program (fiscal 2003 to fiscal

23

2012) includes some load displacement projects. Opportunities for further load

24

displacement beyond the current DSM program are expected to be minimal.
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6.2.1

Fuel Switching

2

The current DSM program includes some fuel switching in the residential sector. The

3

largest opportunities are for residential space heating and water heating to be switched

4

to natural gas. BC Hydro is pursuing opportunities on a limited basis where it makes

5

sense. BC Hydro has not pursued fuel switching more aggressively, because it is

6

questionable whether the electricity savings are permanent. If natural gas prices rise in

7

relation to electric rates, many customers would have the ability to at least partially

8

switch back to residential space heating or water heating.

9

6.3

Peak Reduction

10

The CPR included capacity savings resulting from energy efficiency measures. In

11

addition, for the industrial sector only, a brief study was done to determine potential

12

impacts of capacity programs. Preliminary findings in this study on the industrial sector

13

are that DSM measures to reduce the peak demand for electricity on the BC Hydro

14

system, or in a particular region of the system, could reduce peak demand by an

15

additional 300 MW by the year fiscal 2011. This would involve the following:

16

•

Peak shaving;

17

•

Short-term load shifting;

18

•

Long-term load shifting; and

19

•

Load reduction – market and operation optimization.

20

The CPR industrial capacity study was preliminary in nature and was only intended to

21

determine whether it would be worthwhile for BC Hydro to spend more effort

22

investigating the subject. If targeted reduction in industrial production were considered,

23

the reduction could be increased by an additional 200 MW. However, the cost of this

24

capacity is unknown and may be high, based on the value of electricity and associated

25

production to industrial customers.

26

While the current DSM programs focus on energy savings, these energy savings bring

27

with them some capacity savings. BC Hydro has not yet designed specific peak

28

reduction programs, but because demand-side capacity programs have been successful
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in other jurisdictions, BC Hydro is evaluating whether they could be cost-effective and

2

complementary solutions to system capacity upgrades in B.C.

3

As a follow up to the CPR, BC Hydro is currently completing a study of the potential

4

capacity savings and costs in the residential and commercial sectors. This study is

5

expected to be complete by July 2005. This study is, however, limited to estimating the

6

technical potential.

7

6.3.1

8

Load curtailment is another option for reducing the peak load. In load curtailment,

9

customers are paid to reduce their electricity use at times when the system generation

Load Curtailment

10

can not meet the peak load. Cost information for curtailment options is not currently

11

available.

12

6.4

13

A unique aspect of DSM financial analysis is the separation of utility cost and customer

14

cost. For most efficiency gains, there is a cost to BC Hydro (utility cost) that involves

15

creating and managing a program, providing incentives and/or providing new materials

16

or technology to customers. There is also often a cost borne by the consumer (customer

17

cost) that may be involved in purchasing a new technology (e.g., low wattage compact

18

fluorescent light bulbs) or larger industrial equipment purchases. DSM costs are

19

expressed in both the utility cost and the total resource cost (utility cost + customer cost).

20

Some specific tests used by BC Hydro to evaluate the financial impacts of its programs

21

include:

22

Total Resource Cost (TRC): The total economic cost of acquiring energy resources.

23

For DSM programs, this includes costs incurred by the utility (program administration,

24

taxes and incentives) and by the customer (the cost of the DSM measure net of

25

incentives).

26

Utility Cost Test: A test of whether a utility’s avoided costs are reduced by more than

27

the cost of a DSM program. When this test is met, revenue requirements, and hence

28

customer bills, are reduced, although there may be upward pressure on rates.

Financial Assumptions and Analysis
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Ratepayer Impact Measure (RIM): A test of the potential impact on rates due to a DSM

2

program. The test is taken to represent the interest of customers who do not, or cannot,

3

participate in a utility’s DSM programs.

4

6.5

5

Customer use of electricity is impacted by the price of the electricity. Modification of

6

electricity rates can be used as a signal to encourage customers to conserve energy or

7

shift load from high-price periods to low-price periods. Increasing rates will result in

8

customers choosing to purchase less electricity, relative to what would have been

9

purchased otherwise. Decreasing rates will result in customers choosing to purchase

10

more electricity. BC Hydro has to set its rates to generate enough revenue to meet its

11

costs. This means that when some rates are increased, others have to be decreased.

12

Many participants in the First Nations and Stakeholder Engagement expressed interest

13

in considering new designs for rate structures that, if implemented, might encourage

14

conservation.

15

Once a rate structure is approved and implemented, customers will start to modify their

16

electricity usage, which will result in a change in the amount of electricity being

17

purchased by BC Hydro’s customers. This will, in turn, be reflected in future electricity

18

forecasts as trends in customers’ electricity demand patterns evolve.

19

There are two rate design projects currently being undertaken by BC Hydro that, when

20

completed and subsequently approved by the Commission, will impact future customer

21

demand. The two rate design applications currently being undertaken by BC Hydro are:

22

•

Rates

Transmission Service Rate Application: BC Hydro filed the Transmission Service

23

Rate Application with the Commission on March 10, 2005. These rate structures will

24

include a stepped rate and a time of use (TOU) rate, and are intended to provide a

25

marginal price signal to encourage industrial transmission voltage customers to

26

implement energy efficiency projects and to move loads to periods with low prices.

27

More information is available at www.bchydro.com/info/epi/epi18467.html. These

28

new rate structures will cause industrial high-voltage customers to modify their use of

29

electricity.
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•

2005 General Rate Design Application: BC Hydro is in the process of updating its

2

rate design and tariff and expects to file this with the Commission in late 2005. First

3

Nations and Stakeholder Engagement for this application is planned for the summer

4

of 2005. Comments that are received on rate design from the 2005 IEP engagement

5

will be considered in this rate design process.

6

Those who are interested in the use of electric rate design to encourage electricity

7

conservation may want to follow and to contribute to these processes.

8

Future rate design applications beyond 2005 will provide further opportunities to

9

encourage conservation based on the success of the 2005 rate designs.
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CHAPTER 7
SUPPLY-SIDE
OPTIONS

Appendix F

1

7.0

Supply-Side Options

2

Supply-side options can be grouped in different ways, such as conventional/alternative,

3

thermal/renewable, or fuel type/technology. In this section, the supply-side resources are

4

first grouped into the following categories based on the screening process described in

5

Section 1.3.2:

6

•

Imports

7

•

Backup generation

8

•

Net metering

9

•

Near-commercial

10

The remaining supply-side projects and resource types are then grouped using a

11

combination of “fuel” type (e.g. coal, wind) and technology.

12

Thermal resource options have been grouped from a fuel perspective. Several thermal

13

combustion technologies are available that can burn fossil fuels and/or biomass to

14

generate electricity. Table 7-1 describes the most common technologies and Table 7-2

15

presents common pairings of fuel type to thermal generation technologies. The most

16

common and efficient technologies were selected to describe in detail in later sections of

17

this chapter.
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Table 7-1
Thermal Turbine Technologies

1
2
Conventional Steam
Turbines

Conventional steam turbines burn the fuel in a boiler to heat water,
which creates steam to drive a steam turbine.

Combustion Turbines

In a combustion turbine, the fuel is burned under pressure to produce
hot exhaust gases, which spin a turbine to generate electricity. Simplecycle configurations release exhaust gases to the atmosphere.

Heat Recovery steam
generators (HRSG)

HRSGs receive the exhaust gases from the gas turbine and produce
steam for steam turbine generators.

Combined-cycle
configurations

In a combined-cycle configuration, the exhaust gases from the gas
turbine are directed to an unfired HRSG, producing steam for steam
turbine generators. Combined Cycle Gas Turbines (CCGT) are a
common technology for natural gas fired generation, and Integrated
Gasification Combined Cycle (IGCC) is an emerging coal technology.

Internal Combustion
Engines (Reciprocating
Engines)

An internal combustion or reciprocating engine converts the energy
contained in a fuel into mechanical power. This mechanical power is in
the form of a rotating shaft attached to a generator.

Cogeneration

Cogeneration is the simultaneous production of electrical and thermal
energy from a single fuel. Many different configurations are possible
depending on the steam/thermal host and whether the primary use of
the fuel is for electricity generation or thermal heat. Steam/thermal
hosts may include industries and institutions that need heat such as
pulp mills, greenhouses or hospitals.
Table 7-2
Fuel Type and Combustion Technology Matrix

3
4

Technology

Fuel type

Conventional
Steam
Turbine
Coal

9

Fuel Oil

9

Diesel
Natural
Gas

9

Biomass

9

Simple Cycle
Combustion
Turbine

Combined
Cycle
configuration

Internal
Combustion
Engine

9
9

Cogeneration

9
9

9

9

9

9

9

9
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7.1

Imports

2

Electricity supply options for BC Hydro include the possibility of acquiring additional

3

energy or capacity from the electricity markets. Options include:

4



Non-firm market purchases from outside British Columbia

5



Contracted purchases from outside British Columbia

6

Some First Nations and Stakeholders have indicated an interest in considering the

7

impacts of electricity market transactions in the 2005 IEP process. Impacts include the

8

benefits of transacting in the markets, together with the environmental and social

9

implications. With respect to the environmental and social implications of imports,

10

BC Hydro will review the method to include as part of the IEP. In general, BC Hydro will

11

base impacts on specific resource contracts or regional generation mixes, and attributes

12

will be represented as provided for similar resource options listed in this report.

13

7.1.1

14

BC Hydro transacts in the wholesale electricity market in Alberta and the U.S. Western

15

Electricity Coordinating Council (WECC) region. BC Hydro seeks to optimise the value of

16

its generation assets via electricity trading opportunities that involve importing and

17

exporting when it is economic. The operating flexibility of the hydroelectric system allows

18

BC Hydro to import during low price periods to meet domestic requirements, to displace

19

the use of higher operating cost resources in the BC Hydro system or to sell into the

20

market during peak price periods.

21

The evaluation of alternative resource portfolios in the 2005 IEP includes evaluation of

22

the cost of market imports and the value of exports expected as a result of the economic

23

dispatch of the resources in a given portfolio. Wholesale electricity market energy

24

imports and exports are valued at BC Hydro’s electricity market forecast of monthly

25

Heavy-Load-Hour (HLH) prices and monthly Light-Load-Hour (LLH) prices, discussed in

26

Appendix C.

Non-Firm Market Imports/Exports
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7.1.2

Contracted Purchases/Sales

2

In addition to modelling the non-firm market opportunities, there may be opportunities to

3

consider long-term firm or specific resource option contracts. Pricing for these contracts

4

will generally be based on the resource options listed in this report with site specific

5

adjustments. As indicated in the Screening Criteria in Figure 1-2, any of these

6

opportunities would have to be accompanied by firm transmission to the BC Hydro

7

system.

8

7.2

9

Customers who require a higher level of reliability may choose to install backup

Backup Generation

10

generation. Backup generation is usually only used when electricity supplied from the

11

grid is unavailable (e.g., during a storm when a tree brings a line down), as the cost of

12

running this generation is more expensive than purchasing electricity from the utility.

13

The most common technology used for backup generation for small applications is

14

internal combustion engines, but may also include microturbines or, in future, fuel cells.

15

Diesel and oil-fuelled generation projects are common sources of backup generation in

16

areas where natural gas is not available.

17

Internal Combustion Engines

18

Internal combustion engines were included as a resource option to reflect the potential

19

that these stand-alone, small engines could be used at a small scale for distributed

20

generation. Both natural gas-fired and diesel-fired internal combustion engines were

21

included. These engines range in size from 5 kW for residential backup generation to

22

7 MW or more.

23

Oil-Fired Simple Cycle Gas Turbines (SCGTs)

24

Oil-fired generation is of interest where natural gas is restricted or unavailable. An oil-

25

fired SCGT (GE LM 6000PC Aeroderivative gas turbine generator fired on distillate fuel)

26

of approximately 45 MW is included as a resource option in the 2005 Resource Option

27

Database. Because of emission concerns, oil-fuel generation often is permitted with

28

restrictions on generation.
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7.3

Net Metering

2

The Net Metering Tariff1 was approved by the Commission on May 31, 2004. Rate

3

Schedule 1289 was designed for residential and commercial customers wishing to

4

interconnect small B.C. Clean2 generating units less than 50 kW with the BC Hydro

5

system to offset some or all of their needs and to be able to sell energy to BC Hydro on

6

a net annual basis.

7

Since the launch of the net metering program last year, there have been ten applicants

8

with a total capacity of 43 kW, comprising solar, micro hydro and wind projects. The

9

numbers of new net metering customers are projected to increase linearly up to 2023,

10

when an estimated 100 new customers will connect annually. Assuming that the tariff

11

conditions remain the same as rate schedule 1289, it is projected that by 2023 there will

12

be 1,120 customers with a total capacity of 11 MW. This estimate will be revised as

13

more experience is gained with the net metering program.

14

Solar Photovoltaic

15

Solar photovoltaic technology is the direct conversion of sunlight into electricity by solid-

16

state semi-conductor diodes called photovoltaic cells, and is a potential candidate for net

17

metering applications. A single photovoltaic cell produces only a few watts; therefore,

18

solar photovoltaic modules comprise several cells laminated into a single unit. Solar

19

energy can also be converted into other forms of energy, such as heat (e.g., for water

20

heating). Fuel switching is discussed in Section 6.2.1.

21

A rapidly growing opportunity for photovoltaic applications lies in using photovoltaic

22

modules in place of conventional building materials. These building-integrated

23

photovoltaics (BIPV) reduce the overall cost of solar generation by replacing the building

24

material and providing other benefits, such as acoustic and thermal insulation. BIPV can

25

be used in a building for roof tiles, curtain walls, skylights and rain screens. Barriers to

1

Net metering is a program whereby small generation units up to 50 kW can interconnect to BC
Hydro’s distribution system. Excess electricity not used by the customer is sold to BC Hydro. For
further information on net metering, please see the website
(www.bchydro.com/info/ipp/ipp8842.html).
2

Definitions of BC Clean are discussed in Section 5.
BC Hydro 2005 Resource Options Report (ROR)
7-5

Appendix F

1

the adaptation of photovoltaics in B.C. relate primarily to the high cost of the energy

2

resource, and the availability and location of appropriate sites with sun exposure.

3

Residential and Commercial BIPV projects are described in the Resource Options

4

database.

5

Small Scale Wind

6

A number of manufacturers produce various sizes of small-scale wind turbines that are

7

suitable for installation on residential, small business or farm properties. Generally wind

8

turbine installations are not practical in urban areas, as a minimum of one acre (0.4 ha)

9

is usually recommended. The technology is advanced and reliable. Barriers to

10

adaptation are generally the high cost of the projects. The potential for this resource is

11

described in the Resource Options datasheets in Appendix B.

12

Microturbines

13

Microturbines, first commercially available in 1998, can be used in many different

14

situations; they can be used in base load, backup or cogeneration applications. Small-

15

scale microturbines fall under the Net Metering category or for larger applications,

16

backup generation. Although they have a slightly higher initial cost ($1,000/kW), they are

17

currently the most cost-effective alternative to reciprocating engines for small-scale

18

generation. Microturbines operate on the same basic thermodynamic principle as their

19

larger cousin, the conventional gas turbine. However, they are much smaller than gas

20

turbines, with output measured in the tens to hundreds of kilowatts, rather than

21

megawatts.

22

With fewer moving parts than reciprocating engines, microturbines have the potential for

23

longer lifetimes with lower maintenance requirements. They also offer much lower

24

emissions than comparable reciprocating engines, and their waste heat can be used for

25

heating and cooling applications to bring total efficiencies up to 80 per cent or more.

26

Microturbines have several advantages for niche applications. They are effective at

27

handling low-quality gases, such as "sour gas" at oil and gas resource recovery sites,

28

and biogas from landfills, wastewater treatment plants and agricultural livestock

29

operations. Also, their exhaust gas stream is clean enough and hot enough to be used
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directly in greenhouses (i.e., the carbon dioxide boosts plant growth) or in industries with

2

drying processes, such as brick, grain or chemical drying.

3

7.4

4

Leading-edge and emerging technologies that are not yet being utilized at a utility scale

5

or do not yet have operational project experience are included in the Near-Commercial

6

Technologies category. This group of technologies generally lack cost and operating

7

data to effectively characterize the technology and resource potential. Ocean wave, tidal,

8

fuel cells, and integrated coal gasification combined cycle were included as Near-

9

Commercial Technologies and are included in the database. Energy storage is another

10

emerging technology. It is not included in the database due to limited information, but is

11

discussed below.

12

7.4.1

13

Emerging energy storage technologies, such as superconducting magnetic energy

14

storage systems (SMESs), may be options for the future. SMESs store energy in the

15

field of a large magnetic coil with direct current flowing. Low-temperature SMESs cooled

16

by liquid helium are commercially available. High-temperature SMESs cooled by liquid

17

nitrogen are still in the development stage and may become a viable commercial energy

18

storage source in the future.

19

7.4.2

20

Ocean wave energy generation is an emerging technology that captures the energy of

21

waves and converts it to electricity. Geographic locations with the best wave resource

22

are generally those in the mid to high latitudes, including the coastline of British

23

Columbia. The potential wave resource in B.C. is much greater in the winter than in the

24

summer months; this complements BC Hydro’s energy demand pattern, which peaks in

25

winter months.

26

7.4.3

27

The energy inherent in coastal tides can be harnessed in several ways to produce

28

electricity: tidal barrages and tidal current. Tidal barrages (or low dams) have been used

29

in bays or estuaries to store water from high tides for release through hydraulic turbines

Near-Commercial Technologies

Energy Storage

Ocean Waves

Tidal
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during lower tides. These systems take advantage of large tidal ranges, such as those in

2

the Bay of Fundy. Tidal barrage systems, however, have high financial costs and

3

potentially significant negative impacts to the environment.

4

Tidal current energy, on the other hand, is derived from the flow of coastal ocean waters

5

in response to the tides. Large tidal currents do not necessarily require a large tidal

6

range. Two important factors that influence the magnitude of tidal currents are the

7

phasing of the tides (location and timing of high and low tides) and the presence of

8

narrow passages (concentration of tidal flow). British Columbia has world-class tidal

9

potential, with some of the highest-velocity tidal current flows occurring through the

10

passages between the Strait of Georgia and Johnstone Strait. Although tidal current

11

energy has not yet been commercially developed anywhere in the world, several

12

technologies under development could realize the potential of this resource. The same

13

technologies being developed for tidal current energy could also be used for in-stream

14

flow in rivers.

15

7.4.4

16

Fuel cells are electrochemical devices that convert the chemical energy of a fuel directly

17

to usable electricity and heat without combustion, through the electrochemical reaction

18

of fuel and oxidant. All fuel cells require hydrogen as a fuel. However, high-temperature

19

fuel cells (~700 – 1000°C) are able to reform natural gas and a few other select fossil

20

fuels directly in the fuel cell. Low-temperature fuel cells (~80C) require a separate

21

reforming process, which reduces the overall efficiency in comparison to the high-

22

temperature fuel cells. Fuel cells produce electricity at efficiencies of 40 to 60 per cent

23

with negligible harmful emissions, and are extremely quiet. System efficiencies can

24

reach upwards of 80 per cent in combined cycle applications when high temperature

25

exhaust is used to run a steam turbine. In other systems, exhaust heat can be used for

26

building heating and cooling requirements. These characteristics, along with their

27

scalability and modularity, make them particularly well suited to the distributed power

28

generation market.

29

Currently, several types of fuel cells are being developed for applications as small as a

30

cellular phone (0.5 W) and as large as a small power plant (10 MW). At present, the only

Fuel Cells
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commercially available fuel cell in the 200 kW range that has proven reliability in

2

stationary generation applications is a phosphoric acid fuel cell (PAFC).

3

Other emerging fuel cell technologies with significant potential for stationary power

4

generation are the proton exchange membrane fuel cell (PEMFC), solid oxide fuel cell

5

(SOFC) and molten carbonate fuel cell (MCFC). These four types have currently

6

demonstrated the most potential and so are described in the Resource Options

7

database sheets in Appendix B.

8

7.4.5

9

IGCC involves converting coal to combustible gases (primarily carbon monoxide and

Integrated Coal Gasification Combined Cycle (IGCC)

10

hydrogen, called syngas), using steam and oxygen/air under high temperature and

11

pressure conditions. IGCC incorporates steam and gas turbines with the gasification

12

process. The gas turbine is fuelled by the syngas, and the steam produced from burning

13

the syngas is then used to generate the superheated steam that drives the steam

14

turbine.

15

The capital cost premium for this technology is estimated to be in the order of about 15

16

per cent over the cost of pulverized coal supercritical technology. It is estimated that the

17

operating and maintenance cost for IGCC units is about 50 per cent higher than for a

18

pulverized coal supercritical unit.

19

7.5

Natural Gas

20

7.5.1

Technology

21

Several combustion technologies are available that can burn natural gas to generate

22

electricity. Simple cycle and combined cycle gas turbines (SCGTs and CCGTs) and

23

cogeneration configurations are the most commonly employed technologies because

24

they:

25

•

have proven technology and low construction cost risks;

26

•

are capable of supplying large-scale capacity and/or energy economically;

27

•

can be sited close to load; and

28

•

have low emission rates relative to other thermal technologies.
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Cogeneration facilities have the advantage of higher efficiencies than conventional

2

generation, because the waste heat from electrical generation is used in a process that

3

requires heating. The efficiency of a cogeneration plant may reach 90 per cent or

4

greater, compared with a 50 per cent efficiency for a CCGT.

5

Other thermal technologies are used for backup generation as described in Section 7.2.

6

The five types of gas-fired projects that are included in the resource options database

7

are:

8

•

Generic greenfield3 47 MW SCGT (1 GE LM6000 aeroderivative gas turbines);

9

•

Generic greenfield 60 MW CCGT (1 GE LM6000, 1 Heat Recovery Steam Generator
(HRSG) and 1 15 MW steam turbine);

10
11

•

turbine and 1 HRSG);

12
13

Generic greenfield 250 MW F-Class CCGT (1 GE 7FA-class gas turbine, 1 steam

•

Generic greenfield 500 MW F-Class CCGT (2 GE 2FA-class gas turbines, 1 steam
turbine and 1 HRSG); and

14
15

•

16

7.5.2

17

Natural gas is purchased from the North American market, and the availability of fuel is

18

reflected in the market price. In B.C. there is sufficient natural gas available for the

19

purpose of electricity generation over the expected useful life of the generation facility

20

except in certain locations where gas supply may be constrained by the available gas

21

transportation infrastructure. The projects described in the database are not site specific,

22

but are assumed to be located in Kelly Lake/Nicola region and in the vicinity of

23

transmission and natural gas interconnection points. This region is not constrained by

24

gas transportation, as there is an abundance of capacity on the main gas pipelines from

25

Alberta and the Peace Region.

3

Generic representation of small gas-fired cogeneration potential.
Resource Availability

Greenfield refers to a new facility on an undeveloped site.
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The number of gas projects (including cogeneration) participating in BC Hydro’s future

2

capacity/energy calls will depend primarily on the allocation of gas risk. Natural gas

3

projects are more likely to proceed under a tolling arrangement where BC Hydro bears

4

the gas commodity risk. The unit energy costs provided below are not adjusted to reflect

5

gas risk. Instead, unit energy costs are provided for low, average, and high gas price

6

scenarios. Gas risk will be evaluated as part of the portfolio analysis in the 2005 IEP.

7

7.5.3

8

There are opportunities to incorporate cogeneration into existing systems near a thermal

9

host by 1) adding a generator to heating/cooling systems, or 2) developing a stand-alone

Cogeneration

10

generation plant. In the past, cogeneration opportunities in B.C. have typically used

11

biomass as fuel, because it is a low-cost fuel with a stable, predictable price. Biomass

12

cogeneration potential is described in Section 10.3.

13

The potential for gas cogeneration in B.C. depends on a number of factors including

14

future gas and electricity prices, economic conditions, and government policies (e.g.,

15

taxes, incentives). Various estimates of gas cogeneration potential are available and are

16

summarized below:

17

•

A national study for Natural Resources Canada in April 2002 estimated that the

18

potential for electricity production from cogeneration in B.C. ranges from 286 MW by

19

the year 2015, under a “business as usual” scenario, to 4,800 MW by the year 2015

20

with favourable policies and prices. These estimates are predominately based on

21

gas-fired cogeneration, although some biomass cogeneration potential is included.

22

•

BC Hydro’s recent Request for Expression of Interest for Capacity identified 550 MW

23

of natural gas cogeneration, with projects ranging in size from 5 MW to 250 MW.

24

More than half of the potential projects are small-scale cogeneration projects that

25

provide heat to greenhouses, universities and other institutions.
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•

Maxim Power Corporation provided estimates of cogeneration potential in B.C.

2

Maxim suggested that there may be up to 300 MW of small-scale natural gas

3

cogeneration opportunities using small-scale reciprocating engines or gas turbines in

4

the Lower Mainland at universities, hospitals and greenhouses. The implementation

5

of these small-scale cogeneration projects depends on factors such as the age and

6

conditions of the existing heating system, electricity prices and gas risk allocation.

7

The 2005 ROR assumes that 300 MW of small cogeneration potential can be

8

implemented over a 10-year period at 30 MW per year (2005-2015). There is limited

9

publicly available information regarding gas cogeneration projects. Maxim Power and

10

Willis Energy have provided some cost estimates of a typical small-scale gas

11

cogeneration project in Lower Mainland. The unit energy costs for the small-scale

12

cogeneration assumes that 80 per cent of revenue generated from waste heat recovery

13

is used to offset the cost of electricity.

14

7.5.4 Natural Gas Summary

15

A summary of the natural gas technologies included in the database sheets

16

(Appendix B) is provided in Table 7-3.
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Table 7-3
Natural Gas Results Summary

1
2

44.7
78.2
9,950

60 MW
CCGT
57
456
7,489

250 MW
CCGT
243.3
1946
7,240

500 MW
CCGT
494.2
3956
7,252

Small-Scale
Cogen
300
2,400
9,600

UEC – High ($/MWh)

140

90

78

74

81

UEC – Average ($/MWh)

115

71

59

56

68

UEC – Low ($/MWh)

107

64

53

49

64

GHG (CO2e Tonnes / GWh)

530

400

350

350

215

NOx (Tonnes/GWh)

0.05

0.05

0.05

0.05

0.25

PM10 (Tonnes/GWh)

0.03

0.03

0.03

0.03

0.0037

SCGT
Dependable Capacity (MW)
Firm Energy (GWh/yr)
Heat Rate (GJ/GWh HHV)

3
4
5
6
7
8
9
10
11
12
13
14
15
16
17
18
19
20
21
22
23
24
25
26
27
28
29

Notes:
1) CCGT capital costs and operating costs are from the “Greenfield Combined Cycle Gas Turbine Feasibility
Study – Phase II Technology Assessment, April 2001”, conducted by Bantrel Inc. for BC Hydro, which
were further adjusted by BC Hydro to add costs for gas and electrical interconnections, and a gas
transportation toll.
2) Capital costs estimates include allowances for infrastructure connection (natural gas, transmission,
water and effluent).
3) CCGTs and SCGT assume sited in Kelly Lake/Nicola region near transmission and natural gas
interconnection points.
4) Fixed Operating and Maintenance costs include $0.3/GJ-day gas tolls estimated for Kelly/Nicola region.
5) Small cogeneration assumes $1/GJ-day for gas transportation (for Lower Mainland/Vancouver).
6) Cogeneration assumes that 80 per cent of revenue generated from waste heat recovery is used to
offset the cost of electricity. Therefore the equivalent heat rate for the plant is 4,800 GJ/GWh. Heat rate
of electricity generation is 9,600 GJ/GWh.
7) Small cogeneration potential is based on 30 projects of 10 MW each.
8) Emissions rates for small cogeneration are based on a typical small natural gas cogeneration facility.
Actual emissions of individual project vary depending on the project configuration. Emission rates are
based on total usable output (electricity and heat). Selective catalytic reduction (SCR) is not assumed
because of economy of scale, therefore NOx emissions are higher than other gas turbines.
9) UEC calculations based on a 6% pre-tax real discount rate.
10) Range of UEC represents different natural gas scenarios from BC Hydro’s Price Forecast: $7.00/GJ for
High Gas, $4.64/GJ for EIA and $3.83/GJ for Confer, all expressed in levelized 2004 dollars. See Gas
Price Forecast section for detailed discussion on the methodology and assumptions used in generating
the Gas Price Forecast. Natural gas forecasts have not been adjusted for a risk premium.
11) Heat rates, efficiencies and therefore emission rates for small gas cogeneration facilities can vary
materially, depending on the engines/gas turbines used and the design of the facilities.
12) HHV = High Heating Value
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7.5.5

Environmental and Social Attributes

2

The main environmental concern with natural gas-fired generation is air emissions.

3

Table 7-3 above includes the emission rates for different technologies. Generally,

4

natural gas cogeneration is viewed more favourably than CCGTs, because it uses the

5

fuel more efficiently, likely requires less incremental transmission, and may have less

6

incremental land impact, as the facilities are often sited inside or in the vicinity of steam

7

hosts. As a result, cogeneration facilities are considered to have lower permitting risks.

8

Cogeneration also meets the “B.C. Clean” criteria (see Section 5.2).

9

7.6

Coal

10

7.6.1

Technology

11

The main technologies currently available for new large-scale coal-fired generation are

12

pulverized coal combustion with subcritical or supercritical steam generation and

13

atmospheric fluidized bed combustion. The latter is not considered to be cost-effective,

14

except in smaller niche opportunities such as using waste coal. Pulverized coal is

15

expected to be the most likely technology for large-scale new coal-fired generation.

16

Supercritical4 pulverized coal units have about a 6 per cent fuel use efficiency advantage

17

over subcritical units, with minimal additional capital cost and correspondingly lower

18

emissions. Therefore, pulverized coal supercritical units are the most likely technology of

19

choice for new coal-fired generation over the near to mid-term. For example, the

20

Genesee Phase 3 project recently built by EPCOR in Alberta employs this technology.

21

Based on this assessment, the 2005 IEP database includes a 500 MW pulverized coal

22

supercritical unit to characterize currently available coal technologies as a resource

23

option in B.C.

4

Pulverized coal combustion (PCC) units are differentiated by their boiler pressure. Subcritical
units operate at a boiler pressure in the order of 16.3 MPa (megapascals) and supercritical PCC
units operate in the order of 25 MPa. The development of ultra-supercritical PCC units is at the
leading edge of PCC technology and the units are expected to achieve operating pressures in the
order of 29 MPa.
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Emerging advanced coal technologies, or “clean coal,” are expected to become

2

commercially available over the longer term. Clean coal technologies are designed to

3

enhance both the efficiency and the environmental acceptability of coal extraction,

4

preparation and use. These technologies reduce emissions, reduce waste and increase

5

the amount of energy gained from each tonne of coal. Examples include ultra

6

supercritical steam cycles, pressurized fluidized bed combustion, and IGCC. Of these

7

emerging technologies, IGCC is included in the Near Commercial category, and is

8

described in Section 7.4.5. A 250 MW IGCC generation unit is described in the

9

Resource Options database sheets in Appendix B.

10

7.6.2

Resource Availability

11

British Columbia has significant coal resources in a number of areas around the

12

province. The B.C. coal resource is currently estimated by the Ministry of Energy and

13

Mines to be in the order of 24 billion tonnes, of which reserves are estimated at 2.6

14

billion. B.C. has both metallurgical coal and thermal coal resources. Thermal coal

15

resources are available in a number of regions, including the East Kootenays, Northeast

16

Peace River, the Northwest (such as the Telkwa, Bowser Basin and Tuya coalfields),

17

south central B.C. (such as Hat Creek, Merritt and Similkameen) and Vancouver Island.

18

For planning purposes, it is assumed that some of these coalfields could support large-

19

scale generation based on the 500 MW units described above. Others may only be able

20

to support smaller generation plants.

21

Availability of coal is not a constraint on how much coal-fired generation could be built in

22

the planning period. For example, 2,000 MW of coal fired generation would consume

23

about 200 million tonnes of coal over a 35-year project life. For planning cost estimates,

24

it is considered unnecessary to specify the location of coal-fired generation, except to

25

assume a generic plant located in the vicinity of a coalfield. The cost estimate includes

26

an allowance for transmission to interconnect the generation to the bulk transmission

27

system grid.

28

Several IPPs in B.C. are interested in developing small- to medium-sized coal-fired

29

generation projects. These projects take advantage of unique opportunities, such as the

30

use of waste coal as fuel supply, the availability of reconditioned generation equipment
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or use of multiple fuels (e.g., coal and biomass). These are niche opportunities and, as

2

such, they have not been included in the database. The 2005 IEP examines the merits

3

of coal as a resource option on the basis of the two potential configurations described

4

above.

5

B.C. Thermal Coal Price Forecast

6

British Columbia coal producers export thermal coal to global markets, including Asia.

7

For example, the Ministry of Energy and Mines provides a current forecast of thermal

8

coal prices freight-on-board (FOB) for the coast of British Columbia out to year 2008.

9

The market price of thermal coal, less transportation costs, provides an estimate of the

10

“opportunity cost” of the coal fuel at a mine-mouth generation plant. The Ministry

11

forecast indicates a price of US$40/tonne as of 2008.

12

The demand for thermal coal is driven by high demand for electricity production,

13

particularly from Asia. This power demand is expected to remain high over the longer

14

term, but additional international supply of coal will also come on stream. Based on this,

15

it is assumed that the long-term market price remains constant at US$40/tonne or

16

CDN$49/tonne in real dollars.

17

Transportation costs are expected to vary by location and over time. A cost of

18

$20/tonne5 is assumed to represent the market price differential between the coast of

19

British Columbia and a generic generating plant site in the B.C. Interior, making the

20

future market price of coal for a mine mouth generating plant $29 Cdn/tonne in constant

21

real dollars.

22

7.6.3

23

Air Emissions: Emissions control technologies considered unproven two decades ago

24

have become standard features of coal-fired power plants built in the twenty-first

25

century. The cost estimates for the pulverized coal supercritical unit in the database

26

include costs for the following emissions control technologies:

5

Environmental and Social Attributes

Personal communication Pine Valley Coal.
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•

Selective Catalytic Reduction (SCR) is employed to control nitrogen oxide emissions.

2

SCR reduces nitrogen oxide emissions by 90 per cent to 95 per cent to values lower

3

than the current federal government guidelines. Low NOx burners are a lower-cost

4

alternative means of reducing NOx emissions, but are not as effective as SCR.

5

•

The dry-lime scrubbing process captures up to 77 per cent of SO2 emissions.

6

•

Fabric filter “baghouse” equipment is used to achieve over 99 per cent particulate

7

capture efficiency. This filter is also effective at capturing the majority of trace

8

elements. Of these, mercury is considered the most important to capture, because of

9

its toxicity and potential for bioaccumulation in the food chain.

10

Increasing the generating plant thermal cycle efficiency, such as with supercritical boilers

11

or IGCC, decreases GHG emissions compared with older coal-fired generation

12

technologies.

13

The major advantage of integrated coal gasification technology over pulverized coal

14

technology is local air emissions. The emissions controls used with coal gasification can

15

result in a number of usable byproducts, such as the recovery of elemental sulphur and

16

mercury. The heat rate, and therefore the GHG emissions for IGCC, are similar to

17

supercritical technology. However, if carbon dioxide sequestration6 were pursued in the

18

future to address GHG emissions, it would be easier to implement with IGCC technology

19

than with pulverized coal technology. This may help to advance the adoption of this

20

technology. Table 7-4 summarizes unit cost and emission rates for pulverized coal

21

supercritical technology and IGCC.

6

Carbon sequestration refers to the provision of long-term storage of carbon in the terrestrial
biosphere, underground, or the oceans so that the build-up of carbon dioxide (the principal
greenhouse gas) concentration in the atmosphere will reduce or slow.
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Table 7-4
Cost and Emission rates for Coal

1
2

45
52

Integrated Coal
Gasification Combined
Cycle (IGCC)
51
58

855
0.14
0.66
0.015
0.0000029

863
0.08
0.19
0.009
0

Pulverized Coal
Supercritical
Unit Cost @ 6 per cent real $2004
Unit Cost @ 8 per cent real $2004
Emissions tonne/GWh:
- Carbon dioxide
- Nitrogen oxides
- Sulphur oxides
- Particulate PM10
- Mercury
3

Another environmental impact of pulverized coal technology is that it produces ash and

4

gypsum as waste products, which are assumed to be landfilled. IGCC produces slag as

5

a waste product, which would require containment. These waste products may have

6

some commercial use. These waste handling requirements add to the footprint of coal-

7

fired generation installations.

8

7.6.4

9

Coal bed methane (CBM) is the natural gas found in most coal deposits. Under most

10

circumstances, CBM consists of pure methane and may also contain carbon dioxide,

11

nitrogen and very small quantities of ethane and propane. CBM is a substitute for natural

12

gas, since it would provide an alternative fuel for combustion turbines, such as combined

13

cycle units.

14

The use of CBM is in its infancy in Canada and to date there is little or no information on

15

commercial production or applications in this country. CBM potential is present in many

16

areas in British Columbia, including parts of Vancouver Island and the Interior, the

17

Northeast and the Southeast of the province. The exploration and development of CBM

18

in British Columbia is currently being investigated by the private sector and the Ministry

19

of Energy and Mines to estimate reserves, economic impact, regulatory requirements

20

and environmental impacts.

21

Because CBM typically approaches pipeline quality upon production, has fewer

22

impurities than coal, oil or conventional natural gas, and does not require extensive

Coal Bed Methane
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processing, it can reduce the impacts on local air quality when displacing conventional

2

thermal fuel sources such as coal and oil. However, it does contribute to GHG

3

emissions. The production of CBM may involve large quantities of water, as pressure in

4

the coal seam is decreased to make CBM flow by de-watering the coal. Water quality,

5

treatment and disposal methods are the key impacts of CBM development.

6

7.7

Biomass

7

7.7.1

Technology

8

Biomass is organic material derived from plants. The chemical energy in biomass is

9

extracted through combustion to generate heat or electricity. Typically this is achieved by

10

a wood-fired steam boiler and either a condensing steam-driven turbine or extraction

11

steam turbine where process steam is required.

12

Today in B.C., there is approximately 750 MW of installed wood residue power

13

generation capacity, most of this in cogeneration plants located at B.C. kraft pulp mills.

14

The low-pressure exhaust steam is used for process purposes within the mills.

15

7.7.2

16

The most abundant source of biomass fuel in B.C. is wood residue, a byproduct of

17

sawmills and other forestry operations. Other biomass resources include municipal solid

18

waste (MSW) or refuse derived fuel (RDF)7 biogas, demolition and land clearing waste,

19

as well as agricultural waste. Anaerobic decomposition of organic material in landfills

20

produces another source of biomass fuel, landfill gas, which can be burned to generate

21

electricity.

Resource Availability

7

Municipal Solid Waste (MSW) is municipal refuse originating from residential, commercial and
industrial sources. Refuse Derived Fuel (RDF) is any fuel derived from municipal solid waste. It
usually refers to the segregated high calorific fraction of processed MSW. One of the less
expensive and well-established technologies to produce RDF from MSW is mechanical biological
pre-treatment (MBT) (reference: Ministry of Water, Land and Air Protection – Air Quality Codes,
Criteria and More).
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Wood residue

2

Wood residue comes primarily from the B.C. sawmilling industry. A 2002 study indicated

3

that approximately 1.6 million bone dry tons (BDt) of unused wood mill residue could be

4

available annually for generation purposes. Most of this wood residue is currently

5

incinerated in beehive burners8.

6

Several factors have caused the available wood residue to decline since the 2002 study.

7

The new cogeneration facilities at Weyerhaeuser and Canfor will consume about

8

300,000 BDt of residue annually, and the wood pellet industry has grown significantly

9

over the past three years to approximately 300,000 BDt annually. Most of the wood

10

pellets are exported to Europe for biomass power generation and cogeneration.

11

Offsetting this decline is the impact of the mountain pine beetle epidemic, which has

12

resulted in the Ministry of Forests increasing the allowable annual cut in several forest

13

districts for the foreseeable future and resulting in the sawmills producing more wood

14

residue.

15

Harvesting residue

16

There is also a significant untapped wood biomass resource in the form of harvesting

17

residues. The cost of accessing, transporting and processing this residue is estimated to

18

be an additional $50 per BDt, which increases the unit energy cost by approximately

19

$35/MWh, assuming all of the wood energy is used for power production. Wood pellets

20

are also a convenient alternative source of wood fuel supply; however, the cost of wood

21

pellets is approximately $100/BDt (which would increase the unit energy cost by

22

approximately $70/MWh).

23

7.7.3

24

Through various studies and calls for proposals, potential wood residue biomass

25

projects were identified across the province. The resource options database does not

26

include (i) projects not in BC Hydro’s integrated area, (ii) projects already under

27

construction, or (iii) projects that are already identified as potential Power Smart load

Wood Residue Projects

8

The B.C. government has introduced regulations to phase out wood residue incinerators in
populated areas. The phase out date has recently been extended to June 30, 2005 and there is a
likelihood that the date could be further extended.
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displacement projects. Four potential projects were identified ranging in size from 10

2

MW to 85 MW. The projects include an upgrade to an existing facility in the Interior; new

3

projects in both the North Coast and Peace River regions; and a project at Gold River on

4

Vancouver Island9. These projects, if built, would consume approximately 335,000 BDt

5

annually.

6

There is an additional 100-200 MW of power that could be developed from surplus mill

7

residues if a cost-effective technology were developed in the 3–10 MW range that would

8

allow small installations at sawmills. Existing steam turbine technology is not normally

9

cost-effective below 20 MW, due to high capital cost and labour requirements. Biomass

10

cogeneration projects at pulp mills have a cost advantage over installations at sawmills,

11

because pulp mills already have certified steam engineers on staff as well as the relative

12

economies of scale of pulp mill projects. Advanced gasification is one emerging

13

technology that could be used for small installations at sawmills in the future.

14

Gasification has the advantage of low particulate emissions.

15

Further wood residue opportunities exist at pulp mills for cogeneration and power

16

generation. The replacement of recovery boilers at kraft mills represents an opportunity

17

of over 200 MW but capital costs are high.

18

A challenge faced by IPPs interested in developing biomass generation is obtaining

19

long-term contracts for fuel supplies. Sawmills and pulp mills place a priority on

20

displacement of natural gas usage and electrical load, rather than selling wood residue

21

to others for producing electricity. They are also reluctant to make commitments that

22

could impose additional constraints on their mill operations. As a result, most biomass

23

projects have been developed by the forest companies, rather than IPPs.

24

7.7.4

25

MSW consists mainly of combustible materials, such as organics, paper, leather, plastic

26

and 10 to 15 per cent of metals or glass.

27

Landfills continue to be the primary method for disposing of MSW in B.C. because of the

28

relatively low cost. There is only one MSW incineration facility in B.C. located in
9

Municipal Solid Waste

This project was bid into the Vancouver Island Call for Tenders.
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Burnaby, and this facility uses less than 10 per cent of the MSW generated in the

2

province. Generation using MSW tends to be practical only in, or near, the larger cities in

3

B.C., because of the transportation costs and economies of scale. If all of the MSW

4

produced in the Lower Mainland were incinerated, 100 MW of power could be

5

generated.

6

Three potential MSW projects have been identified around the province. Two of them

7

are small (< 10 MW), and provide total firm energy of approximately 90 GWh/yr. A third

8

project on Vancouver Island would provide 320 GWh/yr of firm energy from 40 MW of

9

dependable capacity. The weighted average unit energy cost for the MSW projects is

10

$74.3/MWh.

11

7.7.5

12

Biogas, or landfill gas, is produced by the anaerobic decomposition of organic material in

13

landfills.

14

Most of the landfill gas generation potential has been developed in B.C. (e.g., the

15

Vancouver Landfill Gas Cogeneration Project and the Victoria Hartland Road Landfill).

16

Small projects at landfill sites in the Interior could be developed if collection systems

17

were installed. There is limited potential for additional landfill gas-fired power generation

18

in the province.

19

Three potential biogas projects have been identified: (i) a small project on Vancouver

20

Island (<2 MW), (ii) a project in the Central Interior that utilizes an existing collection

21

system (<10 MW), and (iii) a 40 MW project in the Interior that would use black liquor

22

and hog fuel as fuel with firm gas backup. The weighted average unit energy cost is

23

$61/MWh.

24

Demolition and Land Clearing

25

An estimated 1.5 million tonnes of demolition and land clearing waste is available

26

annually on the B.C. mainland. The majority is delivered to landfills at a cost

27

considerably lower than the fee that would be required to cover the cost of transporting,

28

sorting and processing the demolition and land clearing waste so it would be suitable as

Biogas
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a fuel. Unless disposal in landfills is restricted, it is unlikely that this biomass source will

2

be a viable fuel in the foreseeable future.

3

7.7.6

4

This section summarizes the biomass supply potential according to dependable

5

capacity, firm energy and unit energy cost. See Figure 7-1 for a graphical representation

6

of the biomass supply curve.

Biomass Results

Table 7-5
Summary

7
8
No. of
Projects

Biomass Type

9

Total
Dependable
Capacity (MW)
157

Total Firm
Energy
(GWh/yr)
1,256

Unit Energy Cost
(weighted average)
($ / MWh)
59

Wood Residue

4

Municipal Solid Waste

3

51

408

74

Biogas

3

50

400

61

Note: UEC Calculations based on a 6% pre-tax real discount rate.
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Figure 7-1
Biomass Supply Curve

1
2

3
4

7.7.7

Environmental and Social Attributes

5

Sustainable wood residue biomass resources are a source of green energy10 because

6

they are renewable and do not contribute to global warming. The full life cycle of the

7

plant results in a net zero emission of carbon dioxide. Carbon dioxide is removed from

8

the atmosphere as the plant grows, and is then released when burnt.

9

Using landfill gas for power generation also produces green energy, because there is a

10

net reduction in GHGs. Landfills produce methane, which is released to the atmosphere.

11

When burnt to produce electricity, methane is converted to carbon dioxide, and carbon

12

dioxide has lower GHG intensity than methane.

13

Incineration of MSW or RDF to produce energy does not qualify as green energy, but it

14

does meet the “B.C. Clean” definitions.

10

Green energy is described in Section 5.1.
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7.7.8

Emission Rates

2

The main local emissions of concern with biomass projects are nitrogen oxide (NOx) and

3

particulate matter (PM). Table 7-6 summarizes the emission rates for the different types

4

of biomass.
Table 7-6
Biomass Emission Rates (metric tonnes/GWh)

5
6

Wood residue
MSW
Biogas

GHG (CO2e)
0
5001
0

SO2
0.2
0.3 – 0.6
0.3 – 0.6

NOx
0.6 – 1.3
2.4
0.2 – 1.2

CO
1.6
0.15
0.3 – 4.0

VOC
0
0.02
0.68

PM10
0.6 – 1.0
0.02
0.03 –0.1

7
8
9
10
11

Note:
1) The GHG for MSW was calculated from data obtained from the only MSW incineration facility operation in
B.C. It is based on a 2004 emission inventory which showed that the GVRD Waste-to-Energy facility11 emits
a CO2 equivalent of almost 90,000 tonnes per year, which is inclusive of all sources. Over half of these GHG
emissions are from organic sources, the remainder are from non-organic sources.

12

It is important to recognize that emission rates vary not only by energy technology, but

13

also according to the type of fuel, operational characteristics, and control technologies.

14

The emission rates presented in Table 7-6 are representative, but individual projects

15

may be outside of the ranges provided in the table.

16

In comparison to burning wood residue in beehive burners, using wood residue for

17

power generation results in an overall lower emission rate. Local air quality benefits or

18

impacts depend on the location of the beehive burners in comparison to the biomass

19

generating facilities, and will vary depending on the airshed.

20

7.8

Geothermal

21

7.8.1

Technology

22

Geothermal energy refers to the natural heat source in the earth’s crust. This energy can

23

be extracted from the earth, usually in the form of hot water or steam for use in electricity

24

generation. The geothermal technology and potential described in this section focuses

25

on utility-scale electric generation, not on heating or cooling buildings. There are three

11

GVRD Waste-to-Energy Facility – 2003 Annual Operating and Environmental Performance Summary.
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mature types of generating systems that can be used for geothermal resources which

2

are described in Table 7-7.
Table 7-7
Geothermal Generating Technologies

3
4
Attribute
Geothermal
Resource Used
Technology
Description

Emissions –
steam
Emissions –
used water
Emissions –
greenhouse
gases

Single/Double Flash
Binary Cycle System
System
Vapour (steam) that is Water with high
Water with moderate
typically at
temperatures usually
temperatures usually
temperatures greater between 180–260°C. between 120–180°C.
than 240°C.
Vapour is directed
Hot fluid enters a low- Hot fluid enters a heat
straight into a turbine, pressure tank, causing exchanger to heat and
which drives an electric part of the fluid to
vaporize a secondary
generator.
rapidly vaporize (flash) fluid. The vapour from
into steam. Remaining the secondary fluid is
fluid may enter a
used to drive a turbine
second lower- pressure and electric generator.
tank that causes part of The vapour is then
the remaining fluid to
converted back to a
“double flash.” The
fluid through a
steam is used to drive condenser and is
the turbine and electric reused in the heat
generator.
exchanger.
Ejected to atmosphere Ejected to atmosphere None, as the system is
through a condenser
through a condenser
a closed loop.
and cooling tower.
and cooling tower.
Returned to
Returned to
Returned to
underground via
underground via
underground via
injection wells.
injection wells.
injection wells.
Minor amounts
Small amounts
None, as the system is
released to the
released to the
a closed loop.
atmosphere.
atmosphere.
Dry System

5

7.8.2

Resource Availability

6

British Columbia has better prospects for geothermal development than other provinces

7

in Canada. The main area in B.C. that has been explored for geothermal resources is

8

the Garibaldi Volcanic Belt from Squamish northward to Meager Creek. Other

9

geothermal sites within the province that have development potential include Mount

10

Edziza in the northeast area of the province, Lakelse Lake region near Terrace, the

11

Lillooet Fault Zone between Harrison Lake and Lillooet, and the Rocky Mountain Trench

12

in the Kootenays.
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Only one geothermal project in B.C. has advanced to the stage of verifying the resource

2

potential for the site. Western GeoPower Corporation (WGP) has a Geothermal

3

Resource Lease for 4,267 ha of land for their proposed South Meager Geothermal

4

Project. The proposed first stage of the project consists of a 100 MW geothermal plant

5

with a total average annual energy production of 800 GWh. A potential second stage of

6

development would expand the facility to provide an additional 100 MW of dependable

7

capacity, for an estimated average annual energy production of 1600 GWh. The

8

geothermal “generic block” is based on the characteristics of the first stage of the South

9

Meager Geothermal Project (100 MW). Further information on this project can be found

10

on the project’s Resource Option Database summary sheet in Appendix B. The unit

11

energy cost calculated for the project based on the financial model described in Section

12

4.0 is $47/MWh, but WGP indicates their cost may be about $55/MWh due to increased

13

financing and construction costs.

14

The B.C. Green Energy Study12 identified three other sites that offered potential for the

15

development of geothermal resources: Pebble Creek in the Lillooet Valley, Mount Cayley

16

near Squamish, and the Lakelse Hot Springs near Terrace. The geothermal potential at

17

these three sites has not been verified, and there are no investigations planned for these

18

locations. In addition, each of the sites has at least one significant development

19

impediment. As a result, these projects have not been included in the geothermal

20

potential generic bundle, but are described in a “future geothermal potential” Resource

21

Option Database summary sheet.

22

7.8.3

23

The South Meager Geothermal Project would likely use a flash steam plant, which

24

typically emits small amounts of sulphur and nitrous oxides and also emits less than 250

25

kg of carbon dioxide per MW per day. WGP expects emissions from the South Meager

26

Geothermal Project to be negligible, including carbon dioxide. For characterizing the

27

future geothermal potential resources, sulphur and nitrous oxides are assumed to be

28

zero, and carbon dioxide is set at 250 kg of carbon dioxide per MW per day.
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12

BC Hydro, Green Energy Study for British Columbia - Phase 2: Mainland, October 2002,
Report No E44
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Land requirements for geothermal development vary with the geothermal reservoir

2

conditions. A well field to support a 100 MW development would typically require from

3

200 – 2,000 ha of land, but most of the land could still be used for other purposes while

4

supporting the power plant. WGP has a lease for 4,267 ha of land for the South Meager

5

Geothermal Project, but expects to impact only 4 ha of land for the development of the

6

generation plant and production wells. The project also requires an 80 km transmission

7

line (25 m wide), 25 km of new access roads (25 m wide), and less than 1 km of pipeline

8

(25 m wide), as the production wells will be close to the generating plant. The total

9

impacted area for the project is expected to be 269 ha, including the transmission line.

10

The cultural and spiritual significance of lands with geothermal potential must be

11

considered when developing a project, as competing interests such as recreation or

12

tourism facilities and First Nations traditional heritage sites may conflict with the

13

geothermal production facilities.

14

7.9

Wind

15

7.9.1

Technology

16

Wind energy technology is proven and well established. There are presently 444 MW of

17

installed capacity in Canada, but no large-scale wind generation yet in British Columbia.

18

Wind turbines capture the kinetic energy in surface winds and convert this into electrical

19

energy. The typical modern wind turbine design is a three-bladed, upwind, variable pitch

20

rotor which allows feathering of blades to control and optimize rotational speed.Turbines

21

are typically asynchronous generators requiring high-ratio gearing. Commercial onshore

22

turbines are currently in the 1.5 - 3.0 MW size range, while offshore turbines are typically

23

2 MW or greater.

24

7.9.2

25

Interest in wind energy in B.C. has increased dramatically in recent years. There are

26

over 100 sites in B.C. where IPPs have obtained permits to investigate wind energy

27

development. Potential for the majority of the sites has not been verified, as a minimum

28

of one year of on-site monitoring data is typically required to confirm the wind potential.

Resource Availability
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1

In order to estimate the wind resource potential for the 2005 IEP, Garrad Hassan and

2

Partners Ltd. conducted an independent assessment using information provided by

3

BC Hydro and the wind IPPs. The study focused on the three regions (shown in Figures

4

7-2 to 7-4) identified as having the best wind potential, namely Northern Vancouver

5

Island, the North Coast, and the Peace region.

6

Garrad Hassan made simplifying assumptions to estimate the total installed capacity,

7

energy production, and costs for wind development. For example, it was estimated that

8

ten per cent of the theoretical potential would be achievable once constraining factors

9

such as transmission capability, distance to the network and environmental issues were

10

considered. The estimated potential for B.C. is 5,200 MW of installed capacity,

11

producing 16,000 GWh/yr with a price range of approximately $50 to $150/MWh.

12

Garrad Hassan provided a supply curve for each of the three regions. BC Hydro then

13

used these supply curves to create the generic blocks provided in Tables 7-8 to 7-11.

14

Caution should be used when using the wind energy generic blocks, as many simplifying

15

assumptions were made to derive the information and the potential has not been

16

verified.

17

Dependable capacity for three wind sites was calculated based on site data provided to

18

BC Hydro by the IPPs. The range of dependable capacity was 5 to 10 percent for

19

onshore wind farms and 12 percent for offshore.

20

Small-scale wind generation for homes or businesses is discussed in Section 7.1.3.
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1
2

Figure 7-2
IPP Permitted Sites (IUPs) for the Northern Vancouver Island Region
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1
2
3

Figure 7-3
IPP Permitted Sites (IUPs) for the North Coast Region
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1
2

Figure 7-4
IPP Permitted Sites (IUPs) for the Peace Region
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Table 7-8
Northern Vancouver Island

1
2
Generic Project
Size 150 MW
Bundle 1
Bundle 2
Bundle 3
Total

Number of
Generic
Projects

Capacity
Factor
(Per cent)

3
2
2
7

34 – 38
30 – 34
26 – 30

Average
Annual
Energy
(GWh/yr)
1,375
800
700
2,875

Average Unit
Energy Cost
($/MWh)
64
72
87

Range of
Unit Energy
Costs
($/MWh)
55 - 75
60 - 84
70 - 106

Table 7-9
North Coast – Onshore

3
4

Generic Project
Size 50 MW
Bundle 1
Bundle 2
Bundle 3
Total

Number of
Generic
Projects

Capacity
Factor
(Per cent)

8
10
7
25

27 – 30
25 – 27
22 – 25

Average
Annual
Energy
(GWh/yr)
950
1,080
700
2,730

Average Unit
Energy Cost
($/MWh)
105
125
153

Range of
Unit Energy
Costs
($/MWh)
90 – 120
100 – 150
125 – 185

Table 7-10
North Coast – Offshore

5
6

Generic Project
Size 300 MW
Bundle 1
Bundle 2
Bundle 3
Total

Number of
Generic
Projects

Capacity
Factor
(Per cent)

2
2
1
5

46 – 50
44 – 46
38 – 42

Average
Annual
Energy
(GWh/yr)
2,400
2,220
1,020
5,640

Average Unit
Energy Cost
($/MWh)
81
94
110

7
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Table 7-11
Peace

1
2

Generic Project
Size 200 MW
Bundle 1
Bundle 2
Bundle 3
Total

Number of
Generic
Projects

Capacity
Factor
(Per cent)

2
2
3
7

44 – 45
41 – 44
37 – 41

Average
Annual
Energy
(GWh/yr)
1,510
1,430
1,935
4,875

Average Unit
Energy Cost
($/MWh)
49
54
64

Range of
Unit Energy
Costs
($/MWh)
40 - 58
43 – 66
50 - 78

3
4
5
6
7
8
9
10

Notes:
1. The generic project size is based on turbine size and available area for development for a generic project
in each region.
2. The unit energy cost is derived using BC Hydro’s financial assumptions, and should be used solely for
energy planning purposes.
3. The unit energy cost range, which is derived from the supply curves, represents price uncertainty ratings
and uncertainties in the technical assumptions used to make cost estimates.
4. UEC calculations are based on a 6% pre-tax real discount rate.

11

7.9.3

12

Wind farms produce no air emissions, use no water, and have limited impact on the

13

land, but there are three categories of environmental effects worth noting:

14

•

Visual impacts – wind farms affect the aesthetics of an area.

15

•

Noise – mechanical noise has virtually disappeared from modern wind turbines and

Environmental and Social Attributes

16

aerodynamic noise has also been greatly reduced as a result of improved blade

17

design

18

•

Wildlife impacts – poorly sited wind farms can affect birds and other wildlife.

19

Experience in siting wind farms and the design of new turbines has greatly reduced

20

the risk.

21

The footprint for wind farms is estimated at 10 ha per 100 MW of installed capacity. This

22

figure includes the base of the turbine and new roads in the wind farm area.
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1

7.10

Small Hydro

2

7.10.1 Technology

3

For the purpose of this report, the generic bundles for run-of-river hydro with no

4

upstream storage have been called small hydro if the projects are equal to or less than

5

50 MW, and medium hydro if the projects are greater than 50 MW but less than 110

6

MW. Thoughout this section, the discussion of small hydro is relevant to both small and

7

medium hydro.

8

The technology for small hydro is well established, and there are a number of small

9

hydro power plants in B.C. operated by BC Hydro or by IPPs. For the purpose of this

10

report, there are no major barriers to small hydro development in B.C., since both the

11

technology and the regulatory process are well established in the province. In order for

12

small hydro power plants to be classified as Green under BC Hydro’s definition, the

13

projects must be run-of-river (i.e., with limited water storage).

14

7.10.2 Resource Availability

15

The topograghy of British Columbia, with its numerous steep mountain creeks and

16

rivers, provides many opportunities for small hydroelectric generating facilities. There are

17

approximately 300 water license applications for power generation purposes being

18

processed by Land and Water B.C. Assuming a capacity factor of 40 per cent,

19

approximately 15,000 GWh would be generated if all of these projects were built. Of the

20

15,000 GWh, 4,000 GWh is accounted for by projects with installations greater than

21

50 MW. Figure 7-5 shows the geographical distribution of the sites with water license

22

applications. Since the projects tend to cluster in areas near the load centre, resource

23

availability risk may increase if hydro development is restricted by provincial or local

24

governments as a consequence of opposition to development.
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1
2

Figure 7-5
Sites with Water License Applications for Power Generation Purpose

3
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1

Verification of the small hydro potential is difficult because of the large number of

2

projects and varying levels of information available. Three data sources were used to

3

characterize the small hydro resource option and estimate the supply curve:

4

•

Data submitted to BC Hydro by IPPs: Information was obtained from the 2004

5

Request For Expression of Interest data submitted as part of the ROR engagement

6

process, and from data collected from previous calls for tenders. From these

7

sources, 78 projects were selected that had sufficient detailed technical and cost

8

information to be included in a supply curve.

9

•

Sigma inventory: As part of the B.C. Green Energy Study (Sigma, 2002a; Sigma,

10

2002b), Sigma Engineering developed an inventory of over 800 small hydro sites in

11

B.C. from maps and regional hydrology studies. General assumptions were made

12

regarding site configuration, cost and energy production. Sites located in parks or

13

that have been awarded an Electricity Purchase Agreement are excluded for the

14

2005 IEP.

15

•

Knight Piesold database: Knight Piesold Consulting has collected information on a

16

number of hydro projects13. Data was either collected from IPPs or was estimated by

17

Knight Piesold Consulting based on professional judgement. This database includes

18

97 projects with individual project capacities up to 102 MW.

19

A comparison of the supply curves generated from the various small hydro data sources

20

listed above is shown in Figure 7-6. A separate supply curve is shown in Figure 7-7 for

21

the projects from the Knight Piesold database with installed capacity greater than

22

50 MW. With the exception of the information from the Knight Piesold database, the

23

UEC shown in these figures were calculated using the methodology described in the

24

financial section. The UEC in the Knight Piesold database are likely more reflective of

25

bid price estimates.

13

The database consists of information from different levels of studies including about 25 per cent
at conceptual stage, 25 per cent at pre-feasibility stage, 35 per cent at feasibility stage and 15 per
cent passed feasibility stage and into permitting and environmental impact assessment
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Figure 7-6
Comparison of Small Hydro Supply Curves

1
2

UEC calculated based on capital and OMA (at 6% discount rate, 40 yr life) from Sigma Inventory (800 Projects - sites in Parks or
with EPAs already excluded - capacity ranges from 0.5 to 26 MW)
UEC provided by Knight Piesold (90 Projects - capacity ranges from 1 to 50 MW, medium hydro projects excluded)
UEC calculated based on capital and OMA (at 6% discount rate, 40 yr life) from RFEI data (78 Projects - capacity ranges from 1 to 50
MW, only include projects that have both capital and OMA specified)
$115
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3
4

Figure 7-7
Medium hydro supply curve

5
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1

The supply curves presented in Figures 7-6 and 7-7 were used to develop the

2

1,000 GWh generic bundles, as shown in Table 7-12. Six bundles were created to

3

represent the small hydro projects, and two bundles for the medium hydro projects

4

(between 50 MW and 110 MW). The UECs and the associated level of uncertainty

5

representing each bundle were agreed upon between BC Hydro and small hydro IPP

6

representatives14.

7

In some areas, it may be possible to group a number of small hydro projects to share

8

transmission access to make the projects financially viable. The projects in which IPPs

9

have already planned to phase their projects to utilize shared transmission lines have

10

been factored into the costs of the Knight Piesold supply curve.

11

The potential sites are distributed across British Columbia, and there is no obvious

12

geographical shift from the lower-cost sites to the higher-cost sites. For that reason, the

13

same geographical distribution was adopted for all of the bundles. Monthly generation

14

patterns and dependable capacity for small hydro projects are similar within geographic

15

areas because the hydrological characteristics tend to be similar, so these

16

characteristics are the same across the generic bundles. A dependable capacity factor

17

of 25 per cent was assumed.

14

These UECs are not meant to represent bid prices. These UECs are intended for economic
comparison with other resource options for the same discount rate and for project life. The IPP
representatives noted that the bid price would be higher.
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Table 7-12
1,000 GWh Generic Bundles for Small and Medium Hydro

1
2
Bundle Name1,2
# of projects
UEC ($/MWh)3
Price uncertainty

Small
Hydro
#1
14
50
Low

Small
Hydro
#2
14
55
Low

Small
Hydro
#3
14
55
Low

Small
Hydro
#4
14
60
Medium

Small
Hydro
#5
14
65
Medium

Small
Hydro
#6
14
70
High

Medium
Hydro
#1
4
50
Low

Medium
Hydro
#2
4
60
Medium

3
4
5
6
7
8

Notes:
1) Geographic distribution of potential small and medium hydro projects in the Lower Mainland is 55 per
cent, Kelly Nicola is 7 per cent, Vancouver Island is 25 per cent, North Coast is 2 per cent, East
Kootenay is 4 per cent, Central Interior is 3 per cent, Peace Region is 1 per cent, Selkirk is 3 per cent.
2) Each hydro bundle has a total installed capacity of 260 MW and 65 MW of dependable capacity.
3) Real, pre-tax 6 per cent discount rate, 40-year project life.

9

7.10.3 Environmental and Social Attributes

10

Environmental and social issues related to small hydro development are addressed as

11

part of regulatory processes during development.

12

Fisheries issues are usually the most important environmental issue for small hydro

13

projects. In this case, the sites are generally located on small, steep creeks where

14

fisheries impacts are low. The headpond created for an intake structure may flood some

15

land, but the area is usually small. Even when environmental regulations are diligently

16

followed and with the application of best management practices, there is a risk that an

17

aquatic environment could be negatively impacted. For the purpose of the ROR, these

18

impacts are assessed both qualitatively and quantitatively. Descriptions of these

19

assessments are included in Chapter 5.

20

The qualitative assessment for hydro projects is mainly used for comparison of small

21

and large hydro resource options and a summary of the comparison is provided in

22

Chapter 5. The quantitative measure, expressed in terms of aquatic habitat area,

23

accounts for the dewatering effects of the diversion section, backwater effects of the

24

dam and the footprint area of dams/weirs. The area is then adjusted for fish presence

25

and the effects of stream crossing. The quantitative measure was calculated based on

26

the information in the Sigma Inventory. The result indicates that approximately 60 per

27

cent of the projects in the resource bundles have fish present. The aquatic habitat area

28

is 49 ha for the small hydro bundles and 22 ha for the medium hydro bundles.
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1

The footprint of small hydro projects comprises penstocks, transmission lines and

2

access roads. The footprint for the bundles was calculated as the sum of these areas,

3

assuming a width of 10 m. The footprint area is 193 ha for the small hydro bundles and

4

56 ha for the medium hydro bundles.

5

Small hydro development sometimes conflicts with recreational uses of the river, such as

6

kayaking or fishing, but mitigation strategies are available to allow shared uses.

7

7.11

8

7.11.1 Technology

9

Technology for hydroelectric generation is well established and it provides over 90 per

Large Hydro

10

cent of BC Hydro’s generation capability. The distinction between small hydroelectric

11

and large hydroelectric varies, depending on the jurisdiction. Both small and large hydro

12

can include run-of-river projects, or projects with storage. For the ROR, large hydro are

13

projects greater than 50 MW that have storage capability either behind the dam or at

14

other upstream dams.

15

7.11.2 Resource Availability

16

BC Hydro and others have in the past evaluated a number of large hydroelectric

17

generation sites in B.C. Information on many of these sites is over 20 years old, and the

18

sites are not currently being investigated. Some examples include the Elaho River,

19

Murphy Creek, Border Dam and the McGregor Lower Canyon Projects. The potential at

20

these sites is summarized in the Future Large Hydro Potential datasheet in Appendix B.
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1

A few large hydroelectric projects have been further investigated over the last decade,

2

including the Brilliant Expansion Project15, Waneta Expansion Project16, and Site C on

3

the Peace River. These large hydroelectric resource options are summarized in

4

Table 7-13. The Brilliant and Waneta Expansion projects are upgrades to existing

5

facilities similar to BC Hydro’s Resource Smart program.
Table 7-13
Large Hydro Generation Options

6
7

Project
Brilliant Expansion Project
Waneta Expansion Project
Site C – Peace River
8
9

Installed
Capacity
(MW)
120
up to 435
900

Average
Energy
(GWh)
500
up to 750
4600

Unit Energy
Cost
($/MWh)
n/a
n/a
$47

Project Type
run-of-river
run-of-river
run-of-river

Note: UEC calculation is based on a 6% pre-tax real discount rate.

The $204 million (2003$) Brilliant Expansion Project is currently under construction, with

10

an expected in-service date of 2006. Forty percent of the energy from the Brilliant

11

Expansion Project has already been committed under long-term contracts. An additional

12

300 GWh of uncommitted energy may be available from this project for BC Hydro to

13

purchase.

14

The Columbia Power Corporation and the Columbia Basin Trust are currently evaluating

15

the Waneta Expansion Project, with project sizes up to 435 MW. At this time, the project

16

is undergoing public consultation and an environmental assessment. Further

17

information, including costs, is not currently available to BC Hydro. The Waneta

18

Expansion Project would also likely provide limited energy and capacity to BC Hydro.

15

The Columbia Power Corporation and the Columbia Basin Trust jointly own the Brilliant Dam
and the Brilliant Expansion Project. BC Hydro has an Energy Purchase Agreement for 203 GWh
from the 2002 Green Energy Call. Energy from this project is included in BC Hydro’s demandsupply outlook.
16

TeckCominco Limited owns the Waneta Dam hydroelectric facility and they have completed a
number of upgrades at the facility over the last five years. The Columbia Power Corporation and
the Columbia Basin Trust own the rights to the Waneta Expansion Project at the dam, which is
currently in the permitting process.
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1

Site C on the Peace River is the only large hydro project in the province with significant

2

energy that has been investigated in the last decade, so it is included as a separate

3

datasheet in the resource options database (Appendix B) to represent the large hydro

4

potential. After an initial investigation in the 1980s and early 1990s, BC Hydro reviewed

5

the capital costs and implementation schedule for Site C. Assuming a schedule that

6

allows the proposed six-unit 900 MW project to be fully operational by 2017.

7

In the future, BC Hydro will evaluate a select number of large hydro sites. This could

8

include new sites or further investigation of previously examined sites.

9

7.11.3 Environmental and Social Attributes

10

New large hydro development has faced increasing regulatory and public pressures due

11

to social and environmental concerns. Large hydro projects require full environmental,

12

social and economic assessments to examine and address the local impacts of the

13

project and develop compensation and mitigation programs as appropriate as part of the

14

project licensing and environmental permitting process.

15

The project footprint area of large hydro projects can be substantial, particularly for

16

facilities with large reservoirs. The large hydro project footprint area is typically made up

17

of the dam/generating station, an access road to the site, a new transmission line and

18

inundated land.

19

Large hydro projects that involve new bank to bank dams and significant headponds or

20

reservoirs can have impacts on local wildlife, due to the inundation of terrestrial

21

ecosystems and on aquatic ecosystems by restricting fish migration, loss of spawning

22

habitat, and fish mortality at the generating station. Other impacts that may affect aquatic

23

habitat or the river system downstream of the hydro facility could include changes in

24

water temperature, changes to the daily or annual flow regime of the river, and a

25

reduction in sediment transport.

26

Potential social impacts of large hydro projects include the potential acquisition of private

27

property, relocation of local residents, and inundation of local infrastructure. An

28

economic benefit will be provided to the local area during construction and a small

29

number of permanent jobs will be created. However, local infrastructure may not be able
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1

to accommodate the temporary influx of a large number of construction workers. Local

2

recreational opportunities will shift from typical river uses to lake uses, and increased

3

access for recreational purposes may occur. A reservoir with substantial storage could

4

provide downstream flood control.

5

First Nations concerns are expected to require significant consideration for a successful

6

large hydro project. Some of their concerns could include impacts to habitat loss that

7

could affect their traditional food sources, impacts on archaeological or spiritual sites,

8

and increased access to their traditional lands. Rulings from the Supreme Court of

9

Canada have resulted in significant changes in the recognition of the Aboriginal peoples’

10

rights. Both First Nations and Metís expectations will likely be high for support of their

11

economic interests in exchange for an agreement to allow development of a large hydro

12

project.

13

7.12

14

The Resource Smart program, initiated by BC Hydro in 1987, provides additional energy

15

or capacity to the BC Hydro generation system through physical and operational

16

modifications to existing facilities. Projects may reduce the amount of energy consumed

17

in generating stations or substations, or they may increase electricity production.

18

Examples of projects include turbine upgrades, tailwater improvements and the addition

19

of new generating units.

20

In some situations, facilities are reaching the end of their lives, and may have

21

deteriorating reliability or increasing maintenance costs. In these cases, redevelopment

22

of the facility may be considered.

23

The best opportunities, as measured in economic return, size and ease of external

24

permitting and internal approvals, have been completed or are under development.

25

Generally, these opportunities have been at BC Hydro’s larger facilities. The remaining

26

opportunities offer smaller gains.

Resource Smart
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7.12.1 Hydro

2

The 2005 IEP Demand-Supply Outlook includes the planned/committed Resource Smart

3

projects: GMS turbine upgrades, GMS capacity increases, and Aberfeldie

4

redevelopment. Various other Resource Smart opportunities exist but have not been

5

evaluated in detail. Preliminary investigations indicate that a total of 300 GWh of

6

additional Resource Smart energy can be realized by the end of the 20-year planning

7

period. These projects could be timed with major maintenance activities to minimize

8

outage costs. Datasheets in Appendix B summarize the potential Resource Smart

9

projects.

10

Resource Smart projects have continued to receive strong support though the First

11

Nation and Stakeholder Engagement process.

12

The capacity-related Resource Smart projects are discussed in Section 7.13.1.

13

7.12.2 Burrard

14

The Burrard Thermal Generating Station (Burrard) is a natural gas-fired steam turbine

15

generating station located in the Lower Mainland. The plant comprises six units, which

16

were constructed in the 1960s and 1970s. Burrard’s output (net of its own energy

17

requirements) is 913 MW, and for energy planning provides 6,000 GWh of firm energy.

18

Currently three of the units (450 MW) are maintained in generation standby, so that they

19

are available to run when needed within 12 to 24 hours. The other units have been

20

placed on long-term recall. The three units on long-term recall, although not available for

21

energy dispatch in the short-term, are capable of providing voltage support17 (VAr) when

22

required.

23

The 2005 IEP Demand-Supply Outlook assumes that three units at Burrard are available

24

for operation from fiscal 2005 to fiscal 2008, and all six units are available after fiscal

25

2008 until fiscal 2015. While no decision has been made regarding Burrard’s future, the

26

current representation of its useful life being fiscal 2015 is a change from the 2004 IEP,

27

which showed that Burrard was available through the end of the planning period. Various

28

options for Burrard’s future life and plant configuration are included in the ROR and will
17

VAr support does not require firing of natural gas turbines.
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be analyzed as part of the 2005 IEP. The outcome of the 2005 IEP will inform the

2

funding decisions that will determine Burrard’s useful life.

3

Testing of the three units in generation standby mode (units 4, 5 and 6) occurred in the

4

summer of 2004. Results indicated that these three units could run reliably to provide

5

dependable capacity.

6

BC Hydro has confirmed the operating costs and sustaining capital requirements for

7

Burrard under different scenarios:

8

•

Scenario 1 (current operation): three units in generation standby mode, while the
other three units are left in VAr support mode but can be recalled for generation

9

within two to four months, if required.

10
11

•

Scenario 2: all six units are placed in generation standby mode.

12

•

Scenario 3: repower Burrard with one 500 MW CCGT.

13

•

Scenario 4: repower Burrard with a second 500 MW CCGT.

14

•

Scenario 5: decommission Burrard and reclaim site.

15

The Burrard cost elements for each scenario comprise annual fixed costs, variable costs

16

and one-time costs such as upgrades, site reclamation and severance costs.

17

Components of the annual fixed costs include operating, sustaining capital, VAr windage

18

losses, gas transportation, taxes and grants and must run energy while components for

19

the variable costs include operating and capital only.

20

In the event of repowering, credit is given to the existing Burrard site for cost savings

21

that would be realized for reusing portions of the existing infrastructure. The net cost

22

savings are estimated at $100 million ($150 million gross savings less $50 million for

23

equipment removal cost) for the case where the site is fully repowered, relative to the

24

construction of a new greenfield CCGT facility in the Lower Mainland.
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A summary of cost components for Burrard under the different operating scenarios is

2

shown in Table 7-14
Table 7-14
Costs related to Burrard Scenarios

3
4

Scenario
Fixed Costs

2004$

1

2

32

4

5

Operating and sustaining capital
Gas transportation

$M/yr

15.2

16.8

0.0

0.0

0.0

$M/yr

9.8

9.8

9.8

0.0

0.0

Others

$M/yr

2.0

2.2

1.3

0.0

0.4

Variable costs

$/MWh

1.9

1.9

0.0

0.0

0.0

One time costs

$M

0.0

4.2

3.3

0.0

122.2

Site Value for Repowering1

$M

0.0

0.0

(62.5)

(37.7)

0.0

5
6
7
8

Notes:
1) Value in parenthesis implies savings
2) Scenario 3 must occur before scenario 4. Only the additional costs beyond scenario 3 are shown in the
table for scenario 4.

9

The selection and sequencing of these operating scenarios in conjunction with cost and

10

engineering information for CCGTs will be used in the evaluation of Burrard in the 2005

11

IEP. Further information on Burrard options is provided in datasheets in Appendix B.

12

7.13

13

Most of the resource options described in Chapter 7 provide at least some dependable

14

capacity, but also provide firm energy. The projects described in this section would be

15

built primarily for dependable capacity to meet peak load requirements.

16

7.13.1 Revelstoke and Mica Generating Stations

17

The Revelstoke project consists of four 495 MW generating units and the Mica

18

generating station consists of four 450 MW generating units. Both projects were

19

constructed with two empty bays where additional units can be installed in the future.

20

The four new generating units are estimated to add 1,860 MW of dependable capacity

21

and 300 GWh of firm energy to BC Hydro’s system. Sequence of new additions would

22

likely be: Revelstoke Unit 5, Mica Unit 5, Revelstoke Unit 6, Mica Unit 6.

Capacity Options
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1

Details of the new generation units are provided in Appendix B and the regional bulk

2

transmission upgrades required to interconnect these projects are also provided in

3

Appendix B.

4

The cost estimates for Revelstoke Unit 5 have been updated since the draft ROR was

5

made available. Cost estimates for Revelstoke 6, Mica 5 and Mica 6 have not been

6

updated since 2002.

7

BC Hydro has proceeded with preliminary work to add the fifth unit at Revelstoke. Early

8

results indicate that it is economic to advance Revelstoke Unit 5 to its earliest in-service

9

date of fiscal 2011. The new unit would improve operations and lower the cost of energy

10

or increase trade income. Under the terms of the Heritage Contract, trade income18 is to

11

the benefit of the ratepayers.

12

Revelstoke Unit 5 is estimated to have a unit cost of dependable capacity of $26/kW per

13

year (2004 dollars) based on a 6 per cent real pre-tax discount rate and not including

14

energy benefits or system shaping benefits. Table 7-15 summarizes the unit capacity

15

cost for Revelstoke units 5 and 6 and Mica units 5 and 6. Only new transmission

16

specifically required to interconnect these units is included in the project unit cost.

18

The “Heritage Contract” was created by the B.C. government in November 2003 through the
BC Hydro Public Power Legacy and Heritage contract Act. The Heritage contract preserves the
benefits of the existing hydroelectric and thermal resources for BC Hydro customers. Under the
terms of the Heritage contract, up to $200 million each year of trade income is to the benefit of
ratepayers.
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1

7.13.2 Downstream Benefits

2

The Canadian Entitlement to Downstream Benefits (DSBs) under the Columbia River

3

Treaty is half of the additional electricity potential in the U.S. projects on the Columbia

4

River as a result of the operation of the Canadian Treaty dams19. The Province of British

5

Columbia owns the Canadian Entitlement to DSBs, which are sold at market value by

6

Powerex20.

7

The DSB entitlement is based on a calculation prepared annually21. Currently, the DSBs

8

are forecast to provide approximately 1,200 MW of dependable capacity and 4,200 GWh

9

per year22. The market price of the DSB energy is greater than other market

10

opportunities that BC Hydro would expect to be able to purchase. However, the capacity

11

associated with the DSBs is available to BC Hydro because the DSBs are returned to

12

the province at the US-Canada border. BC Hydro can obtain the DSBs by requesting

13

that Powerex not export energy at the time the capacity is required on the BC Hydro

14

system. BC Hydro used this flexibility over the winter peak in January 2004.

15

One change to the Demand-Supply Outlook in the 2005 IEP in comparison with the 2004

16

IEP is that BC Hydro has included 500 MW of DSBs as a potential capacity supply

17

resource. This quantity of 500 MW provides an acceptable level of reliance on the

18

intertie based on BC Hydro’s operational experience23.

19

The Canadian Entitlement to DSBs resulted from the construction and operation of three
Canadian Columbia River Treaty dams: Duncan dam, Hugh Keenleyside (also called Arrow) dam
and Mica dam. These projects regulate river flows, providing downstream flood protection and
increasing the generation capability at projects on the U.S. portion of the Columbia River.
20

Under an agreement effective April 1, 1999, the province assigned its right, title and interest in
the Entitlement to Powerex, for which the Province receives the market value of this resource.
The Entitlement is a “capacity rich” resource; therefore the market value is based on High Load
Hour (HLH) prices, which are higher than prices for flat or light load hours (LLH).
21

Calculation of the Entitlement is prepared annually by BC Hydro and the U.S. Entities as part of
the Treaty Operating Plan Studies, which take into account variations in expected power demand
and generation resources in the Pacific Northwest.

22

As of 2010, the DSB energy is forecast to be in the order of 480 average MW or 4,200 GWh
per year and this amount is expected to decline by about 10 average MW per year.
23

BC Hydro already assumes the inter-tie can provide 400 MW of capacity and 400 MW is
subtracted from the 14 per cent reserve margin requirement.
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1

The cost of using 500 MW of the DSBs to provide dependable capacity is expected to

2

fluctuate with the market value of capacity. Current value is estimated at $10/kW per

3

year. A maximum long-term average market value of capacity would likely approach the

4

cost of capacity of a SCGT.

5

7.13.3 Simple Cycle Gas Turbines (SCGTs)

6

SCGTs are described with other thermal generating options in Section 9.6. Most thermal

7

generation technologies are best suited to operating at fairly high load factors. Of the

8

thermal technologies that are suitable for providing peaking capacity, SCGTs have the

9

lowest emission rates and are the most cost effective. Thermal peaking plants installed

10

to provide system peak capacity requirements would be expected to operate a limited

11

number of hours per year.

12

7.13.4 Pumped Storage

13

Hydro pumped storage can be used for energy management, frequency control and

14

provision of reserves. Conventional hydro pumped storage uses two reservoirs,

15

separated vertically. During off-peak hours, water is pumped from the lower reservoir to

16

the upper reservoir. When required, the water flow is reversed to generate electricity.

17

Pumped hydro is available at almost any scale, with discharge times ranging from

18

several hours to a few days, depending on the size of the reservoirs. The efficiency of

19

pumped hydro is now in the 70 per cent to 85 per cent range.

20

The potential for pumped storage in B.C. described in Appendix B is based on pumped

21

storage opportunities on Vancouver Island.

22

The financial costs of pumped storage were characterized by estimating capital and

23

operating costs, exclusive of the cost of energy for pumping. The overall cost of capacity

24

and energy from a pumped storage facility would depend on the cost of energy

25

consumed during light-load pumping hours and the price of energy during heavy-load

26

generation hours. BC Hydro would have to model this difference and usage in detail to

27

estimate a unit capacity cost.
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7.13.5 Capacity Summary

2

Table 7-15 summarizes the unit capacity costs for the four capacity options described in

3

this section.
Table 7-15
Unit Capacity Cost (UCC)

4
5
Option
DSBs
Rev 5
Rev 6
Mica 5
Mica 6
SCGT
Pumped storage

Dependable
Capacity MW
up to 500 MW
480
480
450
450
47MW per unit
Up to 500 MW

UCC @ 6%
($/kW per year)
101
262
35
31
29
1083
102

UCC @ 8%
($/kW per year)
101
32
44
40
36
126
129

6
7
8
9
10
11
12
13
14
15
16
17
18

Notes:
1) DSBs are based on current market price for capacity. Price of capacity in future is
unknown.
2) Costs for the Revelstoke and Mica units include the regional transmission upgrades
required to interconnect these projects. When the 140 GWh of average annual energy
contributed by Revelstoke Unit 5 is valued at $55/MWh the net cost of capacity is $10/kW
per year at 6 percent and $16/kW per year at 8 percent. Similarly the 60 GWh contributed
by Revelstoke unit 6 and the 50 GWh for each of the Mica units, reduces their costs of
capacity by approximately $7/kW per year. This is without quantifying other system
operational benefits provided by these units, which would make them more cost effective.
3) Unit capacity costs for SCGTs and pumped storage include fixed costs only. These unit
capacity costs could increase or decrease depending on how the plant’s variable cost of
energy (i.e. fuel or energy for pumping) compares to the on-peak value of that energy.

19
20

4) UCC is calculated as described in Section 4.1. Discount rates are real, pre-tax.
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1

8.0 Transmission Options

2

The British Columbia Transmission Corporation (BCTC) now plans, manages and

3

operates BC Hydro’s transmission system. BCTC participated in the 2005 ROR by

4

identifying transmission options and providing information on major transmission

5

upgrades required by various supply portfolios.

6

New transmission lines and other transmission system upgrades increase the

7

transmission network’s capability to transfer electrical power from generators to loads.

8

The transmission options described in this section are not independent options, as

9

decisions about the inclusion of and timing for a transmission option in resource

10

portfolios will depend on the mix and sequence of supply-side and demand-side

11

resource options as determined by BCTC. As discussed in Section 4.9, Portfolio

12

Modelling and Cost Analysis, transmission interconnection costs are generally included

13

in project costs, and are discussed in the datasheets for each resource type in the

14

appendices of this report. The exceptions for interconnection transmission, as shown

15

below, are the transmission projects related to Revelstoke and Mica unit additions and to

16

facilitate the retirement of Burrard.

17

The basic transmission reinforcement options are:

18

•

Transmission lines,

19

•

Equipment upgrades,

20

•

Ancillary equipment, and

21

•

System control and special protection schemes.

22

8.1

23

The transmission network consists of transmission lines of different voltage levels that

24

are interconnected at switching and transformer stations. Transmission network capacity

25

(the ability to transmit power from generators to loads) is limited by:

Transmission Lines
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1

• The thermal rating of the lines and other equipment;

2

• Electromechanical stability,1 and

3

• Voltage control and stability.

4

Deficiencies in transmission system capacity decrease reliability, increase power losses

5

and increase operating complexity. Adding a transmission line to the existing

6

transmission system will increase the network’s power transfer capability (thermal,

7

transient and/or voltage stability limits), while at the same time reducing losses.

8

Building a new transmission line is a capital-intensive option with a long lead time and

9

impacts on the local environment and communities.

10

8.2

Equipment Upgrades

11

Projects involving upgrading existing transmission lines usually have much shorter lead

12

times because regulatory requirements are reduced. Upgrading existing equipment can

13

increase transmission capability, particularly in the short-term. Most upgrade options

14

result in higher system losses and usually provide only limited improvement in power

15

system capability. In addition, they make system operations more complex and, in the

16

long-term, would result in higher overall transmission system costs due to increased

17

system losses and rapidly escalating unit capital costs ($/MW of transfer capability

18

increase).

19

Upgrading existing lines and other equipment can increase the capability of the existing

20

network. Examples include:

1

The term “electromechanical instability” encompasses both transient (first swing) instability and
dynamic instability (undamped oscillations). Both phenomena result in a loss of synchronism
between parts of the interconnected system. Such system breakups involve widespread loss of
load in virtually all instances.
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1

•

Replacing or upgrading existing equipment causing a thermal limit;

2

•

Strengthening transmission towers and retensioning lines to increase conductor
ground clearance;

3
4

•

Recontouring the ground under existing lines to increase conductor ground
clearance;

5
6

•

Installing larger conductors on existing lines to give them a higher current rating;

7

•

Upgrading existing lines to operate at a higher voltage level; and

8

•

Converting existing lines from alternating current (AC) to direct current (DC)
operation.

9
10

8.3

Ancillary Equipment

11

Adding reactive power sources and other ancillary equipment like series capacitors and

12

phase-shifting transformers can increase the power transfer capability of the

13

transmission system.

14

Transmission system capacity may be limited by voltage control (maintaining voltages

15

within an acceptable band) or voltage instability (voltage collapse). By providing

16

additional reactive power2 sources at key locations in the system, voltage control or

17

stability limits can be increased, allowing increased power transfer.

18

Additional reactive power can be provided by mechanically switched capacitors, static

19

var compensators (SVCs) and synchronous condensers. Reactive power is also

20

produced by series capacitors.

21

Installing series compensation on existing uncompensated transmission lines reduces

22

the impedance of the line to electrical flow, thereby increasing the power transfer

23

capability of the network.

2

Real power (measured in watts) is associated with the component of the current waveform that
is in phase with the voltage waveform. Reactive power (measured in VArs) is associated with the
component of the current waveform that is 90 degrees out of phase with the voltage waveform.
Injecting reactive power (e.g., by switching in a shunt capacitor) causes the voltage to rise and
absorbing reactive power (e.g., by switching in a shunt reactor) causes the voltage to drop.
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1

Installing phase-shifting transformers improves the power flow distribution on the existing

2

transmission network to increase the system capacity.

3

8.4

4

Many special protection schemes (SPS), also known as remedial action schemes (RAS),

5

like generator shedding, load shedding and direct transfer tripping of transmission lines

6

are used in the operational time frame to prevent or limit the extent of load loss and

7

equipment damage in extreme abnormal system conditions where multiple elements are

8

out of service. Such measures are not usually counted on in normal planning studies to

9

meet the basic single-contingency planning criteria. To do so would reduce the options

System Control and Special Protection Schemes

10

available in the operational time frame, thereby increasing the risk of major blackouts

11

and the need for pre-emptive load curtailments to maintain acceptable levels of system

12

security.

13

Rather than increasing system transfer limits, these measures, and other RAS like

14

under-frequency load-shedding schemes, are used to prevent cascading line outages

15

and avoid system blackouts under extreme multiple contingency conditions3. Other

16

measures, like generator shedding, are armed following the loss of a major system

17

component to maintain system stability and acceptable voltage levels or prevent

18

equipment overloading for subsequent contingencies. Nevertheless, some forms of RAS

19

could also be used in demand-side options. For example, contracted automatic load

20

shedding or load curtailment arrangements could be considered as options for meeting

21

first contingency planning criteria in some circumstances if they had high availability and

22

were proven to be reliable.

3

Section 6 of the WECC’s Minimum Operating Reliability Criteria stipulates that automatic highspeed load shedding shall be applied in accordance with the WECC Coordinated Off-Nominal
Frequency Load Shedding and Restoration Plan
(http://www.wecc/biz/documents/library/procedures/operating/Off-Nominal_Frequency_Plan_6-104.pdf), which currently requires that approximately 33 percent of total system load be included in
a high-speed U/F load shedding scheme. The WECC is the Western Interconnection’s Reliability
Council.
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1

Special system controls can be used to increase system electromechanical and voltage

2

stability limits. Special controls can be installed on generators to increase voltage control

3

and stability limits. Other generator controls systems, known as power system stabilizers

4

(PSS), are often used to increase electromechanical stability limits. Installing special

5

control schemes on existing or new shunt reactive equipment can also increase voltage

6

control or stability limits.

7

8.5

8

There are currently four key bottlenecks or constraints in the bulk 500 kV transmission

9

system:

System Constraints

10

•

Lower Mainland to Vancouver Island;

11

•

Interior (Kelly/Nicola) to the Lower Mainland;

12

•

Selkirk Area (Kootenays) to Kelly/Nicola (South Central Interior); and

13

•

North Coast.

14

These bottlenecks place constraints on building portfolios due to the lead times of the

15

associated reinforcement projects. The impacts of these existing bottlenecks can be

16

mitigated or exacerbated by the choice of resource options in portfolios. Strengthening

17

the inter-regional bulk transmission system mitigates regional imbalances in demand

18

and supply and provides a greater choice of resource portfolios, particularly in the short-

19

term.

20

8.5.1

21

The need for the Mainland to Vancouver Island Transmission Reinforcement (VITR)

22

project was examined in the 2004 IEP, and the Action Plan indicates that BC Hydro will

23

work with BCTC to maintain the earliest in-service date for that project. BCTC is

24

expected to file a Certificate of Public Convenience and Necessity application with the

25

Commission for the VITR project in summer 2005. For the 2005 IEP, the Mainland to

26

Vancouver Island reinforcement project is considered a committed resource and, as a

27

result, is not described in this report.

Mainland to Vancouver Island Link
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8.5.2

Interior to Lower Mainland Transmission Reinforcement

2

The capacity of the Interior to Lower Mainland transmission grid for serving network load

3

growth and future firm exports to the U.S. is constrained, and this is expected to become

4

critical for serving network load growth in approximately fiscal 2013. Several options are

5

being considered by BCTC to relieve the constraint. The two leading proposals include a

6

second 500 kV Nicola-Meridian transmission line (5L83), and a second 500 kV Kelly

7

Lake-Cheekye line (5L46) down the Whistler corridor. The NITS 2004 – Stage 3 (Final)

8

System Impact Study4 for BC Hydro Distribution concluded 5L83 is the preferred option.

9

The 2004 IEP Action Plan indicates that BC Hydro will work with BCTC to maintain the

10

earliest in-service date of fiscal 2014 for the Interior to Lower Mainland project. The

11

outcome of the 2005 IEP may affect the date this reinforcement is required.

12

8.5.3

13

Transmission reinforcements in the Selkirk to Kelly/Nicola area may be required,

14

depending on the specific location of future resource additions in the Southern Interior

15

region.

16

8.5.4

17

The North Coast region continues to be served by a highly reliable single 500 kV

18

transmission line and some local generation. This region does not meet the single-

19

contingency reliability criterion, since providing redundant transmission supply would be

20

very costly. BC Hydro continues to assess the reliability of supply to the North Coast and

21

opportunities to improve the reliability of supply to that region. A reinforcement project in

22

the North Coast region has not been identified or included in this report, but may be

23

considered if planning portfolios suggest a need.

24

There are a variety of potential reinforcement options for increasing the transmission

25

system capability (Table 8-1). Usually one option cannot be traded off against another,

26

since the mix and sequence of supply- and demand-side resource options governs their

27

selection for a particular resource portfolio.

Southern Interior Requirements (Selkirk Area to Kelly/Nicola)

North Coast Requirements (Central Interior to the North Coast)

4

NITS 2004 – Stage 3 (Final) System Impact Study:
htttp:\\www2.bctc.com/system/studies/systemimpact/pdf/NITS_2004_SIS_Stg3.pdf.
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8.6

Intra-Regional Reinforcements

2

A number of intra-regional reinforcements may be required, depending on the specific

3

loads and resources built. These reinforcements would likely be studied as part of

4

feasibility or design studies for a specific generation project or a group of projects. Some

5

specific intra-regional reinforcement projects may be developed if deemed necessary

6

during the portfolio analysis of the IEP.
Table 8-1
2005 IEP Transmission Options

7
8

Reinforcement

Cost
($2004 million)

Capacity Transfer
Capability (MW)

General
Kelly Lake Substation 500 kV
Reconfiguration, required for new generating
capacity in the north
Nicola Substation 500 kV Reconfiguration
required for new generating capacity in the
east

$5.1

Not applicable

$5.1

Not applicable

$255
$225

Up to 1600 MW (after
5L83 added)
Up to 2100 MW

$94.9

~ 400 MW

$5.3

200 MW

$85.6

~500 MW

$28.5

~450 MW

$49.7

~500 MW

$76.3

Maintained

Interior to Lower Mainland
Kelly Lake to Cheekye 500 kV line (5L46)
(Clinton to Squamish)
Nicola to Meridian 500 kV Line (5L83)
(Merritt to Coquitlam)
Selkirk Region to Kelly/Nicola
SEL to NIC/ACK Reinforcement (5L91/96/98
series capacitors and SEL transformers)
Project-Specific Reinforcement
Revelstoke G5 Transmission Reinforcement
(250 Mvar MSC at Ashton Creek)
Revelstoke G6 Transmission Reinforcement
(5L76/79 series capacitors, Downie
substation and REV-DOW 500 kV line)
Mica G5 Transmission Reinforcement
(5L71/72 series capacitor banks)
Mica G6 Transmission Reinforcement (MCA
to DOW 500 kV line (third line)
Burrard Replacement: Projects to replace
voltage support and Meridian transformer
backup functions of the Burrard Plant if it is
retired
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8.7

British Columbia Transmission Corporation Charges

2

To supply its domestic customers, BC Hydro uses Network Integration Transmission

3

Services (NITS) from BCTC, acquired under the terms and conditions of the BCTC Open

4

Access Transmission Tariff (OATT) and Rate Schedule 00. The NITS cost associated

5

with supplying BC Hydro’s domestic customers is basically the total transmission

6

revenue requirement less BCTC revenues from non-NITS customers.

7

BCTC has before the Commission a new proposed OATT. BCTC’s proposed OATT

8

remains based on the Federal Energy Regulatory Commission Order 888 pro-forma

9

tariff, with some modifications and additions. For example, the BCTC has proposed the

10

development of a “tiered transmission rate” for “B.C. Clean” resources (like wind farms

11

and small run-of-the river hydro plants that are intermittent5) under 50 MW. The proposal

12

would only affect “merchant” IPPs that would use BCTC’s Long-Term Firm Point-to-Point

13

(LTFPTP) transmission services to transmit their electricity to customers other than

14

BC Hydro. The proposed “B.C. Clean” transmission rate would have no bearing on

15

BC Hydro’s economic evaluation of resource options, since transmission upgrade

16

requirements and the associated costs would not change.

17

The BCTC OATT also proposes a new transmission interconnection and network

18

upgrade cost allocation policy. However, the final policy will not be known until the Tariff

19

has been approved by the Commission.

5

See page 53 of Chapter 3 of the BCTC OATT Application
(Exhibit B1-1 on http://www.bcuc.com/ApplicationView.aspx?Applicationld=55)
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9.0

Technology Development and Advancement

2

The information contained within this report is based on the state of the technology at

3

the time of writing. Changes in technology can occur rapidly and may be very different in

4

the future from current technologies. This section discusses technology advancements

5

that could occur within the 20-year planning period that would likely result in cost

6

reductions. New technologies or fuel sources may also emerge in the 20-year time

7

frame. BC Hydro monitors changes in technologies and will update resource options

8

information in the future as required.

9

9.1

Solar

10

Currently the majority of solar photovoltaic cells are made from crystalline silicon, which

11

are expected to dominate the market share until thin-film solar cell technology becomes

12

less expensive. The solar photovoltic industry has experienced rapid growth, up to 30

13

per cent in recent years. Manufacturers estimate that most cell technologies will

14

experience a 50 per cent cost reduction by 2010. Major contributions to this reduction

15

will likely be from increased production volume, increased cell efficiencies, and

16

improvements in manufacturing and handling processes.

17

9.2

18

Wave energy electricity generation is still in its infancy. Several different technologies

19

are under development. Currently, only the oscillating water column is installed and

20

operating around the world. These projects are generally research related and aimed at

21

demonstrating the technology. There are no utility-scale wave developments. Other

22

technologies under development include hydropiezoelectric, wave run up and sea-clam.

23

9.3

24

Tidal current energy technologies are still underdevelopment, and no commercial

25

installations yet exist in the world. Several technologies could realize the potential of this

26

resource. Some proposed designs are similar to wind turbines, with fixed blades that

27

rotate in the current. Another design consists of a self-contained, moderately buoyant

28

turbine/generator that is suspended like a kite within the tidal stream. Another completely

29

different approach uses the pressure differential in a venturi flume to drive a fluid (air or

30

water) through a conventional pipeline turbine that can be located on the shore.

Wave

Tidal
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9.4

Fuel Cells

2

There are two major challenges to commercialization of fuel cells: cost and durability.

3

Currently the general reference price is approximately $4000 US/kW. Low temperature

4

fuel cells have high catalyst costs which are a barrier to cost reduction. Material

5

durability is also a problem for some of the high temperature cells such as solid oxide

6

fuel cells. Reliability is another challenge as fuel cells must be able to perform at the

7

same level as conventional technologies.

8

9.5

9

The F-series of gas turbines has been used to characterize gas-fired generation in this

Advanced Gas Turbines

10

report, as it is the most common technology used in new installations and there is

11

extensive operating experience with these units worldwide. Over the past decade,

12

advanced gas turbine combined cycle technologies have been developed and are

13

commercially available from a number of the world’s gas turbine manufacturers. These

14

are referred to as G-series and H-series CCGTs. These advanced turbine systems are

15

estimated to have heat rates 12 to 14 per cent lower than the F-series, which results in

16

lower GHG emissions and lower fuel costs. They also have better performance with

17

respect to local air emissions. These units are starting to be built in various international

18

jurisdictions. Operating experience with these units will confirm their performance,

19

reliability and operating costs, and will determine if these advanced systems become the

20

technology of choice in the future.

21

9.6

22

Emerging advanced coal technologies, or “clean coal”, are designed to enhance both the

23

efficiency and the environmental acceptability of coal extraction, preparation and use.

24

Examples include ultra supercritical steam cycles, pressurized fluidized bed combustion,

25

and integrated coal gasification combined cycle. The US Department of Energy

26

FutureGen project launched in 2003 is a $1 billion initiative to build an integrated carbon

27

sequestration and hydrogen production research power plant which would be the world's

28

first zero-emissions fossil fuel plant.

Coal
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9.7

Biomass

2

Advanced gasification is an emerging technology that could be used for small biomass

3

installations. One Canadian company is targeting the forest products industry – sawmills,

4

plywood mills, and veneer plants – with advanced gasification technology systems that

5

can produce up to 5 MW of electricity for cogeneration or self generation uses.

6

9.8

7

Of the three available geothermal technologies, dry systems and flash systems are

8

mature technologies and major technology advances are not expected. Binary cycle

9

systems will likely be used more often in the future, as moderate temperature sites that

Geothermal

10

use binary cycle plants are much more common and have not undergone significant

11

development to date. Research on the binary cycle technology is aimed at increasing the

12

efficiency of the heat exchanger that uses a secondary or binary fluid.

13

9.9

14

Over the past 20 years the cost of wind energy for electricity generation has fallen

15

dramatically, by almost 90 per cent. The decrease in cost is due to increased production

16

volumes, decreasing equipment-manufacturing costs, and advances in turbine design

17

and electronics. Increased tower height, blade length and blade design have contributed

18

to an increase in energy output, while advances in control and monitoring electronics

19

have still further reduced cost. The factors affecting the cost of wind power are still

20

changing and costs are expected to continue to decline as the wind industry grows and

21

matures. Manufacturers expect cost to decline by up to 5 per cent for each new

22

generation of turbine developed. Projects currently being built are generally installing

23

turbines in the 1 MW to 2 MW range. Recent material advances in carbon fibre have

24

allowed significant weight reductions in the blades and permitted larger turbines. The

25

largest turbine is now capable of generating 5 MW.

26

9.10

27

Hydro technology is well established. While there have been refinements to the

28

technology over the last 20 years that have incrementally increased efficiencies, there

29

are no major technology advances on the horizon.

Wind

Hydro
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1

10.0 Results Summary

2

The Resource Options database contains information on a wide variety of resources that

3

covers DSM projects and the generic blocks representing specific resources. The

4

information used to compile the database was obtained from studies completed by BC

5

Hydro or by external consultants and obtained by IPPs.

6

The resources and projects included in the resource option database are based on the

7

available information for each of the resources. The resource option database was

8

prepared for BC Hydro's electricity planning purposes only and others should not rely

9

upon this information for design, financing, or development decision-making. Actual

10

technical and financial project information may vary from that shown in the database and

11

is subject to change.

12

Table 10-1 summarizes the average annual energy and EUC for all the resource options

13

listed in the Resource Options database provided in Appendix B. Peaking units and

14

resource options that do not have enough information to a calculated a unit energy or

15

unit capacity cost are not included in this table.

16

The coal and natural gas resources are summarized in the report by various sizes of

17

generation plants (250 and 500 MW for coal and 60, 250 and 500 MW for natural gas),

18

not by the total resource available within the province. Supply of natural gas and coal is

19

not a constraint on how much generation could be built in the planning period. The

20

natural gas UEC provided in all the tables and figures in this section is based on the EIA

21

gas forecast.

BC Hydro 2005 Resource Options Report (ROR)
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Table 10-1
Resource Option Summary

1
2
Resource Type

Project Name

Demand Side Management and Generic Blocks
Demand Side Management
Energy Efficiency 3
Demand Side Management
Energy Efficiency 4
Coal
500 MW Pulverized Coal Supercritical
Geothermal
South Meager Geothermal Project, near Pemberton
Large Hydro
Peace River Site C
Natural Gas - Resource Smart Burrard Re-powering 500 MW - Second 2x1 F-series
Wind
Peace Region Wind Bundle 1
Small Hydro
Small Hydro First 1,000 GWh Bundle
Small Hydro
Medium Hydro First 1,000 GWh Bundle
Natural Gas - Resource Smart Burrard Re-powering 500 MW - First 2x1 F-series
Demand Side Management
Energy Efficiency 5
Wind
Peace Region Wind Bundle 2
Small Hydro
Small Hydro Second 1,000 GWh Bundle
Small Hydro
Small Hydro Third 1,000 GWh Bundle
Natural Gas
Greenfield Combined Cycle Gas Turbine - 500 MW
Biomass
Bundle - Biomass Woodwaste
Natural Gas
Greenfield Combined Cycle Gas Turbine - 250 MW
Small Hydro
Small Hydro Fourth 1,000 GWh Bundle
Small Hydro
Medium Hydro Second 1,000 GWh Bundle
Biomass
Bundle - Biogas
Wind
Peace Region Wind Bundle 3
Wind
Vancouver Island Wind Bundle 1
Small Hydro
Small Hydro Fifth 1,000 GWh Bundle
Natural Gas
Small Gas Cogeneration Projects
Small Hydro
Small Hydro Sixth 1,000 GWh Bundle
Natural Gas
Greenfield Combined Cycle Gas Turbine - 60 MW
Wind
Vancouver Island Wind Bundle 2
Biomass
Bundle - Municipal Solid Waste (MSW)
Wind
North Coast Wind Bundle 1 — Offshore
Wind
Vancouver Island Wind Bundle 3
Wind
North Coast Wind Bundle 2 — Offshore
Wind
North Coast Wind Bundle 1 — Onshore
Wind
North Coast Wind Bundle 3 — Offshore
Wind
North Coast Wind Bundle 2 — Onshore
Wind
North Coast Wind Bundle 3 — Onshore
Net Metering and Near Commercial
Coal: Near Commercial
250 MW Integrated Coal Gasification Combined Cycle
Wave: Near Commercial
Wave Energy Developments
Tidal: Near Commercial
Tidal Projects
Solar: Net Metering
Solar - Commercial
Solar: Net Metering
Solar - Residential

3

BC Hydro 2005 Resource Options Report (ROR)
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Average Unit Energy
Annual Cost @ Real
Energy Rate of 6%
(GWh)
($/MWh)
2576
2534
3627
800
4600
3954
1510
1000
1000
3954
2164
1430
1000
1000
3954
1256
1946
1000
1000
400
1935
1375
1000
2400
1000
456
800
408
2400
700
2220
950
1020
1080
700

36
44
45
47
47
49
49
50
50
51
54
54
55
55
56
59
59
60
60
61
64
64
65
68
70
71
72
74
81
87
94
105
110
125
153

1603
630
1466
104
280

51
98
159
697
1565

Appendix F

1

Table 10-2 provides a summary of the key information for each project listed in Table

2

10-1. Table 10-3 provides detailed information on all the resource types, including those

3

not shown in Table 10-1. Information contained in these two tables was extracted from

4

the resource option. Tables 10-2 and 10-3 can be found at the end of this section.

5

Reviewing the resource options show that a wide variety of energy alternatives are

6

available to BC Hydro at varying costs, different technical characteristics, and diverse

7

environmental and social attributes. Figure 10-1 shows the contribution of each

8

resource type included Table 10-1.

9
10

Figure 10-1
Energy Contribution of Each Resource Type
Small Hydro
Large Hydro
Demand Side Management
Natural Gas - Resource Smart
Natural Gas
Coal
Wind
Geothermal

Resource availability of coal and
natural gas is not a constraint for
generation within the province
during the planning period.
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Resource Options
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Appendix F

1

Figure 10-2 displays the range of UECs for each resource type listed in Figure 10-1.

2

The range of UEC shown includes the minimum, weighted average, and maximum for

3

each resource type. The UEC for solar energy generation is much higher than all the

4

other resources. The weighted average UEC for the coal and natural gas resource types

5

is $47 and $61 per MWh respectively based on the information contained in the resource

6

option database. Coal and natural gas resource availability is not a constraint for

7

generation within the province during the planning period.
Figure 10-2
Unit Energy Cost Range for Each Resource Type

8
9

Unit Energy Cost ($/MWh)

200

Solar:
Max. = $1565/MWh
Weighted Ave. = $1330/MWh
Min. = $697/MWh
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Appendix F

1

Table 10-4 provides detailed information on the average annual energy and the unit

2

energy cost range for each resource type included in Figures 10-1 and 10-2.
Table 10-4
Resource Type Unit Energy Costs

3
4

Resource Type
Small Hydro
Large Hydro
Demand Side Management
Natural Gas - Resource
Smart
Natural Gas
Coal
Wind
Geothermal
Biomass
Wave
Tidal
Solar

Average Annual
Energy
(GWh)

UEC @ 6% Real Pre-tax Rate ($/MWh)
Min.

Weighted Avg.

Max.

8000
4600
7274

50
47
36

58
47
44

70
47
54

7908

49

50

51

8756
5230
16120
800
2064
630
1466
384

56
45
49
47
59
98
159
697

61
47
83
47
62
98
159
1330

71
51
153
47
74
98
159
1565

5

The supply curves for each resource type is shown in Figures 10-3a and 10-3b.

6

Figure 10-3a shows the energy supply curves for the generic bundles, while

7

Figure 10-3b shows the energy supply curves for the net metering and near commercial

8

resource options.

BC Hydro 2005 Resource Options Report (ROR)
10 - 5

Appendix F

Figure 10-3a
Energy Supply Curves for Generic Bundle Resource Options

1
2
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Figure 10-3b
Energy Supply Curves for Net Metering and Near Commercial Resource Options
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Table 10-5 summarizes the unit capacity costs for some of the capacity peaking options.
Table 10-5
Unit Capacity Cost (UCC)
Option
DSBs
Rev 5
Rev 6
Mica 5
Mica 6
SCGT
Pumped storage

Dependable Capacity
MW
up to 500 MW
480
480
450
450
47MW per unit
up to 500 MW

UCC @ 6%
($/kW per year)
101
262
35
31
29
108 3
102

UCC @ 8%
($/kW per year)
101
32
44
40
36
126
129

Notes:
1) DSBs are based on current market price for capacity. Price of capacity in future is unknown.
2) Costs for the Revelstoke and Mica units includes the regional transmission upgrades required to
interconnect these projects. When the 140 GWh of average annual energy contributed by Revelstoke
Unit 5 is valued at $55/MWh the net cost of capacity is $10/kW per year at 6 percent and $16/kW per
year at 8 percent. Similarly the 60 GWh contributed by Revelstoke Unit 6 and the 50 GWh for each of
the Mica units, reduces their costs of capacity by approximately $7/kW per year. This is without
quantifying other system operational benefits provided by these units, which would make it more cost
effective.
3) Unit capacity costs for SCGTs and pumped storage include fixed costs only. These unit capacity
costs could increase or decrease depending on how the plant’s variable cost of energy (i.e. fuel or
energy for pumping) compares to the on-peak value of that energy.
4) UCC is calculated as described in Chapter 4.1. Discount Rates are real pre-tax rates.

BC Hydro 2005 Resource Options Report (ROR)
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A distinguishing characteristic among the resource options evaluated was their ability to
provide dependable capacity or ELCC. Table 10-6 summarizes the dependable capacity
and ELCC for each resource type. Also shown in Table 10-6 is the overall capacity
factor for each resource based on the installed capacity and the average annual energy.
Table 10-6
Resource Type and Dependable Capacity
Resource Type
Small Hydro
Large Hydro
Demand Side
Management
Natural Gas Resource Smart
Natural Gas
Coal
Wind
Geothermal
Biomass
Wave
Tidal
Solar

Dependable
Capacity
Factor
25.0%
100.0%

Effective
Load Carrying
Capability
(%)
25%
96%

Average
Annual
Energy
(GWh)
8000
4600

1032

n/a

n/a

7274

n/a

970

970

100.0%

86%

7908

93.1%

1094.5
747
5200
100
258
200
843
440

1094.5
747
457.5
100
258
10
42
0

100.0%
100.0%
8.8%
100.0%
100.0%
5.0%
5.0%
0.0%

86%
86%
21-29%
86%
86%
n/a
n/a
0

8756
5230
16120
800
2064
630
1466
384

91.3%
79.9%
35.4%
91.3%
91.3%
36.0%
19.9%
10.0%

Installed
Capacity

Dependable
Capacity

(MW)
2080
900

(MW)
520
900

n/a

BC Hydro 2005 Resource Options Report (ROR)
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Table 10-2 - 2005 IEP Resource Option Database Summary
Resource Type

Small Hydro
Small Hydro
Small Hydro
Small Hydro
Small Hydro
Small Hydro
Small Hydro
Small Hydro
Large Hydro
Large Hydro: Future
Demand Side Management
Demand Side Management
Demand Side Management
Natural Gas - Resource Smart
Natural Gas - Resource Smart
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Coal
Coal: Near Commercial
Wind
Wind
Wind
Wind
Wind
Wind
Wind
Wind
Wind
Wind
Wind
Wind
Geothermal
Geothermal: Future
Biomass
Biomass
Biomass
Fuel Cell: Near Commercial
Fuel Cell: Near Commercial
Fuel Cell: Near Commercial
Wave: Near Commercial
Tidal: Near Commercial
Solar: Net Metering
Solar: Net Metering

Project Name

Small Hydro First 1,000 GWh Bundle
Small Hydro Second 1,000 GWh Bundle
Small Hydro Third 1,000 GWh Bundle
Small Hydro Fourth 1,000 GWh Bundle
Small Hydro Fifth 1,000 GWh Bundle
Small Hydro Sixth 1,000 GWh Bundle
Medium Hydro First 1,000 GWh Bundle
Medium Hydro Second 1,000 GWh Bundle
Peace River Site C
Future Large Hydro Potential
Energy Efficiency 3
Energy Efficiency 4
Energy Efficiency 5
Burrard Re-powering 500 MW - First 2x1 F-series
Burrard Re-powering 500 MW - Second 2x1 F-series
Greenfield Combined Cycle Gas Turbine - 60 MW
Greenfield Combined Cycle Gas Turbine - 250 MW
Greenfield Combined Cycle Gas Turbine - 500 MW
Small Gas Cogeneration Projects
500 MW Pulverized Coal Supercritical
250 MW Integrated Coal Gasification Combined Cycle
North Coast Wind Bundle 1 — Offshore
North Coast Wind Bundle 1 — Onshore
North Coast Wind Bundle 2 — Offshore
North Coast Wind Bundle 2 — Onshore
North Coast Wind Bundle 3 — Offshore
North Coast Wind Bundle 3 — Onshore
Peace Region Wind Bundle 1
Peace Region Wind Bundle 2
Peace Region Wind Bundle 3
Vancouver Island Wind Bundle 1
Vancouver Island Wind Bundle 2
Vancouver Island Wind Bundle 3
South Meager Geothermal Project, near Pemberton
Future Geothermal Potential
Bundle - Biogas
Bundle - Biomass Woodwaste
Bundle - Municipal Solid Waste (MSW)
Phosphoric Acid Fuel Cell
Proton Exchange Membrane Fuel Cell
Solid Oxide Fuel Cell
Wave Energy Developments
Tidal Projects
Solar - Commercial
Solar - Residential

Dependable
Capacity

Average
Annual
Energy

Unit Energy
Cost @ 6%

Jobs Created:
Permanent &
Construction

Meets BC
Hydro Clean
Criteria

Greenhouse
Gas (CO2)
Emissions

(MW)

(GWh)

($/MWh)

(f/t equivalent)

(Y/N)

(t/GWh)

65
65
65
65
65
65
65
65
900
1110
365
360
307
485
485
57
243.3
494.2
300
518
229
72
30
72
37.5
36
26.25
30
30
45
33.75
22.5
22.5
100
85
50
157
51
2
2
2
10
42
0
0

1000
1000
1000
1000
1000
1000
1000
1000
4600
5748
2576
2534
2164
3954
3954
456
1946
3954
2400
3627
1603
2400
950
2220
1080
1020
700
1510
1430
1935
1375
800
700
800
640
400
1256
408
17
17
17
630
1466
104
280

50
55
55
60
65
70
50
60
47
N/A
36
44
54
51
49
71
59
56
68
45
51
81
105
94
125
110
153
49
54
64
64
72
87
47
N/A
61
59
74
N/A
N/A
N/A
98
159
697
1565

82.2
82.2
82.2
82.2
82.2
82.2
82.2
82.2
280.5
767.5
250
650
750
67.5
67.5
26
60
85
135
164.5
164.5
55
44
55
55
32
55
20.8
42.8
20.8
49.5
33
33
65
57
17.5
240
122.5
N/A
N/A
N/A
24
N/A
N/A
N/A

Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
N
N
N
N
N
N
N
N
Y
N
N
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y

0
0
0
0
0
0
0
0
0
0
0
0
0
350
350
400
350
350
215
855
863
0
0
0
0
0
0
0
0
0
0
0
0
0
10.42
0
0
500
0
0
0
0
0
0
0

Local Air Emissions
(t/GWh)
NOx

0
0
0
0
0
0
0
0
0
0
0
0
0
0.05
0.05
0.05
0.05
0.05
0.25
0.14
0.08
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0.7
0.95
2.4
0.003
0.005
0.003
0
0
0
0

PM 10

0
0
0
0
0
0
0
0
0
0
0
0
0
0.03
0.03
0.03
0.03
0.03
0.0037
0.015
0.009
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0.07
0.8
0.02
0
0
0
0
0
0
0

Hg

0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
3E-06
2E-06
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0

Total Land
Area
Impacted

Aquatic
Habitat Area
Impacted

(ha)

(ha)

193
193
193
193
193
193
56
56
6333
N/A
0
0
0
0
0
26.85
41.85
48.85
0
667.5
667.5
460
440
460
450
430
435
140
140
160
245
230
230
269
N/A
0
0
0
N/A
N/A
N/A
10
N/A
0
0

49
49
49
49
49
49
22
22
3975
N/A
0
0
0
0
0
0.28
0.28
0.28
0
5.18
N/A
10.5
10.5
10.5
10.5
10.5
10.5
2.62
2.62
2.62
5.25
5.25
5.25
5.38
N/A
0
0
0
N/A
N/A
N/A
N/A
N/A
N/A
N/A

Notes:
Resource option information was prepared for BC Hydro's electricity planning purposes only. This information should not be relied upon by others for design, financing, or development decision-making. Actual technical and
financial project information may vary from that shown above and is subject to change. An " N/A " entry in the table above indicates an unknwon value or a value that is not available. The table includes all resource option
information where information from customer based generation, near commercial, future potential resources, demand side management and generic block projects is available. Average annual energy and range of unit cost
estimates are based on the project information contained in the various resource option datasheets.
1. The 'Natural Gas' resource type does not include the 'Simple Cycle Gas Turbine - 47 MW' generic block.
2. All backup generation options (Diesel, Natural Gas & Oil) are not included, nor are the Wind: Net Metering, Pumped Storage, & Hydro: Resource Smart resource types.
3. Job created includes construction and permanent jobs, with construction jobs in person-year units divided by 20 years to convert to full-time equivalent.
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Table 10-3 - 2005 IEP Resource Option Database
TECHNICAL INFORMATION

FINANCIAL INFORMATION
Unit Energy Cost

UNCERTAINTY

Capacity Adjusted Unit
Energy Cost

Installed
Capacity

Dependable
Capacity

Dependable
Capacity
Factor

(MW)

(MW)

(%)

(GWh)

(%)

(Y/N)

Backup Generation, Net Metering, Near Commercial, and Future Potential Resources
Coal: Near Commercial
250 MW Integrated Coal Gasification Combined Cycle
Diesel: Backup
Diesel Fired IC Engines
Fuel Cell: Near Commercial
Phosphoric Acid Fuel Cell
Fuel Cell: Near Commercial
Proton Exchange Membrane Fuel Cell
Fuel Cell: Near Commercial
Solid Oxide Fuel Cell
Geothermal: Future
Future Geothermal Potential
Large Hydro: Future
Future Large Hydro Potential
Natural Gas: Backup
Natural Gas Fired IC Engines
Oil: Backup
Oil Fired Simple Cycle Combustion Turbine
Pumped Storage: Future
Pumped Storage Opportunities for Vancouver Island
Solar: Net Metering
Solar - Commercial
Solar: Net Metering
Solar - Residential
Tidal: Near Commercial
Tidal Projects
Wave: Near Commercial
Wave Energy Developments
Wind: Net Metering
Small Scale Wind - Residential/Small Business/Farm

229
7
2
2
2
85
1110
7
42.3
500
160
280
843
200
19

229
7
2
2
2
85
1110
7
42.3
500
0
0
42
10
0

100
100
100
100
100
100
100
100
100
100
0
0
5
5
0

1603
12.2
17
17
17
640
5748
12.2
74.1
0
104
280
1466
630
25

80
20
97
97
97
86
59
20
20
0
7
11
20
36
15

Partial
Y
Y
Y
Y
N
Y
Y
Y
Y
N
N
N
N
N

51
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
697
1565
159
98
460

58
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A

51
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
187
113
N/A

58
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A

Medium-high
Medium
Medium
Medium
Medium
High
High
Low
Medium
Medium
Medium
Medium
High
High
Medium

Demand Side Management and Generic Blocks
Biomass
Bundle - Biogas
Biomass
Bundle - Biomass Woodwaste
Biomass
Bundle - Municipal Solid Waste (MSW)
Coal
500 MW Pulverized Coal Supercritical
Geothermal
South Meager Geothermal Project, near Pemberton
Hydro - Resource Smart
Mica New Unit 5
Hydro - Resource Smart
Mica New Unit 6
Hydro - Resource Smart
Revelstoke New Unit 5
Hydro - Resource Smart
Revelstoke New Unit 6
Large Hydro
Peace River Site C
Natural Gas
Greenfield Combined Cycle Gas Turbine - 60 MW
Natural Gas
Greenfield Combined Cycle Gas Turbine - 250 MW
Natural Gas
Greenfield Combined Cycle Gas Turbine - 500 MW
Natural Gas
Small Gas Cogeneration Projects
Natural Gas
Simple Cycle Gas Turbine - 47MW
Natural Gas - Resource Smart
Burrard Re-powering 500 MW - First 2x1 F-series
Natural Gas - Resource Smart
Burrard Re-powering 500 MW - Second 2x1 F-series
Demand Side Management
Energy Efficiency 3
Demand Side Management
Energy Efficiency 4
Demand Side Management
Energy Efficiency 5
Small Hydro
Small Hydro First 1,000 GWh Bundle
Small Hydro
Small Hydro Second 1,000 GWh Bundle
Small Hydro
Small Hydro Third 1,000 GWh Bundle
Small Hydro
Small Hydro Fourth 1,000 GWh Bundle
Small Hydro
Small Hydro Fifth 1,000 GWh Bundle
Small Hydro
Small Hydro Sixth 1,000 GWh Bundle
Small Hydro
Medium Hydro First 1,000 GWh Bundle
Small Hydro
Medium Hydro Second 1,000 GWh Bundle
Wind
North Coast Wind Bundle 1 — Offshore
Wind
North Coast Wind Bundle 1 — Onshore
Wind
North Coast Wind Bundle 2 — Offshore
Wind
North Coast Wind Bundle 2 — Onshore
Wind
North Coast Wind Bundle 3 — Offshore
Wind
North Coast Wind Bundle 3 — Onshore
Wind
Peace Region Wind Bundle 1
Wind
Peace Region Wind Bundle 2
Wind
Peace Region Wind Bundle 3
Wind
Vancouver Island Wind Bundle 1
Wind
Vancouver Island Wind Bundle 2
Wind
Vancouver Island Wind Bundle 3

50
157
51
518
100
480
480
500
500
900
57
243.3
494.2
300
44.7
485
485
N/A
N/A
N/A
260
260
260
260
260
260
260
260
600
400
600
500
300
350
400
400
600
450
300
300

50
157
51
518
100
450
450
480
480
900
57
243.3
494.2
300
44.7
485
485
365
360
307
65
65
65
65
65
65
65
65
72
30
72
37.5
36
26.25
30
30
45
33.75
22.5
22.5

100
100
100
100
100
100
100
100
100
100
100
100
100
N/A
N/A
N/A
25
25
25
25
25
25
25
25
12
7.5
12
7.5
12
7.5
7.5
7.5
7.5
7.5
7.5
7.5

400
1256
408
3627
800
50
50
140
60
4600
456
1946
3954
2400
78.2
3954
3954
2576
2534
2164
1000
1000
1000
1000
1000
1000
1000
1000
2400
950
2220
1080
1020
700
1510
1430
1935
1375
800
700

91
91
91
80
91
58
91
91
91
91
20
93
93
N/A
N/A
N/A
44
44
44
44
44
44
44
44
46
27
42
25
39
23
43
41
37
35
30
27

N
N
N
Partial
N
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
N
N
N
N
N
N
N
N
N
N
N
N
N
N
N
N
N
N
N
N
N
N
N

61
59
74
45
47
N/A
N/A
N/A
N/A
47
71
59
56
68
115
51
49
36
44
54
50
55
55
60
65
70
50
60
81
105
94
125
110
153
49
54
64
64
72
87

71
69
86
52
55
N/A
N/A
N/A
N/A
63
75
62
58
72
125
54
51
37
45
55
64
70
70
76
83
89
64
76
95
123
110
146
129
179
57
63
75
75
84
102

61
59
74
45
47
N/A
N/A
N/A
N/A
47
71
59
56
68
115
51
49
N/A
N/A
N/A
60
65
65
70
75
80
60
70
92
124
106
146
123
176
61
67
78
79
89
107

71
69
87
52
55
N/A
N/A
N/A
N/A
63
75
62
58
72
125
54
51
N/A
N/A
N/A
74
80
80
86
93
99
74
86
106
142
122
167
141
202
69
76
89
90
101
121

High
Medium
Medium
Low-medium
Medium
Medium
Medium
Low
Medium
Medium
Low
Low
Low
Low-medium
Medium
Medium
Medium
Low
Medium
High
Low
Low
Low
Medium
Medium
High
Low
Medium
Medium-high
Medium-high
Medium-high
Medium-high
Medium-high
Medium-high
Medium-high
Medium-high
Medium-high
Medium-high
Medium-high
High

Resource Type

Project Name

Average
Annual
Energy

Capacity
Factor

Dispatchable

Real Rate, Nominal Real Rate, Nominal
6%
Rate, 8%
6%
Rate, 8%
($/MWh) ($/MWh) ($/MWh) ($/MWh)

Price

SOCIAL ATTRIBUTES

Development

Construction
Jobs

Permanent
Jobs

ENVIRONMENTAL ATTRIBUTES
Meets BC
Hydro
Clean
Criteria

Greenhouse
Gas (CO2)
Emissions

(Y/N)

(t/GWh)

Land Area Impacts (ha)

Local Air Emissions (t/GWh)

SOx

NOx

CO

VOC

PM 10

PM 2.5

Hg

(person-years)

(f/t
equivalent)

High
Medium
Medium
Medium
Medium
High
High
Medium
Low
Medium
Medium
Medium
High
High
Medium

1750
N/A
N/A
N/A
N/A
340
14130
N/A
20
N/A
N/A
N/A
N/A
160
N/A

77
N/A
N/A
N/A
N/A
40
61
N/A
2
28
N/A
N/A
N/A
16
N/A

N
N
Y
Y
Y
Y
Y
N
N
Y
Y
Y
Y
Y
Y

863
705
0
0
0
10.42
0
510
790
0
0
0
0
0
0

0.19
0.49
0.0002
0.006
0.0003
0
0
0.0055
2.2
0
0
0
0
0
0

0.08
7.9
0.003
0.005
0.003
0
0
0.07
0.19
0
0
0
0
0
0

0.08
0.33
N/A
N/A
N/A
0
0
0.22
0.07
0
0
0
0
0
0

N/A
N/A
0
0
0
0
0
0.75
0.002
0
0
0
0
0
0

0.009
0.43
0
0
0
0
0
0.07
0.13
0
0
0
0
0
0

N/A
N/A
0
0
0
0
0
N/A
N/A
0
0
0
0
0
0

1.5E-06
0
0
0
0
0
0
0
0
0
0
0
0
0
0

Medium
Medium
Medium
Medium
Medium
Low
Low
Low
Low
Medium
Medium
Medium
High
Low
Medium
High
High
Low
Medium
High
Low
Low
Low
Medium
Medium
High
Low
Medium
Medium
Medium
Medium
Medium
High
High
Medium
Medium
High
Medium
Medium
High

250
2500
1250
1750
400
440
440
300
300
5110
120
400
700
900
40
350
350
5000
13000
15000
1104
1104
1104
1104
1104
1104
1104
1104
500
400
500
500
280
500
175
375
175
450
300
300

5
115
60
77
45
0
0
0
0
25
20
40
50
90
10
50
50
0
0
0
27
27
27
27
27
27
27
27
30
24
30
30
18
30
12
24
12
27
18
18

Y
Y
Y
N
Y
Y
Y
Y
Y
Y
N
N
N
Y
N
N
N
N
N
N
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y
Y

0
0
500
855
0
0
0
0
0
0
400
350
350
215
530
350
350
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0

0.45
0.2
0.45
0.66
0
0
0
0
0
0
0.0043
0.0043
0.0043
0.0047
0.0053
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0

0.7
0.95
2.4
0.14
0
0
0
0
0
0
0.05
0.05
0.05
0.25
0.05
0.05
0.05
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0

2.1
1.6
0.15
0.09
0
0
0
0
0
0
0.2
0.06
0.06
0.058
0.03
0.06
0.06
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0

0.68
0
0.02
0.01
0
0
0
0
0
0
0.002
0.01
0.01
0.0041
0.002
0.01
0.01
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0

0.07
0.8
0.02
0.015
0
0
0
0
0
0
0.03
0.03
0.03
0.0037
0.03
0.03
0.03
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0

N/A
N/A
N/A
N/A
0
0
0
0
0
0
N/A
N/A
N/A
0.0037
N/A
N/A
N/A
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0

0
0
0
2.9E-06
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0
0

Transmission
Lines

Roads

75
1
N/A
N/A
N/A
8450
N/A
1
1
N/A
0
0
1674
10
57

570
0
N/A
N/A
N/A
275
N/A
0
0
0
0
0
N/A
0
0

20
0
N/A
N/A
N/A
N/A
N/A
0
0
0
0
0
N/A
0
0

0
0
0
75
4
0
0
0
0
280
13
28
35
0
2
0
0
0
0
0
0
0
0
0
0
0
0
0
60
40
60
50
30
35
40
40
60
45
30
30

0
0
0
570
200
0
0
0
0
570
12.5
12.5
12.5
0
12.5
0
0
0
0
0
139
139
139
139
139
139
40
40
250
250
250
250
250
250
62.5
62.5
62.5
125
125
125

0
0
0
20
62.5
0
0
0
0
142
0.1
0.1
0.1
0
0.1
0
0
0
0
0
31
31
31
31
31
31
9
9
150
150
150
150
150
150
37.5
37.5
37.5
75
75
75

Site

Aquatic
Habitat
Area
Impacted

Land Use
Classification

Flooded
Land

Total Land
Area
Impacted

2.5
0
N/A
N/A
N/A
N/A
N/A
0
0
0
0
0
0
0
0

0
0
0
0
0
0
26650
0
0
N/A
0
0
0
0
0

667.5
1
N/A
N/A
N/A
N/A
N/A
1
1
N/A
0
0
N/A
10
57

N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A

Forest
Existing Site
Existing Site
Existing Site
Existing Site
Forest
Forest/Aquatic
Existing Site
Existing Site
N/A
Existing Site
Existing Site
Aquatic
Aquatic
N/A

0
0
0
2.5
2.5
0
0
0
0
0
1.25
1.25
1.25
0
1.25
0
0
0
0
0
23
23
23
23
23
23
7
7
0
0
0
0
0
0
0
0
0
0
0
0

0
0
0
0
0
0
0
0
0
5341
0
0
0
0
0
0
0
0
0
0
N/A
N/A
N/A
N/A
N/A
N/A
N/A
N/A
0
0
0
0
0
0
0
0
0
0
0
0

0
0
0
667.5
269
0
0
0
0
6333
26.85
41.85
48.85
0
15.85
0
0
0
0
0
193
193
193
193
193
193
56
56
460
440
460
450
430
435
140
140
160
245
230
230

0
0
0
5.18
5.38
0
0
0
0
3975
0.28
0.28
0.28
0
0.28
0
0
0
0
0
49
49
49
49
49
49
22
22
10.5
10.5
10.5
10.5
10.5
10.5
2.62
2.62
2.62
5.25
5.25
5.25

Existing Site
Existing Site
Existing Site
Forest
Forest
Existing Site
Existing Site
Existing Site
Existing Site
Forest/Aquatic
Populated
Populated
Populated
No Impact
Populated
Existing Site
Existing Site
Existing Site
Existing Site
Existing Site
Forest
Forest
Forest
Forest
Forest
Forest
Forest
Forest
Forest/Aquatic
Forest
Forest/Aquatic
Forest
Forest/Aquatic
Forest
Forest
Forest
Forest
Forest
Forest
Forest

Pipelines

(ha)

Notes:
Resource option information was prepared for BC Hydro's electricity planning purposes only. This information should not be relied upon by others for design, financing, or development decision-making. Actual technical and financial project information may vary from that shown above and is subject to change. An N" /A " entry in the table above indicates an unknwon value or a value that is not available. The table includes all resource option information where information from
customer based generation, near commercial, future potential resources, demand side management and generic block projects is available. Average annual energy and range of unit cost estimates are based on the project information contained in the various resource option datasheets
1. The dependable capacity factor is the dependable capacity divided by the installed capacity and the capacity factor is the average annual energy divided by the maximum annual energy based on the installed capacity
2. Energy Efficiency 4 and 5 are not "stand alone" resource options. Energy Efficiency 4 can be implemented following Energy Efficiency 3 and Energy Efficiency 5 can be implemented following Energy Efficiency 4
3. Land Use Classification is based on the dominant land use classes for each resource option tabulated in the datasheets. The six land use classes contained in the datasheets are Agriculture, Populated, Aquatic (Wildlife), Forest (Wildlife), Moutnain (Wildlife), and Barren
4. The natural gas UEC is based on the EIA gas forecast.
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TERMS OF REFERENCE
IN THE MATTER OF the Utilities Commission Act (“the Act”)
and
IN THE MATTER OF Terms of Reference for a Regulatory Review of British
Columbia Hydro and Power Authority’s (“BC Hydro”) 2005 Resource Options
Report (the “ROR”)
WHEREAS BC Hydro filed its 2004/2005 to 2005/2006 Revenue Requirements
Application (the “Application”) with the British Columbia Utilities Commission (the
“Commission”) on 15 December 2003, as amended on 29 March 2004 and on 31
March 2004; and
WHEREAS Subsection 45(6.1) of the Act requires BC Hydro to file a plan of its
capital expenditures, demand side management expenditures and resource
acquisition costs; and
WHEREAS, during the oral hearing into the Application, BC Hydro presented a
proposal to file the ROR with the Commission for review as part of the
Subsection 45(6.1) filing process; and
WHEREAS BC Hydro’s ROR proposal included proposing and the Commission
issuing terms of reference (the “Terms of Reference”) based on the commentary
of issues raised during the ROR consultation process to establish the scope of
regulatory review of the ROR; and
WHEREAS, on 29 October 2004 the Commission issued its decision (the
“Decision”) with respect to the Application; and
WHEREAS, as part of the Decision, the Commission approved BC Hydro’s
proposals with respect to the Terms of Reference and ROR; and
WHEREAS, on 6 June 2005 BC Hydro filed the proposed Terms of Reference
with the Commission.
NOW THEREFORE the Commission shall conduct a written hearing pursuant to
Subsection 45(6.2)(a) of the Act to obtain determinations with respect to the
following:
1.

Whether BC Hydro should begin to use the Effective Load Carrying
Capacity method to account for the capacity value of energy resources, as
described in Section 3.1 of the ROR.

2
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2.

Whether BC Hydro should exclude corporate overhead from the cost of
resource options, as described in Section 4.3 of the ROR.

3.

Whether BC Hydro should exclude from the resource evaluation federal
government development subsidies for wind and other renewable
generating units announced in the recent federal budget, as described in
Section 4.2 of the ROR.

4.

Whether BC Hydro should use the same discount rate for different
resource options, despite variations in fuel risk, as described in Section
4.4 of the ROR.

5.

Whether BC Hydro ought to reflect actual capital cost uncertainties for
conceptual stage projects, as described in Section 4 of the ROR.

3
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Appendix B 1 – General Database Sheets
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Appendix &
“Database” Page
TABLE OF CONTENTS

I

INTRODUCTION
Resource Option Database Fields

IV

Summary Explanation of Unit Energy Cost and Unit Capacity Cost Calculations

VIII

Transmission Options

X

GENERAL DATABASE SHEETS
Demand Side Management
Energy Efficiency 3

1

Energy Efficiency 4

3

Energy Efficiency 5

5

Backup Generation
Natural gas – Natural Gas Fired IC Engines

7

Diesel - Diesel Fired IC Engines

10

Oil – Oil Fired Simple Cycle Combustion Turbine

13

Net Metering
Small-Scale Wind - Residential/ Small Business/ Farm
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Solar – Commercial
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Solar – Residential
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Coal – 250 MW Integrated Coal Gasification Combined Cycle
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Fuel Cell – Phosphoric Acid Fuel Cell
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Fuel Cell – Solid Oxide Fuel Cell
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Supply Side Options – Thermal Natural Gas
Simple Cycle Gas Turbine – 47 MW

41

Greenfield Combined Cycle Gas Turbine – 250 MW

43

Greenfield Combined Cycle Gas Turbine – 500 MW

45

Greenfield Combined Cycle Gas Turbine – 60 MW

47

Small Gas Cogeneration Projects

49

Supply Side Options – Thermal Coal
560 MW Pulverized Coal Supercritical

51

Supply Side Options – Biomass
Bundle – Biomass Woodwaste

54

Bundle – Municipal Solid Waste (MSW)

56

Bundle – Biogas

58

Supply Side Options – Geothermal
South Meager Geothermal Project, near Pemberton

60

Supply Side Options - Wind
Vancouver Island Wind Bundle 1

62

Vancouver Island Wind Bundle 2

64

Vancouver Island Wind Bundle 3

66

North Coast Wind Bundle 1 – Onshore

68

North Coast Wind Bundle 2 – Onshore

70

North Coast Wind Bundle 3 – Onshore

72

North Coast Wind Bundle 1 – Offshore

74

North Coast Wind Bundle 2 – Offshore

76

North Coast Wind Bundle 3 – Offshore

78

Peace Region Wind Bundle 1

80

Peace Region Wind Bundle 2

82

Peace Region Wind Bundle 3

84

Supply Side Options – Small Hydro
Small Hydro First 1000 GWh Bundle

86

Small Hydro Second 1000 GWh Bundle

88

Small Hydro Third 1000 GWh Bundle

90

Small Hydro Fourth 1000 GWh Bundle

92

Small Hydro Fifth 1000 GWh Bundle

94

Small Hydro Sixth 1000 GWh Bundle

96
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Medium Hydro First 1000 GWh Bundle

98

Medium Hydro Second 1000 GWh Bundle

100

Supply Side Options – Large Hydro
Peace River Site C

102

Supply Side Options – Resource Smart Hydro
Mica New Unit 5

106

Mica New Unit 6

108

Revelstoke New Unit 5

110

Revelstoke New Unit 6

111

Supply Side Options – Resource Smart Burrard
Burrard Repowering 500 MW – First 2x1 F-series

113

Burrard Repowering 500 MW – Second 2x1 F-series

115

Transmission
Kelly Lake Substation 500 kV Reconfiguration

117

Mica G5 Transmission Reinforcement

118

Mica G6 Transmission Reinforcement

119

Nicola Substation 500 kV Reconfiguration

120

Burrard Replacement

121

Kelly Lake to Cheekye 500 kV line (5L46)

122

Nicola to Meridian 500 kV line (5L83)

123

Revelstoke G5 Transmission Reinforcement

125

Revelstoke G6 Transmission Reinforcement

126

SEL to NIC/ACK Transmission Reinforcement

127
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INTRODUCTION
Resource Option Database Fields
Resource option information has been prepared for BC Hydro's electricity planning purposes
only. This information should not be relied upon by others for design, financing or
development decision-making. It is expected that based on further study and verification,
actual technical and financial project information may vary from that shown here.
Table B.1
Resource Option Database Fields
Entry Format
(text, restricted text
selection, or numerical)
General Project Information
Field Name

Project Name

Text

Resource Category

Alternative
Hydro
Thermal
Transmission
Resource Smart
Imports
Demand SideManagement

Level of Study

Conceptual
Pre-Feasibility
Feasibility
Design
In Progress
Varies

Description

Resource Options were named to identify the
resource/region/proponent/specific project that
was being characterized.
Resources have been broadly classified as
Alternative, Hydro, Thermal, Transmission,
Resource Smart, Imports and Demand Side
Management (DSM).
Some resources have been further categorized
to identify technologies or fuel types (i.e. wind,
biomass, natural gas).
Five categories of study indicate the level of
detail that the resource option is based on. The
categories are defined as follows:
Conceptual – project data is based on limited
research and no specific resource data.
Pre-feasibility – a project of this level has had
some resource studies completed and includes
site specific data.
Feasibility – the project includes information from
resource studies and detailed site studies.
Design – full detailed estimates and specific site
plans have been completed and drawn up for the
project.
In Progress – partially complete projects.
Varies – project data is based on a mixture of
projects with different level of details.
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Entry Format
(text, restricted text
selection, or numerical)
Lower Mainland (LM)
Vancouver Island (VI)
Central Interior (CI)
North Coast (NC)
Peace Region (PR)
Kelly Nicola (KN)
Selkirk (SE)
East Kootenay (EK)
All
Unspecified

Projects are separated into one of the eight
geographic Transmission Regions.
Transmission Resources use receiving region as
Region Definition.
Demand Side Management projects were
considered not specific to one region and are
valid for all regions.

Text

General description of project location,
technology and resource. Comments on specific
issues regarding the development of the project
may be included.

Description

Technical Information
Installed Capacity

MW

Average Annual
Energy

GWh per year

Dependable Capacity

MW

Firm Energy

GWh per year

Average Heat Rate

GJ per GWh

For generation plants, this is the nameplate
capacity rating. Power Smart does not have an
installed capacity equivalent calculated.
The annual energy that the project is capable of
delivering on average.
For Power Smart the total projected energy
savings of the program is presented.
The definition of Dependable Capacity described
in this report was used. For Power Smart an
Equivalent Dependable Capacity is presented for
winter heavy load hours.
Primarily applicable to thermal resources and the
link between firm energy and a firm fuel supply
contract.
Unknown for most renewable sources without
further hydrologic, wind or other resource
analysis.
The average heat rate is available for thermal
projects only.

Financial Information

Direct Capital Cost

$ 000s
(in 2004 $)

Fixed Operating and
Maintenance Cost

$ 000s per year
(in 2004 $)

Variable Operating
and Maintenance Cost

$ per MWh
(in 2004 $)

Costs at site including interconnection and all
project development costs; typically does not
include interest during construction, a corporate
overhead adder, and inflation.
For DSM the equivalent field name is Utility Cost.
Annual fixed operation and maintenance costs.
Operation and maintenance costs that vary
depending on the energy output of the facility.
Variable OMA for natural gas project entries
does not include fuel cost as that is incorporated
in system modelling and Portfolio Evaluation.
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Variable Taxes
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Entry Format
(text, restricted text
selection, or numerical)
$ 000s per year
(in 2004 $)
$ per kW-year
(in 2004 $)
$ per MWh
(in 2004 $)

Fuel Name

Text

Project Life

Years

Project Lead Time

Years

Unit Energy Cost

$ per MWh delivered to
transmission system

Description
Annual fixed taxes.
Tax paid by Crown Corporations to municipalities
for local services received.
Taxes that vary depending on the energy output
of the facility.
The type of fuel used by the project (e.g. water,
natural gas etc.).
Lifetime of project, used in calculation of unit
energy cost.
Includes the time needed for permitting and
construction, unless otherwise stated.
Unit energy cost of production at the site.
Transmission losses to be added at portfolio
level.
Power Smart Unit Energy Cost will be
represented as Total Resource Unit Energy Cost.

Social and Environmental Information

Clean Energy

Yes or No

Greenhouse Gas
(GHG) Emission
Factor

Metric tonnes of CO2
equivalents per GWh

SOx
NOx
CO
VOC

Metric tonnes per GWh
Metric tonnes per GWh
Metric tonnes per GWh
Metric tonnes per GWh

PM 10

Metric tonnes per GWh

PM 2.5

Metric tonnes per GWh

Hg

Metric tonnes per GWh

Impacted Land

Hectares (ha)

Aquatic Habitat

Hectares (ha)

B.C. Clean Energy includes:
Alternative Energy
Resource Smart
Low impact large hydro
Cogeneration
The equivalent number of tonnes of CO2 (carbon
dioxide) produced per GWh. Equivalent metric
tonnes of CO2 are calculated for methane and
nitrous oxide as follows: CH4 (methane) tonnes x
21, and N2O (nitrous oxide) x 310 until 2012.
After 2013 use factors: CH4 x 23, and N2O x 296.
Sulphur Oxides
Nitrous Oxides
Carbon Monoxide
Volatile Organic Compounds
Particulate Matter less than 10 microns in
diameter.
Particulate Matter less than 2.5 microns in
diameter.
Mercury. Generally this emission applies only to
coal fired generation. Coal in B.C. tends to have
low mercury content. The Ministry of Water, Land
and Air Protection, Coal-Fired Power Boiler
Emission Guidelines does not currently regulate
mercury.
New area of land used by a new project including
project site, transmission lines, roads, pipelines
and inundated land.
Area of aquatic habitat potentially affected by a
new project
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Construction Jobs
Created
Operation Jobs
Created
Uncertainty
Development
Uncertainty
Price Uncertainty

2005 INTEGRATED ELECTRICITY PLAN

Entry Format
(text, restricted text
selection, or numerical)

Description
The number of jobs directly attributable to the
project during the construction phase.

# of person-years

Full time equivalents
1 = Low
2 = Medium
3 = High
1 = Low
2 = Medium
3 = High

Number of full time permanent positions created
by project, over the project life.
Subjective ranking of likelihood that a project will
not be developed.
Subjective ranking of likelihood that the unit
energy cost will be greater than predicted.
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Summary Explanation of Unit Energy Cost and Unit Capacity Cost Calculations
This section explains the Unit Energy Cost and Unit Capacity Cost calculations in the project
summary sheets in Appendix B for individual generation resources. See also Section 4.0 of
the Resource Options Report for more information.
Unit Energy Cost (UEC):
For selected real pre-tax discount rate, Investment Cost (Annualized Capital) in k$/yr equals
Total Direct Capital Cost plus Interest During Construction (IDC) converted to a uniform
annual payment based on project life. The selected discount rate and project lead time are
used to calculate IDC. The annualizing formula = (A x i)/(1-1/(1+i)n), where A = Direct capital
+ IDC in real dollars, i = real pre-tax discount rate and n= project life in years Fixed
Investment ($/MWh) is this Investment Cost (Annualized Capital) (k$/yr) divided by the
annual average energy in GWh/year. Fixed Operations ($/MWh) is Fixed Operating and
Maintenance Cost ($1000/yr), Fixed Taxes and Grants-in-lieu ($1000) plus total annual firm
fuel transportation divided by average annual energy. Total firm fuel transportation,
applicable to natural gas projects, is $/GJ x heat rate x GWh/year divided by 1000. Variable
Operations ($/MWh) is Variable Operating and Maintenance Cost ($/MWh) plus Variable
Taxes ($000) divided by average annual energy. Fuel Cost ($/MWh) is Average heat rate
(GJ/GWh) times forecasted fuel cost in $/GJ divided by 1000.
Capacity Adjusted Unit Energy Cost:
For projects that have installed capacity greater than their dependable capacity, the
difference in MW is valued at $50/kW-yr (assumed average cost of capacity). This $k/year is
divided by the average annual energy of the project to derive a $/MWh adder to the project’s
unit energy cost.
Unit Capacity Cost (UCC):
This is calculated for projects, which predominantly provide dependable capacity. For
selected real pre-tax discount rate, Investment Cost (Annualized Capital) in k$/yr equals
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Total Direct Capital Cost plus Interest During Construction (IDC) converted to a uniform
annual payment based on project life. The selected discount rate and project lead time are
used to calculate IDC. The annualizing formula = (A x i)/(1-1/(1+i)n), where A = Direct capital
+ IDC in real dollars, i = real pre-tax discount rate and n= project life in years. Fixed
Investment ($/kW-yr) is this investment cost in $k/yr divided by the project’s dependable
capacity in MW. Fixed Operations ($/kW-yr) is Fixed Operating and Maintenance Cost
($1000/yr), Fixed Taxes and Grants-in-lieu ($1000), total annual firm fuel transportation
divided by dependable capacity in MW plus water rental for capacity ($/kW-yr). Variable
Operations and Fuel Costs are excluded.
Adjusted Unit Capacity Cost ($/kW-yr):
For projects which provide predominantly dependable capacity but with accompanying
energy the UCC is adjusted as follows: Variable operating and fuel cost in $k/year is
calculated based on average annual energy in GWh. The value of the energy in $k/year is
calculated based on $55/MWh which is an estimate of market prices during heavy load
hours. The adjusted UCC is UCC plus variable operating cost in $/year divided by
dependable capacity in MW less the value of the energy in $k/year divided by dependable
capacity in MW.
Note: Unit energy costs for Power Smart were calculated using the discounted cashflow
method described in Section 4.1 of the Resource Options Report. Annualized cost method is
not applicable because annual energy benefits are not uniform. Please refer to the
Resource Options Report for discussion of how unit energy costs were estimated for
resource bundles.
Unit costs are not provided for transmission projects.
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Transmission Options
Included in this appendix are project datasheets for a number of transmission projects.
The British Columbia Transmission Corporation now plans, manages and operates BC
Hydro’s transmission system. BCTC participates in BC Hydro’s integrated electricity
planning process by providing information for the Resource Options Report on major
transmission upgrades required to interconnect new generation projects and information
on major transmission projects that are required to reinforce the bulk system as a whole.
The cost and attributes of transmission required to interconnect new generation projects
is included in the datasheets for the generation options presented in the Resource
Options Report. Project specific transmission to interconnect the additional units 5 and 6
at Revelstoke and Mica is provided on separate datasheets. Transmission requirements
associated with Burrard replacement is also provided in a separate datasheet.
As alternative portfolios of generation and demand-side-management resources are
developed over the course of the 2005 IEP, BCTC will evaluate these portfolios and
provide their assessment of which bulk system transmission additions are required and
their timing. Datasheets are provided for a number of major transmission projects which
are expected to be required in various supply portfolios.
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PROJECT:

Energy Efficiency 3

Resource Category: Demand Side Management - Power Smart

Level of Study: Feasibility

Region: All

PROJECT DESCRIPTION
The Conservation Potential Review 2002 (CPR), in its Likely Achievable Scenario, identifies potential savings beyond those that have
been committed in Energy Efficiency 2. Energy Efficiency 3 is derived from the Likely Achievable scenario and is based on a
continuation of Energy Efficiency 2 over the 5-year period 2012/13 to 2016/17. With the additional year beyond the CPR study period,
Energy Efficiency 3 is expected to achieve annual savings of approximately 2,576 GWh by 2017/18. These savings are in addition to
Energy Efficiency 2 savings.
Technologies employed in Energy Efficiency 3 are similar to those in Energy Efficiency 2, but with updates and additions, as newer
energy efficient technologies become available (see Resource Option Report).
The savings attributable to each of the sectors are as follows: Residential (26.6%), Commercial (28.5%) and Industrial (44.9%). These
allocations were based on the ratio determined from the Energy Efficiency 2 data over all 10 program years.

TECHNICAL INFORMATION
Equivalent Dependable Capacity (MW)
Projected Annual Energy Savings (GWh)

365
2576

Equivalent Dependable Capacity and Annual Energy Savings values represent the total target savings for the program once
complete. Equivalent dependable capacity was estimated using high-load-hour energy savings and the methodology outlined
in the Conservation Potential Review Sections included in the Resource Option Report appendices. The capacity and energy
values include avoided transmission losses and distribution losses, and are acquired values versus run rate. Acquired energy
represents the amount of energy (GWh) actually saved within the year in question. Run rate values represent the savings rate
(GWh) at the end of the year in question. Energy values quoted for Energy Efficiency 3, 4 and 5 are acquired energy numbers.
Energy values quoted for the CPR and the current Energy Efficiency and Load Displacement Plans are run rate energy
numbers. Run rate may differ from the acquired energy stated in the Resource Options. Acquired energy numbers are used
when DSM values are subtracted from the Load Forecast in the 2005 IEP Portfolio Evaluation.
The difference between the 2004 Load Forecast Before Power Smart and the 2004 Load Forecast After DSM (provided in IEP
Chapter 2 Supply/Demand Outlook) reflects the incremental impact of the current DSM programs including avoided losses.
The Energy Efficiency 3 program period assumed for the 2005 Integrated Electricity Plan is 2012/13 to 2016/17, however the
energy and equivalent capacity savings are assumed to be persist to the end of the 2005 IEP Study. Energy efficiency savings
are considered to continue indefinitely since the program involves the replacement of inefficient technologies. Energy
efficiency savings are considered "firm." Projects receive a technical review prior to commitment and a site inspection when
complete. Subsequent to that, a measurement and verification process is carried out. In addition, each program is evaluated
with the evaluation study being signed off by an Evaluation Oversight Team that includes members from various areas of the
BC Hydro organization. Each step in the process can result in a change to the numbers and the reported numbers will be
adjusted to be current. While there are some measures that are not considered permanent, these are dropped out of the
reported numbers at the end of their life.

FINANCIAL INFORMATION (in 2004 $)
$182,231
$0
$0
20
5
$18
$18
$36

Utility Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)
Utility Energy Cost ($/MWh)
Customer Energy Cost ($/MWh)
Total Resource Cost ($/MWh)

Project life for Energy Efficiency represents the total number of years over which the utility investment would be paid. Project
lead time represents the number of years from project initiation to achievement of projected maximum savings. In the analysis,
it has been assumed that the total resource cost for Energy Efficiency 3, at $36/MWh, is $2/MWh higher than Energy
Efficiency 2. Energy Efficiency savings are considered to continue indefinitely since the program involves replacement of
inefficient technologies. The unit energy cost for this project is estimated to range from $33/MWh to $43/MWh, based on the
price uncertainty ranking.
The total resource cost and utility energy cost based on an 8% real discount rate for Energy Efficiency 3 is $37/MWh and
$17/MWh respectively.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Printed: 2005-06-13

SOx

NOx
0

No
0

CO
0

VOC
0
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PM 10
0

PM 2.5
0

Hg
0

0
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PROJECT:

Energy Efficiency 3

Resource Category: Demand Side Management - Power Smart
Impacted Land
(Hectares)

Site

Level of Study: Feasibility

Transmission
0

Road
0

Pipeline
0

Agricultural

Total
0

0

0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

Region: All

Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

There are no significant environmental impacts associated with Energy Efficiency programs. Impacts from disposal or
treatment of waste that may be associated with specific demand-side management programs appear to be small. In addition,
demand-side management does not have land use impacts or direct social/community implications.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

5000
0

Job data available for DSM projects from the 2004 IEP includes indirect jobs, induced jobs, and job creation in the general
economy due to re-spending effects. For the 2005 IEP, only direct jobs are being measured. Direct jobs related to DSM are
created in performing the installations, and DSM tends to be labour intensive relative to other resource options. Since the
break down of direct jobs was not available, it was assumed that 63% of the total for direct, indirect, and induced jobs provided
in the 2004 IEP would be direct jobs related to installations. These jobs are classified as construction jobs in the IEP. For a
given volume of savings from DSM, there are no permanent jobs as there are no long-term operation and maintenance jobs
related to the DSM project.

UNCERTAINTY
Development Uncertainty

Low

Energy Efficiency 3 is an extension of Energy Efficiency 2 using technologies that are currently available or well developed. Its
savings reach the "Likely Achievable" level from the Conservation Potential Review (CPR).
Price Uncertainty

Low

As an extension of Energy Efficiency 2 using similar technologies, the costs are well known.

REFERENCES
BC Hydro Energy Efficiency Plan, 2005
BC Hydro, Power Smart 10 Year Plan, 2003.
Bond, M., Internal BC Hydro Power Smart Forecast Data (version 1.1), December 6, 2004.
BC Hydro Load Displacement Plan, 2005
BC Hydro 1995 Integrated Electricity Plan, Appendix E, ISSN 1180-2561, October 1995.
BC Hydro, Conservation Potential Review, Industrial Sector Report (Base Year: Fiscal 2000/01), 2002.
BC Hydro, Conservation Potential Review, Commercial Sector Report (Base Year: Fiscal 2000/01), 2002.
BC Hydro, Conservation Potential Review, Residential Sector Report (Base Year: Fiscal 2000/01), 2002.
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PROJECT:

Energy Efficiency 4

Resource Category: Demand Side Management - Power Smart

Level of Study: Pre-feasibility Region: All

PROJECT DESCRIPTION
The Conservation Potential Review 2002 (CPR), in its Upper Achievable scenario, identifies additional savings beyond Energy
Efficiency 2 and 3. Energy Efficiency 4 is derived from the Upper Achievable scenario and is based on an even more aggressive
efficiency program, including additional government actions that mandate energy efficiency through regulation and legislation. It also
includes aggressive promotion of new technologies and efforts to advance the availability of these technologies. Beginning in 2009/10
and ending in 2023/24, Energy Efficiency 4 is expected to achieve annual energy savings of approximately 2534 GWh.
For the purposes of the 2005 IEP study it is assumed that 15-year Energy Efficiency 4 program will start in 2009/10. However, if
additional energy efficiency savings are required, it could begin as early as 2006/7. It should be noted that initiating Energy Efficiency 4
as early as 2006/07 could result in increased unit costs. In the near term, Energy Efficiency is very aggressive, but towards the end of
the 2005 IEP study period it becomes quite conservative since there are eight additional years following the CPR study period to
actually achieve the targeted savings.
The savings attributable to each of the sectors are as follows: Residential (26.6%), Commercial (44.9%) and Industrial (44.9%). These
allocations were based on the ratio determined from the Energy Efficiency 2 data over all 10 program years.

TECHNICAL INFORMATION
Equivalent Dependable Capacity (MW)
Projected Annual Energy Savings (GWh)

360
2534

Equivalent Dependable Capacity and Annual Energy Savings values represent the total target annual savings for the program
once complete. Equivalent dependable capacity was estimated using high-load-hour energy savings and the methodology
outlined in the Conservation Potential Review Sections included in the Resource Option Report appendices. The capacity and
energy values include avoided transmission and distribution losses, and are acquired values versus run rate. Acquired energy
represents the amount of energy (GWh) actually saved within the year in question. Run rate values represent savings rate
(GWh/yr) at the end of the year in question.
Energy values quoted for Energy Efficiency 3, 4, and 5 are acquired energy numbers. Energy values quoted for the CPR and
the current Energy Efficiency and Load Displacement Plans are run rate energy numbers. Run rate may differ from the
acquired energy stated in the Resource Options. Acquired energy numbers are used when DSM values are subtracted from
the Load Forecast in the 2005 IEP Portfolio Evaluation.
The difference between the 2004 Load Forecast Before DSM and the 2004 Load Forecast After DSM (provided in IEP Chapter
2 Supply/Demand Outlook) reflects the incremental impact of the current DSM programs including avoided losses.
The Energy Efficiency 4 program period assumed for the 2005 Integrated Electricity Plan is 2009/10 to 2023/24, however the
energy and equivalent caacity savings rate at the end of 2024/25 would persist beyond the end of the IEP Study. Energy
efficiency savings are considered to continue indefinitely since the program involves the replacement of inefficient
technologies. Energy efficiency savings are considered "firm." Projects receive a technical review prior to commitment and a
site inspection when complete. Subsequent to that, a measurement and verification process is carried out. In addition, each
program is evaluated with the evaluation study being signed off by an Evaluation Oversight Team that includes members from
various areas of the BC Hydro organization. Each step in the process can result in a change to the numbers and the reported
numbers will be adjusted to be current. While there are some measures that are not considered permanent, these are dropped
out of the reported numbers at the end of their life.

FINANCIAL INFORMATION (in 2004 $)
Utility Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)
Utility Energy Cost ($/MWh)
Customer Energy Cost ($/MWh)
Total Resource Cost ($/MWh)

$425,993
$0
$0
20
15
$19
$25
$44

Project life for represents the total number of years over which the utility investment would be paid. Project lead time
represents the number of years from project initiation to achievement of projected maximum rate of savings. In the analysis, it
has been assumed that the total resource cost for Energy Efficiency 4, at $44/MWh, is $10/MWh higher than Energy Efficiency
2. Energy Efficiency savings are considered to continue indefinitely since the program involves replacement of inefficient
technologies. The unit energy cost for this project is estimated to range from $36/MWh to $56/MWh, based on the price
uncertainty ranking.
The total resource cost and utility energy cost based on an 8% real discount rate for Energy Efficiency 4 is $45/MWh and
$19/MWh respectively.
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PROJECT:

Energy Efficiency 4

Resource Category: Demand Side Management - Power Smart

Level of Study: Pre-feasibility Region: All

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

No
0

CO
0

Site

VOC

Transmission
0

PM 10

0

0
Road

0

Agricultural

Hg
0

Pipeline
0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

0

0
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

There are no significant environmental impacts associated with energy efficiency programs. Impacts from disposal or
treatment of waste that may be associated with specific demand-side management programs appear to be small. In addition,
demand-side management does not have land use impacts or direct social/community implications.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

13000
0

Job data available for DSM projects from the 2004 IEP includes indirect jobs, induced jobs, and job creation in the general
economy due to re-spending effects. For the 2005 IEP, only direct jobs are being measured. Direct jobs related to DSM are
created in performing the installations, and DSM tends to be labour intensive relative to other resource options. Since the
break down of direct jobs was not available, it was assumed that 63% of the total for direct, indirect, and induced jobs provided
in the 2004 IEP would be direct jobs related to installations. These jobs are classified as construction jobs in the IEP. For a
given volume of savings from DSM, there are no permanent jobs as there are no long-term operation and maintenance jobs
related to the DSM project.

UNCERTAINTY
Development Uncertainty

Medium

Energy Efficiency 4 is more aggressive version of Energy Efficiency 2 and 3. It reaches the Upper Achievable savings from the
Conservation Potential Review (CPR) but eight years later. It relies on actions by the government as well as by BC Hydro.
Medium

Price Uncertainty

The Total Resource Cost from Energy Efficiency 2 has been scaled up to provide a rough estimate of the costs of Energy
Efficiency 4.

REFERENCES
BC Hydro, Conservation Potential Review, Residential Sector Report (Base Year: Fiscal 2000/01), 2002.
BC Hydro 1995 Integrated Electricity Plan, Appendix E, ISSN 1180-2561, October 1995.
Bond, M., Internal BC Hydro Power Smart Forecast Data (version 1.1), December 6, 2004.
BC Hydro Load Displacement Plan, 2005
BC Hydro, Power Smart 10 Year Plan, 2003.
BC Hydro, Conservation Potential Review, Industrial Sector Report (Base Year: Fiscal 2000/01), 2002.
BC Hydro, Conservation Potential Review, Commercial Sector Report (Base Year: Fiscal 2000/01), 2002.
BC Hydro Energy Efficiency Plan, 2005
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PROJECT:

Energy Efficiency 5

Resource Category: Demand Side Management - Power Smart

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
The Conservation Potential Review 2002 (CPR), identifies additional economic savings beyond Energy Efficiency 2, 3 and 4. Energy
Efficiency 5 is based on an very aggressive scenario which captures half of the savings identified in the CPR between the Upper
Achievable (Energy Efficiency 4) and the Economic Scenario. While the CPR identifies these savings as being economic in 2015/16,
Energy Efficiency 5 would capture them by 2023/24. Energy Efficiency 5 uses aggressive incentives, promotion, and education to
accelerate the adoption of new technologies. This is followed by government regulation and legislation to ensure these changes are
permanent. Energy Efficiency 5 is expected to achieve annual savings of approximately 2164 GWh by 2023/24.
For the purposes of the 2005 IEP study, the 17-year Energy Efficiency 5 is assumed to start in 2007/08. In the near term Energy
Efficiency 5 is very aggressive but it becomes less so towards the end of the 2005 IEP study.
The savings attributable to each of the sectors are as follows: Residential (26.6%), Commercial (28.5%) and Industrial (44.9%). These
allocations were based on the ratio determined from the Energy Efficiency 2 data over all 10 program years.

TECHNICAL INFORMATION
Equivalent Dependable Capacity (MW)
Projected Annual Energy Savings (GWh)

307
2164

Equivalent Dependable Capacity and Annual Energy Savings values represent the total target savings for the program once
complete. Equivalent dependable capacity was estimated using high-load-hour energy savings and the methodology outlined
in the Conservation Potential Review Sections included in the Resource Option Report appendices. The capacity and energy
values include avoided transmission and distribution losses, and are acquired values versus run rate. Acquired energy
represents the amount of energy (GWh) actually saved within the year in question. Run rate values represent savings
(GWh/yr) at the end of the year in question. Energy values quoted for Energy Efficiency 3, 4 and 5 are acquired energy
numbers. Energy values quoted for the CPR and the current Energy Efficiency and Load Displacements Plans are run rate
energy numbers. Run rate may differ from the acquired energy stated in the Resource Options.
Acquired energy numbers are used when DSM values are subtracted from Load Forecast in the 2005 IEP Portfolio Evaluation.
The difference between the 2004 Load Forecast Before DSM and the 2004 Load Forecast After DSM (provided in IEP Chapter
2 Supply/Demand Outlook) reflects the incremental impact of the current DSM programs including avoided losses.
The Energy Efficiency 5 program period assumed for the 2005 Integrated Electricity Plan is 2007/08 to 2023/24, however the
energy and equivalent capacity savings rate at the end of 2024/25 would persist beyond the end of the IEP Study. Energy
efficiency savings are considered "firm." Projects receive a technical review prior to commitment and a site inspection when
complete. Subsequent to that, a measurement and verification process is carried out. In addition, each program is evaluated
with the evaluation study being signed off by an Evaluation Oversight Team that includes members from various areas of the
BC Hydro organization. Each step in the process can result in a change to the numbers and the reported numbers will be
adjusted to be current. While there are some measures that are not considered permanent, these are dropped out of the
reported numbers at the end of their life.

FINANCIAL INFORMATION (in 2004 $)
$487,900
$0
$0
20
17
$24
$30
$54

Utility Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)
Utility Energy Cost ($/MWh)
Customer Energy Cost ($/MWh)
Total Resource Cost ($/MWh)

Project life for Energy Efficiency 5 represents the total number of years over which the utility investment would be paid. Project
lead time represents the number of years from project initiation to achievement of projected maximum rate savings. This
aggressive approach would require increased program costs. In the analysis, has been assumed that Energy Efficiency 5, at
$54 MWh, is $20/MWh higher than Energy Efficiency 2. The unit energy cost for this project is estimated to range from
$45/MWh to $80/MWh, based on the price uncertainty ranking.
The total resource cost and utility energy cost based on an 8% real discount rate for Energy Efficiency 5 is $55/MWh and
$24/MWh respectively.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
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Appendix F

PROJECT:

Energy Efficiency 5

Resource Category: Demand Side Management - Power Smart
Impacted Land
(Hectares)

Site

Level of Study: Conceptual

Transmission
0

Road
0

Pipeline
0

Agricultural

Total
0

0

0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

Region: All

Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

There are no significant environmental impacts associated with energy efficiency programs. Impacts from disposal or
treatment of waste that may be associated with specific demand-side management programs appear to be small. In addition,
demand-side management does not have land use impacts or direct social/community implications.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

15000
0

Job data available for DSM projects from the 2004 IEP includes indirect jobs, induced jobs, and job creation in the general
economy due to re-spending effects. For the 2005 IEP, only direct jobs are being measured. Direct jobs related to DSM are
created in performing the installations, and DSM tends to be labour intensive relative to other resource options. Since the
break down of direct jobs was not available, it was assumed that 63% of the total for direct, indirect, and induced jobs provided
in the 2004 IEP would be direct jobs related to installations. These jobs are classified as construction jobs in the IEP. For a
given volume of savings from DSM, there are no permanent jobs as there are no long-term operation and maintenance jobs
related to the DSM project.

UNCERTAINTY
Development Uncertainty

High

Energy Efficiency 5 is an aggressive program which achieves savings half way between Energy Efficiency 4 and the CPR
Economic savings, but eight years later. Energy Efficiency 5 takes a very aggressive approach to the introduction of new
technologies.
Price Uncertainty

High

The Total Resource Cost from Efficiency 2 has been scaled up to provide a rough estimate of the costs of Energy Efficiency 5.
The specific program costs are undetermined resulting in a high price uncertainty.

REFERENCES
BC Hydro, Power Smart 10 Year Plan, 2003.
BC Hydro Energy Efficiency Plan, 2005
BC Hydro Load Displacement Plan, 2005
BC Hydro, Conservation Potential Review, Residential Sector Report (Base Year: Fiscal 2000/01), 2002.
BC Hydro 1995 Integrated Electricity Plan, Appendix E, ISSN 1180-2561, October 1995.
Bond, M., Internal BC Hydro Power Smart Forecast Data (version 1.1), December 6, 2004.
BC Hydro, Conservation Potential Review, Industrial Sector Report (Base Year: Fiscal 2000/01), 2002.
BC Hydro, Conservation Potential Review, Commercial Sector Report (Base Year: Fiscal 2000/01), 2002.
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Appendix F

PROJECT:

Natural Gas Fired IC Engines

Resource Category: Thermal - Natural Gas

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
Reciprocating or Internal Combustion (IC) engines are the most common and technically mature of distributed energy technologies.
They are available in small sizes (e.g., 5 kW for residential back-up generation) to larger generators (e.g., 7 MW). When used in
combination with a 1-5 minute UPS (uninterruptible power supply), the system is able to supply seamless power during a utility outage.
In addition, larger IC engine generators may be used as base load, grid support, or peak-shaving devices.
IC engines convert the energy contained in a fuel into mechanical power. This mechanical power is used to turn a shaft in the engine.
A generator is attached to the IC engine to convert the rotational motion into power. There are two methods for igniting the fuel in an IC
engine. In spark ignition (SI), a spark is introduced into the cylinder (from a spark plug) at the end of the compression stroke. Fastburning fuels, like gasoline and natural gas, are commonly used in SI engines. In compression ignition (CI), the fuel-air mixture
spontaneously ignites when the compression raises it to a high-enough temperature. CI works best with slow-burning fuels, like diesel.
This datasheet describes a generic 7 MW Natural Gas Fired Spark Ignition Internal Combustion Engine - 7 MW represents the upper
range of sizes available.
An equivalent analysis on Diesel IC Engines is provided in another datasheet.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)
Average Heat Rate (GJ/GWh)

7
12.2
7
12.2
9426

The capacity provided is net of auxiliary plant losses. Dependable capacity is 100% of installed capacity (net). It was assumed
that dispatch was 20% for small thermal projects used for peaking in order to estimate an average annual energy value for
calculation of a representative unit energy cost. Firm energy estimates were based on the assumption that a firm fuel contract
would be available and contracted.
One of the weaknesses of IC engines is the frequency of maintenance intervals. When used as in stand by power, the
frequency of maintenance is no longer an issue (maintenance performed during the down time) and the genset is available for
electricity production 100% of the time.
Reciprocating engines may last for 20-35 years while smaller engines (<1 MW) tend to have shorter lifespans. Reciprocating
engines have efficiencies that range from 25% to 45%. In general, diesel engines are more efficient than natural gas engines
because they operate at higher compression ratios.
Average heat rate values for Natural Gas IC engines range from 9,500 to 10,900 GJ/GWh depending on the type and size of
engine, the application of the engine, and the source of the data. The higher heating values are associated with small, high
speed, natural gas-fired, spark-ignited units.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$3,047
$191.3
$67.8

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$169
30
1

All financial figures represent a natural gas engine acting as standby power and running for 1,500-2,000 hours annually. Total
Capital Cost figures are for the basic genset cost alone. The total installed cost is site specific but is usually 50-100% more
than the engine itself.
Project capital costs were broadly estimated based on BC Hydro experience that peaking generators with natural gas or
multiple fuel capability are at least 30% more expensive than their similar capacity diesel counterpart. Please see the diesel
peaking project description for further discussion.
Variable O&M costs do not include the cost of the fuel and include:
* IC engine heads and blocks rebuilds after about 8,000 hours of operation.
* Regular oil and filter changes at 700 - 1,000 hours of operation.
Printed: 2005-06-13
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PROJECT:

Natural Gas Fired IC Engines

Resource Category: Thermal - Natural Gas

Level of Study: Conceptual

Region: All

Unit energy costs for thermal resource options depend largely on the market price of fuel and plant usage, which varies over
time. In order to provide a unit energy cost estimate for the smaller peaking thermal resource options, a 20% dispatch was
assumed.
Unit energy costs for projects used for peaking, such as simple cycle and internal combustion engines, tend to be much higher
because dispatch is lower than plants used for base load, and the conversion rate (heat rate) tends to be higher than baseload
plants.
Natural gas is usually less expensive than diesel fuel for the same heat content. If the IC engine is to be used for a large
number of hours per year, the total cost to operate the gas unit may be lower. Natural gas may not be available at all locations,
while diesel can be transported anywhere. However, diesel engine emission levels are higher and their use is significantly
restricted in in some parts of the world.

UEC Based on Average Energy Capability:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *

169

Capacity Adjusted Unit Energy Cost ($/MWh)

169

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.
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PROJECT:

Natural Gas Fired IC Engines

Resource Category: Thermal - Natural Gas

Level of Study: Conceptual

Region: All

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Upstream GHG Emissions (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx
0.0055

Impacted Land
(Hectares)

Site

Agricultural

CO
0.22

Transmission
1

Aquatic Habitat (Hectares)
Upstream Footprint (Hectares)
Land Class
(Hectares)

NOx
0.07

No
510
130000
VOC
0.75
Road
0

PM 10
0.07

PM 2.5

0

Pipeline
0

Hg

Total
0

1

Unknown
TBD
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

Emission rates for a particular type and size range of engines vary from manufacturer to manufacturer. Similarly, emission
rates for each type of engine within a manufacturer's product line may vary considerably from the smallest to the largest units
in the line. Reasons for these variations include differences in combustion chamber geometry, fuel air mixing patterns, fuel/air
ratio, combustion technique (open chamber versus PC), and ignition timing from model to model.
Three basic types of emission control systems for ICEs include:
* Three-Way Catalyst (TWC) Systems - reduce NOx, CO and unburned hydrocarbons by 90% or more. TWC systems are
widely used for automotive applications.
* Selective Catalytic Reduction (SCR) - SCR is normally used with relatively large (>2 MW) lean-burn reciprocating engines. In
SCR, a NOx-reducing agent, such as ammonia is injected into the hot exhaust gas before it passes through a catalytic reactor.
The NOx can be reduced by about 80-95%.
* Oxidation Catalysts - promote the oxidation of CO and unburned hydrocarbons to CO2 and water. CO conversions of 95% or
more are readily achieved.
The figures in the table above represent an average of controlled emission data for a Wartsila IC Natural Gas engine of 7.7
MW.
The project footprint was assumed to be nominally 1 ha. This assumption was based on a fraction of the footprint size for the
larger thermal fuel projects.
The project footprint estimates for most thermal projects do not include a "life-cycle" footprint, but rather the physical footprint
attributable to the turbine and associated equipment. Infrastructure such as pipelines and roads, and footprints associated with
the fuel sources (such as gas wells, coal mines, and roads), have not been included in these estimates.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)
No data on employment was available.

UNCERTAINTY
Development Uncertainty

Medium

This option is for a proven technology, however without economic or regulatory drivers significant development is unlikely.
Primary uncertainty resides with permitting risks.
Price Uncertainty

Low

Price uncertainty is low since this is standard equipment and costs were provided by equipment supplier.

REFERENCES
AMEC, Report 142194, "2004 Integrated Electricity Plan - General Thermal Review", January 2004.
California Energy Commission, Distributed Energy Resource Guide, http://www.energy.ca.gov/distgen/, January 2002.
Electrical Power Research Institute, Technical Assessment Guide (TAG) - Distributed Resources, January 2002.
AMEC, E&C Services Limited (D. McCann), Document entitled: Thermal Power Plant Performance, Emissions and Costs
Review, November 2003.
Wartsila, Wartsila Performance Data for Internal Combustion Engine, http://www.wartsila.com/english/index.jsp, 2003.
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PROJECT:

Diesel Fired IC Engines

Resource Category: Thermal - Diesel

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
Reciprocating or Internal Combustion (IC) engines are the most common and technically mature of distributed energy technologies.
They are available from small sizes (e.g., 5 kW for residential back-up generation) to large generators (e.g., 7 MW). When used in
combination with a 1-5 minute UPS (uninterruptible power supply), the system is able to supply seamless power during a utility outage.
In addition, large IC engine generators may be used as base load, grid support, or peak-shaving devices.
A reciprocating, or internal combustion (IC), engine converts the energy contained in a fuel into mechanical power. This mechanical
power is used to turn a shaft in the engine. A generator is attached to the IC engine to convert the rotational motion into power. There
are two methods for igniting the fuel in an IC engine. In compression ignition (CI), the fuel-air mixture spontaneously ignites when the
compression raises the temperature to the point of combustion. CI works best with slow-burning fuels, like diesel. In spark ignition (SI),
a spark is introduced into the cylinder (from a spark plug) at the end of the compression stroke. Fast-burning fuels, like gasoline and
natural gas, are commonly used in SI engines. This resource option describes a generic 7 MW Diesel Fired Compression Ignition
Internal Combustion Engine - 7 MW represents the upper range of sizes available.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)
Average Heat Rate (GJ/GWh)

7
12.2
7
12.2
8584

The capacity provided is net of auxiliary plant losses. Dependable capacity is 100% of installed capacity (net). It was assumed
that dispatch was 20% for small thermal projects used for peaking in order to estimate an average annual energy value for
calculation of a representative unit energy cost. Firm energy estimates were based on the assumption that a firm fuel contract
would be available and contracted.
One of the weaknesses of IC engines is the frequency of maintenance intervals. When used in standby power applications,
the frequency of maintenance is no longer an issue (maintenance performed during the down time) and the genset is available
for electricity production 100% of the time.
Reciprocating engines may last for 20-35 years while smaller engines (<1MW) tend to have shorter lifespans. Reciprocating
engines have thermal efficiencies that range from 25% to 45%. In general, diesel engines are more efficient than natural gas
engines because they operate at higher compression ratios.
Average heat rate values for Diesel IC engines range from 9,500 to 10,900 GJ/GWh depending on the type and size of engine,
the application of the engine, and the source of the data. The higher heating value is based on Wartsila performance data for a
low NOx engine.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$3,932
$153.5
$146.5

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$202
30
1

Financial figures represent a diesel engine running in a peak-shaving application, for 500 - 1,000 hours annually. If a diesel
engine is to be used as base loaded, there is more justification to purchase a heavier and more efficient engine, with costs
significantly (3 to 4 times) higher than those listed above. The total capital cost data is for the basic genset cost alone. The
total installed cost is site specific but is usually 50-100% more than the engine itself.
The project capital cost was estimated based on BC Hydro experience that portable peaking diesel generators typically cost
$300,000 to $500,000 for a 2 MW unit. The generators used for peaking purposes only are much cheaper than a similar
capacity unit used for base load, because base load units need to be more reliable and have more permanent infrastructure
(e.g., cranes) installed with them.
The Operating and Maintenance costs are directly proportional to the hours of operation of the diesel genset, in this case 500
to 1,000 hours annually. Variable Operating and Maintenance cost includes fuel costs. Variable Operating and Maintenance
Costs include:
Printed: 2005-06-13
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PROJECT:

Diesel Fired IC Engines

Resource Category: Thermal - Diesel

Level of Study: Conceptual

Region: All

* IC engine heads and blocks rebuilds after about 8,000 hours of operation.
* Regular oil and filter changes at 700 - 1,000 hours of operation.
* Levelized cost of fuel cost estimated at $0.34 per litre.
Unit energy costs for thermal resource options depend largely on the market price of fuel and plant usage, which varies over
time. In order to provide a unit energy cost estimate for the smaller peaking thermal resource options, a 20% dispatch was
assumed.
Unit energy costs for projects used for peaking, such as simple cycle and internal combustion engines, tend to be much higher
because dispatch is lower than plants used for base load.
Diesel fuel is described in this datasheet although natural gas is usually less expensive than diesel fuel for the same heat
content (diesel engine emission levels are higher than natural gas). If the IC engine is to be used for a large number of hours
per year, the total cost to operate with natural gas may be lower. However, natural gas may not be available at all locations,
while diesel can be transported widely.

UEC Based on Average Energy Capability:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

202
202

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.
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PROJECT:

Diesel Fired IC Engines

Resource Category: Thermal - Diesel

Level of Study: Conceptual

Region: All

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx
0.49

Impacted Land
(Hectares)

NOx

No
705

CO
7.9

Site

0.33

Transmission
1

Road
0

Agricultural

PM 10
0.43

PM 2.5
Unknown

Pipeline
0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

VOC
Unknown

Hg
0

Total
0

1

Unknown
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

Emission rates for a particular type and size range of engines vary from manufacturer to manufacturer. Similarly, emission
rates for each type of engine within a manufacturer's product line may vary considerably from the smallest to the largest units
in the line. Reasons for these variations include differences in combustion chamber geometry, fuel air mixing patterns, fuel/air
ratio, combustion technique (open chamber versus PC), and ignition timing from model to model.
Three basic types of emission control systems for ICEs include:
* Three-Way Catalyst (TWC) Systems - reduce NOx, CO and unburned hydrocarbons by 90% or more. TWC systems are
widely used for automotive applications.
* Selective Catalytic Reduction (SCR) - SCR is normally used with relatively large (>2 MW) lean-burn reciprocating engines. In
SCR, a NOx-reducing agent, such as ammonia is injected into the hot exhaust gas before it passes through a catalytic reactor.
The NOx can be reduced by about 80-95%.
* Oxidation Catalysts - promote the oxidation of CO and unburned hydrocarbons to CO2 and water. CO conversions of 95% or
more are readily achieved.
The emission figures in the above table were provided by estimates completed by AMEC, November 2003. The CO and PM10
values are controlled emission rates.
The project footprint was assumed to be nominally 1 ha. This assumption was based on a fraction of the footprint size for the
larger thermal fuel projects.
The project footprint estimates for most thermal projects do not include a "life-cycle" footprint, but rather the physical footprint
attributable to the generation plant and associated equipment. Major infrastructure such as pipelines and roads, and footprints
associated with the fuel sources (such as gas wells, coal mines, and roads), have not been included here in these estimates.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)
No data on employment was available.

UNCERTAINTY
Development Uncertainty

Medium

This option is for a proven technology, however without economic or regulatory drivers significant development is unlikely.
Medium

Price Uncertainty

Capital costs were broadly estimated based on BC Hydro experience and could be significantly different depending on actual
project configuration.

REFERENCES
California Energy Commission, Distributed Energy Resource Guide, http://www.energy.ca.gov/distgen/, January 2002.
Caterpillar Online Datasheets, http://www.caterpillar.com/, 2003.
AMEC, Report 142194, "2004 Integrated Electricity Plan - General Thermal Review", January 2004.
AMEC, E&C Services Limited (D. McCann), Document entitled: Thermal Power Plant Performance, Emissions and Costs
Review, November 2003.
Electrical Power Research Institute, Technical Assessment Guide (TAG) - Distributed Resources, January 2002.
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PROJECT:

Oil Fired Simple Cycle Combustion Turbine

Resource Category: Thermal - Oil

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
This project assumes a General Electric LM 6000PC Aeroderivative gas turbine generator with NOx Control water injection, following
selective catalytic reduction fired on oil distillate fuel (Oil #2). Plants such as this are typically run to meet the peak load, compared to a
Combined Cycle Combustion Turbine (CCCT), which are typically run continuously to meet base load energy requirements.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)
Average Heat Rate (GJ/GWh)

42.3
74.1
42.3
74.1
9487

This technical information assumes that the site is located at ISO conditions. This technical information assumes that the site
is located at sea level. A increase in altitude would result in a decrease in the output of the plant.
The capacity provided is net of auxiliary plant losses. Dependable capacity is 100% of installed capacity (net). It was assumed
that dispatch was 20% for small thermal projects used for peaking in order to estimate an average annual energy value for
calculation of a representative unit energy cost. Firm energy estimates were based on the assumption that a firm fuel contract
would be available and contracted.
The heat rate is based on fuel low heating value and net output. It is assumed that this resource option would be used as a
peaking plant.
Heat rate estimates is the lower heating value for a clean and new turbine. Over time there will be degradation in heat rate on
the order of 1% to 5% between major overhauls and operation and maintenance of the turbines. Heat rate degradation
depends on the operation and maintenance of the unit, and location. Consistent annual maintenance would place heat rate
degradation on the order of 1% to 2%. However, at this level of study no assumptions on heat rate degradation were included
in project calculations.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$44,235
$1,432.2
$59.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$131
30
2

Capital cost includes a medium temperature Selective Catalytic Reduction (SCR). Variable operation and maintenance costs
include the cost of fuel estimated at $33 per barrel (2001 Cdn $). Included in the capital cost is fuel storage tank, and all
infrastructure connection costs (e.g., transmission, water supply and effluents).
Unit energy costs for thermal resource options depend largely on the market price of fuel and plant usage, which varies over
time. In order to provide a unit energy cost estimate for the smaller peaking thermal resource options, a 20% dispatch was
assumed.
Unit energy costs for projects used for peaking, such as simple cycle and internal combustion engines, tend to be much higher
because dispatch is lower than plants used for base load.

UEC Based on Average Energy Capability:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *

131

Capacity Adjusted Unit Energy Cost ($/MWh)

131
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PROJECT:

Oil Fired Simple Cycle Combustion Turbine

Resource Category: Thermal - Oil

Level of Study: Conceptual

Region: All

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)
Aquatic Habitat (Hectares)
Land Class
(Hectares)

Agricultural

SOx

NOx
0.19

2.2
Site

No
790

CO
0.07

Transmission
1

VOC
0.002
Road

0

PM 10
0.13

PM 2.5
Unknown

Pipeline
0

Hg
0

Total
0

1

Unknown
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

The SOx emissions are directly related to the sulphur content of the fuel oil. The value here is based on an assumed 0.5%
sulphur content. NOx emission rate is controlled by water injection into the gas turbine and selective catalytic reduction (SCR)
installed on the exhaust. There will be ammonia emissions, and no Carbon Monoxide catalyst is assumed to be installed.
The project footprint estimates for most thermal projects does not include a "life-cycle" footprint, but rather the physical
footprint attributable to the turbine and associated equipment. Infrastructure such as pipelines and roads, and footprints
associated with the fuel sources (such as gas wells, coal mines, and roads), have not been included here in these estimates.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

20
2

UNCERTAINTY
Low

Development Uncertainty

This is a standard unit with many years of service. There is a small risk in prolonged operation on distillate oil.
Medium

Price Uncertainty

This is a standard unit and costs are well known. It is possible to obtain fixed turn key Engineer Procure Construct pricing.

REFERENCES
General Electric Power Systems, GE Aeroderivative Gas Turbines - Design and Operation Features, Technical Paper GER3695E.
AMEC, E&C Services Limited (D. McCann), Document entitled: Thermal Power Plant Performance, Emissions and Costs
Review, November 2003.
AMEC, Report 142194, "2004 Integrated Electricity Plan - General Thermal Review", January 2004.
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PROJECT:

Small-Scale Wind - Residential/Small Business/Farm

Resource Category: Alternative - Wind

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
Small-scale wind turbines are suitable for residential, small business or farm applications and are popular in jurisdictions that allow
interconnection with the utility of small-scale renewable energy systems. Modern wind turbines are technically advanced and reliable.
However, there are a limited number of manufacturers of small scale wind turbines. Wind turbine installations are not practical in urban
areas and a minimum of one acre (0.4 ha) is usually recommended for small turbine installations.
The potential for small-scale wind power production in BC has been estimated at 25 GWh/year based on 10 kW installations at 1,900
residential sites.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

19
25
0

FINANCIAL INFORMATION (in 2004 $)
$88,989
$0.0
$4.6

Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$460
20
1

Capital cost is based on a 10 kW Berget Excel unit. Each unit would cost $50,470 in 2002$. If the units are installed at 1,900
sites, the total capital cost is $96 million ($2002). The capital cost includes the wind turbine, inverter, tower, installation,
balance of system, and $700 interconnection cost. O&M costs are estimated at $0.005/kWh. Costs shown in tables have been
escalated to current dollars.

UEC Based on Average Energy Capability:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *

460

Capacity Adjusted Unit Energy Cost ($/MWh)
Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

Yes
0

CO
0

Site

VOC

Transmission
57

Agricultural

0
Road

0

PM 2.5
0

Hg
0

Pipeline
0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 10

0

0

Total
0

57

Unknown
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

Wind turbines are not practical in urban areas and a minimum of one acre (0.4 ha) is usually recommended for a small wind
turbine installation. The project footprint assumes 300 square metres for each installation.
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PROJECT:

Small-Scale Wind - Residential/Small Business/Farm

Resource Category: Alternative - Wind

Level of Study: Conceptual

Region: All

Small-scale wind development does not require any new rights-of-way, new transmission lines or new roads because the
technology is assumed to be grid-tied and is located at existing residences.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)
Employment potential is unknown at this time.

UNCERTAINTY
Medium

Development Uncertainty

Technology well established, but total energy estimates are based on conceptual level study.
Price Uncertainty

Medium

Conceptual study, but technology is well established elsewhere.

REFERENCES
Smiley, Eric, BCIT Technology Centre, Green Energy Study for British Columbia - Phase 2: Mainland - Building Integrated
Photovoltaic Solar and Small-Scale Wind, 2002.
BC Hydro, Green Energy Study for British Columbia- Phase 2: Mainland, October 2002, Report No E44.
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PROJECT:

Solar - Commercial

Resource Category: Alternative - Solar

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
The solar energy resource in BC is characterized by a large variation between summer and winter, resulting from the high percentage
of cloud cover in the winter. This makes grid-tied solar electric systems more efficient than off-grid systems. Building Integrated
Photovoltaics (BIPV) partially address the high cost of solar electricity by providing other benefits in addition to energy production.
BIPV is integrated directly into a building by replacing such materials as roof tiles, curtain walls and rain screens. The most economical
way to integrate photovoltaics into a building is at the time of construction.
This datasheet assumes 40% of commercial buildings in B.C. are suitable for BIPV systems and that all suitable buildings install a
BIPV system. However, it is highly unlikely that this maximum possible potential would be reached in the 20 year planning period as
uptake of the technology is linked with new building starts. A more likely target is to assume that of the suitable buildings, 2.5% will be
pioneers or early adopters of commercial BIPV systems. These early adoptors could produce up to 2.6 GWh annually with an installed
capacity of 4 MW.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

160
104
0
Unknown

The total installed capacity is based on the estimates by BCIT Technology Centre. It is assumed that there are 160,000
commercial buildings in BC with 40% of these considered to have reasonable solar exposure. Assuming all 64,000 buildings
install 2.5 kW systems, there is potential for 160 MW of generating capacity. The total average energy production is 106 GWh
assuming an availability of 7.6%. Because the winter peak load generally occurs in the evening when it is dark, the
dependable capacity is zero.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$444,945
$0.0
$18.5

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$697
20
Unknown

Capital costs are reported for the maximum potential, and are based on a vertical array of BIPV installations on the south
facing wall with 2.5 kW installed on each building. Capital costs are $5,000/kW for standard modules, balance of system
$1,200/kW, installation $400/kW, minus $4,000/kW BIPV materials offset, and a $1,000 interconnection cost, for a total cost of
$7,500 (2002$) per 2.5 kW installation. O&M costs are estimated at $0.02/kWh. Costs shown in tables have been escalated to
current dollars.
Project lead times for an individual installation would be six months to one year.

UEC Based on Average Energy Capability:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *

697

Capacity Adjusted Unit Energy Cost ($/MWh)
Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.
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PROJECT:

Solar - Commercial

Resource Category: Alternative - Solar

Level of Study: Conceptual

Region: All

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

Yes
0

CO
0

Site

VOC

Transmission
0

Agricultural

0
Road

0

PM 2.5
0

Hg
0

Pipeline
0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 10

0

0

Total
0

0

Unknown
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

Solar power development does not require any new rights-of-way, new transmission lines or new roads because the
technology is assumed to be grid-tied and is located at existing residential sites.
Photovoltaic modules recover the energy used in their production in two to four years and continue to produce clean,
renewable energy for 20 to 30 years afterwards.
Recycling or reclamation can mitigate the environmental impacts of the toxic materials used in the manufacture of photovoltaic
modules.

JOB CREATION
Unknown
Unknown

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

As part of the Phase 2 Green Energy Study for BC, Pembina Institute estimated that 14 full-time equivalent jobs were created
per million dollars invested in solar electricity generation. It is uncertain how many of these jobs will be within in BC or
attributable to the construction phase of a project. These jobs include research and development, manufacturing and
distribution. System design, sales, installation and maintenance would create local jobs.

UNCERTAINTY
Development Uncertainty

Medium

Individual projects will be easy to implement as customers can connect through BC Hydro's net metering program. However, it
is unlikely that full technical potential would be reached in the planning period, as uptake of the technology is linked to new
building starts and construction rates. Development license is not required.
Price Uncertainty

Medium

Conceptual study.

REFERENCES
Smiley, Eric, BCIT Technology Centre, Green Energy Study for British Columbia - Phase 2: Mainland - Building Integrated
Photovoltaic Solar and Small-Scale Wind, 2002.
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PROJECT:

Solar - Residential

Resource Category: Alternative - Solar

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
The solar energy resource in BC is characterized by a large variation between summer and winter, resulting from the high percentage
of cloud cover in the winter. This makes grid-tied solar electric systems more efficient than off-grid systems. Building Integrated
Photovoltaics (BIPV) partially address the high cost of solar electricity by providing other benefits in addition to energy production.
BIPV is integrated directly into a building by replacing such materials as roof tiles, curtain walls and rain screens. The most economical
way to integrate photovoltaics into a building is at the time of construction.
This datasheet assumes that 1/3 of detached and semi-detached houses in BC have reasonable solar exposure and therefore
potential for BIPV. However, it is highly unlikely that this maximum possible potential would be reached in the 20 year planning period
as uptake of the technology is linked with new building starts. A more likely target is to assume that of the suitable residential buildings,
2.5% will be pioneers or early adopters of BIPV systems. These early adoptors could produce up to 7 GWh annually with an installed
capacity of 7 MW.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

280
280
0
Unknown

The total installed capacity is based on the estimates by BCIT Technology Centre. It is assumed that there are 840,000
detached or semi-detached houses in BC with 1/3 of these considered to have reasonable solar exposure. These 280,000
residential BIPV locations could support an estimated maximum capacity of 280 MW, annually producing 280 GWh assuming
an availability of 11.4%. Because the winter peak load generally occurs in the evening when it is dark, the dependable capacity
is zero.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$2,780,907
$0.0
$18.5

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$1,565
20
Unknown

Capital costs are reported for the maximum potential, and are based on an installing 1 kW on each building. Capital costs are
$600/kW for installation, $8,000/kW for BIPV module, $0 material offset, $1,500/kW balance of system, and an interconnection
cost of $200, for a total cost of $10,300/kW in 2002$. The installation costs from the BCIT study assume a metal roof and may
not be representative of the majority of residential dwellings in BC. O&M costs are estimated at $0.02 / kWh. Costs shown in
tables have been escalated to current dollars.
Project lead times for an individual installation would be six months to one year.

UEC Based on Average Energy Capability:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *

1565

Capacity Adjusted Unit Energy Cost ($/MWh)
Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.
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PROJECT:

Solar - Residential

Resource Category: Alternative - Solar

Level of Study: Conceptual

Region: All

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

Yes
0

CO
0

Site

VOC

Transmission
0

Agricultural

0
Road

0

PM 2.5
0

Hg
0

Pipeline
0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 10

0

0

Total
0

0

Unknown
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

Solar power development does not require any new rights-of-way, new transmission lines or new roads because the
technology is assumed to be grid-tied and is located at existing residential sites.
Photovoltaic modules recover the energy used in their production in two to four years and continue to produce clean,
renewable energy for 20 to 30 years afterwards.
Recycling or reclamation can mitigate the environmental impacts of the toxic materials used in the manufacture of photovoltaic
modules.

JOB CREATION
Unknown
Unknown

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

As part of the Phase 2 Green Energy Study for BC, Pembina Institute estimated that 14 full-time equivalent jobs were created
per million dollars invested in solar electricity generation. It is uncertain how many of these jobs will be within in BC or
attributable to the construction phase of a project. These jobs include research and development, manufacturing and
distribution. System design, sales, installation and maintenance would create local jobs.

UNCERTAINTY
Development Uncertainty

Medium

Individual projects will be easy to implement as customers can connect through BC Hydro's net metering program. However, it
is unlikely that full technical potential would be reached in the planning period, as uptake of the technology is linked to new
building starts and construction rates. Development license is not required.
Price Uncertainty

Medium

Conceptual study.

REFERENCES
Smiley, Eric, BCIT Technology Centre, Green Energy Study for British Columbia - Phase 2: Mainland - Building Integrated
Photovoltaic Solar and Small-Scale Wind, 2002.
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PROJECT:

250 MW Integrated Coal Gasification Combined Cycle

Resource Category: Thermal - Coal

Level of Study: Conceptual

Region: Unspecified

PROJECT DESCRIPTION
IGCC is a combination of two separately established technologies, namely coal gasification and natural gas fired combined cycle.
IGCC involves converting coal to combustible gases (primarily carbon monoxide and hydrogen, called syngas), using steam and
oxygen/air under high temperature and pressure conditions. The intention behind this combination is that coal and gas turbines can be
combined to provide a higher efficiency thermal cycle that reduces air pollutants relative to pulverized coal technology and is less
susceptible to fuel price risk compared to natural gas fired CCGTs.
IGCC is a developing technology which has required government subsidies to support the building of large scale demonstration
projects. Since IGCC is still in its early stages of development, its reduction of capital costs in the future are uncertain. Sources quote
their current cost at 10 to 20% higher than pulverized coal plants of similar capacity. For 2005 IEP planning level estimates, the
detailed plant cost estimate for the 500 MW supercritical pulverized coal unit was scaled by 15% to provide a planning level estimate of
IGCC capital cost. Industry sources note that O&M costs for IGCCs are expected to be about 50% higher than those of a pulverized
coal unit.
The major advantage of integrated coal gasification technology compared to pulverized coal technology is lower local emission rates.
The emissions control employed with coal gasification can result in a number of useable byproducts such as the recovery of elemental
sulphur and mercury. The heat rate and therefore the greenhouse emissions for IGCC are similar to the supercritical pulverized coal
technology. However, if carbon dioxide sequestration were pursued in the future to address GHG, it would be easier to implement with
IGCC technology than with pulverized coal technology.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)
Average Heat Rate (GJ/GWh)

229
1603
229
1603
9858

The capacity provided as installed capacity is net of auxiliary plant losses. Dependable capacity is 100% of this net capacity.
The firm energy capability is based on an average annual capacity factor of 80 percent.
Plant Efficiency: Various industry sources indicate that the fuel use efficiency for IGCC is comparable to that of supercritical
pulverized coal technology. Therefore an efficiency of 40% was used, which corresponds to a gross heat rate of 9,020
GJ/GWh. The auxiliary power requirements were estimated at 21 MW, therefore the net heat rate is estimated at 9,858
GJ/GWh.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$527,147
$0.0
$8.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

9684
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$51
35
6

Fuel Specification Assumptions: Given that British Columbia coal producers can sell their coal into the international market, the
cost of coal fuel for a power generation facility is based on its market value rather than on an estimate of the cost of mining the
coal. The Ministry of Energy and Mines produces a forecast of market prices FOB the west coast that looks out four years.
Their March 2005 forecast price of thermal coal for the year 2008 is $40 US /mt. It is assumed that this $40 US /mt is a
reasonable estimate of the long term future market price of thermal coal since although world demand for thermal coal is
expected to grow it is also assumed that at this price new supplies will be brought on stream to meet that demand. Using a
current exchange rate of 0.81, this is equivalent to $49 Cdn /mt FOB west coast. However, the market price at the mine site is
net of the cost of transporting coal to the west coast. As a rule of thumb estimate, the cost of transport is estimated at $20/mt.
This means that a representative mine-site market price of coal is $29/mt. Based on information from the Ministry of Energy
and Mines, 25 GJ/mt is a representative estimate of the heating value of B.C. thermal coal resources. At the estimate mine-site
market price of $29/mt this translates to a fuel cost of $1.16/GJ.
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PROJECT:

250 MW Integrated Coal Gasification Combined Cycle

Resource Category: Thermal - Coal

Level of Study: Conceptual

Region: Unspecified

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)

6%

8%

40734
25
6
8
12

52591
33
6
8
12

51
51

58
58

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Upstream GHG Emissions (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx
0.19

Impacted Land
(Hectares)

NOx
0.08

Site
75

Aquatic Habitat (Hectares)
Upstream Footprint (Hectares)
Land Class
(Hectares)

Agricultural

No
863
55

CO
0.08

Transmission
570

VOC
Unknown
Road

PM 10
0.009

PM 2.5
Unknown

Pipeline
20

Hg
0.0000015

Total
667.5

2.5
Unknown

190
Populated

0

0

Wildlife_Aquatic
0

Wildlife_Forest
667.5

Barren
0

Wildlife_Mountain
0

The GHG emission factor is based on an estimate of 87.6 kg of CO2 per GJ for coal. Based on the plant’s net heat rate this
converts to 855 tonnes of CO2/GWh.
The local air emissions are based on industry estimates of IGCC emissions performance. IGCC technology may see more
rapid development in areas of North America where higher sulphur coal is used. B.C. coal tends to have a relatively low
sulphur content compared to that used in eastern North America..
The project footprint was assumed to be the same as the 500 MW pulverized coal project. The upstream land use impacts of
the coal mining was estimated at 190 ha (~ half of the area for the 500 MW pulverized coal project). Land use impacts were
assumed to be Populated for the 75 ha site and Wildlife - Forest for the remaining 592.5 ha, which includes trasnmission,
roads and pipelines.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

1750
77

Employment is assumed to be the same as the 500 MW pulverized coal project. Additional jobs associated with mining the
coal are not included.

UNCERTAINTY
Development Uncertainty

High

This technology is still in development.
Price Uncertainty

Medium-high

Price is uncertain given the development stage of the technology.

REFERENCES
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PROJECT:

Phosphoric Acid Fuel Cell

Resource Category: Alternative - Fuel Cell

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
This datasheet represents a potential fuel cell technology that is based on operating experience from United Technologies Company’s
(UTC) 200 kW Phosphoric Acid Fuel Cell (PAFC), model PC25. There are well over 200 UTC phosphoric acid fuel cells in service with
significant operating experience. These fuel cells have been installed at medical, industrial, and commercial facilities throughout the
United States and the 200 kW size is a good match for distributed generation applications. The operating temperature is about 400°F,
which is suitable for cogeneration applications. This resource option describes ten PC25 200 kW stacks operating in series, totaling 2
MW.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

2
17
2

The 2 MW limit has been established by the manufacturer as the maximum series combination (10 units). This includes
maintenance outages and is considered a conservative estimate - the advantage of having a 2 MW system comprised of 200
kW units is that the maintenance schedule can be designed such that there is never more than one non-operational 200 kW
fuel cell at any point. It has been assumed that fuel cells would be available during peak winter periods and dependable
capacity is equal to installed.
The PAFC has an electrical efficiency of 37% (90% with heat recovery - cogeneration), and can be run on a variety of fuels
including natural gas, landfill gas, digester gas and propane. The PC25 Fleet has accumulated more than 4 million hours of
operational experience.
The average heat rate value for generation potential estimates was obtained from the EPRI TAG information and represents a
fuel cell running under full load (most conservative estimate of heat rate). The heat rate of a fuel cell increases by a factor of
20% - 30% with a reduction to minimum load.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$6,901
$184.1
$0.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh) *
Project Life (Years)
Project Lead Time (Years)

5
1

No UEC Provided.

The Capital Cost provided is for the generating module alone and does not include balance of plant (BOP), power conditioning
unit, equipment, installation, engineering and project process contingency costs.
For a 200 kW unit, capital costs are in the order of $4,000 US /kW ($6,000 Cdn /kW) ($2003). However, Electrical Power
Research Institute Technical Assessment Guide (EPRI TAG) information indicates that for a larger, 2000 kW project, the
capital cost would drop to $2,340 US /kW ($3,510 Cdn /kW). The power level of a UTC PAFC is 200 kW. The costs associated
with this analysis are based on EPRI $/kW values ($3510/kW) scaled to a 2 MW generation project. 2 MW is achieved by
linking multiple PAFC in series.
As a distributed generation resource (in hospitals, schools, etc.), the PC25 will reduce the operating costs of the building (low
O&M costs). The O&M costs of a fuel cell are anticipated to be comparable to those of a microturbine - in the $0.005 to
$0.010/kWh range. This cost is based on requiring one inspection visit per year to a site that is running only one 200 kW unit.
Economies of scale dictate that in the case of larger projects, multiple units can be inspected on the same visit, with only a
slight increase in cost - in this case the cost per kWh decreases drastically. The O&M cost in the table is calculated assuming
the inspection and maintenance rate of one unit per site, per year and entered into Fixed O&M.
PAFC are currently available on the market. Project lead time was estimated at one year based on UTC's estimate it can install
the unit within 4 to 6 months of receiving a contract.
Project life for fuel cells varies and depends on the operation of the module, estimates range from 2,000 to 10,000 hours.
Generally developers of the technology are aiming for a cell life of five years.
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PROJECT:

Phosphoric Acid Fuel Cell

Resource Category: Alternative - Fuel Cell

Level of Study: Conceptual

Region: All

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx
0.0002
Site

NOx
0.003

Yes
0

CO
Unknown

Transmission

Agricultural

PM 10
0

Road

Aquatic Habitat (Hectares)
Land Class
(Hectares)

VOC

PM 2.5
0

Pipeline

Hg
0

0

Total

Unknown
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

Fuel cells are only as “clean or green” as their fuel source and the method of obtaining that fuel. However, the technology has
lower emissions than any other form of conventional thermal generation. Depending on the fuel, fuel cells generate water (and
only water if the fuel is pure hydrogen) and COx gasses as byproducts. Some types of fuel cells are able to use conventional
fossil fuel types but with fewer emissions.
All emission data was taken from the EPRI TAG information and based on the fuel cell module operating on natural gas.The
emissions on a ppmv basis are: <2 ppmv CO, <1 ppmv NOx and negligible SOx (on 15% O2, dry basis) - UTC Online
Datasheets.
Footprint for fuel cells is zero as they would be installed on existing sites. The footprint estimate does not include "life-cycle" or
"upstream" impacts.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

Unknown
Unknown

UNCERTAINTY
Medium

Development Uncertainty
Technology at development stage.

Medium

Price Uncertainty
Technology at development stage.

REFERENCES
UTC Fuel Cells - A United Technologies Company, Generation Stack Datasheets, http://www.utcfuelcells.com/
California Energy Commission, Distributed Energy Resource Guide, http://www.energy.ca.gov/distgen/, January 2002.
Ministry of Energy and Mines, 2002 BC Energy Plan for Our Future, November 2002.
Electrical Power Research Institute, Technical Assessment Guide (TAG) - Distributed Resources, January 2002.

Printed: 2005-06-13

Database Page: 24 of 127

Option Page: 2 of 2

Appendix F

PROJECT:

Proton Exchange Membrane Fuel Cell

Resource Category: Alternative - Fuel Cell

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
Proton Exchange Membrane Fuel Cell (PEMFC) technology development has been driven in large part by the automotive sector,
where the PEMFCs have a compelling advantage over other fuel cell technologies in terms of their size and startup time. These
attributes make the PEMFC very attractive not only for the automotive industry, but also for stationary power markets. Products are
being developed at the large end for commercial-sized power generation, and at the small end for residential power generation. Until
recently, Ballard was working on a 250 kW unit, though it has been discontinued. Hydrogenics presently is working on a 50 kW unit.
Although this technology has significant potential in decreasing cost of fuel cell based generation in the future, larger commercial
(>150 kW) PEMFCs are still about 10 years away. At present, PEMFCs have relatively short life times in the order of 2,000 - 3,000
hours, making the currently available products unsuitable for base load generation.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

2
17
2

The calculation of average annual energy is based on a 2 MW system assuming 95% availability. This includes maintenance
outages and is considered a conservative estimate - the advantage of having a 5 MW system comprised of 250 kW units is
that the maintenance schedule can be designed such that there is never more than one non-operational 250 kW fuel cell at
any point. It has been assumed that fuel cells would be available during peak winter periods and dependable capacity is equal
to installed.
The average heat rate value for energy estimates was obtained from the EPRI TAG information and represents a fuel cell
running under full load (most conservative estimate of heat rate). The heat rate of a fuel cell increases by a factor of 20% 30% with a reduction to minimum load.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$2,212
$204.6
$0.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh) *
Project Life (Years)
Project Lead Time (Years)

5
10

No UEC Provided.

The source for the cost data is the California Energy Commission's distributed generation page. Some of the estimates may
vary from older (higher) cost data than those contained in other PEMFC documentation. The Capital Cost presented above is
for the generating module alone and does not include balance of plant (BOP), power conditioning unit, equipment, installation,
engineering and project process contingency costs.
Total capital cost was calculated for a 2,000 kW fuel cell assuming an estimated cost of $750 US /kW ($1,125 Cdn /kW) and
an exchange rate of $1.5 Cdn for $1 US. Currently, the maximum power level of a PEMFC is 250 kW. The costs associated
with this analysis are based on $/kW values scaled to a 2 MW project, achieved by linking multiple PEMFCs in series. The
O&M costs of a PEMFC are anticipated to be comparable to those of a microturbine in the $0.005 - $0.010/kWh range. This
cost is based on an inspection visit to a site that is running only one 250kW unit. Economies of scale dictate that in the case of
larger projects, multiple units can be inspected on the same visit, with only a slight increase in cost - in this case the cost per
kWh decreases drastically. The O&M cost in the above table is calculated assuming the inspection and maintenance rate of
one unit per site, per year and entered into Fixed O&M
Project life for fuel cells varies and depends on the operation of the module, estimates range from 2,000 to 10,000 hours.
Generally developers of the technology are aiming for a cell life of five years.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

Printed: 2005-06-13

SOx
0.006

NOx
0.005

CO
Unknown
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0
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0

PM 2.5
0

Hg
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PROJECT:

Proton Exchange Membrane Fuel Cell

Resource Category: Alternative - Fuel Cell
Impacted Land
(Hectares)

Site

Level of Study: Conceptual
Transmission

Road

Agricultural

Total

Unknown

Aquatic Habitat (Hectares)
Land Class
(Hectares)

Pipeline

Region: All

Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

Fuel cells are only as “clean or green” as their fuel source and the method of obtaining that fuel. However, the technology has
lower emissions than any other form of conventional thermal generation. Depending on the fuel, fuel cells generate water (and
only water if the fuel is pure hydrogen) and COx gasses as byproducts. Some types of fuel cells are able to use conventional
fossil fuel types but with fewer emissions.
PEMFCs running on pure hydrogen produce only water and warm air as byproducts. Emissions can include small amounts of
carbon dioxide and NOx if PEMFCs are run on methanol (with the use of a reformer) or natural gas. The emission data was
taken from the EPRI TAG information and represents PEMFCs running on natural gas.
Footprint for fuel cells is zero as they would be installed on existing sites. The footprint estimate does not include "life-cycle" or
"upstream" impacts.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

Unknown
Unknown

UNCERTAINTY
Medium

Development Uncertainty
Technology at development stage.
Price Uncertainty

Medium

Technology at development stage.

REFERENCES
Institute for Integrated Energy Systems, University of Victoria webpage:
http://www.iesvic.uvic.ca/research/fuelcellsystems/fuelcelltypes.htm.
NRC Institute for Fuel Cell Innovation, webpage: http://ifci-iipac.nrc-cnrc.gc.ca/technology_fc.html.
Electrical Power Research Institute, Technical Assessment Guide (TAG) - Distributed Resources, January 2002.
Ministry of Energy and Mines, 2002 BC Energy Plan for Our Future, November 2002.
California Energy Commission, Distributed Energy Resource Guide, http://www.energy.ca.gov/distgen/, January 2002.
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PROJECT:

Solid Oxide Fuel Cell

Resource Category: Alternative - Fuel Cell

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
A Solid Oxide Fuel Cell (SOFC) can be of planar or tubular design depending on the shapes of the cells used. The planar design is
newer and is not as fully developed as the tubular design. Siemens Westinghouse is a leader in large scale generation application of
the SOFC. Research conducted at the Siemens Westinghouse laboratories has shown that an electrical efficiency of 58% can be
achieved by a 250 kW power plant, rising to 60% at 1 MW and 70% or more at the 2 MW level. As part of the advanced power
technology program at Siemens, a 100 kW plant was installed at a power plant in Westervoort, The Netherlands, in December 1997.
This unit was operational for over 16,000 hours and earned itself a place as the world's longest running fuel cell. When the unit was
shut down it was providing 110 kW of power to the local grid and the equivalent of 65 kW of thermal energy in the form of hot water.
The unit showed no signs of degradation in power output and was sustaining a power efficiency of around 46 %. In March 2003, it was
announced that the first pre-commercial 250 kW power plant would be installed at the University of Toronto at Mississauga (UTM) later
in that year. This cell will be connected to the internal grid and is expected to provide eight per cent of the electricity needs for the
campus as well as hot water.
The following information is extracted from the Electrical Power Research Institute Technical Assessment Guide (EPRI TAG)
information and reports on a 2MW Natural Gas Ambient Pressure Solid Oxide Fuel Cell Unit.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

2
17
2

The calculation for average annual energy is based on a 2 MW system running with 95% availability. It has been assumed that
fuel cells would be available during peak winter periods and dependable capacity is equal to installed.
The average heat rate value for energy estimates was obtained from the EPRI TAG information and represents a fuel cell
running under full load (most conservative estimate of heat rate). The heat rate of a fuel cell increases by a factor of 20% 30% with a reduction to minimum load.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$1,730
$12.3
$0.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh) *
Project Life (Years)
Project Lead Time (Years)

5
10

No UEC Provided.

The financial figures for this resource option were extracted from the EPRI TAG information. In order to remain consistent with
the other fuel cell resource options, total capital cost is for the generating module alone ($880 Cdn/kW). Total plan cost
including power conditioning unit, balance of plant (BOP) equipment, installation, engineering and project process contingency
costs are expected to be in the order of $1,900/kW Cdn.
According to TAG, Fixed OMA costs of SOFCs are roughly 45% lower than an equivalent PAFC. Variable Operating and
Maintenance costs are negligible when compared to a PAFC. The O&M cost in the above table is calculated assuming the
inspection and maintenance rate of one unit per site, per year and entered into Fixed O&M.
Project life for fuel cells varies and depends on the operation of the module, estimates range from 2,000 to 10,000 hours.
Generally developers of the technology are aiming for a cell life of five years.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx
0.0003
Site

NOx
0.003

CO
Unknown

Transmission

Aquatic Habitat (Hectares)
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Yes
0
VOC

PM 10
0

Road

PM 2.5
0

Pipeline

Hg
0

0

Total

Unknown
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PROJECT:

Solid Oxide Fuel Cell

Resource Category: Alternative - Fuel Cell
Land Class
(Hectares)

Agricultural

Populated

Level of Study: Conceptual
Wildlife_Aquatic

Wildlife_Forest

Barren

Region: All
Wildlife_Mountain

Fuel cells are only as “clean or green” as their fuel source and the method of obtaining that fuel. However, the technology has
lower emissions than any other form of conventional thermal generation. Depending on the fuel, fuel cells generate water (and
only water if the fuel is pure hydrogen) and COx gasses as byproducts. Some types of fuel cells are able to use conventional
fossil fuel types but with fewer emissions.
All emission data was taken from the EPRI TAG information and based on the fuel cell module operating on natural gas.
Footprint for fuel cells is zero as they would be installed on existing sites. The footprint estimate does not include "life-cycle" or
"upstream" impacts.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

Unknown
Unknown

UNCERTAINTY
Medium

Development Uncertainty
Technology at development stage.
Price Uncertainty

Medium

Technology at development stage.

REFERENCES
Electrical Power Research Institute, Technical Assessment Guide (TAG) - Distributed Resources, January 2002.
Hankin, D., Siemens Westinghouse: Fuel Cell Activities http://www.fuelcelltoday.com/FuelCellToday/FCTFiles/FCTArticleFiles/Article_648_siemenswest0803.pdf, August 2003.
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PROJECT:

Tidal Projects

Resource Category: Alternative - Tidal

Level of Study: Conceptual

Region: Vancouver Island

PROJECT DESCRIPTION
Two tidal projects identified in the BC Green Energy Study are located at Discovery Passage and Race Passage. Project information
from these two sites has been combined and is presented in this datasheet.
The Discovery Passage project site is located 4 km east of Campbell River, BC between the southern tip of Quadra Island and
Vancouver Island and is envisioned to include 800 Marine Current turbines spanning the 1,900 m wide passage. The Race Passage
site is located 20 km southwest of Victoria, BC between Vancouver Island and Race Rocks in Juan de Fuca Strait and is envisioned to
include 43 Marine Current turbines spanning the 900 m wide passage.
Marine Current turbines resemble submarine wind turbines but each have two horizontal axis rotors connected to one generator that
converts the tidal currents into electrical energy. The turbines are grouped in arrays similar to wind turbines and can be installed
without underwater operations.
Tidal current energy is predictable and regular, environmental and physical impacts are expected to be small, and tidal resources in
BC are considerable. However, as yet no utility scale projects yet exist in the world.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

843
1466
42
1466

The technical data are total for both identified projects. The installed capacity is based on Marine Current Technology turbines,
which are each 1MW. Since the tidal current varies greatly during the course of a day, power is calculated from the mean
annual current speed, estimated to be 2.88 m/s at Discovery Passage and 2.68 m/s at Race Passage. Energy estimates could
be very different for other tidal technologies.
Dependable capacity for tidal projects was estimated using a sinusoidal curve to represent the variation in tidal current. This
simple assumption was used as tidal current information for the sites was not readily available. Based on this assumption, the
dependable capacity is estimated at 5% of installed capacity. One advantage of tidal power over other forms of renewable
energy is that tides are predictable. As a result, the timing of energy production is known months, or for that matter, years in
advance. Since tidal currents peak at different times along the coast, the power from different sites can be phased to produce
more constant energy production. Due to this phasing, the dependable capacity for a number of sites viewed together would
be much greater than if the sites are examined individually. This would be appropriate given the predictable nature of tides.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$1,223,835
$61,380.0
$0.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$159
25
3

Cost estimates were completed by Triton Consultants Ltd for the Tidal Current Energy Report of the Phase 2 Green Energy
Study for BC. Cost data is meant to provide an estimate of the resource cost and may vary depending on different tidal
technologies. The cost of emerging technologies such as wave energy is expected to decline as the technology develops and
the industry matures.
The capital cost includes interconnection costs of $81.7 million. Fixed O&M is based on an average of one visit per year per
unit for inspection, maintenance and repairs plus 5% of the cost of electrical and mechanical plant for spares and an additional
4% per year for maintenance.
The weighted average unit energy cost for both projects is provided. The unit energy cost for Discovery Passage is estimated
to be approximately $152/MWh and $361/MWh for Race Passage. Project lead time assumes technology has already been
proven.
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PROJECT:

Tidal Projects

Resource Category: Alternative - Tidal

Level of Study: Conceptual

Region: Vancouver Island

UEC Based on Average Energy Capability:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

159
187

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx

CO
0

0
Site

Yes
0
VOC
0

Transmission

Road

PM 2.5
0

Pipeline

Hg
0

0

Total

1674

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 10
0

Agricultural

Unknown
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

The project footprint reported is a total estimate for both the Discovery Passage and Race Passage sites. The Potential Area
of Turbine Farm is calculated assuming 2 ha per turbine, however, depending on specific site conditions, the turbine farm
could realistically require less area. Footprints are estimated by Triton Consultants in the Tidal Current Energy Report. New
road and transmission right of way requirements have not been estimated and would require further investigation as the
project details are developed.
The environmental and socio-economic impacts of tidal current energy are dependent on location and specific physical site
characteristics. Limiting these impacts would be a key consideration in site choice, design and construction of each system.
The effect of a tidal current development on the tidal regime is estimated to be low locally and negligible globally. The main
impacts would be on fish and marine mammals and on navigation and fishing operations. These impacts would depend on the
technology used and the site and development characteristics, and would require investigation for each individual site. Tidal
projects are expected to meet the BC Government Clean and BC Hydro Green criteria.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

Unknown
Unknown

Employment potential is unknown at this time.

UNCERTAINTY
Development Uncertainty

High

Technology at development stage, and time frame for development to utility scale uncertain.
Price Uncertainty

High

Technology at development stage, with no large scale development examples to provide cost information.

REFERENCES
Triton Consultants Ltd, Green Energy Study for British Columbia - Phase 2: Mainland - Tidal Current Energy, 2002.
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PROJECT:

Wave Energy Developments

Resource Category: Alternative - Wave

Level of Study: Conceptual

Region: Vancouver Island

PROJECT DESCRIPTION
Wave energy is still in its infancy, however there is great potential from this regular and predictable source of energy. Two potential
project sites identified in the BC Green Energy Study are located at Ucluelet and Winter Harbour. Project information from these two
sites has been combined and is presented in this datasheet.
Ucluelet is located 163 km west of Nanaimo, on the west coast of Vancouver Island. The Winter Harbour site is located on the outer
coast, directly adjacent to the harbour, near Raft Cove Park Sound on the northwest end of Vancouver Island.
It is estimated that the Ucluelet site, using Energetech technology, would consist of 50 oscillating water column devices stretching
along 5 km of coastline and could produce an average annual output of 300 GWh.
The Winter Harbour site, using Energetech technology, would consist of 50 oscillating water column devices, stretching along 5 km of
coastline near Winter Harbor and could produce an average annual output of 330 GWh.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

200
630
10
Unknown

The installed capacity is a conservative estimate based on three years of wave data. It is impossible to accurately estimate the
optimal generator rating without a more detailed study into expected variations of the wave resource over shorter time scales.
Energetech's calculations were based on data obtained from the Marine Environmental Data Service, covering a three year
period, as well as incorporating an analysis conducted by Powertech Labs.
The dependable capacity for wave technology has been estimated as 5% of installed capacity, based on the wave data
measured at the Amphitrite Point buoy and Tofino. The value is dependent on the rated installed capacity of the generating
unit. These size assumptions may not be appropriate for these sites. The dependable capacity may change as more site
specific information is available.

FINANCIAL INFORMATION (in 2004 $)
$147,450
$2,250.6
$0.0

Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$98
20
3

Cost estimates are the total of both projects and were provided by Energetech Australia for the Study of the Feasibility of
Wave Energy for the West Coast of Vancouver Island in 2001. Cost estimates are based on Energetech's oscillating water
column (OWC) technology and were updated in 2003 by personal communication. The capital cost estimates are likely too low
and it appears all project costs may not have been included, so there is a high price uncertainty. O&M costs are estimated at
1.5% of capital cost.
The cost of emerging technologies such as wave energy is expected to decline as the technology develops and the industry
matures.

UEC Based on Average Energy Capability:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *

98

Capacity Adjusted Unit Energy Cost ($/MWh)

113
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PROJECT:

Wave Energy Developments

Resource Category: Alternative - Wave

Level of Study: Conceptual

Region: Vancouver Island

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)
Aquatic Habitat (Hectares)
Land Class
(Hectares)

Agricultural

SOx

NOx

Yes
0

CO
0

0
Site

VOC

Transmission
10

PM 10

0

0
Road

0

PM 2.5
0

Pipeline
0

Hg
0

0

Total
0

10

Unknown
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

The area needed for new road or transmission access is undetermined, however the sites are close to existing roads and
distribution or transmission lines. Full land, road and transmission footprints are unknown at this time. The footprint for each of
the oscillating water column installations has been estimated to be about 5 hectares (5 km long by 10 m wide).
During the construction phase of the Oscillating Water Column farm, disturbance of marine flora and fauna may occur. After
construction the structure may develop into an artificial reef, promoting marine fauna.

JOB CREATION
160
16

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

Note: not all of the jobs created would be full-time. Permanent job estimate was based on the data for off-shore wind energy
development.

UNCERTAINTY
Development Uncertainty

High

Technology at development stage, and time frame for development to utility scale uncertain.
High

Price Uncertainty

Technology at development stage, with no large scale development examples to provide cost information.

REFERENCES
Energetech Australia Pt. Ltd, Green Energy Study for British Columbia Phase 1: Vancouver Island - Study on the Feasibility of
Wave Energy for the West Coast of Vancouver Island, 2000.
BC Hydro, Green Energy Study for British Columbia - Phase 1: Vancouver Island, September 2001, Report No PSE379.
Energetech and BC Hydro, personal correspondence, 2002 - 2003.
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PROJECT:

Future Geothermal Potential

Resource Category: Alternative - Geothermal

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
Notice of public tenders for geothermal exploration by the BC Ministry of Energy and Mines in February 2002, November 2002 and
March 2004, resulted in permits being issued near Meager Creek northwest of Pemberton (820 ha, 246 ha and 791 ha), near Lake
Kinbasket southeast of Valemount (550 ha), and west of Whistler (3814 ha). No further development of geothermal resources has
resulted to date from issuing these permits. The BC Green Energy Study identified three other potential future geothermal sites that
have a minimum annual energy production potential of approximately 640 GWh. This datasheet is based on these three sites:
- The LakeIse Hot Springs Geothermal Project, with a potential capacity of 10-50 MW, is located 120 km east of Prince Rupert, B.C.
and 20 km south of Terrace, BC. Currently, the springs are located on private land and developed as a regional destination golf resort
with a hot pool. The resource could be developed by relatively inexpensive shallow wells, but the owner of the resort is opposed to the
development of this project.
- The Mount Cayley Geothermal Project, with a potential capacity of 20-100 MW, is located near Squamish, B.C. O'Brien Energy
Corporation completed surface geothermal exploration in 1983, but no deep exploratory wells have been drilled and commercial-grade
resource temperatures have not yet been confirmed. The geothermal potential of the Mount Cayley area is promising, but very steep
terrain may restrict access to the resource.
- The Pebble Creek Geothermal Project, with a potential capacity of 55-200 MW, is located about 60 km northwest of Pemberton, B.C.,
near the South Meager Geothermal Project. BC Hydro has explored the geothermal area in detail and the site is suitable to confirm
potential commercial production of energy. The North Lillooet Provincial Park covers the western half of the prospective geothermal
target area and may be an impediment to the site development.
General barriers to geothermal development in British Columbia are primarily due to insufficient data about the available resources.
Costly exploration and confirmation drilling is necessary at the outset of a geothermal project to determine production characteristics
and the ultimate commercial production capacity of the resource. Remote locations can also be a development barrier because of the
lack of supporting infrastructure such as access roads and transmission lines.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

85
640
85
640

The rated capacities for the three future potential development sites are based on a 10 MW binary plant using a hightemperature hot water resource for Lakelse Hot Springs, a 20 MW single-flash plant using a moderate-temperature hot water
resource for Mount Cayley, and a 55 MW double-flash plant using a high-temperature hot water resource for Pebble Creek.
The Lakelse Hot Springs, Mount Cayley and Pebble Creek site may have the production capacity for up to 50 MW, 100 MW
and 200 MW respectively.
Flash System power plants are typically used for liquid dominated geothermal fluid (water) with high temperatures usually
between approximately 180 to 260 °C. The fluid typically flows through production wells under its own pressure. The fluid is
sprayed into a tank held at a much lower pressure than the fluid, causing a portion of the fluid to rapidly vaporize or “flash” into
saturated steam. The steam is separated and run through a conventional steam turbine that drives an electric generator. In a
double “flash” system, the remaining hot water from the first separator tank is run through a second steam separator tank,
producing steam which is consequently fed into a lower pressure turbine for power generation. The remaining liquid “brine” is
injected back into the geothermal reservoir and virtually no gases are emitted into the atmosphere. Flash System plants
operated on high temperature geothermal sites are the most common geothermal power generation method currently in use.
A Binary Cycle System is common for liquid dominated geothermal fluid (water) with a moderate temperature of between
approximately 120 to 180 °C. The fluid typically comes from production wells and is put through a heat exchanger with a
secondary working fluid such as iso-butane, benzene or propane that has an extremely low boiling temperature. Heat from the
geothermal fluid causes the secondary fluid to vaporize or “flash”. The vapour from the secondary fluid is then directed through
a turbine generator to produce electricity. The vapour then passes through a condenser, which converts the vapour back to a
fluid where it can be reused or “recycled” in the heat exchanger. Once the liquid “brine” has given up its heat, it is injected back
into the geothermal reservoir. The geothermal fluid and the secondary working fluid are confined to separate closed-loop
systems so virtually no gases are emitted into the atmosphere.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$289,002
$12,117.4
$0.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.
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PROJECT:

Future Geothermal Potential

Resource Category: Alternative - Geothermal

Level of Study: Conceptual

Unit Energy Cost ($/MWh) *
Project Life (Years)
Project Lead Time (Years)

Region: All

30
Unknown

No UEC Provided.

The estimated capital cost for a 10 MW binary plant at Lakelse Hot Springs, a 20 MW single-flash plant at Mount Cayley, and a
55 MW double-flash plant are $31,000,000, $84,000,000 and $179,000,000 respectively (total $294,000,000). Fixed annual
OMA costs, including annual well replacement costs, are reported as $1,228,000, $3,772,000 and $6,845,000 for the three
plants respectively (total $11,845,000/year). These costs are taken from the BC Green Energy Study and escalated to 2003$.
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PROJECT:

Future Geothermal Potential

Resource Category: Alternative - Geothermal

Level of Study: Conceptual

Region: All

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

CO
0

Site
8450

Yes
10.42
VOC

Transmission
275

Agricultural

0
Road

PM 2.5
0

Hg
0

Pipeline
0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 10

0

0

Total
0

8725

Unknown
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

The future potential geothermal production facilities may have competing interests, such as tourism facilities or First Nations
heritage sites, which may have concerns about the hydrologic balance of the hot springs. Forestry or agricultural activity may
also be present in the developable areas. Most of the well field in a developable geothermal area can be used for other
purposes, but construction of some local roads, transmission lines and pipeline rights-of-way may be required. Each of the
identified future sites has local issues as follows:
Lakelse Hot Springs Geothermal Project (estimated footprint area of 80 ha plus transmission line of less than 2 km): Currently
the hot springs are developed as a regional destination golf resort with a hot pool and the owner is opposed to the geothermal
energy project.
Mount Cayley Geothermal Project (estimated footprint area of 100 ha plus 40 km transmission line): The project is 20 km
upstream from the Cheakumus hydroelectric plant, and 40 km north of the Cheekeye Substation at Squamish. The required 40
km transmission line to the Cheekeye Substation has road access along its entire length. The geothermal resource is located
on very steep terrain.
Pebble Creek Geothermal Project (estimated footprint area of 8,270 ha plus a 68 km transmission line): A new 68 km
transmission line along the Lillooet River to the Pemberton Substation is required, but it could be shared with the required
South Meager Geothermal Project transmission line. There is an existing gravel logging road along the envisioned route. The
western half of the target geothermal resource area lies within a new Provincial Park.
The greenhouse gas emission factor varies for the three future potential geothermal sites depending on site conditions and the
type of plant proposed. A single or double-flash steam plant (Mount Cayley and Pebble Creek sites) typically emits small
amounts of sulphur and nitrous oxides that are assumed to be zero and less than 250 kg of carbon dioxide per MW per day
(10.42 mtonnes/GWh). A binary power plant (Lakelse Hot Springs site) would essentially be free of any emissions because
geothermal gases are not released into the atmosphere. Geothermal projects are expected to meet BC Government Clean and
BC Hydro Green criteria.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

340
40

Employment potential was based on estimated job creation figures calculated by Western Geopower Corp. for their proposed
South Meager Geothermal Project.

UNCERTAINTY
Development Uncertainty

High

Geothermal is new to BC. Part of the Lakelse Hot Springs resource is on private land, and the project is opposed by the
current resort owner. The Mount Cayley resource is not confirmed and steep terrain may limit development. Half the Pebble
Creek resource area is covered by a provincial park that may limit development.
Price Uncertainty

High

Resource not confirmed.

REFERENCES
BC Hydro, Green Energy Study for British Columbia- Phase 2: Mainland, October 2002, Report No E44.
Western GeoPower Corp., South Meager Geothermal Project website: http://www.geopower.ca
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PROJECT:

Future Large Hydro Potential

Resource Category: Hydro - Large Hydro

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
Several Large Hydro sites have been looked at in the province, but information on many of these sites is over 20 years old. BC Hydro
has identified the majority of these sites and they have undergone various levels of investigation from conceptual to preliminary design.
However, none of these BC Hydro initiated projects have progressed beyond this stage, except for Site C on the Peace River, which
has recently undergone further investigation (see Peace River Site C data sheet). Some examples of these identified but undeveloped
Large Hydro projects include the Elaho River, Murphy Creek, the Border Dam, McGregor Lower Canyon, and the Waneta Expansion
Projects.
Future development at any of these sites will require an updated conceptual/feasibility study that includes an environmental, social and
economic analysis. At this point in time, there is no plan to revive interest in developing any of these projects, but they remain as Large
Hydro development potential in the province.
The Elaho Project, which is northwest of Squamish, has the potential for up to 200 MW and 945 GWh of annual average energy
produced from the preferred option of a 145 m earth fill dam on the Elaho River. It is a new reservoir on an unregulated river. However,
strong concerns have been expressed over the development of a large hydro project on the Elaho River, particularly because of old
growth trees and First Nations concerns in the development area.
The proposed Murphy Creek Project is a run-of-river facility on a regulated river and is located 3 km upstream of Trail on the Columbia
River and it consists of a 27m high rock fill dam with a capacity of 275 MW and an annual energy production of 1,465 GWh. However,
there are environmental, social and economic concerns about the project, particularly related to the potential for limited flooding that
would occur in the Town of Castlegar and impacts on the tailrace of Arrow Lakes Generating Station.
The proposed Border Dam Project is a low head run-of-river project located on the regulated Columbia River near the US Border with a
capacity of 275 MW and an annual energy production of 1,418 GWh. However, there are environmental, social and economic
concerns about the project, particularly related to the potential for limited flooding that would occur in the Town of Trail and impacts on
the tailrace of the Waneta Dam.
The McGregor Lower Canyon Project is an alternative to the McGregor Diversion Project and is a new reservoir on a regulated river. It
has a capacity of 360 MW with an annual energy production of 1,920 GWh. The proposed project is located at the Lower Canyon on
the McGregor River about 30 km upstream of its confluence with the Fraser River. The inundated project area would overlap a portion
of the Arctic Pacific Lakes Provincial Park and fish and wildlife concerns would have to be addressed.
The proposed Waneta Expansion Project is located on the Pend d'Oreille River just upstream of the confluence with the Columbia
River that will consist of a second powerhouse of up 400 MW capacity at the existing Waneta Dam site. The Columbia Power
Corporation is developing this project, which is currently undergoing public consultation.
The only Large Hydro project currently being developed in British Columbia is the Brilliant Expansion Project by the Columbia Power
Corporation. This 120 MW project with an annual energy production of approximately 500 GWh is currently under construction.
Commercial operation is set to begin is 2006. The project likely has limited energy available for use by BC Hydro.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

1110
5748
1110
5056

Dependable capacity and annual firm energy figures listed in the table above were extracted from the 1995 IEP and includes
the Elaho, Murphy Creek, Border Dam and Lower McGregor Canyon projects only. It is assumed that the capacity provided by
large hydroelectric projects with storage is 100% dependable for meeting winter peak.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
@ Operating And Maintenance Cost ($1000s/year)
Fixed
Variable Operating And Maintenance Cost ($/MWh)

$4,136,080
$19,795.1
$0.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$0
$0
$4,019
$29,139

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh) *
Project Life (Years)
Project Lead Time (Years)
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PROJECT:

Future Large Hydro Potential

Resource Category: Hydro - Large Hydro

Level of Study: Conceptual

Region: All

No UEC provided.

Cost estimates for the future Large Hydro developments were generally last calculated in the 1980s. The costs for these
projects require updating to reflect current economic conditions and any updates to the project design.
The capital and fixed OMA costs detailed in the table above are for the four example projects detailed in the Project
Description section. The costs for the four example projects listed below are provided in 2003$. The estimated capital cost of
the Elaho River Project is $738,000,000 with fixed OMA costs of $3,540,000, which was escalated from a 1983 cost estimate.
The estimated capital cost of the Murphy Creek Project is $982,000,000 with fixed OMA costs of $4,710,000, which was
escalated from a 1986 cost estimate. The estimated capital cost of the Border Dam Project is $1,270,000,000 with fixed OMA
costs of $6,100,000, which was escalated from a 1989 cost estimate. The estimated capital cost of the McGregor Lower
Canyon Project is $987,000,000 with fixed OMA costs of $5,000,000, which was escalated from a 1986 cost estimate. The unit
energy costs for the four projects are $94, $80, $110, and $39, respectively.
The capital and fixed OMA cost estimate for the Waneta Expansion Project is unknown at this time. The capital cost for the
Brilliant Expansion Project is estimated at $204 million (2003$) but the OMA costs are unknown. These two projects have not
been included in the cost estimate information included on this datasheet.
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PROJECT:

Future Large Hydro Potential

Resource Category: Hydro - Large Hydro

Level of Study: Conceptual

Region: All

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

Site

Yes
0

CO
0

VOC
0

Transmission

PM 2.5
0

Road

Hg
0

Pipeline

0

Total
0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 10
0

Agricultural

Unknown
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

The major land impact caused by Large Hydro projects is the inundated area caused by creation of the reservoir. Additional
land impacts include the construction of transmission lines and access roads, as well as the actual footprint of the
dam/powerhouse.
The only land impact information available for the future Large Hydro example projects is the inundated area. At the Elaho
River Project 3,200 ha would be flooded, which is relatively large as it is a new reservoir, but the project has a benefit of
providing some flood control for development along the lower reaches of the Squamish River. The run-of-river Murphy Creek
Project would flood an area of 190 ha, which is relatively low, but inundation would occur in low lying areas along the Columbia
River and in the Town of Castlegar, including Calgar Road near Ferry Ramp and the North Castlegar wastewater treatment
plant. The run-of-river Border Dam Project would flood an area of 260 ha, which is relatively low, but limited inundation in lowlying areas of Trail would occur. At the Lower McGregor Canyon Project, 23,000 ha would be flooded, this is land with potential
forestry and wildlife values, but this would be a new and large reservoir. The Waneta Expansion Project should not have a
major land impact, as the facility will be built at an existing hydroelectric facility.
The Elaho River Project would result in a loss of terrestrial and riparian habitat along the inundated reach of the river. The
Murphy Creek and Border Dam Projects could have a significant environmental impact, most notably on sturgeon, and there is
local support to keep this last unregulated reach of the Columbia River in its natural state. The Lower McGregor Canyon
Project may have fisheries impacts and may alter flows of the McGregor River entering the Fraser River.

JOB CREATION
14130
61

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

Employment information has been estimated based on results for the Murphy Creek Project. The number of construction jobs
created is estimated at 2,550, 3,500, 3,500, and 4,580 for the Elaho, Murphy Creek, Border Dam and McGregor Lower Canyon
Projects respectively, while the permanent full-time jobs created is estimated at 11, 15, 15, 20 respectively. No employment
information was estimated for the Waneta Expansion Project.

UNCERTAINTY
Development Uncertainty

High

While the technology of Large Hydro is well established, the development of these projects has become more difficult. A
greater awareness of environmental impacts and First Nations concerns must be taken into account, as well as increased
development surrounding potential sites.
Price Uncertainty

High

A conceptual level study was completed on most of the identified Large Hydro sites about 20 years ago (except the Waneta
Expansion Project). Costs need to be updated to take into account updated project information and today's economic
conditions.

REFERENCES
Woodley M., Project Summaries, BC Hydro inter-office memo, File # 527.1.17, July 1987.
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PROJECT:

Pumped Storage Opportunities for Vancouver Island

Resource Category: Hydro - Pumped Storage

Level of Study: Conceptual

Region: Vancouver Island

PROJECT DESCRIPTION
The following summary includes possible pumped storage projects previously identified on Vancouver Island. Pumped storage uses
electricity generated during off-peak hours to pump water from a lower elevation reservoir to a higher elevation reservoir. The stored
water is then released during peak demand periods and used to turn a reversible pump/turbine generator before returning to the lower
reservoir. Approximately 75% of electricity used to pump water is recovered in the generation cycle.
Additional pumped storage schemes have been studied on Vancouver Island. In 1977, BC Hydro identified 43 sites on Vancouver
Island. In 2001, these sites were reviewed to estimate which sites could contribute up to 200 MW of storage with the lowest
environmental impact. The site options selected to achieve the target 200 MW were as follows:
Shawnigan Lake - 200 MW
Comox Lake - 200 MW
Strathcona - 100 MW

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

500
0.0001
500

The capacities provided here are accumulated from three projects in the region. It is assumed that the capacity provided by
pumped storage is 100% dependable for meeting winter peak requirements.
A pumped storage facility does not create new energy. Pumped storage facilities achieve approximately 75% efficiency
between pumping and generation cycles and are thus net energy consumers. The energy consumption would be dependent
on the dispatch (usage) of the facility and has not been estimated here. Approximately, 25% of the energy used to pump the
water is not regained during the generation cycle, due to equipment efficiencies and hydraulic losses during the pumping and
generating cycles.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$641,680
$6,138.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$0
$1,810
$0

See Technical Information for Capacity values.

Project Life (Years)
Project Lead Time (Years)

50
3

Assumptions made for the calculation of unit energy costs and lake fluctuations are included in the references. Key
assumptions are as follows: 95% capacity factor (although may be lower if only required in winter months). Variable Operation
and Maintenance costs were not estimated as it would depend on the dispatch (use) of the plant and the cost of energy to
pump water back to the storage reservoir. The cost of this energy could be as low as $30/MWh in low load hours.

For detailed UCC calculation please go to Appendix B2.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

Yes
0

CO
0

Site

VOC

Transmission
0

Printed: 2005-06-13

Agricultural

0
Road

0

PM 2.5
0

Hg
0

Pipeline
0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 10

0

0

Total
0

0

Unknown
Populated

Wildlife_Aquatic

Wildlife_Forest
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PROJECT:

Pumped Storage Opportunities for Vancouver Island

Resource Category: Hydro - Pumped Storage

Level of Study: Conceptual

Region: Vancouver Island

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

28

UNCERTAINTY
Development Uncertainty

Medium

Many sites could be selected with minimum impact and general public acceptance.
Medium

Price Uncertainty

No site specific studies done, but pumped storage consists primarily of equipment and construction costs that are predictable
for site parameters.

REFERENCES
BC Hydro, Green Energy Study for British Columbia - Phase 1: Vancouver Island, September 2001, Report No PSE379.
BC Hydro 1995 Integrated Electricity Plan, Appendix E, ISSN 1180-2561, October 1995.
Klohn Crippen, Review of Pumped Storage and Sites and Tidal Barrage Development, Vancouver Island, Report No. KC-150
(PP1321), February 2001.
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PROJECT:

Simple Cycle Gas Turbine - 47MW

Resource Category: Thermal - Natural Gas

Level of Study: Conceptual

Region: All

PROJECT DESCRIPTION
This project describes a greenfield 47 MW (nominal) General Electric LM 6000 PD Simple Cycle Gas Turbine (SCGT). Plants such as
this are most effective when run to meet the peak load, compared to a Combine Cycle Gas Turbine (CCGT) that is run constantly to
meet base load energy requirements. This unit would be equipped with a dry low NOx (DLN) control system.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)
Average Heat Rate (GJ/GWh)

44.7
78.2
44.7
78.2
9950

This technology is generally used to meet peaking requirements. The capacity provided is net of auxiliary plant losses. Gross
installed capacity is 47 MW. Dependable capacity is 100% of this net capacity. For thermal peaking projects, it was assumed
that dispatch was 20% in order to estimate an average annual energy and firm energy value for calculation of a representative
unit energy cost. Firm energy estimates were based on the assumption that a firm fuel contract would be available and
contracted.
Heat rate estimate is the higher heating value and is for a clean and new turbine. Over time there will be degradation in the
heat rate on the order of 1% to 5% depending in the location of the unit, the maintenance schedule and time between turbine
overhauls. Consistent annual maintenance limits the heat rate degradation to 1-2%

FINANCIAL INFORMATION (in 2004 $)
$44,235
$1,534.5
$3.9

Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$115
30
2

The plant is assumed to be a greenfield project located in the Kelly Lake/Nicola region. The capital cost is an "all-in" estimate
and includes all infrastructure connection costs (e.g,. transmission, gas, water supply and effluent). Capital Costs also include
Selective Catalytic Reduction (SCR) technology which reduces the plant's NOx emissions by up to 90%. Variable operation
and maintenance figures do not include fuel costs. The Fixed O&M includes an estimated gas toll of $0.3/GJ/day.
Unit energy costs for thermal resource options depend largely on the market price of fuel and plant usage, which varies over
time. In order to provide a unit energy cost estimate for peaking a 20% dispatch was assumed. Unit energy costs for thermal
peaking plants tend to be high because dispatch is lower and heat rate is higher compared to baseload plants..

For detailed UCC calculation please go to Appendix B2.

UEC Based on Average Energy Capability:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

3310
42
20
4
49

4086
52
20
4
49

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)

115
115

125
125

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Upstream GHG Emissions (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
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SOx
0.0053

NOx
0.05

No
530
130000

CO
0.03
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VOC
0.002

PM 10
0.03

PM 2.5
Unknown

Hg
0
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PROJECT:

Simple Cycle Gas Turbine - 47MW

Resource Category: Thermal - Natural Gas
Impacted Land
(Hectares)

Site
2

Aquatic Habitat (Hectares)
Upstream Footprint (Hectares)
Land Class
(Hectares)

Level of Study: Conceptual

Agricultural

Transmission
12.5

Road

Region: All

Pipeline
1.25
0.28

0.1

Total
15.85

TBD
Populated

0

Wildlife_Aquatic
0
0

Wildlife_Forest
15.85

Barren
0

Wildlife_Mountain
0

Within the last decade, the commercial introduction of low NOx combustors and high temperature catalytic controls for NOx
and CO, has enabled the control of SCGTs emissions of NOx and CO to levels comparable to combined cycle power plants.
Air emission controls including water injection plus selective catalytic reduction (SCR) for NOx control and an oxidation catalyst
for CO control guarantee NOx and CO emissions less than 25ppm.
Small quantities of ammonia associated with the use of selective catalytic reduction (SCR) technology are also emitted.
Ammonia emission is usually regulated to a concentration of 7 mg/m3.
Opacity which is a measure of the visible plume of emission gasses exhausted by the facility is usually regulated to a opacity
measure of less than 10%.
Land Impacts represent the estimated footprint for a generic gas plants located in the vicinity of infrastructure interconnection
points. Land use impacted was assumed to be Wildlife - Forest for the entire 15.85 ha impacted area.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

40
10

Employment estimates were provided by SNC Lavalin Inc.; Thermal Power Division and BC Hydro's Fort Nelson Project

UNCERTAINTY
Medium

Development Uncertainty

Social and environmental approval of small natural gas projects is dependant to some extent on site location and utilization
rate. Based on recent regulatory and public experience the development uncertainty is low to medium.
Price Uncertainty

Medium

No site specific studies have been conducted. However, this is a proven technology with large number of similar projects inservice in North America. Information from BC Hydro's Fort Nelson facility and information received from VICFT are also
consistent with the information contained in the database.

REFERENCES
AMEC, Report 142194, "2004 Integrated Electricity Plan - General Thermal Review", January 2004.
Northwest Power and Conservation Council Generating Resources Advisory Committee, Natural Gas Simple Cycle Gas
Turbine Power Plants, May 2002.
General Electric Power Company, GE Power Systems Product and Service Guide, LM6000PC online datasheet at
www.gepower.com, June 2002.
SNC LAVALIN Inc., Thermal Power Division (R. Wesley), Document entitled: Comments on BC Hydro RO-DAT Report,
November 19, 2003.
Puget Sound Energy's Least Cost Plan, Appendix G - Detailed Electric Resource Descriptions, August 2003.
BC Hydro Generation
Bantrel Inc., Greenfield Combined Cycle Gas Turbine Feasibility Study - Phase II Technology Assessment, April 2001.
AMEC, E&C Services Limited (D. McCann), Document entitled: Thermal Power Plant Performance, Emissions and Costs
Review, November 2003.
General Electric, GE Performance Data for Simple Cycle and Combined Cycle Gas Turbines, October 2000.
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PROJECT:

Greenfield Combined Cycle Gas Turbine - 250 MW

Resource Category: Thermal - Natural Gas

Level of Study: Feasibility

Region: Kelly / Nicola

PROJECT DESCRIPTION
This project describes a generic greenfield combined cycle power station located in Kelly Lake/Nicola region. The capital cost is an "allin" cost that includes infrastructure connection costs (e.g., transmission, gas, water supply and effluent). The project consists of an F
Class 1x1x1 Combined Cycle Gas Turbine (CCGT) configuration with nominal net output of 250 MW. Combined cycle gas-fired
generation is a specific use of the exhaust heat from a natural gas-fired turbine generator to make steam that is used in a steam
turbine to drive a second cycle of electricity generation.
All project financial and technical data is based on results from the methodology used by the BC Hydro price forecast team.
The project consists of the following major equipment:
* One natural gas fuelled General Electric PG7241FA packaged gas turbine generator set with dry low NOx emissions technology
(DLN).
* One unfired heat recovery steam generator (HRSG) with three pressure levels and condensate heater equipped with an SCR and
with space for future retrofit of a CO catalyst.
* One 100 MW (nominal) reheat condensing steam turbine generator set.
* Associated auxiliary systems including cooling towers, water treatment plant and distributed control system (DCS).

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)
Average Heat Rate (GJ/GWh)

243.3
1946
243.3
1946
7240

This technical information assumes that the site is located at an elevation of 2,000 feet (approximately 600 m). The installed
capacity provided is net of auxiliary plant losses. Gross installed capacity is 256 MW. Dependable capacity is 100% of this net
capacity. Availability is assumed to be 91.3% or 8,000 hours per year. Dependable capacity estimates were based on the
assumption that a firm fuel contract would be available and contracted for the net capacity.
Heat rate estimates are higher heating values (HHV) for a clean and new turbine. Over time there will be degradation in the
heat rate on the order of 1% to 5% depending in the location of the unit, the maintenance schedule and time between turbine
overhauls. Industry standard is to use a heat rate degradation of 3%. However, at this level of study no assumptions on heat
rate degradation were included in project calculations.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$304,730
$11,253.0
$4.6

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$59
25
3

Costs for the 250 MW and 500 MW CCGT were estimated based on the same information and assumptions used in the BC
Hydro electricity price forecast. Unit energy costs are estimated using the annual firm energy.
Project lead time has been estimated at three years but permitting lead time may take longer in some areas. Variable O&M
does not include any cost associated with fuel (transport or purchase). Fuel transportation in the form of a gas toll is included
in the Fixed OMA at an estimated $0.3 GJ/day for projects sited in Kelly Lake/Nicola region.

UEC Based on Average Energy Capability:
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PROJECT:

Greenfield Combined Cycle Gas Turbine - 250 MW

Resource Category: Thermal - Natural Gas

Level of Study: Feasibility
6%

8%

25297
13
6
5
36

30891
16
6
5
36

Unit Energy Cost ($/MWh)

59

62

Capacity Adjusted Unit Energy Cost ($/MWh)

59

62

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Region: Kelly / Nicola

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Upstream GHG Emissions (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx
0.0043

Impacted Land
(Hectares)
Aquatic Habitat (Hectares)
Upstream Footprint (Hectares)
Land Class
(Hectares)

Agricultural

NOx
0.05

Site
28

No
350
130000

CO
0.06

Transmission
12.5

VOC
0.01
Road

PM 10
0.03

PM 2.5
Unknown

Pipeline
1.25
0.28

0.1

Hg
0

Total
41.85

TBD
Populated

0

0

Wildlife_Aquatic
0

Wildlife_Forest
41.85

Barren
0

Wildlife_Mountain
0

The greenhouse gas factor and local air emission factors are from AMEC estimates, and represent a typical value for this type
of resource option. Local air emissions data were estimated with a low heating value heat rate. Small quantities of ammonia
associated with the use of selective catalytic reduction (SCR) technology are also emitted. Ammonia emission is usually
regulated to a concentration of 7 mg/m3.
Opacity, which is a measure of the visible plume of emission gasses exhausted by the facility, is usually regulated to an
opacity measure of less than 10%.
Land Impacts represent the estimated footprint for a generic gas plants located in the vicinity of infrastructure interconnection
points. Land use impacted was assumed to be Wildlife - Forest for the entire 41.85 ha impacted area.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

400
40

Construction period is 20 months. Employment estimates were provided by SNC Lavalin Inc.; Thermal Power Division

UNCERTAINTY
Development Uncertainty

Medium

Social and environmental approval of large natural gas projects can depend on site location. Sites located away from
populations are estimated as medium, but based on recent regulatory and public experience the development uncertainty
could be high.
Price Uncertainty

Low

No site specific studies have been conducted; however, the capital cost for CCGT turbines is well established. Therefore, price
uncertainty is low. Price uncertainty is based on the capital cost and does not include uncertainty in gas prices.

REFERENCES
SNC LAVALIN Inc., Thermal Power Division (R. Wesley), Document entitled: Comments on BC Hydro RO-DAT Report,
November 19, 2003.
AMEC, E&C Services Limited (D. McCann), Document entitled: Thermal Power Plant Performance, Emissions and Costs
Review, November 2003.
General Electric, GE 7FA Operations and Maintenance Data, Turbomachinery May/June, 1997.
General Electric, GE Performance Data for Simple Cycle and Combined Cycle Gas Turbines, October 2000.
Newell, A., BCH Price Forecast Long Run Unit Energy Cost: File PriceForecast-LongRunUEC-Rev1.xls, November 2003.
BC Hydro Generation
Bantrel Inc., Greenfield Combined Cycle Gas Turbine Feasibility Study - Phase II Technology Assessment, April 2001.
BC Hydro 1995 Integrated Electricity Plan, Appendix E, ISSN 1180-2561, October 1995.
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PROJECT:

Greenfield Combined Cycle Gas Turbine - 500 MW

Resource Category: Thermal - Natural Gas

Level of Study: Feasibility

Region: Kelly / Nicola

PROJECT DESCRIPTION
This project describes a generic greenfield combined cycle power station located in Kelly Lake/Nicola region. The capital cost is an "allin" estimate which includes infrastructure connection costs (e.g., gas, transmission, water supply and effluents). The project consists of
an F Class 2x2x1 Combined Cycle Gas Turbine (CCGT) configuration with nominal net output of 500 MW. Combined cycle gas-fired
generation is a specific use of the exhaust heat from a natural gas-fired turbine generator to make steam that is used in a steam
turbine to drive a second cycle of electricity generation.
All project financial and technical data is based on results from the methodology used by the BC Hydro price forecast team.
The project consists of the following major equipment:
* Two natural gas fuelled General Electric PG7241FA packaged gas turbine generator set with dry low NOx emissions technology
(DLN).
* Two unfired heat recovery steam generator (HRSG) with three pressure levels and condensate heater equipped with an SCR and
with space for future retrofit of a CO catalyst.
* One 200 MW (nominal) reheat condensing steam turbine generator set.
* Associated auxiliary systems including cooling towers, water treatment plant and distributed control system (DCS).

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)
Average Heat Rate (GJ/GWh)

494.2
3954
494.2
3954
7252

This technical information assumes that the site is located at an elevation of 2,000 feet (approximately 600 m). The installed
capacity provided is net of auxiliary plant losses. Gross installed capacity is 519 MW. Dependable capacity is 100% of this net
capacity. Availability is assumed to be 91.3% or 8,000 hours per year. Dependable capacity estimates were based on the
assumption that a firm fuel contract would be available and contracted for the net capacity.
Heat rate estimates are higher heating values (HHV) for a clean and new turbine. Over time there will be degradation in the
heat rate on the order of 1% to 5% depending in the location of the unit, the maintenance schedule and time between turbine
overhauls. Industry standard is to use a heat rate degradation of 3%. However, at this level of study no assumptions on heat
rate degradation were included in project calculations.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$530,820
$15,917.9
$4.4

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$56
25
3

Costs for the 250 MW and 500 MW CCGT were estimated based on the same information and assumptions used in the BC
Hydro electricity price forecast. Unit energy costs are estimated using the annual firm energy.
Project lead time has been estimated at three years but permitting lead time may take longer in some areas. Variable O&M
does not include any cost associated with fuel (transport or purchase). Fuel transportation in the form of a gas toll is included
in the Fixed OMA at an estimated $0.3 GJ/day for projects sited in Kelly Lake/Nicola region.

UEC Based on Average Energy Capability:
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PROJECT:

Greenfield Combined Cycle Gas Turbine - 500 MW

Resource Category: Thermal - Natural Gas

Level of Study: Feasibility
6%

8%

44065
11
4
4
36

53810
14
4
4
36

Unit Energy Cost ($/MWh)

56

58

Capacity Adjusted Unit Energy Cost ($/MWh)

56

58

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Region: Kelly / Nicola

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Upstream GHG Emissions (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx
0.0043

Impacted Land
(Hectares)
Aquatic Habitat (Hectares)
Upstream Footprint (Hectares)
Land Class
(Hectares)

Agricultural

NOx
0.05

Site
35

No
350
130000

CO
0.06

Transmission
12.5

VOC
0.01
Road
0.1

PM 10
0.03

PM 2.5
Unknown

Pipeline
1.25
0.28

Hg
0

Total
48.85

TBD
Populated

0

0

Wildlife_Aquatic
0

Wildlife_Forest
48.85

Barren
0

Wildlife_Mountain
0

The greenhouse gas factor and local air emission factors are from AMEC estimates, and represent a typical value for this type
of resource option. Local air emissions data were estimated with a low heating value heat rate. Small quantities of ammonia
associated with the use of selective catalytic reduction (SCR) technology are also emitted. Ammonia emission is usually
regulated to a concentration of 7 mg/m3.
Opacity, which is a measure of the visible plume of emission gasses exhausted by the facility, is usually regulated to an
opacity measure of less than 10%.
Land Impacts represent the estimated footprint for a generic gas plants located in the vicinity of infrastructure interconnection
points. Land use impacted was assumed to be Wildlife - Forest for the entire 48.85 ha impacted area.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

700
50

Construction period is 26 months. Employment estimates were provided by SNC Lavalin Inc.; Thermal Power Division

UNCERTAINTY
Development Uncertainty

High

Social and environmental approval of large natural gas projects can depend on site location. Sites located away from
populations are estimated as medium, but based on recent regulatory and public experience the development uncertainty
could be high.
Price Uncertainty

Low

No site specific studies have been conducted; however, the capital cost for CCGT turbines is well established. Therefore, price
uncertainty is low. Price uncertainty is based on the capital cost and does not include uncertainty in gas prices.

REFERENCES
General Electric, GE 7FA Operations and Maintenance Data, Turbomachinery May/June, 1997.
Newell, A., BCH Price Forecast Long Run Unit Energy Cost: File PriceForecast-LongRunUEC-Rev1.xls, November 2003.
General Electric, GE Performance Data for Simple Cycle and Combined Cycle Gas Turbines, October 2000.
BC Hydro Generation
Bantrel Inc., Greenfield Combined Cycle Gas Turbine Feasibility Study - Phase II Technology Assessment, April 2001.
AMEC, E&C Services Limited (D. McCann), Document entitled: Thermal Power Plant Performance, Emissions and Costs
Review, November 2003.
SNC LAVALIN Inc., Thermal Power Division (R. Wesley), Document entitled: Comments on BC Hydro RO-DAT Report,
November 19, 2003.

Printed: 2005-06-13

Database Page: 46 of 127

Option Page: 2 of 2

Appendix F

PROJECT:

Greenfield Combined Cycle Gas Turbine - 60 MW

Resource Category: Thermal - Natural Gas

Level of Study: Feasibility

Region: Kelly / Nicola

PROJECT DESCRIPTION
This project describes a generic greenfield combined cycle power station located near Kelly Lake/Nicola region. The capital cost is an
"all-in" cost that includes infrastructure connection costs (e.g., transmission, gas, water supply and effluents). The project consists of a
LM 6000 1x1x1 Combined Cycle Gas Turbine (CCGT) configuration with nominal net output of 57 MW. Combined cycle gas-fired
generation is a specific use of the exhaust heat from a natural gas-fired turbine generator to make steam that is used in a steam
turbine to drive a second cycle of electricity generation.
The project consists of the following major equipment:
* One natural gas fuelled General Electric LM6000PD packaged gas turbine generator set with low dry emissions technology (DLN).
* One unfired heat recovery steam generator (HRSG) with three pressure levels and condensate heater equipped with an SCR and
with space for future retrofit of a CO catalyst.
* One 15 MW (nominal) condensing steam turbine generator set.
* Associated auxiliary systems including cooling towers, water treatment plant and distributed control system (DCS).

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)
Average Heat Rate (GJ/GWh)

57
456
57
456
7489

This technical information assumes that the site is located at an elevation of 2,000 feet (approximately 600 m). The installed
capacity provided is net of auxiliary plant losses. Gross installed capacity is 60 MW. Dependable capacity is 100% of this net
capacity. Availability is assumed to be 91.3% or 8,000 hours per year. Dependable capacity estimates were based on the
assumption that a firm fuel contract would be available and contracted for the net capacity.
Heat rate is higher heating value for a clean and new turbine. Over time there will be degradation in the heat rate on the order
of 1% to 5% depending in the location of the unit, the maintenance schedule and time between turbine overhauls. Industry
standard is to use a heat rate degradation of 3%. However, at this level of study no assumptions on heat rate degradation were
included in project calculations.

FINANCIAL INFORMATION (in 2004 $)
$111,079
$4,296.6
$4.0

Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$71
25
3

Operations and maintenance (O&M) cost estimates were based on data published by General Electric. Capital Costs include
Selective Catalytic Reduction (SCR) technology which reduces the plant's NOx emissions by up to 90%. A review by AMEC
and SNC Lavalin indicate that capital cost estimate may be high, however results are based on the best available information.
Unit energy costs are estimated using the annual firm energy.
Project lead time has been estimated at three years but permitting lead time may take longer in some areas. Variable O&M
does not include any cost associated with fuel (transport or purchase). Fuel transportation in the form of a gas toll is included
in the Fixed OMA at an estimated $0.3 GJ/day for projects sited in Kelly Lake/Nicola region.

UEC Based on Average Energy Capability:
6%

8%

9221
20
9
4
37

11260
25
9
4
37

Unit Energy Cost ($/MWh)

71

75

Capacity Adjusted Unit Energy Cost ($/MWh)

71

75

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)
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PROJECT:

Greenfield Combined Cycle Gas Turbine - 60 MW

Resource Category: Thermal - Natural Gas

Level of Study: Feasibility

Region: Kelly / Nicola

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Upstream GHG Emissions (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx
0.0043

Impacted Land
(Hectares)

NOx
0.05

Site
13

Aquatic Habitat (Hectares)
Upstream Footprint (Hectares)
Land Class
(Hectares)

Agricultural

No
400
130000

CO
0.2

Transmission
12.5

VOC
0.002
Road

PM 10
0.03

PM 2.5
Unknown

Pipeline
1.25
0.28

0.1

Hg
0

Total
26.85

TBD
Populated

0

0

Wildlife_Aquatic
0

Wildlife_Forest
26.85

Barren
0

Wildlife_Mountain
0

The greenhouse gas factor and local air emission factors are from AMEC estimates, and represent a typical value for this type
of resource option. Local air emissions data were estimated with a low heating value heat rate. Small quantities of ammonia
associated with the use of selective catalytic reduction (SCR) technology are also emitted. Ammonia emission is usually
regulated to a concentration of 7 mg/m3.
Carbon Monoxide (CO) emissions are stated for a project without a catalyst (with a catalyst installed, CO emissions would be
reduced to 0.02 metric tonnes/GWh).
Opacity, which is a measure of the visible plume of emission gasses exhausted by the facility, is usually regulated to an
opacity measure of less than 10%.
Land Impacts represent the estimated footprint for a generic gas plants located in the vicinity of infrastructure interconnection
points. Land use impacted was assumed to be Wildlife - Forest for the entire 26.85 ha impacted area.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

120
20

Construction period is 15 months. Employment estimates were provided by SNC Lavalin Inc.; Thermal Power Division

UNCERTAINTY
Development Uncertainty

Medium

Social and environmental approval of small natural gas projects is dependant to some extent on site location. Based on recent
regulatory and public experience the approval uncertainty of a fossil fuel plant of this size is medium.
Price Uncertainty

Low

No site specific studies have been conducted; however, the capital cost for CCGT turbines is well established. Therefore, price
uncertainty is low. Price uncertainty is based on the capital cost and does not include uncertainty in gas prices.

REFERENCES
AMEC, E&C Services Limited (D. McCann), Document entitled: Thermal Power Plant Performance, Emissions and Costs
Review, November 2003.
Bantrel Inc., Greenfield Combined Cycle Gas Turbine Feasibility Study - Phase II Technology Assessment, April 2001.
BC Hydro Generation
General Electric, GE Performance Data for Simple Cycle and Combined Cycle Gas Turbines, October 2000.
SNC LAVALIN Inc., Thermal Power Division (R. Wesley), Document entitled: Comments on BC Hydro RO-DAT Report,
November 19, 2003.
General Electric, GE 7FA Operations and Maintenance Data, Turbomachinery May/June, 1997.
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PROJECT:

Small Gas Cogeneration Projects

Resource Category: Thermal - Natural Gas

Level of Study: Conceptual

Region: Lower Mainland

PROJECT DESCRIPTION
Cogeneration is the simultaneous production of electrical and thermal energy from a single fuel. Cogeneration involves thermal power
production and a steam/thermal host to use the excess heat produced from the generating process. Steam/thermal hosts for smallscale gas cogeneration can include green houses, hospitals and other institutions such as universities. By using waste heat in a
process that requires heating, the efficiency of cogeneration plants is 90% or greater, compared to 50% efficiency for CCGTs. There
may be potential for up to 300 MW of these potential projects using small scale reciprocating engines or gas turbines in the Lower
Mainland and Vancouver Island.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)
Average Heat Rate (GJ/GWh)

300
2400
300
2400
4800

The 300 MW capacity is assumed to consist of 30 projects with 10 MW installations. Actual sizes of these projects will vary.
The 300 MW installed capacity is net or auxiliary plant losses. Dependable capacity is 100% of this net capacity and
availability is assumed to be 91.3% or 8,000 hours per year.
Heat rate for the purpose of electricity generation is 9,600 GJ/GWh. However, 80% of revenue generated from waste heat is
assumed to be used to offset the cost of electricity generation. Therefore the equivalent heat rate for the plant is 4800 GJ/GWh.
Cogeneration plants are not as dispatchable as CCGTs as there may be times when it is not economic to run the plant for
generating electricity but the plant must still be run for the steam requirement.
0

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$510,000
$0.0
$28.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$68
25
2

The breakdown of Fixed OMA and Variable OMA are not available. Estimates of Variable OMA includes both the fixed and
variable components. Included in the OMA is also $1/GJ of gas tolls assumed for projects located in Lower Mainland. Capital
Cost is back calculated from the capital tariff provided by Willis Energy by assuming a 16 year contract life and a 80/20
Debt/Equity structure.

UEC Based on Average Energy Capability:
6%

8%

39896
17
0
28
24

47776
20
0
28
24

Unit Energy Cost ($/MWh)

68

72

Capacity Adjusted Unit Energy Cost ($/MWh)

68

72

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Upstream GHG Emissions (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Printed: 2005-06-13

SOx
0.0047

NOx
0.25

CO
0.058
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Yes
215
130000
VOC
0.0041

PM 10
0.0037

PM 2.5
0.0037

Hg
0
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PROJECT:

Small Gas Cogeneration Projects

Resource Category: Thermal - Natural Gas
Impacted Land
(Hectares)

Site

Transmission
0

Agricultural

Road
0

Region: Lower Mainland

Pipeline
0

Total
0

0

0

Aquatic Habitat (Hectares)
Upstream Footprint (Hectares)
Land Class
(Hectares)

Level of Study: Conceptual

TBD
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

The emissions rates are based on a typical small natural gas cogeneration facility. Actual emissions of individual project
varies depending on the project configuration. Emission rates are based on total usable output (electricity and heat).
Emission rates based on electricity output only would be higher than the figures provided. Generally, the test for allowable
emission rates is based on the cost per annual tonne of contaminant removed from the emissions. For larger units, the
economy of scale can result in more numerically restrictive emission limits.
With respect to NOx emission rate, selective catalytic reduction (SCR) is not assumed because of economy of scale. From
permitting perspective, the allowable NOx emission rates for small gas turbines (e.g., less than 25 MW) are less numerically
restrictive than for larger units. For example, the provincial NOx emission objective for larger gas turbines of 17 mg/m3 @ 15
% O2 is only about 20% of that for smaller gas turbines (80 mg/m3 @ 15% O2). For much larger units, such as for the SE2
and Duke Point projects, NOx emission limits of less than 10 mg/m3 @ 15% O2 might be required. A further consideration for
the use of SCR is the storage of ammonia on-site. If for example, the facility is near a school or hospital, a regulatory agency
may accept higher NOx emissions to eliminate on-site ammonia storage. When SCR and ammonia injection are used, NOx
plus ammonia can form ammonium nitrate. Particulate emissions can therefore increase with SCR use. Trade-offs therefore
exist among economics, NOx, and particulate emissions.
The assumptions for small gas cogeneration projects in 2005 ROR represent the typical emission rates that would meet the
permitting requirements in GVRD and BC. Source : Cirrus Consulting
The projects are small installations at existing facilities that are already interconnected and have road access. Therefore the
project footprint is zero. Upstream "life-cycle" footprint of the gas production is not included.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

900
90

UNCERTAINTY
Development Uncertainty

Low

These projects have lower permitting risks than a CCGT primarily because cogeneration is a clean resource and tends to have
lower emissions and land impacts than a large scale thermal project. The projects are also small and would be installed on
existing sites.
Price Uncertainty

Low-Medium

Natural gas price represents the biggest price risk factor. These projects will likely not proceed without a tolling arrangement.

REFERENCES
Maxim Power Corp.
Willis Energy Services
Cirrus Consulting
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PROJECT:

560 MW Pulverized Coal Supercritical

Resource Category: Thermal - Coal

Level of Study: Conceptual

Region: Unspecified

PROJECT DESCRIPTION
Modern coal fired generating plants are typically large units. Pulverized coal with supercritical steam conditions is expected to be the
most likely development for new coal fired generation in Canada. In 2002, SNC-Lavalin conducted a power plant feasibility study
update for the Hat Creek coal resource. The project cost information is based on that study. Although the study was conducted for the
Hat Creek site, the costs are considered good planning level estimates applicable to other areas of B.C. where there are thermal coal
resources. The main advantage of using the Hat Creek study information is the greater level of cost detail provided by this study
compared to other publicly available sources of information.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)
Average Heat Rate (GJ/GWh)

518
3627
518
3627
9761

The capacity provided as installed capacity is net of auxiliary plant losses, which is 170 MW based on a 4 unit plant.
Dependable capacity is 100% of this net capacity. The firm energy capability is based on an average annual capacity factor of
80 percent.
Plant Efficiency: Efficiencies of 40 to 42 % are quoted for modern supercritical coal fired generating plants. An efficiency of
40% corresponds to a gross heat rate of 9,020 GJ/GWh. Since the auxiliary power requirements of the 560 MW (gross) unit
are estimated at 42.5 MW, the net heat rate is estimated at 9,761 GJ/GWh.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$1,063,431
$0.0
$5.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

21242
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$45
35
6

All numbers above are in 2004$. The capital cost estimate is based on 50% of the $1.333B (2001$) direct capital cost
developed by SNC Lavalin for a 2 x 560 MW power plant installation.
In addition to the plant cost, $130 M was included for infrastructure including access roads and water supply. Also included
was an allowance of $72M for a new 500 kV transmission connection, $44M for mitigation and compensation, and 10% for
contingencies. Given the lack of project specific data, these latter cost allowances were based on those applied in the Peace
Site C cost estimate. The resulting total direct capital cost is estimated at $1.063 Billion.
SNC-Lavalin provided a detailed schedule of annual capital expenditures and annual Operating and Maintenance costs based
on a 560 MW plant. This schedule of costs was averaged over the life of the project resulting in an O&M cost of $5.0/MWh
based on an annual average capacity factor of 80%. This result is comparable to publicly available data for supercritical plants.
Fuel Specification Assumptions: Given that B.C. coal producers can sell their coal into the international market, the cost of coal
fuel for a power generation facility is based on its market value rather than on an estimate of the cost of mining the coal. The
Ministry of Energy and Mines produces a forecast of market prices FOB the west coast that looks out four years. Their March
2005 forecast price of thermal coal for the year 2008 is $40 US /mt. It is assumed that this $40 US /mt is a reasonable
estimate of the long term future market price of thermal coal since although world demand for thermal coal is expected to grow
it is also assumed that at this price new supplies will also be brought on stream to meet that demand. Using a current
exchange rate of 0.81, this is equivalent to $49 Cdn /mt FOB west coast. However, the market price at the mine site is net of
the cost of transporting coal to the west coast. As a rule of thumb estimate, the cost of transport is estimated at $20/mt. This
means that a representative mine-site market price of coal is $29 Cdn /mt. Based on information from the Ministry of Energy
and Mines, 25 GJ/mt is a representative estimate of the heating value of B.C. thermal coal resources. At the estimate mine-site
market price of $29/mt this translates to a fuel cost of $1.16/GJ.
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PROJECT:

560 MW Pulverized Coal Supercritical

Resource Category: Thermal - Coal

Level of Study: Conceptual

Region: Unspecified

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)
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6%

8%

82173
23
6
5
11

106093
29
6
5
11

45
45

52
52
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PROJECT:

560 MW Pulverized Coal Supercritical

Resource Category: Thermal - Coal

Level of Study: Conceptual

Region: Unspecified

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Upstream GHG Emissions (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx
0.66

Impacted Land
(Hectares)

NOx
0.14

Site
75

Aquatic Habitat (Hectares)
Upstream Footprint (Hectares)
Land Class
(Hectares)

Agricultural

No
855
55

CO
0.09

Transmission
570

VOC
0.01
Road

PM 10
0.015

PM 2.5
Unknown

Pipeline
20

Hg
0.0000029

Total
667.5

2.5
5.18

375
Populated

0

0

Wildlife_Aquatic
0

Wildlife_Forest
667.5

Barren
0

Wildlife_Mountain
0

The GHG emission factor is based on an estimate of 87.6 kg of CO2 per GJ for coal. Based on the plant’s net heat rate this
converts to 863 tonnes of CO2/GWh.
The local atmospheric emissions for SOX, NOX and PM10 are based on information in the 2001 SNC-Lavalin Hat Creek power
plant feasibility study. The balance of local emissions data is based on information in the 2004 IEP for a 500 MW subcritical
power plant adjusted for the better heat rate of a supercritical unit. The plant cost estimate includes dry lime scrubbing to
remove sulphur oxides and selective catalytic reduction (SCR) to remove nitrogen oxides. The SNC-Lavalin report noted that
the emissions of NOX would be 7% of the current Federal Government guideline and the emissions of SOX would be 22% of
the current Federal government guideline. The plant would also be equipped with fabric filter particulate controls which are
more efficient than electrostatic.
The project footprint was estimated based on information from the Hat Creek project (a 2000 MW project) and includes the
power plant, coal pile, waste disposal, access roads, transmission lines, waterpipe and water reservoir. Land use impacts
were assumed to be Populated for the 75 ha site and Wildlife - Forest for the remaining 592.5 ha, which includes trasnmission,
roads and pipelines. The upstream land use impacts of the coal mining was estimated at 375 ha.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

1750
77

The construction phase of a single 500 MW coal fired plant is estimated to require 1,750 person-years of employment over a
four year construction period. It is expected that this single unit plant will require 77 full time equivalent employees.
Additional jobs associated with mining the coal are not included.

UNCERTAINTY
Development Uncertainty

Medium

This project is technically sound with similar projects being developed around the world including the Genesee 3 project
recently brought into service in Alberta. General public acceptance remains a challenge for coal fired generation. Local
emissions and GHG remain a concern even though the they are reduced in comparison to existing coal fired generation.
Price Uncertainty

Low-Medium

Capital costs for coal fired generation are relatively certain given the amount of international experience with this conventional
generation resource. This is particularly the case if the generating plant were developed at an existing mining operation as the
cost uncertainty associated mitigation and compensation cost allowance would be low.
For example, if the at site price of coal increased from $29/mt to $39/mt, the unit cost would increase from $45/MWh to
$49/MWh. If a GHG offset cost of $10/tonne is included the unit cost would increase by $9.52/MWh.

REFERENCES
BC Hydro 2004 Integrated Electricity Plan, March 2004.
Hat Creek Project, Power Plant Feasibility Study Update. SNC-Lavalin 2002 Report.
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PROJECT:

Bundle - Biomass Woodwaste

Resource Category: Alternative - Biomass - Woodwaste

Level of Study: Varies

Region: All

PROJECT DESCRIPTION
Through various studies and calls for proposals, numerous potential wood-residue biomass projects were identified across the
province. Projects not in BC Hydro's integrated area; already under construction; or which are likely to be Power Smart load
displacement projects, are not included. Four projects identified with significant potential range in size from 10 MW to 85 MW. The
projects include: an upgrade to an existing facility in the interior; new projects in both the North Coast and Peace River regions; and the
Gold River project on Vancouver Island. The total dependable capacity from these is 157 MW, and the total firm energy is 1,245
GWh/yr. The weighted average unit energy cost is $59/MWh.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

157
1256
157
1256

Average Annual Energy based on 91.3% availability (8,000 hr). The installed capacity provided is net of auxiliary plant losses.
Dependable capacity is 100% of this net capacity.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$310,000
$35,000.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$59
20
3

UEC Based on Average Energy Capability:
6%

8%

59
59

69
69

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0.95

0.2
Site

Yes
0

CO

VOC
1.6

Transmission
0

0
Road

0

Agricultural

PM 2.5
Unknown

Pipeline
0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 10
0.8

Hg
0

Total
0

0

0
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

Emissions data were derived from a number of sources. Where a range was determined, the mid-point value was used in this
datasheet. Use of wood-residue fuel does not contribute significantly to greenhouse gas emissions because the full life cycle
of the plant results in a net zero emission of carbon dioxide. Carbon dioxide is removed from the atmosphere as forests are
replanted and the net emission of carbon dioxide is zero as long as forests continue to be replenished. The main local
emissions of concern with wood-residue biomass projects are Nitrogen Oxide (NOx) and fine Particulate Matter (PM). Sulphur
Printed: 2005-06-13

Database Page: 54 of 127

Option Page: 1 of 2

Appendix F

PROJECT:

Bundle - Biomass Woodwaste

Resource Category: Alternative - Biomass - Woodwaste

Level of Study: Varies

Region: All

Oxide (SOx) emissions are very low. In comparison to burning wood waste in beehive burners, using wood-residue for power
generation results in a net environmental benefit. Local impacts depend on the location of the beehive burners versus the
generating or co-generation facilities
There is no net increase in footprint for these projects because they are located at existing industrial sites with direct access to
transmission lines.

JOB CREATION
2500
115

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

UNCERTAINTY
Development Uncertainty

Medium

The availability of woodwaste fuel supply will be one of the biggest factors that determines the likelihood of these projects
being developed. Projects that are developed by a forest products company with its own fuel supply have lower fuel supply and
cost risks.
Medium

Price Uncertainty

The estimate includes an assumption for fuel costs, but no revenue for steam sales. Added revenue for heat sales is likely to
decrease the price so the risk of the price being under estimated is low.

REFERENCES
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PROJECT:

Bundle - Municipal Solid Waste (MSW)

Resource Category: Alternative - Biomass - MSW

Level of Study: Varies

Region: All

PROJECT DESCRIPTION
Three potential MSW projects have been identified around the province. Two of them are small (<10 MW), and provide total firm
energy of approximately 90 GWh/yr. One is an expansion of the Burnaby facility, and the other one is in the Kamloops/Okanagan area.
The third one is a larger one on Vancouver Island, which would provide 320GWh/yr of firm energy from 40 MW of dependable
capacity. The weighted average unit energy cost is $74/MWh

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

51
408
51
408

Average annual energy based on 91.3% availability (8,000 hours). The installed capacity provided is net of auxiliary plant
losses. Dependable capacity is 100% of this net capacity.
Municipal Solid Waste mainly consists of combustible materials such as organics, paper, leather, plastic and 10 to 15% of
metals or glass.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$150,000
$30,000.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$74
20
3

UEC Based on Average Energy Capability:
6%

8%

74
74

86
86

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx
0.45

NOx

Yes
500

CO
2.4

Site

0.15

Transmission
0

VOC
0.02
Road

0

Agricultural

PM 2.5
Unknown

Pipeline
0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 10
0.02

Hg
0

Total
0

0

0
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

Emissions data are derived from a number of sources. Where a range has been determined, the mid-point is used in this
datasheet. Trace amounts of heavy metals and dioxins can be controlled by catalytic injection systems. Particulate emissions
would be controlled by electro-static precipitator technology. Odours would likely be controlled by a negative pressure building
enclosure. .
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PROJECT:

Bundle - Municipal Solid Waste (MSW)

Resource Category: Alternative - Biomass - MSW

Level of Study: Varies

Region: All

There is no net increase in footprint for these projects because they would be located at, or near, existing industrial sites with
direct access to transmission lines.
MSW projects do not meet BC Hydro's Green Generation definition. They are, however considered Clean energy as outlined in
the BC Energy Policy. The projects would reduce the amount of MSW disposed of in the local landfills

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

1250
60

The permanent job creation is associated with operation of MSW projects (e.g., collection, handling and sorting of MSW).

UNCERTAINTY
Development Uncertainty

Medium

Odour and potential air emission issues could trigger opposition to these projects
Price Uncertainty

Medium

The cost estimates include an assumption for tipping fees. Changes in these assumptions are likely, and there is thus a
medium risk of price increase.

REFERENCES
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PROJECT:

Bundle - Biogas

Resource Category: Alternative - Biomass - Biogas

Level of Study: Varies

Region: All

PROJECT DESCRIPTION
Three potential biogas projects have been identified: a small one on Vancouver Island with a dependable capacity of 1.5 MW and a
firm energy of 12 GWh/yr; one in the Central Interior with 5 to 8 MW of dependable capacity (utilizing an existing collection system);
and a larger one in the Kelly/Nicola transmission region with 40 MW dependable capacity and a firm energy estimate of 300 GWh/yr.
The ltter option would use black liquor and hog fuel as the fuel supply with a firm gas backup. The weighted average unit energy cost is
$61/MWh

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

50
400
50
400

Average annual energy based on 8,000 hours of operation or 91.3% availability.The installed capacity provided is net of
auxiliary plant losses. Dependable capacity is 100% of this net capacity.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$190,000
$30,000.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$61
25
3

UEC Based on Average Energy Capability:
6%

8%

61
61

71
71

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx
0.45

NOx

Yes
0

CO
0.7

Site

2.1

Transmission
0

VOC
0.68
Road

0

Agricultural

PM 2.5
Unknown

Pipeline
0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 10
0.07

Hg
0

Total
0

0

0
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

Emissions data has been determined from a number of sources. Where a range has been determined, the mid point value is
shown in this datasheet. Using landfill gas (LFG) for power generation versus the uncontrolled release of methane to the
atmosphere results in a net environmental benefit, and net reduction in the greenhouse gas released. Methane is converted to
carbon dioxide when it is burned and carbon dioxide has a lower greenhouse gas intensity than methane.
There is no net increase in project footprint since the projects are at existing industrial sites with direct access to transmission.
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PROJECT:

Bundle - Biogas

Resource Category: Alternative - Biomass - Biogas

Level of Study: Varies

Region: All

The emission rates are in the following ranges, and mid points were used: SOx: 0.3 - 0.6; NOx: 0.2 - 1.2; CO: 0.3 - 4.0; PM10:
0.03 - 0.1

JOB CREATION
250
5

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

UNCERTAINTY
Medium

Development Uncertainty

Varies from Immature to Relatively Mature. The technology for the collection and utilization of Landfill Gas [LFG] to produce
power is well established, but LFG utilization is generally only feasible for older landfills greater than 0.5 million tons in size
that already have a collection system in place. The cost of installing an LFG collection system is prohibitive for energy
applications. At a landfill site where a collection system does exist, the utilization of LFG can produce power at a fairly low cost.
Price Uncertainty

High

Cost estimates used are in line with industry standards.

REFERENCES
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PROJECT:

South Meager Geothermal Project, near Pemberton

Resource Category: Alternative - Geothermal

Level of Study: Feasibility

Region: Lower Mainland

PROJECT DESCRIPTION
The South Meager Geothermal Project would be Canada’s first electricity generating facility utilizing geothermal energy if developed.
The project is located 170 km north of Vancouver, BC and 55 km northwest of Pemberton, BC. Meager Creek Development
Corporation (MCDC), which is owned by Western GeoPower Corp., currently holds Geothermal Lease 44507 for the site, comprising
4,267 ha. The lease expires December 17, 2017 and it may be renewed for a second 20 year term.
MCDC completed a technical program in 2001-2002 that included the drilling of three slim holes and a magneto-telluric survey.
Independent consultant GeothermEx, Inc. has determined the geothermal reservoir defined to date has an area of 4.5 to 7.5 km2, a
thickness of 2,800 m and an average temperature of 220 to 240 °C. This suggests the presence of a major geothermal site with a
minimum potential development capacity of 100 MW (800 GWh) and a maximum capacity of 250 MW, with the most likely capacity
being 192 MW (~1,600 GWh). A four well resource confirmation drilling program was initiated in 2004 and continued into 2005.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

100
800
100
800

The rated capacity of the South Meager Geothermal Plant described in this datasheet is based on a 110 MW gross / 100 MW
net plant. The power plant will likely be a Flash System plant, as this technology is typical for liquid dominated geothermal fluid
(water) with temperatures between 180 to 260 °C. The fluid typically flows through production wells under its own pressure.
The fluid is sprayed into a tank held at a much lower pressure than the fluid, causing a portion of the fluid to rapidly vaporize or
“flash” into saturated steam. The steam is separated and run through a conventional steam turbine that drives an electric
generator. In a double “flash” system, the remaining hot water from the first separator tank is run through a second steam
separator tank, producing steam which is then fed into a lower pressure turbine for power generation. The remaining liquid
“brine” is injected back into the geothermal reservoir and virtually no gases are emitted into the atmosphere. Flash System
plants are the most common geothermal power generation method currently in use.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$334,180
$11,687.1
$0.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$47
30
4

Costs provided are based on Western GeoPower's estimates. These costs are based on a 110 MW gross / 100 MW net
geothermal plant. The unit energy for this project could be up to $55/MWh as estimated by Western GeoPower to account for
possible increased financing and construction costs. The unit energy cost shown in the table is based on the financial
assumptions described in the report.

UEC Based on Average Energy Capability:
6%

8%

25854
32
15
0
0

32273
40
15
0
0

Unit Energy Cost ($/MWh)

47

55

Capacity Adjusted Unit Energy Cost ($/MWh)

47

55

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
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PROJECT:

South Meager Geothermal Project, near Pemberton

Resource Category: Alternative - Geothermal
Impacted Land
(Hectares)

Level of Study: Feasibility

Site
4

Transmission
200

Road

Pipeline
62.5

Agricultural

Total
2.5

269

5.38

Aquatic Habitat (Hectares)
Land Class
(Hectares)

Region: Lower Mainland

Populated

Wildlife_Aquatic

Wildlife_Forest
269

Barren

Wildlife_Mountain

The geothermal lease at this site is for a land area of 4,267 ha, however, the estimated project footprint is less than four
hectares (plant, sub-station and production wells). A total road length of 25 km is required for access roads to the site and
along the new transmission line. The total pipeline length required is less than 1 km as the proposed production wells are
located close to the plant. The total impacted area is 269 ha, including the transmission line. The impacted land use of 269
ha in Wildlife - Forest assumes that the unfinalized transmission line route lies within that land use classification.
Two alternative routes are being assessed for an 80 km transmission line. One route, through the developed Pemberton
Valley, raises a question regarding visual impacts on residents and tourism operators. The second route, through the heavily
logged Birkenhead Valley, would require helicopter construction through two wilderness sections totaling approximately 9 km.
The project is located within the asserted traditional territories of two First Nations – Lil’Wat and N’quat’qua – and
archaeological and Aboriginal Interest and Use studies are to be conducted with their direct participation. Western GeoPower
also has a longstanding business relationship with the Lil’Wat’s business development company in such areas as logging,
road building, wildlife monitoring and security.
An investigation into carbon dioxide emissions from the site indicates that emissions will be close to zero as all noncondensable gases will be injected back into the ground. Western GeoPower has conducted comprehensive studies of the
geophysical, atmospheric, aquatic and terrestrial environments. Of particular importance are wildlife studies related to
mountain goat and grizzly habitat in the project area that will be subjected to the environmental review process.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

400
45

Employment potential is based on similar plants in the United States. For project construction, about 250 - 350 personnel to be
employed over a two-year period. A number of additional people will be employed for the project development period including
the drilling crew, office employees, and those conducting on-going studies. To operate the project, some 30-45 persons will be
employed full-time, plus sub-contracts to local firms for maintenance and other services.

UNCERTAINTY
Medium

Development Uncertainty
Relatively Mature technology, geothermal is new to BC.

Medium

Price Uncertainty

Resource in final stage of assessment of commercial viability. Feasibility study to be completed August 2005.

REFERENCES
Western GeoPower Corp., South Meager Geothermal Project website: http://www.geopower.ca
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PROJECT:

Vancouver Island Wind Bundle 1

Resource Category: Alternative - Wind

Level of Study: Varies

Region: Vancouver Island

PROJECT DESCRIPTION
Forty Investigative Use Permits (IUP's) are presently active in the northern region of Vancouver Island. A realistic wind energy potential
for this region is estimated at 1,100 MW. The potential projects are represented by generic 150 MW projects situated toward the
northern end of Vancouver Island, as some of the sites with the largest potential are situated in this area.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

450
1375
33.75
Unknown

The calculation of average annual energy is based on 97% equipment availability, and a capacity factor ranging from 34 to
38%. Other losses (including transmission losses are not included). The dependable capacity was calculated for the bundles
based on site data provided by three independent power producers.

FINANCIAL INFORMATION (in 2004 $)
$750,000
$21,000.0

Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$64
20
3

Capital cost based on three generic projects at $250 million each. Fixed O&M costs are based on three generic projects at $7
million each. Construction of 50 km of 138 kV transmission line and new roads was included in the cost estimates. The unit
energy cost for this bundle is estimated to range from $55 to $75.

UEC Based on Average Energy Capability:
6%

8%

64
79

75
90

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx

NOx
0

Impacted Land
(Hectares)

CO
0

Site
45

Yes
0
VOC
0

Transmission
125

PM 10
0

Road

Hg
0

Pipeline
75

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

245

5.25

Agricultural

Populated
0

0

Wildlife_Aquatic
2

Wildlife_Forest
230.7

Barren
2

Wildlife_Mountain
10.2

The footprint is based on a report which showed that a 100 MW wind farm occupies 10 hectares of land.
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PROJECT:

Vancouver Island Wind Bundle 1

Resource Category: Alternative - Wind

Level of Study: Varies

Region: Vancouver Island

JOB CREATION
450
27

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction person-years and permanent jobs resulting from the wind projects were estimated using numbers
from the Rumble Ridge project socio-economic report. Actual employment numbers may differ.

UNCERTAINTY
Development Uncertainty

Medium

The technology is well established , but measured wind data is very limited, the terrain is difficult, and many of the sites are
relatively long distances from the nearest transmission network.
Price Uncertainty

Medium-high

There are a number of factors that will affect the price. These include the construction and O&M costs as well as the capacity
factor.

REFERENCES
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PROJECT:

Vancouver Island Wind Bundle 2

Resource Category: Alternative - Wind

Level of Study: Varies

Region: Vancouver Island

PROJECT DESCRIPTION
Forty Investigative Use Permits (IUP's) are presently active in the northern region of Vancouver Island. A realistic wind energy potential
for this region is estimated at 1,100 MW. The potential project are represented by generic 150 MW projects situated toward the
northern end of Vancouver Island, as some of the sites with the largest potential are situated in this area.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

300
800
22.5
Unknown

The calculation of average annual energy is based on 97% equipment availability, and a capacity factor ranging from 30 to
34%. Other losses (including transmission losses are not included). The dependable capacity was calculated for the bundles
based on site data provided by three independent power producers.

FINANCIAL INFORMATION (in 2004 $)
$500,000
$14,000.0

Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$72
20
3

Capital cost based on two generic projects at $250 million each. Fixed O&M costs are based on two generic projects at $7
million each. Construction of 50 km of 138 kV transmission line and new roads was included in the cost estimates. The unit
energy cost for this bundle is expected to range from $60 to $84.

UEC Based on Average Energy Capability:
6%

8%

72
89

84
101

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx

NOx
0

Impacted Land
(Hectares)

CO
0

Site
30

Yes
0
VOC
0

Transmission
125

PM 10
0

Road

Hg
0

Pipeline
75

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

230

5.25

Agricultural

Populated
0

0

Wildlife_Aquatic
1.9

Wildlife_Forest
216.6

Barren
1.9

Wildlife_Mountain
9.6

The footprint is based on a report which showed that a 100 MW wind farm occupies 10 hectares of land.
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PROJECT:

Vancouver Island Wind Bundle 2

Resource Category: Alternative - Wind

Level of Study: Varies

Region: Vancouver Island

JOB CREATION
300
18

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction person-years and permanent jobs resulting from the wind projects were estimated using numbers
from the Rumble Ridge project socio-economic report. Actual employment numbers may differ.

UNCERTAINTY
Development Uncertainty

Medium

The technology is well established , but measured wind data is very limited, the terrain is difficult, and many of the sites are
relatively long distances from the nearest transmission network.
Price Uncertainty

Medium-high

There are a number of factors that will affect the price. These include the construction and O&M costs as well as the capacity
factor.

REFERENCES
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PROJECT:

Vancouver Island Wind Bundle 3

Resource Category: Alternative - Wind

Level of Study: Varies

Region: Vancouver Island

PROJECT DESCRIPTION
Forty Investigative Use Permits (IUP's) are presently active in the northern region of Vancouver Island. A realistic wind energy potential
for this region is estimated at 1,100 MW. The potential projects are represented by generic 150 MW projects situated toward the
northern end of Vancouver Island, as some of the sites with the largest potential are situated in this area.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

300
700
22.5
Unknown

The calculation of average annual energy is based on 97% equipment availability, and a capacity factor ranging from 26 to
30%. Other losses (including transmission losses are not included). The dependable capacity was calculated for the bundles
based on site data provided by three independent power producers.

FINANCIAL INFORMATION (in 2004 $)
$500,000
$14,000.0

Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$87
20
3

Capital cost based on two generic projects at $250 million each. Fixed O&M costs are based on two generic projects at $7
million each. Construction of 50 km of 138 kV transmission line and new roads was included in the cost estimates. The unit
energy cost for this bundle is expected to range from $70 to $106.

UEC Based on Average Energy Capability:
6%

8%

87
107

102
121

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx

NOx
0

Impacted Land
(Hectares)

CO
0

Site
30

Yes
0
VOC
0

Transmission
125

PM 10
0

Road

Hg
0

Pipeline
75

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

230

5.25

Agricultural

Populated
0

0

Wildlife_Aquatic
1.9

Wildlife_Forest
216.6

Barren
1.9

Wildlife_Mountain
9.6

The footprint is based on a report which showed that a 100 MW wind farm occupies 10 hectares of land.
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PROJECT:

Vancouver Island Wind Bundle 3

Resource Category: Alternative - Wind

Level of Study: Varies

Region: Vancouver Island

JOB CREATION
300
18

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction person-years and permanent jobs resulting from the wind projects were estimated using numbers
from the Rumble Ridge project socio-economic report. Actual employment numbers may differ.

UNCERTAINTY
Development Uncertainty

High

The technology is well established , but measured wind data is very limited, the terrain is difficult, and many of the sites are
relatively long distances from the nearest transmission network.
Price Uncertainty

High

There are a number of factors that will affect the price. These include the construction and O&M costs as well as the capacity
factor.

REFERENCES
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PROJECT:

North Coast Wind Bundle 1 — Onshore

Resource Category: Alternative - Wind

Level of Study: Varies

Region: North Coast

PROJECT DESCRIPTION
Twenty-eight Investigative Use Permits (IUP's) are presently active in the North Coast region. Of these, twenty-three are onshore along
the east side of the Hecate Strait, and five are large offshore areas in the Hecate Strait off the coast of the Queen Charlotte, Stephens
and Porcher Islands. A realistic wind energy potential for this region is estimated at 2,700 MW. The potential projects are represented
by generic 50 MW projects.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

400
950
30
Unknown

The calculation of average annual energy is based on 97% equipment availability, and a capacity factor ranging from 27 to
30%. Other losses (including transmission losses are not included). The dependable capacity was calculated for the bundles
based on site data provided by three independent power producers.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$840,000
$26,400.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$105
20
3

Capital cost based on eight generic projects at $105 million each. Fixed O&M costs are based on eight generic projects at $3.3
million each. Construction of 100 km of 138 kV transmission line and new roads was included in the cost estimates. The unit
energy cost for this bundle is expected to range from $90 to $120.

UEC Based on Average Energy Capability:
6%

8%

105
124

123
142

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx

NOx
0

Impacted Land
(Hectares)

CO
0

Site
40

Yes
0
VOC
0

Transmission
250

PM 10
0

Road

Hg
0

Pipeline
150

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

440

10.5

Agricultural

Populated
0

0

Wildlife_Aquatic
3.7

Wildlife_Forest
414.3

Barren
3.7

Wildlife_Mountain
18.3

The footprint is based on a report which showed that a 100 MW wind farm occupies 10 hectares of land.
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PROJECT:

North Coast Wind Bundle 1 — Onshore

Resource Category: Alternative - Wind

Level of Study: Varies

Region: North Coast

JOB CREATION
400
24

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction person-years and permanent jobs resulting from the wind projects were estimated using numbers
from the Rumble Ridge project socio-economic report. Actual employment numbers may differ.

UNCERTAINTY
Development Uncertainty

Medium

The technology is well established , but measured wind data is very limited, the terrain is difficult, and many of the sites are
relatively long distances from the nearest transmission network.
Price Uncertainty

Medium-high

There are a number of factors that will affect the price. These include the construction and O&M costs as well as the capacity
factor.

REFERENCES
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PROJECT:

North Coast Wind Bundle 2 — Onshore

Resource Category: Alternative - Wind

Level of Study: Varies

Region: North Coast

PROJECT DESCRIPTION
Twenty-eight Investigative Use Permits (IUP's) are presently active in the North Coast region. Of these, twenty-three are onshore along
the east side of the Hecate Strait, and five are large offshore areas in the Hecate Strait off the coast of the Queen Charlotte, Stephens
and Porcher Islands. A realistic wind energy potential for this region is estimated at 2,700 MW. The potential projects are represented
by generic 50 MW projects.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

500
1080
37.5
Unknown

The calculation of average annual energy is based on 97% equipment availability, and a capacity factor ranging from 25 to
27%. Other losses (including transmission losses are not included). The dependable capacity was calculated for the bundles
based on site data provided by three independent power producers.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$1,050,000
$33,000.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$125
20
3

Capital cost based on ten generic projects @ $105 million each. Fixed O&M costs are based on ten generic projects @ $3.3
million each. Construction of 100 km of 138 kV transmission line and new roads was included in the cost estimates. The unit
energy cost for this bundle is expected to range from $100 to $150.

UEC Based on Average Energy Capability:
6%

8%

125
146

146
167

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx

NOx
0

Impacted Land
(Hectares)

CO
0

Site
50

Yes
0
VOC
0

Transmission
250

PM 10
0

Road

Hg
0

Pipeline
150

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

450

10.5

Agricultural

Populated
0

0

Wildlife_Aquatic
3.8

Wildlife_Forest
423.8

Barren
3.8

Wildlife_Mountain
18.8

The footprint is based on a report which showed that a 100 MW wind farm occupies 10 hectares of land.
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PROJECT:

North Coast Wind Bundle 2 — Onshore

Resource Category: Alternative - Wind

Level of Study: Varies

Region: North Coast

JOB CREATION
500
30

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction person-years and permanent jobs resulting from the wind projects were estimated using numbers
from the Rumble Ridge project socio-economic report. Actual employment numbers may differ.

UNCERTAINTY
Development Uncertainty

Medium

The technology is well established , but measured wind data is very limited, the terrain is difficult, and many of the sites are
relatively long distances from the nearest transmission network.
Price Uncertainty

Medium-high

There are a number of factors that will affect the price. These include the construction and O&M costs as well as the capacity
factor.

REFERENCES
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PROJECT:

North Coast Wind Bundle 3 — Onshore

Resource Category: Alternative - Wind

Level of Study: Varies

Region: North Coast

PROJECT DESCRIPTION
Twenty-eight Investigative Use Permits (IUP's) are presently active in the North Coast region. Of these, twenty-three are onshore along
the east side of the Hecate Strait, and five are large offshore areas in the Hecate Strait off the coast of the Queen Charlotte, Stephens
and Porcher Islands. A realistic wind energy potential for this region is estimated at 2,700 MW. The potential projects are represented
by generic 50 MW projects.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

350
700
26.25
Unknown

The calculation of average annual energy is based on 97% equipment availability, and a capacity factor ranging from 22 to
25%. Other losses (including transmission losses are not included). The dependable capacity was calculated for the bundles
based on site data provided by three independent power producers.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$735,000
$23,000.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$153
20
3

Capital cost based on seven generic projects at $105 million each. Fixed O&M costs are based on seven generic projects at
$3.3 million each. Construction of 100 km of 138 kV transmission line and new roads was included in the cost estimates. The
unit energy cost for this bundle is expected to range from $125 to $185.

UEC Based on Average Energy Capability:
6%

8%

153
176

179
202

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx

NOx
0

Impacted Land
(Hectares)

CO
0

Site
35

Yes
0
VOC
0

Transmission
250

PM 10
0

Road

Hg
0

Pipeline
150

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

435

10.5

Agricultural

Populated
0

0

Wildlife_Aquatic
3.6

Wildlife_Forest
409.6

Barren
3.6

Wildlife_Mountain
18.1

The footprint is based on a report which showed that a 100 MW wind farm occupies 10 hectares of land.
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PROJECT:

North Coast Wind Bundle 3 — Onshore

Resource Category: Alternative - Wind

Level of Study: Varies

Region: North Coast

JOB CREATION
500
30

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction person-years and permanent jobs resulting from the wind projects were estimated using numbers
from the Rumble Ridge project socio-economic report. Actual employment numbers may differ.

UNCERTAINTY
Development Uncertainty

High

The technology is well established , but measured wind data is very limited, the terrain is difficult, and many of the sites are
relatively long distances from the nearest transmission network.
Price Uncertainty

Medium-high

There are a number of factors that will affect the price. These include the construction and O&M costs as well as the capacity
factor.

REFERENCES
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PROJECT:

North Coast Wind Bundle 1 — Offshore

Resource Category: Alternative - Wind

Level of Study: Varies

Region: North Coast

PROJECT DESCRIPTION
Twenty-eight Investigative Use Permits (IUP's) are presently active in the North Coast region. Of these, twenty-three are onshore along
the east side of the Hecate Strait, and five are large offshore areas in the Hecate Strait off the coast of the Queen Charlotte, Stephens
and Porcher Islands. A realistic wind energy potential for this region is estimated at 2,700 MW. The potential projects are represented
by generic 300 MW projects.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

600
2400
72
Unknown

The calculation of average annual energy is based on 97% equipment availability, and a capacity factor ranging from 46 to
50%. Other losses (including transmission losses are not included). The dependable capacity was calculated for the bundles
based on site data provided by three independent power producers.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$1,667,000
$44,000.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$81
20
3

Capital cost based on two generic projects at $833.7 million each. Fixed O&M costs are based on two generic projects at $22
million each. Construction of 100 km of 138 kV transmission line and new roads was included in the cost estimates. The unit
energy cost for this bundle is expected to range from $67 to $95.

UEC Based on Average Energy Capability:
6%

8%

81
92

95
106

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx

NOx
0

Impacted Land
(Hectares)

CO
0

Site
60

Yes
0
VOC
0

Transmission
250

PM 10
0

Road

Hg
0

Pipeline
150

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

460

10.5

Agricultural

Populated
0

0

Wildlife_Aquatic
187.3

Wildlife_Forest
259

Barren
2.3

Wildlife_Mountain
11.5

The footprint is based on a report which showed that a 100 MW wind farm occupies 10 hectares of land.
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PROJECT:

North Coast Wind Bundle 1 — Offshore

Resource Category: Alternative - Wind

Level of Study: Varies

Region: North Coast

JOB CREATION
500
30

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction person-years and permanent jobs resulting from the wind projects were estimated using numbers
from various reports. Actual employment numbers may differ.

UNCERTAINTY
Development Uncertainty

Medium

The technology is well established, but the cost of undersea cable and possible upgrading of the transmission network
increases the project cost significantly. Environmental issues could also impact on these projects.
Price Uncertainty

Medium-high

There are a number of factors that will affect the price. These include the construction and O&M costs as well as the capacity
factor.

REFERENCES
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PROJECT:

North Coast Wind Bundle 2 — Offshore

Resource Category: Alternative - Wind

Level of Study: Varies

Region: North Coast

PROJECT DESCRIPTION
Twenty-eight Investigative Use Permits (IUP's) are presently active in the North Coast region. Of these, twenty-three are onshore along
the east side of the Hecate Strait, and five are large offshore areas in the Hecate Strait off the coast of the Queen Charlotte, Stephens
and Porcher Islands. A realistic wind energy potential for this region is estimated at 2,700 MW. The potential projects are represented
by generic 300 MW projects.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

600
2220
72
Unknown

The calculation of average annual energy is based on 97% equipment availability, and a capacity factor ranging from 42 to
46%. Other losses (including transmission losses are not included). The dependable capacity was calculated for the bundles
based on site data provided by three independent power producers.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$1,667,000
$44,000.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$94
20
3

Capital cost based on two generic projects at $833.7 million each. Fixed O&M costs are based on two generic projects at $22
million each. Construction of 100 km of 138 kV transmission line and new roads was included in the cost estimates. The unit
energy cost for this bundle is expected to range from $78 to $110.

UEC Based on Average Energy Capability:
6%

8%

94
106

110
122

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx

NOx
0

Impacted Land
(Hectares)

CO
0

Site
60

Yes
0
VOC
0

Transmission
250

PM 10
0

Road

Hg
0

Pipeline
150

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

460

10.5

Agricultural

Populated
0

0

Wildlife_Aquatic
187.3

Wildlife_Forest
259

Barren
2.3

Wildlife_Mountain
11.5

The footprint is based on a report which showed that a 100 MW wind farm occupies 10 hectares of land.
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PROJECT:

North Coast Wind Bundle 2 — Offshore

Resource Category: Alternative - Wind

Level of Study: Varies

Region: North Coast

JOB CREATION
500
30

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction person-years and permanent jobs resulting from the wind projects were estimated using numbers
from various reports. Actual employment numbers may differ.

UNCERTAINTY
Development Uncertainty

Medium

The technology is well established, but the cost of undersea cable and possible upgrading of the transmission network
increases the project cost significantly. Environmental issues could also impact on these projects.
Price Uncertainty

Medium-high

There are a number of factors that will affect the price. These include the construction and O&M costs as well as the capacity
factor.

REFERENCES
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PROJECT:

North Coast Wind Bundle 3 — Offshore

Resource Category: Alternative - Wind

Level of Study: Varies

Region: North Coast

PROJECT DESCRIPTION
Twenty-eight Investigative Use Permits (IUP's) are presently active in the North Coast region. Of these, twenty-three are onshore along
the east side of the Hecate Strait, and five are large offshore areas in the Hecate Strait off the coast of the Queen Charlotte, Stephens
and Porcher Islands. A realistic wind energy potential for this region is estimated at 2,700 MW. The potential projects are represented
by generic 300 MW projects.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

300
1020
36
Unknown

The calculation of average annual energy is based on 97% equipment availability, and a capacity factor ranging from 38 to
42%. Other losses (including transmission losses are not included). The dependable capacity was calculated for the bundles
based on site data provided by three independent power producers.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$833,700
$22,000.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$110
20
3

Capital cost based on one generic project at $833.7 million. Fixed O&M costs are based on one generic project at $22 million.
Construction of 100 km of 138 kV transmission line and new roads was included in the cost estimates. The unit energy cost for
this bundle is expected to range from $90 to $132.

UEC Based on Average Energy Capability:
6%

8%

110
123

129
141

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx

NOx
0

Impacted Land
(Hectares)

CO
0

Site
30

Yes
0
VOC
0

Transmission
250

PM 10
0

Road

Hg
0

Pipeline
150

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

430

10.5

Agricultural

Populated
0

0

Wildlife_Aquatic
157.3

Wildlife_Forest
259

Barren
2.3

Wildlife_Mountain
11.5

The footprint is based on a report which showed that a 100 MW wind farm occupies 10 hectares of land.
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PROJECT:

North Coast Wind Bundle 3 — Offshore

Resource Category: Alternative - Wind

Level of Study: Varies

Region: North Coast

JOB CREATION
280
18

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction person-years and permanent jobs resulting from the wind projects were estimated using numbers
from various reports. Actual employment numbers may differ.

UNCERTAINTY
Development Uncertainty

High

The technology is well established, but the cost of undersea cable and possible upgrading of the transmission network
increases the project cost significantly. Environmental issues could also impact on these projects.
Price Uncertainty

Medium-high

There are a number of factors that will affect the price. These include the construction and O&M costs as well as the capacity
factor.

REFERENCES
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PROJECT:

Peace Region Wind Bundle 1

Resource Category: Alternative - Wind

Level of Study: Varies

Region: Peace River

PROJECT DESCRIPTION
Thirty-eight Investigative Use Permits (IUP's) are presently active in the Peace River region. The majority of these are located in
elevated areas to maximize terrain speed-up effects and exposure. A realistic wind energy potential for this region is estimated at 800
MW. The potential projects are represented by generic 200 MW projects. The 200 MW size was chosen based upon the perceived
availability of transmission along this corridor

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

400
1510
30
Unknown

The calculation of average annual energy is based on 97% equipment availability, and a capacity factor ranging from 44 to
45%. Other losses (including transmission losses are not included). The dependable capacity was calculated for the bundles
based on site data provided by three independent power producers.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$604,000
$19,000.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$49
20
3

Capital cost based on two generic projects @ $302 million. Fixed O&M costs are based on two generic projects @ $9.5 million.
Construction of 25 km of 138 kV transmission line and new roads was included in the cost estimates. The unit energy cost for
this bundle is expected to range from $40 to $58.

UEC Based on Average Energy Capability:
6%

8%

49
61

57
69

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx

NOx
0

Impacted Land
(Hectares)

CO
0

Site
40

Yes
0
VOC
0

Transmission
62.5

PM 10
0

Road

Hg
0

Pipeline
37.5

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

140

2.62

Agricultural

Populated
0

0

Wildlife_Aquatic
1

Wildlife_Forest
113

Barren
1

Wildlife_Mountain
5

The footprint is based on a report which showed that a 100 MW wind farm occupies 10 hectares of land.
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PROJECT:

Peace Region Wind Bundle 1

Resource Category: Alternative - Wind

Level of Study: Varies

Region: Peace River

JOB CREATION
175
12

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction person-years and permanent jobs resulting from the wind projects were estimated using numbers
from various reports. Actual employment numbers may differ.

UNCERTAINTY
Development Uncertainty

Medium

The technology is well-established, but there are a number of issues that could constrain wind projects in this area. These
include proximity to transmission, environmental issues, and energy requirements for the area.
Price Uncertainty

Medium-high

There are a number of factors that will affect the price. These include the construction and O&M costs as well as the capacity
factor. Also the availability of measured data is insufficient to confirm the wind resource.

REFERENCES
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PROJECT:

Peace Region Wind Bundle 2

Resource Category: Alternative - Wind

Level of Study: Varies

Region: Peace River

PROJECT DESCRIPTION
Thirty-eight Investigative Use Permits (IUP's) are presently active in the Peace River region. The majority of these are located in
elevated areas to maximize terrain speed-up effects and exposure. A realistic wind energy potential for this region is estimated at 800
MW. The potential projects are represented by generic 200 MW projects. The 200 MW size was chosen based upon the perceived
availability of transmission along this corridor

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

400
1430
30
Unknown

The calculation of average annual energy is based on 97% equipment availability, and a capacity factor ranging from 41 to
44%. Other losses (including transmission losses are not included). The dependable capacity was calculated for the bundles
based on site data provided by three independent power producers.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$604,000
$19,000.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$54
20
3

Capital cost based on two generic projects at $302 million each. Fixed O&M costs are based on two generic projects at $9.5
million each. Construction of 25 km of 138 kV transmission line and new roads was included in the cost estimates. The unit
energy cost for this bundle is expected to range from $43 to $66.

UEC Based on Average Energy Capability:
6%

8%

54
67

63
76

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx

NOx
0

Impacted Land
(Hectares)

CO
0

Site
40

Yes
0
VOC
0

Transmission
62.5

PM 10
0

Road

Hg
0

Pipeline
37.5

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

140

2.62

Agricultural

Populated
0

0

Wildlife_Aquatic
1.2

Wildlife_Forest
131.8

Barren
1.2

Wildlife_Mountain
5.8

The footprint is based on a report which showed that a 100 MW wind farm occupies 10 hectares of land.
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PROJECT:

Peace Region Wind Bundle 2

Resource Category: Alternative - Wind

Level of Study: Varies

Region: Peace River

JOB CREATION
375
24

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction person-years and permanent jobs resulting from the wind projects were estimated using numbers
from various reports. Actual employment numbers may differ.

UNCERTAINTY
Development Uncertainty

Medium

The technology is well-established, but there are a number of issues that could constrain wind projects in this area. These
include proximity to transmission, environmental issues, and energy requirements for the area.
Price Uncertainty

Medium-high

There are a number of factors that will affect the price. These include the construction and O&M costs as well as the capacity
factor. Also the availability of measured data is insufficient to confirm the wind resource.

REFERENCES
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PROJECT:

Peace Region Wind Bundle 3

Resource Category: Alternative - Wind

Level of Study: Varies

Region: Peace River

PROJECT DESCRIPTION
Thirty-eight Investigative Use Permits (IUP's) are presently active in the Peace River region. The majority of these are located in
elevated areas to maximize terrain speed-up effects and exposure. A realistic wind energy potential for this region is estimated at 800
MW. The potential projects are represented by generic 200 MW projects. The 200 MW size was chosen based upon the perceived
availability of transmission along this corridor

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

600
1935
45
Unknown

The calculation of average annual energy is based on 97% equipment availability, and a capacity factor ranging from 37 to
41%. Other losses (including transmission losses are not included). The dependable capacity was calculated for the bundles
based on site data provided by three independent power producers.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$906,000
$28,500.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$64
20
3

Capital cost based on three generic projects at $302 million. Fixed O&M costs are based on three generic projects at $9.5
million. Construction of 25 km of 138 kV transmission line and new roads was included in the cost estimates. The unit energy
cost for this bundle is expected to range from $50 to $78.

UEC Based on Average Energy Capability:
6%

8%

64
78

75
89

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)

SOx

NOx
0

Impacted Land
(Hectares)

CO
0

Site
60

Yes
0
VOC
0

Transmission
62.5

PM 10
0

Road

Hg
0

Pipeline
37.5

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

160

2.62

Agricultural

Populated
0

0

Wildlife_Aquatic
1

Wildlife_Forest
113

Barren
1

Wildlife_Mountain
5

The footprint is based on a report which showed that a 100 MW wind farm occupies 10 hectares of land.
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PROJECT:

Peace Region Wind Bundle 3

Resource Category: Alternative - Wind

Level of Study: Varies

Region: Peace River

JOB CREATION
175
12

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction person-years and permanent jobs resulting from the wind projects were estimated using numbers
from various reports. Actual employment numbers may differ.

UNCERTAINTY
Development Uncertainty

High

The technology is well-established, but there are a number of issues that could constrain wind projects in this area. These
include proximity to transmission, environmental issues, and energy requirements for the area.
Price Uncertainty

Medium-high

There are a number of factors that will affect the price. These include the construction and O&M costs as well as the capacity
factor. Also the availability of measured data is insufficient to confirm the wind resource.

REFERENCES
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PROJECT:

Small Hydro First 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro

Level of Study: Pre-feasibility Region: All

PROJECT DESCRIPTION
BC provides many opportunities for small hydro development. As part of the 2005 IEP small hydro IPP stakeholder engagement,
Knight Piesold Consulting provided a database of potential small hydro run-of-river sites in BC. The database consists of information
from different levels of studies including ~25% at conceptual stage, 25% at pre-feasibility stage, 35% at feasibility stage and 15%
passed feasibility stage and into permitting, EIA. Considering data from the Sigma inventory (used in 2004 IEP), the RFEI, the Knight
Piesold database and information submitted by IPPs, generic bundles were created. This bundle consists of ~14 projects with the
lowest UEC and amounts to 1,000 GWh annual average energy. This bundle is considered to be made up of projects from different
transmission regions: 55% LM, 7% KN, 25% VI, 2% NC, 4% EK, 3% CI, 1% PR, 3% SE. Projects greater than 50 MW have not been
included in this grouping and are grouped into the medium hydro bundles. Methodology used in calculating the attributes is
documented in a BC Hydro internal document prepared by K. Lee.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

260
1000
65

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$0
$941
$1,086

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$50
40
3

The UEC rate 1 values were agreed upon during the small hydro stakeholder engagement meetings where comparison
between supply curves based on different data sources were made. UEC rate 1 corresponds to 6% discount rate and 40 year
life. These UECs are not expected to be the bid prices.

UEC Based on Average Energy Capability:
6%

8%

Unit Energy Cost ($/MWh) *

50

64

Capacity Adjusted Unit Energy Cost ($/MWh)

60

74

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

CO
0

Site
0

Yes
0
VOC
0

Transmission
139

Aquatic Habitat (Hectares)
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PM 10
0

Road

PM 2.5
0

Pipeline
31

Hg
0

0

Total
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193
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PROJECT:

Small Hydro First 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro
Land Class
(Hectares)

Agricultural

Level of Study: Pre-feasibility Region: All

Populated
0

0

Wildlife_Aquatic
22.87

Wildlife_Forest
161.54

Barren
1.43

Wildlife_Mountain
7.14

As an outcome of a meeting with small hydro IPP representatives in March 2005, the footprint of small hydro projects is
calculated as the sum of penstocks, transmission lines and access roads areas. The footprint for the powerhouse etc is
relatively minimal and is therefore ignored. In estimating footprint, the transmission lines, access roads and penstocks are
assumed to be 10 m wide.

JOB CREATION
1104
27

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction jobs was estimated as 2.5 person-years per million dollars of capital cost. The number of
permanent jobs was estimated as 0.5 full time equivalent for plants with 0 to 5 MW capacity, one full time equivalent for plants
with 5 to 10 MW capacity, and one extra full time equivalent for every 10 MW greater than 10 MW. Details of the methodology
used in the estimation are documented in an internal memo prepared by K. Lee.

UNCERTAINTY
Development Uncertainty

Low

The technology and license process is well established. Some of the projects included may be required to be built as a group
for them to be economical.
Price Uncertainty

Low

During small hydro stakeholder engagement meetings, comparison between UEC based on different data source shows low
uncertainty.

REFERENCES
Mottram, S., Knight Piesold Ltd., Communication at small hydro stakeholder engagement meetings, Feb to Mar 2005.
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PROJECT:

Small Hydro Second 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro

Level of Study: Pre-feasibility Region: All

PROJECT DESCRIPTION
BC provides many opportunities for small hydro development. As part of the 2005 IEP small hydro IPP stakeholder engagement,
Knight Piesold Consulting provided a database of potential small hydro run-of-river sites in BC. The database consists of information
from different levels of studies including ~25% at conceptual stage, 25% at pre-feasibility stage, 35% at feasibility stage and 15%
passed feasibility stage and into permitting, EIA. Considering data from the Sigma inventory (used in 2004 IEP), the RFEI, the Knight
Piesold database and information submitted by IPPs, generic bundles were created. This bundle consists of ~14 projects with the
second 1,000 GWh of the lowest UEC. This bundle is considered to be made up of projects from different transmission regions: 55%
LM, 7% KN, 25% VI, 2% NC, 4% EK, 3% CI, 1% PR, 3% SE. Projects greater than 50 MW have not been included in this grouping and
are grouped into the medium hydro bundles. Methodology used in calculating the attributes is documented in a BC Hydro internal
document prepared by K. Lee.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

260
1000
65

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$0
$941
$1,086

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$55
40
3

The UEC rate 1 values were agreed upon during the small hydro stakeholder engagement meetings where comparison
between supply curves based on different data sources were made. UEC rate 1 corresponds to 6% discount rate and 40 year
life. These UECs are not expected to be the bid prices.

UEC Based on Average Energy Capability:
6%

8%

Unit Energy Cost ($/MWh) *

55

70

Capacity Adjusted Unit Energy Cost ($/MWh)

65

80

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

CO
0

Site
0

Yes
0
VOC
0

Transmission
139

Aquatic Habitat (Hectares)
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PROJECT:

Small Hydro Second 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro
Land Class
(Hectares)

Agricultural

Level of Study: Pre-feasibility Region: All

Populated
0

0

Wildlife_Aquatic
22.87

Wildlife_Forest
161.54

Barren
1.43

Wildlife_Mountain
7.14

As an outcome of a meeting with small hydro IPP representatives in March 2005, the footprint of small hydro projects is
calculated as the sum of penstocks, transmission lines and access roads areas. The footprint for the powerhouse etc is
relatively minimal and is therefore ignored. In estimating footprint, the transmission lines, access roads and penstocks are
assumed to be 10 m wide.

JOB CREATION
1104
27

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction jobs was estimated as 2.5 person-years per million dollars of capital cost. The number of
permanent jobs was estimated as 0.5 full time equivalent for plants with 0 to 5 MW capacity, one full time equivalent for plants
with 5 to 10 MW capacity, and one extra full time equivalent for every 10 MW greater than 10 MW. Details of the methodology
used in the estimation are documented in an internal memo prepared by K. Lee.

UNCERTAINTY
Development Uncertainty

Low

The technology and license process is well established. Some of the projects included may be required to be built as a group
for them to be economical.
Price Uncertainty

Low

During small hydro stakeholder engagement meetings, comparison between UEC based on different data source shows low
uncertainty.

REFERENCES
Mottram, S., Knight Piesold Ltd., Communication at small hydro stakeholder engagement meetings, Feb to Mar 2005.
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PROJECT:

Small Hydro Third 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro

Level of Study: Pre-feasibility Region: All

PROJECT DESCRIPTION
BC provides many opportunities for small hydro development. As part of the 2005 IEP small hydro IPP stakeholder engagement,
Knight Piesold Consulting provided a database of potential small hydro run-of-river sites in BC. The database consists of information
from different levels of studies including ~25% at conceptual stage, 25% at pre-feasibility stage, 35% at feasibility stage and 15%
passed feasibility stage and into permitting, EIA. Considering data from the Sigma inventory (used in 2004 IEP), the RFEI, the Knight
Piesold database and information submitted by IPPs, generic bundles were created. This bundle consists of ~14 projects with the third
1,000 GWh of the lowest UEC. This bundle is considered to be made up of projects from different transmission regions: 55% LM, 7%
KN, 25% VI, 2% NC, 4% EK, 3% CI, 1% PR, 3% SE. Projects greater than 50 MW have not been included in this grouping and are
grouped into the medium hydro bundles. Methodology used in calculating the attributes is documented in a BC Hydro internal
document prepared by K. Lee.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

260
1000
65

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$0
$941
$1,086

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$55
40
3

The UEC rate 1 values were agreed upon during the small hydro stakeholder engagement meetings where comparison
between supply curves based on different data sources were made. UEC rate 1 corresponds to 6% discount rate and 40 year
life. These UECs are not expected to be the bid prices.

UEC Based on Average Energy Capability:
6%

8%

Unit Energy Cost ($/MWh) *

55

70

Capacity Adjusted Unit Energy Cost ($/MWh)

65

80

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

CO
0

Site
0

Yes
0
VOC
0

Transmission
139

Aquatic Habitat (Hectares)
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PROJECT:

Small Hydro Third 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro
Land Class
(Hectares)

Agricultural

Level of Study: Pre-feasibility Region: All

Populated
0

0

Wildlife_Aquatic
22.87

Wildlife_Forest
161.54

Barren
1.43

Wildlife_Mountain
7.14

As an outcome of a meeting with small hydro IPP representatives in March 2005, the footprint of small hydro projects is
calculated as the sum of penstocks, transmission lines and access roads areas. The footprint for the powerhouse etc is
relatively minimal and is therefore ignored. In estimating footprint, the transmission lines, access roads and penstocks are
assumed to be 10 m wide.

JOB CREATION
1104
27

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction jobs was estimated as 2.5 person-years per million dollars of capital cost. The number of
permanent jobs was estimated as 0.5 full time equivalent for plants with 0 to 5 MW capacity, one full time equivalent for plants
with 5 to 10 MW capacity, and one extra full time equivalent for every 10 MW greater than 10 MW. Details of the methodology
used in the estimation are documented in an internal memo prepared by K. Lee.

UNCERTAINTY
Development Uncertainty

Low

The technology and license process is well established. Some of the projects included may be required to be built as a group
for them to be economical.
Price Uncertainty

Low

During small hydro stakeholder engagement meetings, comparison between UEC based on different data source shows low
uncertainty.

REFERENCES
Mottram, S., Knight Piesold Ltd., Communication at small hydro stakeholder engagement meetings, Feb to Mar 2005.
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PROJECT:

Small Hydro Fourth 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro

Level of Study: Pre-feasibility Region: All

PROJECT DESCRIPTION
BC provides many opportunities for small hydro development. As part of the 2005 IEP small hydro IPP stakeholder engagement,
Knight Piesold Consulting provided a database of potential small hydro run-of-river sites in BC. The database consists of information
from different levels of studies including ~25% at conceptual stage, 25% at pre-feasibility stage, 35% at feasibility stage and 15%
passed feasibility stage and into permitting, EIA. Considering data from the Sigma inventory (used in 2004 IEP), the RFEI, the Knight
Piesold database and information submitted by IPPs, generic bundles were created. This bundle consists of ~14 projects with the
fourth 1,000 GWh of the lowest UEC. This bundle is considered to be made up of projects from different transmission regions: 55%
LM, 7% KN, 25% VI, 2% NC, 4% EK, 3% CI, 1% PR, 3% SE. Projects greater than 50 MW have not been included in this grouping and
are grouped into the medium hydro bundles. Methodology used in calculating the attributes is documented in a BC Hydro internal
document prepared by K. Lee.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

260
1000
65

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$0
$941
$1,086

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$60
40
3

The UEC rate 1 values were agreed upon during the small hydro stakeholder engagement meetings where comparison
between supply curves based on different data sources were made. UEC rate 1 corresponds to 6% discount rate and 40 year
life. These UECs are not expected to be the bid prices.

UEC Based on Average Energy Capability:
6%

8%

Unit Energy Cost ($/MWh) *

60

76

Capacity Adjusted Unit Energy Cost ($/MWh)

70

86

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

CO
0

Site
0

Yes
0
VOC
0

Transmission
139

Aquatic Habitat (Hectares)

Printed: 2005-06-13

PM 10
0

Road

PM 2.5
0

Pipeline
31

Hg
0

0

Total
23
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PROJECT:

Small Hydro Fourth 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro
Land Class
(Hectares)

Agricultural

Level of Study: Pre-feasibility Region: All

Populated
0

0

Wildlife_Aquatic
22.87

Wildlife_Forest
161.54

Barren
1.43

Wildlife_Mountain
7.14

As an outcome of a meeting with small hydro IPP representatives in March 2005, the footprint of small hydro projects is
calculated as the sum of penstocks, transmission lines and access roads areas. The footprint for the powerhouse etc is
relatively minimal and is therefore ignored. In estimating footprint, the transmission lines, access roads and penstocks are
assumed to be 10 m wide.

JOB CREATION
1104
27

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction jobs was estimated as 2.5 person-years per million dollars of capital cost. The number of
permanent jobs was estimated as 0.5 full time equivalent for plants with 0 to 5 MW capacity, one full time equivalent for plants
with 5 to 10 MW capacity, and one extra full time equivalent for every 10 MW greater than 10 MW. Details of the methodology
used in the estimation are documented in an internal memo prepared by K. Lee.

UNCERTAINTY
Development Uncertainty

Medium

The technology and license process is well established. Some of the projects included may be required to be built as a group
for them to be economical.
Price Uncertainty

Medium

During small hydro stakeholder engagement meetings, comparison between UEC based on different data source shows
medium uncertainty.

REFERENCES
Mottram, S., Knight Piesold Ltd., Communication at small hydro stakeholder engagement meetings, Feb to Mar 2005.
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PROJECT:

Small Hydro Fifth 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro

Level of Study: Pre-feasibility Region: All

PROJECT DESCRIPTION
BC provides many opportunities for small hydro development. As part of the 2005 IEP small hydro IPP stakeholder engagement,
Knight Piesold Consulting provided a database of potential small hydro run-of-river sites in BC. The database consists of information
from different levels of studies including ~25% at conceptual stage, 25% at pre-feasibility stage, 35% at feasibility stage and 15%
passed feasibility stage and into permitting, EIA. Considering data from the Sigma inventory (used in 2004 IEP), the RFEI, the Knight
Piesold database and information submitted by IPPs, generic bundles were created. This bundle consists of ~14 projects with the fifth
1,000 GWh of the lowest UEC. This bundle is considered to be made up of projects from different transmission regions: 55% LM, 7%
KN, 25% VI, 2% NC, 4% EK, 3% CI, 1% PR, 3% SE. Projects greater than 50 MW have not been included in this grouping and are
grouped into the medium hydro bundles. Methodology used in calculating the attributes is documented in a BC Hydro internal
document prepared by K. Lee.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

260
1000
65

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$0
$941
$1,086

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$65
40
3

The UEC rate 1 values were agreed upon during the small hydro stakeholder engagement meetings where comparison
between supply curves based on different data sources were made. UEC rate 1 corresponds to 6% discount rate and 40 year
life. These UECs are not expected to be the bid prices.

UEC Based on Average Energy Capability:
6%

8%

Unit Energy Cost ($/MWh) *

65

83

Capacity Adjusted Unit Energy Cost ($/MWh)

75

93

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

CO
0

Site
0

Yes
0
VOC
0

Transmission
139

Aquatic Habitat (Hectares)

Printed: 2005-06-13

PM 10
0

Road

PM 2.5
0

Pipeline
31

Hg
0

0
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PROJECT:

Small Hydro Fifth 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro
Land Class
(Hectares)

Agricultural

Level of Study: Pre-feasibility Region: All

Populated
0

0

Wildlife_Aquatic
22.87

Wildlife_Forest
161.54

Barren
1.43

Wildlife_Mountain
7.14

As an outcome of a meeting with small hydro IPP representatives in March 2005, the footprint of small hydro projects is
calculated as the sum of penstocks, transmission lines and access roads areas. The footprint for the powerhouse etc is
relatively minimal and is therefore ignored. In estimating footprint, the transmission lines, access roads and penstocks are
assumed to be 10 m wide.

JOB CREATION
1104
27

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction jobs was estimated as 2.5 person-years per million dollars of capital cost. The number of
permanent jobs was estimated as 0.5 full time equivalent for plants with 0 to 5 MW capacity, one full time equivalent for plants
with 5 to 10 MW capacity, and one extra full time equivalent for every 10 MW greater than 10 MW. Details of the methodology
used in the estimation are documented in an internal memo prepared by K. Lee.

UNCERTAINTY
Development Uncertainty

Medium

The technology and license process is well established. Some of the projects included may be required to be built as a group
for them to be economical.
Price Uncertainty

Medium

During small hydro stakeholder engagement meetings, comparison between UEC based on different data source shows
medium uncertainty.

REFERENCES
Mottram, S., Knight Piesold Ltd., Communication at small hydro stakeholder engagement meetings, Feb to Mar 2005.
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PROJECT:

Small Hydro Sixth 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro

Level of Study: Pre-feasibility Region: All

PROJECT DESCRIPTION
BC provides many opportunities for small hydro development. As part of the 2005 IEP small hydro IPP stakeholder engagement,
Knight Piesold Consulting provided a database of potential small hydro run-of-river sites in BC. The database consists of information
from different levels of studies including ~25% at conceptual stage, 25% at pre-feasibility stage, 35% at feasibility stage and 15%
passed feasibility stage and into permitting, EIA. Considering data from the Sigma inventory (used in 2004 IEP), the RFEI, the Knight
Piesold database and information submitted by IPPs, generic bundles were created. This bundle consists of ~14 projects with the sixth
1,000 GWh of the lowest UEC. This bundle is considered to be made up of projects from different transmission regions: 55% LM, 7%
KN, 25% VI, 2% NC, 4% EK, 3% CI, 1% PR, 3% SE. Projects greater than 50 MW have not been included in this grouping and are
grouped into the medium hydro bundles. Methodology used in calculating the attributes is documented in a BC Hydro internal
document prepared by K. Lee.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

260
1000
65

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$0
$941
$1,086

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$70
40
3

The UEC rate 1 values were agreed upon during the small hydro stakeholder engagement meetings where comparison
between supply curves based on different data sources were made. UEC rate 1 corresponds to 6% discount rate and 40 year
life. These UECs are not expected to be the bid prices.

UEC Based on Average Energy Capability:
6%

8%

Unit Energy Cost ($/MWh) *

70

89

Capacity Adjusted Unit Energy Cost ($/MWh)

80

99

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

CO
0

Site
0

Yes
0
VOC
0

Transmission
139

Aquatic Habitat (Hectares)
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PROJECT:

Small Hydro Sixth 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro
Land Class
(Hectares)

Agricultural

Level of Study: Pre-feasibility Region: All

Populated
0

0

Wildlife_Aquatic
22.87

Wildlife_Forest
161.54

Barren
1.43

Wildlife_Mountain
7.14

As an outcome of a meeting with small hydro IPP representatives in March 2005, the footprint of small hydro projects is
calculated as the sum of penstocks, transmission lines and access roads areas. The footprint for the powerhouse etc is
relatively minimal and is therefore ignored. In estimating footprint, the transmission lines, access roads and penstocks are
assumed to be 10 m wide.

JOB CREATION
1104
27

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction jobs was estimated as 2.5 person-years per million dollars of capital cost. The number of
permanent jobs was estimated as 0.5 full time equivalent for plants with 0 to 5 MW capacity, one full time equivalent for plants
with 5 to 10 MW capacity, and one extra full time equivalent for every 10 MW greater than 10 MW. Details of the methodology
used in the estimation are documented in an internal memo prepared by K. Lee.

UNCERTAINTY
Development Uncertainty

High

The technology and license process is well established. Some of the projects included may be required to be built as a group
for them to be economical.
Price Uncertainty

High

During small hydro stakeholder engagement meetings, comparison between UEC based on different data source shows high
uncertainty.

REFERENCES
Mottram, S., Knight Piesold Ltd., Communication at small hydro stakeholder engagement meetings, Feb to Mar 2005.
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PROJECT:

Medium Hydro First 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro

Level of Study: Pre-feasibility Region: All

PROJECT DESCRIPTION
BC provides many opportunities for small hydro development. As part of the 2005 IEP small hydro IPP stakeholder engagement,
Knight Piesold Consulting provided a database of potential small hydro run-of-river sites in BC. The database consists of information
from different levels of studies including ~25% at conceptual stage, 25% at pre-feasibility stage, 35% at feasibility stage and 15%
passed feasibility stage and into permitting, EIA. Considering data from the Sigma inventory (used in 2004 IEP), the RFEI, the Knight
Piesold database and information submitted by IPPs, generic bundles were created. This bundle consists of ~4 projects with the lowest
UEC. The capacity of these projects ranges from 60 MW to 102 MW. This bundle is considered to be made up of projects from
different transmission regions: 55% LM, 7% KN, 25% VI, 2% NC, 4% EK, 3% CI, 1% PR, 3% SE. Projects less than 50 MW have not
been included in this grouping and are grouped into the small hydro bundles. Methodology used in calculating the attributes is
documented in a BC Hydro internal document prepared by K. Lee.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

260
1000
65

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$0
$941
$1,086

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$50
40
3

The UEC rate 1 values were agreed upon during the small hydro stakeholder engagement meetings where comparison
between supply curves based on different data sources were made. UEC rate 1 corresponds to 6% discount rate and 40 year
life. These UECs are not expected to be the bid prices. For simplicity, the water rental rate for annual energy < 160 GWh is
used for water rental calculation.

UEC Based on Average Energy Capability:
6%

8%

50
60

64
74

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

Site

Yes
0

CO
0

VOC

Transmission
0
40

Aquatic Habitat (Hectares)
Printed: 2005-06-13
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0

0
Road

PM 2.5
0

Pipeline
9

Hg
0

0
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7
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PROJECT:

Medium Hydro First 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro
Land Class
(Hectares)

Agricultural

Level of Study: Pre-feasibility Region: All

Populated
0

0.8

Wildlife_Aquatic
0.2

Wildlife_Forest
50.3

Barren
3.5

Wildlife_Mountain
0.4

As an outcome of a meeting with small hydro IPP representatives in March 2005, the footprint of medium hydro projects is
calculated as the sum of penstocks, transmission lines and access roads areas. The footprint for the powerhouse etc is
relatively minimal and is therefore ignored. In estimating footprint, the transmission lines, access roads and penstocks are
assumed to be 10 m wide.

JOB CREATION
1104
27

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction jobs was estimated as 2.5 person-years per million dollars of capital cost. The number of
permanent jobs was estimated as 0.5 full time equivalent for plants with 0 to 5 MW capacity, one full time equivalent for plants
with 5 to 10 MW capacity, and one extra full time equivalent for every 10 MW greater than 10 MW. Details of the methodology
used in the estimation are documented in an internal memo prepared by K. Lee.

UNCERTAINTY
Development Uncertainty

Low

The technology and license process is well established.
Price Uncertainty

Low

During small hydro stakeholder engagement meetings, comparison between UEC based on different data source shows low
uncertainty.

REFERENCES
Mottram, S., Knight Piesold Ltd., Communication at small hydro stakeholder engagement meetings, Feb to Mar 2005.
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PROJECT:

Medium Hydro Second 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro

Level of Study: Pre-feasibility Region: All

PROJECT DESCRIPTION
BC provides many opportunities for small hydro development. As part of the 2005 IEP small hydro IPP stakeholder engagement,
Knight Piesold Consulting provided a database of potential small hydro run-of-river sites in BC. The database consists of information
from different levels of studies including ~25% at conceptual stage, 25% at pre-feasibility stage, 35% at feasibility stage and 15%
passed feasibility stage and into permitting, EIA. Considering data from the Sigma inventory (used in 2004 IEP), the RFEI, the Knight
Piesold database and information submitted by IPPs, generic bundles were created. This bundle consists of ~4 projects with the
second 1,000 GWh of the lowest UEC. The capacity of these projects ranges from 60 MW to 102 MW. This bundle is considered to be
made up of projects from different transmission regions: 55% LM, 7% KN, 25% VI, 2% NC, 4% EK, 3% CI, 1% PR, 3% SE. Projects
less than 50 MW have not been included in this grouping and are grouped into the small hydro bundles. Methodology used in
calculating the attributes is documented in a BC Hydro internal document prepared by K. Lee.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

260
1000
65

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$0
$941
$1,086

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$60
40
3

The UEC rate 1 values were agreed upon during the small hydro stakeholder engagement meetings where comparison
between supply curves based on different data sources were made. UEC rate 1 corresponds to 6% discount rate and 40 year
life. These UECs are not expected to be the bid prices. For simplicity, the water rental rate for annual energy < 160 GWh is
used for water rental calculation.

UEC Based on Average Energy Capability:
6%

8%

60
70

76
86

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh) *
Capacity Adjusted Unit Energy Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

Site

Yes
0

CO
0

VOC

Transmission
0
40

Aquatic Habitat (Hectares)
Printed: 2005-06-13

PM 10

0

0
Road

PM 2.5
0

Pipeline
9

Hg
0

0

Total
7
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PROJECT:

Medium Hydro Second 1,000 GWh Bundle

Resource Category: Alternative - Small Hydro
Land Class
(Hectares)

Agricultural

Level of Study: Pre-feasibility Region: All

Populated
0

0.8

Wildlife_Aquatic
0.2

Wildlife_Forest
50.3

Barren
3.5

Wildlife_Mountain
0.4

As an outcome of a meeting with small hydro IPP representatives in March 2005, the footprint of medium hydro projects is
calculated as the sum of penstocks, transmission lines and access roads areas. The footprint for the powerhouse etc is
relatively minimal and is therefore ignored. In estimating footprint, the transmission lines, access roads and penstocks are
assumed to be 10 m wide.

JOB CREATION
1104
27

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The number of construction jobs was estimated as 2.5 person-years per million dollars of capital cost. The number of
permanent jobs was estimated as 0.5 full time equivalent for plants with 0 to 5 MW capacity, one full time equivalent for plants
with 5 to 10 MW capacity, and one extra full time equivalent for every 10 MW greater than 10 MW. Details of the methodology
used in the estimation are documented in an internal memo prepared by K. Lee.

UNCERTAINTY
Development Uncertainty

Medium

The technology and license process is well established.
Price Uncertainty

Medium

During small hydro stakeholder engagement meetings, comparison between UEC based on different data source shows
medium uncertainty.

REFERENCES
Mottram, S., Knight Piesold Ltd., Communication at small hydro stakeholder engagement meetings, Feb to Mar 2005.
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PROJECT:

Peace River Site C

Resource Category: Hydro - Large Hydro

Level of Study: Feasibility

Region: Peace River

PROJECT DESCRIPTION
Site C is a proposed hydroelectric generating station located on the Peace River approximately 7 km southwest of Fort St. John. The
project, as currently proposed, includes an earthfill dam across the river with a spillway, power intake structure, powerhouse and
switchgear facilities on the river’s right bank.
The current design has the powerhouse containing six units with a total rated capacity of 900 MW, which would supply approximately
4,600 GWh per year to B.C Hydro's system. The project would include two new 500 kV transmission lines to the existing Peace
Canyon switchyard.
BC Hydro currently owns a significant portion, but not all, of the lands required for development of Site C. A local land manager
administers the lease of these properties to allow economic use of the properties in the interim. The project was reviewed and
approved subject to demonstration of need by the BCUC in the early 1980's. Due to reduction in the BC Hydro’s load forecast, the
project was put on hold shortly after the BCUC review.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

900
4600
900
4000

It is assumed that the capacity provided by large hydro electric projects with storage is 100% dependable for meeting winter
peak.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Sustaining Capital ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$2,264,000
$4,000
$5,800
$0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$2,476
$0
$3,260
$23,320

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$47
70
11

In October 2001, BC Hydro Engineering completed a review of the capital costs for the Site C Project in 2001$. These capital
costs were updated in October 2001 for inflation and other cost adjustments. The capital cost summary presented in this
datasheet reflects the October 2001 costs expressed in 2004$. The total capital cost estimate of $2,264,000,000 includes the
Site C generating station, Peace Canyon switchyard upgrade, and transmission lines from Site C to the Peace Canyon
switchyard. The total capital cost estimate can be broken down as follows: Preliminary Phase Costs $26,000,000, Construction
Insurance, Land and Rights $44,000,000, Reservoir Access and Clearing $114,000,000, Construction Management
$222,000,000, Dam Construction $744,000,000, Construction – Civil Works $359,000,000, Construction – Mechanical Works
$135,000,000, Construction – Electrical Works $183,000,000, Construction Services $53,000,000, Transmission to Peace
Canyon $72,000,000, Mitigation and Compensation $44,000,000 and Contingency $268,000,000. Some components of the
Site C configuration are at a more advanced stage of design than others. The design is generally at/or beyond feasibility level
with some areas at advanced preliminary level.
BC Hydro Generation completed a review of Operating and Maintenance (O&M) costs for the Site C Project. The $4,000,000
per annum value in 2004$ also includes an estimate of incremental General and Administration (G&A) costs.
No significant amounts of sustaining capital will be required until 10+ years after Site C has been in service.
Fixed Taxes and Grants-in-Lieu of $2,476,000 per year in real $ ($2,875,000 in nominal $) is a combination of two items:
grants-in-lieu based on the 900 MW capacity with a rate of $561.2 per MW and school taxes on the switchyard and
transmission components of Site C calculated as 1.5% of the assessed value for those components.
The project schedule has been divided into several phases based on an in-service date of late 2015 for power generation at
the first three units. The preliminary phase (consisting of approvals, stakeholder consultations and vendor negotiations) is
expected to be complete in fiscal 2009/2010 and the implementation phase (commencement of construction) is estimated to
extend from fiscal 2009/2010 into fiscal 2015/2016, when the first three units will become operational. The remaining three
units are expected to come on-line in fiscal 2016/2017.
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PROJECT:

Peace River Site C

Resource Category: Hydro - Large Hydro

Level of Study: Feasibility

Region: Peace River

The unit energy cost calculations in this datasheet ($48/MWh at 6% and $64/MWh at 8%) conservatively assume that
generation does not occur at Site C until construction is complete in fiscal 2016/2017.

UEC Based on Average Energy Capability:
6%

8%

176743
38
3
5
0

252509
55
3
5
0

Unit Energy Cost ($/MWh)

47

63

Capacity Adjusted Unit Energy Cost ($/MWh)

47

63

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Printed: 2005-06-13

Database Page: 103 of 127

Option Page: 2 of 4

Appendix F

PROJECT:

Peace River Site C

Resource Category: Hydro - Large Hydro

Level of Study: Feasibility

Region: Peace River

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

CO
0

Site
5621

Yes
0
VOC
0

Transmission
570

PM 10
0

Road

Agricultural
399

Hg
0

Pipeline
142

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

6333

3975
Populated
11

Wildlife_Aquatic
3402.4

Wildlife_Forest
5965.1

Barren
525.5

Wildlife_Mountain
0

The May 1983 BCUC report regarding the Site C Project recognized that significant but acceptable impacts would result from
the development of Site C. The information on environmental impacts was taken from reports compiled during the period of
1978-1980 and was expanded and updated between 1989-1991. Current information would be required for analysis of the
potential impacts of this project if it were to proceed. Studies completed within the Water Use Planning process may be useful
in this regard. The impact studies undertaken to date may not provide accurate information of the potential impacts within the
Site C study area due to likely changes in population densities, land use, community infrastructure and services within the past
decade. However, there are some likely impacts identified in the earlier impact assessments.
First Nations concerns are expected to be a significant consideration for the Site C Project success. Two specific concerns
raised by local First Nations representatives during previous work in the early 1990s include: the impacts of habitat loss and
the resulting decrease in moose population that is a staple of their diet, and the increased recreational hunting pressure if a
road was built across the dam. Impacts on the local First Nations would include changes to traditional fishing and hunting due
to flooding of land, access to hunting and fishing sites, and increased access by sport hunters.
There has been a significant change in the recognition of the Aboriginal people’s rights resulting from rulings of the Supreme
Court of Canada. Both First Nation's and Metis expectations are high for support of their economic interests in exchange for
agreement to allow development of the Site C Project on the Peace River.
Approximately 10 property owners (roughly 30 people) within the Site C study area would require relocation as a result of the
creation of the reservoir and there are known existing heritage sites that would be directly impacted by the reservoir.
Approximately 142 ha of land would be required to reconstruct roughly 23 km of Highway 29 that would be inundated by the
reservoir. The proposed reservoir should reduce the seasonal suspended sediment loads and be beneficial to water supply
uses downstream in the Peace River. The proposed reservoir could result in a slight increase in local humidity that could result
in fogging, but this effect would be geographically limited to near the reservoir. The development of the Site C Project would
not affect present mineral, natural gas or gravel extraction in the area.
An existing 138 kV transmission line runs along the Peace River between the upstream Peace Canyon switchyard and the
downstream community of Fort St. John. With the development of the Site C Project, the 76 km long 138 kV transmission line
from Site C to the Peace Canyon switchyard will be replaced by twin 500 kV transmission lines. The new transmission lines will
use the same right-of-way, but would require an increased width to 75 m.
The gross flooded area created by the Site C Project and based on a proposed reservoir level of 461.8 m would be 9,311 ha,
but when the area of the existing Peace River is subtracted (river discharge level of 2,879 cms), the net flooded area is 5,341
ha. The net flooded area of 3,970 ha includes part of but not the entire footprint of the dam and there is an additional 5 ha of
impacted aquatic habitat for road stream crossings. The estimated value of aquatic habitat area is assumed to include the
footprint of the dam in the river. Transmission lines would require 570 ha of land, while the dam site with ancillary facilities
would require 280 ha of land. This results in a total project impact area of 6,333 ha. Terrestrial habitat lost would be 5,770 ha,
which includes the net flooded area and the area used for roads and other disturbances.
The area of various land uses impacted is 10,303 ha. The impacted land use for the transmission line and the relocated
Highway 29 assumed the same land use distribution as the reservoir but without including the impacted aquatic land use in the
distribution. This was made because the routes of the transmission line and road have not been finalized yet.
Based on earlier environmental work, Site C is expected to impact local population levels of mule deer, moose, and ruffled
grouse, with potential impacts on white-tailed deer and elk. None of these species are currently blue or red-listed by the
province (vulnerable to human activities or threatened/endangered respectively). A variety of furbearers, carnivores,
passerines, raptors, bats, rare plants and plant communities, harlequin ducks, Great Blue Heron, owls, reptiles and
amphibians, and migratory waterfowl are present in the area surrounding the Site C Project. Impacts on these species would
need to be evaluated in detail should the project proceed. Some species in the area are listed on federal and or provincial
endangered species lists.
Impact assessments on fish populations are incomplete and would be examined in greater detail should the project proceed. It
is known that some of the fish in this system do migrate past the planned location of the dam. Thus, fish migrations would be
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Appendix F

PROJECT:

Peace River Site C

Resource Category: Hydro - Large Hydro

Level of Study: Feasibility

Region: Peace River

blocked by the project, as there are no fish passage facilities in the current design. Other impacts expected include limited
amounts of fish entrainment in the turbines, possible gas supersaturation when infrequent instances of spilling occurs, and
losses to spawning habitat in the lower reaches of tributaries entering the reservoir. The abundant species present in the study
area are: mountain whitefish, arctic grayling, rainbow trout, lake whitefish walleye, longnose sucker, slimy sculpin, flathead
chub, lake chub, and redside shiner. Bull trout, a blue listed species, is present in low numbers in the system and is thought
likely to benefit initially from flooding, but may decrease again over time. Water temperature in the summer is expected to
increase by approximately 2-3 degrees Celsius. This could also affect fish populations and aquatic plant life.
The land use areas impact by Site C were tabluated only for the reservoir as the routes for the tranmission line and relolcated
Hwy 29 have not been finalized as of yet.
The community resources of Fort St. John could be impacted by a change in the community composition due to non-resident
workers and transients (primarily during construction period). These additional workers may require an increase in community
and social service employees during peak years of construction and the potential community impacts of the large influx of
temporary construction workers would need to be evaluated.
Recreation opportunities along the inundated reach of the Peace River caused by the Site C reservoir and on the existing
islands within that reach of the river would change from the current river focused opportunities to become more lake/reservoir
focused. However, possible reservoir fluctuations may inhibit the lake/reservoir focused recreational activities. No loss in
regional tourism is expected and the project may attract tourists.

JOB CREATION
5110
25

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

The construction phase of the Peace River Site C Project will require approximately 5,110 person-years of employment over
the seven year construction period. It is expected that the Peace River Site C generating plant will be operated remotely but
that 25 new operations and maintenance jobs will be created.
Some decreases in local resource related economic activity might also occur as a result of the Site C Project development.
This will occur due to the loss of approximately 4,000 ha (Industrial Forestry Service Ltd. 1991) of merchantable timber with a
corresponding loss equal to approximately one weeks worth of timber supply for an average sawmill in the region. All
merchantable timber will be harvested prior filling the proposed reservoir in order to minimize the short-term influence on the
local economic activity. Some agricultural land in the area will also be impacted due to the inundation caused by creating the
proposed reservoir.

UNCERTAINTY
Medium

Development Uncertainty

This project is technically sound with a significant amount of investigation and design already completed. The project has
general public acceptance, but impacts would need to be investigated and justified appropriately. The project lead time, which
is discussed under financial information, contains uncertainty.
Price Uncertainty

Medium

Detailed cost estimates have been prepared at a preliminary design level.

REFERENCES
BC Hydro 1995 Integrated Electricity Plan, Appendix E, ISSN 1180-2561, October 1995.
Peace River Site C Development, Estimate Update 2002. BC Hydro Report No. PSE421.
Woodley M., Project Summaries, BC Hydro inter-office memo, File # 527.1.17, July 1987.
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PROJECT:

Mica New Unit 5

Resource Category: Resource Smart - Hydro - Resource Smart

Level of Study: Pre-feasibility Region: Selkirk Area

PROJECT DESCRIPTION
The existing Mica Generating Station consists of four 450 MW generating units and two empty bays where additional units can be
installed in the future. This project describes the installation of the fifth generating unit at the existing powerhouse.
The project requires bulk transmission upgrades, including a capacitor station at the mid-point of 5L71/72. Bulk transmission upgrades
for this project are not included in this section but are described in the transmission projects section.
In 2002, the Comptroller of Water Rights (CWR) and the Environmental Assessment Office (EAO) advised that Mica Units 5 and 6
have BCEAA and Water Act regulatory approvals.
This summary assumes that the installation of Unit 5 at Revelstoke precedes installation of Mica Unit 5.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

480
50
450
50

The 2004 IEP estimated Mica 5 to have an installed capacity of 450 MW and a dependable capacity of 400 MW. Updated
information from Generation indicates an installed, nameplate capacity of 480 MW and 450 MW of dependable capacity.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$127,580
$612.0
$0.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$269
$1,738
$253

See Technical Information for Capacity values.

Project Life (Years)
Project Lead Time (Years)

50
5

Costs have been extracted from Inter-office Memo, John Boots to Peter Northcott, March 2003 and escalated to 2004$ from
2002$ using Statistics Canada inflation rates (2004$=125.3/115.3 x 2002$) for hydro electric generating equipment. Capital
costs above do not include corporate overhead, escalation and interest during construction. The capital cost estimate has not
been updated since 2002. Basic operating and maintenance costs were estimated based on 0.48% of non-discounted capital
cost.
Timing and lead time for regulatory approval is uncertain. Bulk transmission upgrades for this project are not included in the
costs provided in this datasheet, but are described in the transmission projects section.

For detailed UCC calculation please go to Appendix B2.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

Yes
0

CO
0

Site

VOC

Transmission
0

PM 10

0

0
Road

0

Agricultural

Hg
0

Pipeline
0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

0

0
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

There will be some footprint impact on previously disturbed ground during construction. After completion of construction there
will be no footprint impact as the project is within the existing facilities footprint.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)
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PROJECT:

Mica New Unit 5

Resource Category: Resource Smart - Hydro - Resource Smart

Level of Study: Pre-feasibility Region: Selkirk Area

UNCERTAINTY
Low

Development Uncertainty

Projects of this type have been developed by BC Hydro. The technology is well understood. Projects of this size type have
recently been completed by BC Hydro.
Price Uncertainty

Medium

The estimate has been updated using indices. A detailed design has not been completed.

REFERENCES
BC Hydro, Inter-office Memo: John Boots to Peter Northcott, 12 March 2003.
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PROJECT:

Mica New Unit 6

Resource Category: Resource Smart - Hydro - Resource Smart

Level of Study: Pre-feasibility Region: Selkirk Area

PROJECT DESCRIPTION
The existing Mica Generating Station consists of four 450 MW generating units and two empty bays where additional units can be
installed in the future. This project describes the installation of the sixth generating unit at the existing powerhouse. The sixth unit would
be installed after the fifth unit.
The project requires bulk transmission upgrades, including a new 500 kV line from Mica to the Downie substation. Bulk transmission
upgrades for this project are not included in this section but are described in the transmission projects section.
In 2002, the Comptroller of Water Rights (CWR) and the Environmental Assessment Office (EAO) advised that Mica Units 5 and 6
have BCEAA and Water Act regulatory approvals.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

480
50
450
50

The 2004 IEP estimated Mica 6 to have an installed capacity of 450 MW and a dependable capacity of 400 MW. Updated
information from Generation indicates an installed, nameplate capacity of 480 MW and 450 MW of dependable capacity.

FINANCIAL INFORMATION (in 2004 $)
Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)

$95,938
$460.0
$0.0

Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$269
$1,738
$253

See Technical Information for Capacity values.

Project Life (Years)
Project Lead Time (Years)

50
5

Costs have been extracted from Inter-office Memo, John Boots to Peter Northcott, March 2003, and escalated to 2004$ from
2002$ using Statistics Canada inflation rates (2004$=125.3/115.3 x 2002$) for hydro electric generating equipment. The
capital costs have not been updated since 2002. Basic operating and maintenance costs were estimated based on 0.48% of
non-discounted capital cost.
Timing and lead time for regulatory approval is uncertain. Bulk transmission upgrades for this project are not included in the
costs provided in this datasheet, but are described in the transmission projects section.

For detailed UCC calculation please go to Appendix B2.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)
Aquatic Habitat (Hectares)
Land Class
(Hectares)

Agricultural

SOx

NOx
0

Yes
0

CO
0

Site

VOC

Transmission
0

PM 10

0

0
Road

0

PM 2.5
0

Pipeline
0

Hg
0

0

Total
0

0

0
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

There will be some footprint impact on previously disturbed ground during construction. After completion of construction there
will be no footprint impact as the project is within the existing facilities footprint.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)
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PROJECT:

Mica New Unit 6

Resource Category: Resource Smart - Hydro - Resource Smart

Level of Study: Pre-feasibility Region: Selkirk Area

UNCERTAINTY
Low

Development Uncertainty

Projects of this type have been developed by BC Hydro. The technology is well understood. Projects of this size type have
recently been completed by BC Hydro.
Price Uncertainty

Medium

The level of study is conceptual and therefore the estimates reflect that level of study effort.

REFERENCES
BC Hydro, Inter-office Memo: John Boots to Peter Northcott, 12 March 2003.
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PROJECT:

Revelstoke New Unit 5

Resource Category: Resource Smart - Hydro - Resource Smart

Level of Study: Feasibility

Region: Selkirk Area

PROJECT DESCRIPTION
The existing Revelstoke Generating Station consists of four 495 MW generating units and two empty bays where additional units can
be installed in the future. This project describes the installation of a fifth generating unit at the existing powerhouse and completion of
the penstock.
The project requires additional voltage support. Bulk transmission upgrades for this project are described in the transmission projects
section.
The current Generation Capital Plan includes capital funding for this project to maintain an in-service date of fiscal 2011.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

500
140
480
120

FINANCIAL INFORMATION (in 2004 $)
$137,600
$470.0
$0.0

Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$281
$1,810
$710

See Technical Information for Capacity values.

Project Life (Years)
Project Lead Time (Years)

50
4

Earliest in-service date is October 2010. Timing and lead time for regulatory approval is uncertain. Bulk transmission upgrades
for this project are not included in the costs provided in this datasheet, but are described in the transmission projects section.

For detailed UCC calculation please go to Appendix B2.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)
Aquatic Habitat (Hectares)
Land Class
(Hectares)

Agricultural

SOx

NOx
0

Yes
0

CO
0

Site

VOC

Transmission
0

PM 10

0

0
Road

0

PM 2.5
0

Pipeline
0

Hg
0

0

Total
0

0

0
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

There will be some footprint impact on previously disturbed ground during construction. After completion of construction there
will be no footprint impact as the project is within the existing facilities footprint.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

300
0

UNCERTAINTY
Development Uncertainty

Low

Projects of this size and type have recently been developed by BC Hydro. The technology and approval process is well
understood.
Price Uncertainty

Low

REFERENCES
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PROJECT:

Revelstoke New Unit 6

Resource Category: Resource Smart - Hydro - Resource Smart

Level of Study: Pre-feasibility Region: Selkirk Area

PROJECT DESCRIPTION
The existing Revelstoke Generating Station consists of four 495 MW generating units and two empty bays where additional units can
be installed in the future. This project describes the installation of the sixth generating unit at the existing powerhouse. The sixth unit
would be installed after the fifth unit.
The project requires bulk transmission upgrades, including a series capacitor on the 5L76/79 lines and a new 500 kV line from
Revelstoke to the Downie substation. Bulk transmission upgrades for this project are not included in this section but are described in
the transmission projects section.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

500
60
480
60

The 2004 IEP estimated Revelstoke 6 to have a dependable capacity of 460 MW. Updated information from Generation
indicates a dependable capacity estimate of 480 MW.

FINANCIAL INFORMATION (in 2004 $)
$108,779
$522.0
$0.0

Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)
Water Rentals - Capacity ($1000s)
Water Rentals - Energy ($1000s)

$281
$1,810
$304

See Technical Information for Capacity values.

Project Life (Years)
Project Lead Time (Years)

50
4

Costs have been extracted from an Inter-office Memo, John Boots to Peter Northcott, March 2003 and escalated to 2004$ from
2002$ using Statistics Canada inflation rates (2004$=125.3/115.3 x 2002$). The capital costs have not been updatedsince
2002. Average operating and maintenance costs were estimated based on 0.48% of capital cost.
Timing and lead time for regulatory approval is uncertain. Bulk transmission upgrades for this project are not included in the
costs provided in this datasheet, but are described in the transmission projects section.

For detailed UCC calculation please go to Appendix B2.

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0

Yes
0

CO
0

Site

VOC

Transmission
0

PM 10

0

0
Road

0

0

Agricultural

Hg
0

Pipeline

Aquatic Habitat (Hectares)
Land Class
(Hectares)

PM 2.5
0

0

Total
0

0

0
Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

There will be some footprint impact on previously disturbed ground during construction. After completion of construction there
will be no footprint impact as the project is within the existing facilities footprint.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)
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PROJECT:

Revelstoke New Unit 6

Resource Category: Resource Smart - Hydro - Resource Smart

Level of Study: Pre-feasibility Region: Selkirk Area

UNCERTAINTY
Low

Development Uncertainty

Projects of this size and type have recently been developed by BC Hydro. The technology and approval process is well
understood..
Price Uncertainty

Medium

REFERENCES
BC Hydro, Inter-office Memo: John Boots to Peter Northcott, 12 March 2003.
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PROJECT:

Burrard Re-powering 500MW — First 2x1 F-series

Resource Category: Resource Smart - Natural Gas - Resource Smar Level of Study: Pre-feasibility Region: Lower Mainland

PROJECT DESCRIPTION
The Burrard Generating Station (BGS) is a 913 MW conventional natural gas fired generating facility located in the Lower Mainland.
Repowering would increase the efficiency of Burrard, therefore reducing operating costs and emissions on a per GWh of power
production basis.
This resource option involves the re-powering of the three units on the east side of the plant with a two-on-one F-series (M502F)
combined cycle unit. The three units on the west side of the plant would continue to operate during construction. After construction, the
west side units would be used for voltage support only. The re-powered plant would have a total dependable capacity of 485 MW (the
current dependable capacity is 913 MW).
This project is not incremental to the Burrard project already shown in the Demand Supply Outlook, but would replace the existing
facility.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

485
3954
485
3954

The re-powered plant will be available for generation for 8,000 hours/yr (~700 hours of shutdown). Installed capacity provided
is net of facilitiy's internal requirements.

FINANCIAL INFORMATION (in 2004 $)
$480,800
$17,330.0
$5.0

Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$51
25
4

BC Hydro has confirmed the operating costs and sustaining capital requirements for Burrard under different operating
scenarios. For this scenario, the one time cost (capital cost) is estimated to be $3.3 million and may include upgrades and site
reclamation. Fixed costs of $17.33 million may include operating and sustaining capital, VAr windage losses, gas
transportation, taxes and grants. Credit is given to the existing site for the cost savings that would be realised for reusing
portions of the existing infrastructure. The cost savings are estimated to have a $62.5 million value in the existing site,
infrastructure and permits, versus developing a similar gas fired plant at a greenfield site.
Unit energy costs were estimated based on the BC Hydro price forecast team project assumptions, but using an 80% assumed
dispatch rate to be consistent with other thermal resource characterizations. The spreadsheet based model originally created
for Resource Option alternative energy projects, was used to estimate unit energy costs with assumptions which would be
typical of an independent private sector developer.

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)

6%

8%

41134
10
4
5
31

50740
13
4
5
31

51
51

54
54

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
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PROJECT:

Burrard Re-powering 500MW — First 2x1 F-series

Resource Category: Resource Smart - Natural Gas - Resource Smar Level of Study: Pre-feasibility Region: Lower Mainland
Impacted Land
(Hectares)

Site

Transmission
0

Road
0

Pipeline
0

Agricultural

0

0

Aquatic Habitat (Hectares)
Land Class
(Hectares)

Total
0

Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

Small quantities of ammonia emissions are also associated with the use of selective catalytic reduction (SCR) technology to
reduce NOx. Ammonia emissions are usually regulated to a concentration of 7 mg/m3.
Opacity which is a measure of the visible plume of emission gasses exhausted by the facility is usually regulated to a capacity
measure of less than 10%.
No new road or transmission will be required since this is an upgrade project.
The project uses 60% of existing cooling water permit allowances of 620 million cubic meters per year.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

350
50

For this project, roughly 23 of the 50 Operation jobs created will be maintenance jobs on a contract basis. The project
construction time will be 6 months demolition followed by 24 months construction.
The permanent job numbers are total jobs at the Burrard site, and are not incremental to existing jobs.

UNCERTAINTY
Development Uncertainty

High

Risks are associated with the regulatory approval process.
Price Uncertainty

Medium

This option includes standard proven equipment and has had site specific studies.

REFERENCES
Calder, P., BC Hydro Burrard Upgrade Project Files, 2003.
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PROJECT:

Burrard Re-powering 500MW — Second 2x1 F-series

Resource Category: Resource Smart - Natural Gas - Resource Smar Level of Study: Pre-feasibility Region: Lower Mainland

PROJECT DESCRIPTION
The Burrard Generating Station (BGS) is a 913 MW conventional natural gas fired generating facility located in the Lower Mainland. Repowering would increase the efficiency of Burrard, therefore reducing operating costs and emissions on a per GWh of power
production basis.
This resource option assumes the 3 units on the east side of the plant have already been replaced by 2x1 Fseries CCGT and involves
the re-powering of the three units on the west side of the plant with a two-on-one F-series (M502F) combined cycle unit. The repowered plant would have a total dependable capacity of 970 MW (the current dependable capacity is 913 MW).
This project is incremental to the first 500MW Burrard Re-powering project.

TECHNICAL INFORMATION
Installed Capacity (MW)
Average Annual Energy (GWh/year)
Dependable Capacity (MW)
Firm Energy (GWh/year)

485
3954
485
3954

The re-powered plant will be available for generation for 8,000 hours/yr (~700 hours of shutdown). Installed capacity provided
is net of facility's internal requirements.

FINANCIAL INFORMATION (in 2004 $)
$502,300
$6,230.0
$5.0

Direct Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Variable Operating And Maintenance Cost ($/MWh)
Direct Capital Cost excludes Interest during Construction (IDC) and Corporate Overhead.

Fixed Taxes and Grants-in-Lieu ($1000s)
Variable Taxes ($1000s)

0
0

See Technical Information for Energy and Capacity values.

Unit Energy Cost ($/MWh)
Project Life (Years)
Project Lead Time (Years)

$49
25
4

BC Hydro has confirmed the operating costs and sustaining capital requirements for Burrard under different operating
scenarios. Credit is given to the existing site for the cost savings that would be realised for reusing portions of the existing
infrastructure. The cost savings for re-powering the plant with a second 2x1 F-series CCGT are estimated to have a
$37.7million value in the existing site, infrastructure and permits, versus developing a similar gas fired plant at a greenfield site.
Unit energy costs were estimated based on the BC Hydro price forecast team project assumptions, but using an 80% assumed
dispatch rate to be consistent with other thermal resource characterizations. The spreadsheet based model originally created
for Resource Option alternative energy projects, was used to estimate unit energy costs with assumptions which would be
typical of an independent private sector developer.

UEC Based on Average Energy Capability:
6%

8%

42973
11
2
5
31

53009
13
2
5
31

Unit Energy Cost ($/MWh)

49

51

Capacity Adjusted Unit Energy Cost ($/MWh)

49

51

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

SOCIAL AND ENVIRONMENTAL INFORMATION
Meets BC Hydro Clean Criteria
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Atmospheric Emissions
(Metric Tonnes/GWh)
Impacted Land
(Hectares)

SOx

NOx
0.05

0
Site

No
350

CO
0.06

Transmission
0

Road
0

Aquatic Habitat (Hectares)
Printed: 2005-06-13

VOC
0.01

PM 10
0.03

PM 2.5
Unknown

Pipeline
0

Hg
0

Total
0

0

0
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PROJECT:

Burrard Re-powering 500MW — Second 2x1 F-series

Resource Category: Resource Smart - Natural Gas - Resource Smar Level of Study: Pre-feasibility Region: Lower Mainland
Land Class
(Hectares)

Agricultural

Populated

Wildlife_Aquatic

Wildlife_Forest

Barren

Wildlife_Mountain

Small quantities of ammonia emissions are also associated with the use of selective catalytic reduction (SCR) technology to
reduce NOx. Ammonia emissions are usually regulated to a concentration of 7 mg/m3.
Opacity which is a measure of the visible plume of emission gasses exhausted by the facility is usually regulated to a capacity
measure of less than 10%.
No new road or transmission will be required since this is an upgrade project.
The project uses 60% of existing cooling water permit allowances of 620 million cubic meters per year.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

350
50

For this project, roughly 23 of the 50 Operation jobs created will be maintenance jobs on a contract basis. The project
construction time will consist of 6 months demolition followed by 24 months of construction.
The permanent job numbers are total jobs at the Burrard site, and are not incremental to existing jobs.

UNCERTAINTY
Development Uncertainty

High

Risks are associated with the regulatory approval process.
Price Uncertainty

Medium

This option includes standard proven equipment and has had site specific studies.

REFERENCES
Calder, P., BC Hydro Burrard Upgrade Project Files, 2003.
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PROJECT:

Kelly Lake Substation 500 kV Reconfiguration

Resource Category: Transmission

Level of Study: Pre-feasibility Region: Kelly / Nicola

PROJECT DESCRIPTION
The Kelly Lake 500/230 kV substation is located approximately 10 km west of Clinton. The project adds additional breakers that are
required due to an increase in generation in the Kelly-Nicola region. It will increase the reliability of the station.

TECHNICAL INFORMATION
Transfer Capacity Increase (MW)

N/A

The addition of breakers will increase the reliability of the power supply.

FINANCIAL INFORMATION (in 2004 $)
$5,140
$62
30
3

Total Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Project Life (Years)
Project Lead Time (Years)

Dollars are a unit cost estimate of capital direct uninflated not including overhead or interest during construction. OMA is based
on an assumption of 1.2 % of Capital Cost.

SOCIAL AND ENVIRONMENTAL INFORMATION
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Project Footprint (Hectares)
Additional Transmission Right of Way Length (km)
Additional Transmission Right of Way Width (km)
Aquatic Habitat (Hectares)
Atmospheric Emissions
(Metric Tonnes/GWh)
Land Class
(Hectares)

Agricultural

SOx

NOx
0

Populated

0

CO
0

Wildlife_Aquatic

VOC
0

PM 10

PM 2.5

0

0

Wildlife_Forest

Barren

Hg
0

0

Wildlife_Mountain

The reconfiguration is done within the existing substation footprint.

JOB CREATION
10
0.04

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

UNCERTAINTY
Low

Development Uncertainty
Price Uncertainty

Medium

BCTC has provided a range of -30% to +30% on transmission capital costs.

REFERENCES
BC Transmission Corp., Project Estimates - Rama Vinnakota, February 2004.
BC Transmission Corporation Transmission System Capital Plan F2006 to 2015.
http://www.bctc.com/regulatory/pdfs/capital_plan_f2006-f2015_mar_23_05.pdf.
BC Transmission Corp., Project Descriptions - Rama Vinnakota, March 2004.
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PROJECT:

Mica G5 Transmission Reinforcement

Resource Category: Transmission

Level of Study: Feasibility

Region: Kelly / Nicola

PROJECT DESCRIPTION
This project would add a series capacitor bank (33% compensation, rated 3kA) in each of the two 500 kV circuits 5L71 and 5L72 (Mica
to Nicola). It would sufficiently increase the transmission capacity from Mica to accommodate Mica #5 (500 MW).
Required for the addition of Mica Unit 5.

TECHNICAL INFORMATION
~ 450 MW

Transfer Capacity Increase (MW)

Providing series compensation on 5L71 and 5L72 from Mica to Nicola to allow the transfer of the power from Mica Unit 5 to
Nicola.

FINANCIAL INFORMATION (in 2004 $)
Total Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Project Life (Years)
Project Lead Time (Years)

$28,462
$341
30
4

The dollars provided are capital direct uninflated (as of June 2005), not including overhead or interest during construction
(IDC). OMA is based on an assumption of 1.2% of Capital Cost.

SOCIAL AND ENVIRONMENTAL INFORMATION
0
1
0
0

Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Project Footprint (Hectares)
Additional Transmission Right of Way Length (km)
Additional Transmission Right of Way Width (km)
Aquatic Habitat (Hectares)
Atmospheric Emissions
(Metric Tonnes/GWh)
Land Class
(Hectares)

Agricultural

SOx

NOx
0

Populated

CO
0

Wildlife_Aquatic

VOC
0

PM 10

PM 2.5

0

0

Wildlife_Forest

Barren

Hg
0

0

Wildlife_Mountain

A single new capacitor station will need to be constructed.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

145
0.03

UNCERTAINTY
Development Uncertainty

Low

Very little new rights-of-way needed.
Price Uncertainty

Medium

BCTC has provided a range of -30% to +30% on transmission capital costs.

REFERENCES
BC Transmission Corporation Transmission System Capital Plan F2006 to 2015.
http://www.bctc.com/regulatory/pdfs/capital_plan_f2006-f2015_mar_23_05.pdf.
BC Transmission Company System Performance Assessement, Facilities Study for BC Hydro Generation Line-of-Business
NITS 2001 Part II(2002/03 - 2020/21), http://www2.bctransco.com/system/studies/facilities/2003/NITS2001_FSrev017.pdf,
August 2003.
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PROJECT:

Mica G6 Transmission Reinforcement

Resource Category: Transmission

Level of Study: Conceptual

Region: Kelly / Nicola

PROJECT DESCRIPTION
This project adds a new 500 kV line from Mica to Downie station. This reinforcement would sufficiently increase the transfer capability
from Mica plant to accommodate the sixth Mica unit.
Required for the addition of Mica unit 6.

TECHNICAL INFORMATION
~500 MW

Transfer Capacity Increase (MW)

These reinforcements are required to deliver the power reliably from Mica Unit 6 to the bulk transmission system.

FINANCIAL INFORMATION (in 2004 $)
Total Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Project Life (Years)
Project Lead Time (Years)

$49,743
$348
38
10

Dollars are a unit cost estimate of capital direct uninflated not including overhead or interest during construction. OMA is based
on an assumption of 1.2% of Capital Cost.

SOCIAL AND ENVIRONMENTAL INFORMATION
0
363
60
0.06

Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Project Footprint (Hectares)
Additional Transmission Right of Way Length (km)
Additional Transmission Right of Way Width (km)
Aquatic Habitat (Hectares)
Atmospheric Emissions
(Metric Tonnes/GWh)
Land Class
(Hectares)

SOx

NOx
0

Agricultural

Populated
0

CO
0

Wildlife_Aquatic
0
2.1

VOC
0

PM 10
0

Wildlife_Forest
288.8

PM 2.5
0

Barren

Hg
0

0

Wildlife_Mountain
24.5
53.2

JOB CREATION
125
0.05

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

UNCERTAINTY
High

Development Uncertainty
Significant new rights-of-way required.
Price Uncertainty

High

BCTC has provided a range of -30% to +30% on transmission capital costs.

REFERENCES
BC Transmission Corp., Project Descriptions - Rama Vinnakota, March 2004.
BC Transmission Corp., Project Estimates - Rama Vinnakota, February 2004.
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PROJECT:

Nicola Substation 500 kV Reconfiguration

Resource Category: Transmission

Level of Study: Pre-feasibility Region: Kelly / Nicola

PROJECT DESCRIPTION
The project consists of the addition of new breakers and reconfiguration of Nicola 500 kV Substation to reliably accommodate
increased power transfers through the station resulting from increased generation in the east. The Nicola substation is located near
Nicola Lake (close to Merritt).

TECHNICAL INFORMATION
N/A

Transfer Capacity Increase (MW)
This project increases the reliability of the power supply.

FINANCIAL INFORMATION (in 2004 $)
Total Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Project Life (Years)
Project Lead Time (Years)

$5,140
$62
30
3

Dollars are a unit cost estimate of capital direct uninflated not including overhead or interest during construction. OMA is based
on an assumption of 1.2% of Capital Cost.

SOCIAL AND ENVIRONMENTAL INFORMATION
0
0
0
0
0

Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Project Footprint (Hectares)
Additional Transmission Right of Way Length (km)
Additional Transmission Right of Way Width (km)
Aquatic Habitat (Hectares)
Atmospheric Emissions
(Metric Tonnes/GWh)
Land Class
(Hectares)

Agricultural

SOx

NOx
0

Populated

CO
0

Wildlife_Aquatic

VOC
0

PM 10

PM 2.5

0

0

Wildlife_Forest

Barren

Hg
0

0

Wildlife_Mountain

The reconfiguration is done within the existing substation footprint.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

10
0.04

UNCERTAINTY
Development Uncertainty

Low

Price Uncertainty

Medium

BCTC has provided a range of -30% to +30% on transmission capital costs.

REFERENCES
BC Transmission Corp., Project Descriptions - Rama Vinnakota, March 2004.
BC Transmission Corp., Project Estimates - Rama Vinnakota, February 2004.
BC Transmission Corporation Transmission System Capital Plan F2006 to 2015.
http://www.bctc.com/regulatory/pdfs/capital_plan_f2006-f2015_mar_23_05.pdf.
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PROJECT:

Burrard Replacement

Resource Category: Transmission

Level of Study: Feasibility

Region: Lower Mainland

PROJECT DESCRIPTION
This group of projects is associated directly with the retirement of the Burrard plant. It includes the Meridian and Ingledow SVCs that
replace the lost voltage control capability of the Burrard synchronous condenser units and the third Meridian transformer to replace the
back-up capacity provided by Burrard for the northern metropolitan Vancouver region.

TECHNICAL INFORMATION
Maintained

Transfer Capacity Increase (MW)

The Meridian and Ingledow SVCs replace the voltage control provided by the retired Burrard plant. The addition of a third
500/230kV transformer at Meridian substation replaces the back-up supply to the northern part of metropolitan Vancouver that
the retired Burrard plant provided.

FINANCIAL INFORMATION (in 2004 $)
Total Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Project Life (Years)
Project Lead Time (Years)

$76,261
$906
30
5

SOCIAL AND ENVIRONMENTAL INFORMATION
0

Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Project Footprint (Hectares)
Additional Transmission Right of Way Length (km)
Additional Transmission Right of Way Width (km)
Aquatic Habitat (Hectares)
Atmospheric Emissions
(Metric Tonnes/GWh)
Land Class
(Hectares)

Agricultural

SOx

NOx
0

Populated

CO
0

Wildlife_Aquatic

VOC
0

PM 10

PM 2.5

0

0

Wildlife_Forest

Barren

Hg
0

0

Wildlife_Mountain

The replacement projects can be built within the footprints of the existing substations.

JOB CREATION
150
0.25

Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

UNCERTAINTY
Development Uncertainty

Low

No new property or rights-of-way required.
Low

Price Uncertainty
SVCs and transformers are standard equipment

REFERENCES
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PROJECT:

Kelly Lake to Cheekye 500 kV line (5L46)

Resource Category: Transmission

Level of Study: Conceptual

Region: Lower Mainland

PROJECT DESCRIPTION
This project involves the construction of a second 500 kV circuit (5L46) between Kelly Lake substation, near Clinton, to Cheekye
substation, near Squamish, for a total length of approximately 203 km. The proposed route would generally parallel or follow Circuit
5L42 on single circuit delta steel towers (SCST) for much of its length between Kelly Lake and Bridge River and between Whistler and
Squamish. New rights-of way would be required in these sections. Environmental and private property issues between Bridge River
and Whistler generally dictate the need for double circuiting (DCST) with existing 230 kV Circuit 2L2 in this section. The proposed
project includes series capacitors near the middle of the line to provide 50% series compensation. This option assumes double
circuiting with 2L2 through the Municipality of Whistler and series compensation at the existing Creekside capacitor station north of
Pemberton.

TECHNICAL INFORMATION
up to 1600 MW (after
5L83)

Transfer Capacity Increase (MW)

5L46 becomes a viable transmission option, subsequent to the addition of 5L83 (Nicola-Meridian), when new resources in the
North Interior have to be accommodated. The incremental Interior to Lower Mainland transfer capability of 5L46 and 5L83
together may be up to 3700 MW.
This resource will provide a reduction in system losses varying with generation dispatch and load level. No estimate is
available at this point, but will be produced should the reinforcement proceed.

FINANCIAL INFORMATION (in 2004 $)
Total Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Project Life (Years)
Project Lead Time (Years)

$255,470
$335
50
9

The dollars provided are Capital Direct Inflated without overhead included and no interest during construction (IDC).

SOCIAL AND ENVIRONMENTAL INFORMATION
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Project Footprint (Hectares)
Additional Transmission Right of Way Length (km)
Additional Transmission Right of Way Width (km)
Aquatic Habitat (Hectares)
Atmospheric Emissions
(Metric Tonnes/GWh)
Land Class
(Hectares)

SOx

NOx

Agricultural

Populated
69

CO
0

0
2.7

0
1015
203
0.05

Wildlife_Aquatic
10

VOC
0

PM 10
0

Wildlife_Forest
865.7

PM 2.5
0

Hg
0

Barren
30.8

0

Wildlife_Mountain
14.4

Considering the 2010 Olympics and very high land values in Whistler a four year Definition (approval) stage may not be
realistic. Undergrounding through Whistler at an approximate 60% increase in project cost and/or significant delays in
receiving environmental and regulatory approval can be expected.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

410
0.15

UNCERTAINTY
Development Uncertainty

High

Significant new rights-of-way required.
Price Uncertainty

Medium

REFERENCES
Nemethy, Z., 2004 IEP Estimates, BC Hydro Internal Memo, July 18, 2003.
BC Transmission Corporation System Impact Study for BC Hydro Distribution NITS 2004 – Stage 3 (Final) Report # 2005-06
May 2005, http://www2.bctransco.com/system/studies/systemimpact/pdf/NITS_2004_SIS_Stg3.pdf
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PROJECT:

Nicola to Meridian 500 kV line (5L83)

Resource Category: Transmission

Level of Study: Feasibility

Region: Lower Mainland

PROJECT DESCRIPTION
A 500 kV single circuit delta steel tower (SCST) transmission line, approximately 251 km in length from Nicola substation near Merritt
to Meridian substation located in Coquitlam. The proposed route would parallel existing circuit 5L82 for approximately 70% of it's length
utilizing existing right-of-way (ROW) previously acquired by BC Hydro for 5L83 between Nicola Substation and the Anderson River and
between Agassiz and Meridian Substation. Several route options are being considered to traverse the difficult Fraser Canyon section
in-between, either parallel to 5L82, 5L41 or a separate and shorter route to the west.
The proposed project includes series capacitors near the middle of the line to provide 50% series compensation. Depending on the
route option selected, series capacitors will be added at either the existing American Creek (AMC) station along 5L82, the existing
Chapmans Station along 5L41 or a new site, possibly at Ruby Creek. This option assumes 50% series compensation at the existing
American Creek capacitor station.
This project is needed to provide power transfer capability from the South Interior to the load centre in the LM and VI regions.

TECHNICAL INFORMATION
up to 2100 MW

Transfer Capacity Increase (MW)

5L83 is a preferred option when new resources are added in both the North Interior and significantly in the South Interior or
import of power from Alberta needs to be accommodated. This circuit has the largest N-1-1 capability for maintenance outages
of the ILM grid. It significantly reduces the N-2 load and generation shedding requirements. It also reduces the amount of
coastal Reliability-Must-Run (RMR) generation required to meet peak load conditions. 5L83 increases the non-firm export
capability on the BCTC x BPAT path. It also reduces the transmission losses on the grid.
This resource will provide a reduction in system losses varying with generation dispatch and load level. No estimate is
available at this point, but will be produced should the reinforcement proceed.

FINANCIAL INFORMATION (in 2004 $)
Total Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Project Life (Years)
Project Lead Time (Years)

$224,629
$1,640
35
9

Dollars are a unit cost estimate of capital direct uninflated not including overhead or interest during construction. OMA is based
on an assumption of 1.2% of Capital Cost.

SOCIAL AND ENVIRONMENTAL INFORMATION
0
1255
251
0.05

Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Project Footprint (Hectares)
Additional Transmission Right of Way Length (km)
Additional Transmission Right of Way Width (km)
Aquatic Habitat (Hectares)
Atmospheric Emissions
(Metric Tonnes/GWh)
Land Class
(Hectares)

Agricultural
144.1

SOx

NOx
0

CO
0

Populated
Wildlife_Aquatic
17.7
47.9

VOC
0

PM 10
0

Wildlife_Forest
1047.8

PM 2.5
0

Hg
0

Barren
4.7

0

Wildlife_Mountain
0

First Nations interests and visibility impact issues with routing along the Fraser Canyon are expected to be significant. The
shortest route option that bypasses the existing American Creek (AMC) series capacitor station is expected to have less
impact and to cost approximately 5% less (direct $) than this option, not including station costs.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

410
0.15

UNCERTAINTY
Development Uncertainty

Medium

Some rights-of-way needed.
Price Uncertainty

Medium

BCTC has provided a range of -30% to +30% on transmission capital costs.
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PROJECT:

Nicola to Meridian 500 kV line (5L83)

Resource Category: Transmission

Level of Study: Feasibility

Region: Lower Mainland

REFERENCES
BC Transmission Corporation Transmission System Capital Plan F2006 to 2015.
http://www.bctc.com/regulatory/pdfs/capital_plan_f2006-f2015_mar_23_05.pdf.
BC Transmission Company System Performance Assessement, Facilities Study for BC Hydro Generation Line-of-Business
NITS 2001 Part II(2002/03 - 2020/21), http://www2.bctransco.com/system/studies/facilities/2003/NITS2001_FSrev017.pdf,
August 2003.
BC Hydro System Planning, System Impact Study for BC Hydro Generation Line-of-Business NITS 2001 Part II(2002/03 2020/21), http://www2.bctransco.com/system/studies/systemimpact/pdf/Final_NITS_SIS_2001.pdf, September 2002.
BC Transmission Corporation System Impact Study for BC Hydro Distribution NITS 2004 – Stage 3 (Final) Report # 2005-06
May 2005, http://www2.bctransco.com/system/studies/systemimpact/pdf/NITS_2004_SIS_Stg3.pdf
Nemethy, Z., 2004 IEP Estimates, BC Hydro Internal Memo, July 18, 2003.
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PROJECT:

Revelstoke G5 Transmission Reinforcement

Resource Category: Transmission

Level of Study: Pre-feasibility Region: Selkirk Area

PROJECT DESCRIPTION
The addition of Revelstoke G5 requires a 500kV 250Mvar mechanically-switched capacitor (MSC) at Ashton Creek substation to
provide voltage support.
The Ashton Creek mechanically-switched capacitor (MSC) is required to increase power transfer capability to accommodate the
addition of Revelstoke unit #5.

TECHNICAL INFORMATION
200 MW

Transfer Capacity Increase (MW)

The Ashton Creek MSC will assist in maintaining the required voltage profile during heavy load periods.

FINANCIAL INFORMATION (in 2004 $)
Total Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Project Life (Years)
Project Lead Time (Years)

$5,263
$63
30
3

Dollars are a unit cost estimate of capital direct uninflated not including overhead or interest during construction. OMA is based
on an assumption of 1.2% of Capital Cost.

SOCIAL AND ENVIRONMENTAL INFORMATION
0

Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Project Footprint (Hectares)
Additional Transmission Right of Way Length (km)
Additional Transmission Right of Way Width (km)
Aquatic Habitat (Hectares)
Atmospheric Emissions
(Metric Tonnes/GWh)
Land Class
(Hectares)

Agricultural

SOx

NOx
0

Populated

CO
0

Wildlife_Aquatic

VOC
0

PM 10

PM 2.5

0

0

Wildlife_Forest

Barren

Hg
0

0

Wildlife_Mountain

The Ashton Creek 250Mvar MSC can be installed within the footprint of the existing substation.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

20
0.1

UNCERTAINTY
Development Uncertainty

Low

Price Uncertainty

Medium

BCTC has provided a range of -30% to +30% on transmission capital costs.

REFERENCES
BC Transmission Corporation Transmission System Capital Plan F2006 to 2015.
http://www.bctc.com/regulatory/pdfs/capital_plan_f2006-f2015_mar_23_05.pdf.
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PROJECT:

Revelstoke G6 Transmission Reinforcement

Resource Category: Transmission

Level of Study: Conceptual

Region: Selkirk Area

PROJECT DESCRIPTION
This group of projects increases the capability of the Revelstoke to Nicola portion of the 500 kV grid. It consists of (a) 5L76/79 series
capacitor banks, (b) the construction of the Downie substation and (c) the new Revelstoke to Downie 500kV line.
Projects are required to increase power transfer capability to accommodate the addition of Revelstoke unit #6.

TECHNICAL INFORMATION
~500 MW

Transfer Capacity Increase (MW)

Providing series compensation on 5L76 and 5L79 from Ashton Creek to Nicola is primarily to move the power from Revelstoke
Unit 6 towards the Lower Mainland, but this capacity can also be used for other resources in the Selkirk area. The Downie
station and the Revelstoke to Downie line are required to integrate REV G6.

FINANCIAL INFORMATION (in 2004 $)
$85,554
$838
38
10

Total Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Project Life (Years)
Project Lead Time (Years)

Dollars are a unit cost estimate of capital direct uninflated not including overhead or interest during construction. OMA is based
on an assumption of 1.2% of Capital Cost.

SOCIAL AND ENVIRONMENTAL INFORMATION
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Project Footprint (Hectares)
Additional Transmission Right of Way Length (km)
Additional Transmission Right of Way Width (km)
Aquatic Habitat (Hectares)
Atmospheric Emissions
(Metric Tonnes/GWh)
Land Class
(Hectares)

SOx

NOx
0

Agricultural

Populated
0

0

CO
0

Wildlife_Aquatic
0
6.3

VOC
0

PM 10
0

Wildlife_Forest
289.5

PM 2.5
0

Barren

Hg
0

0

Wildlife_Mountain
48.4
9

The 5L76 and 5L79 series capacitor banks will be located in a single station. Land for the new Downie switching station will be
needed.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

420
0.1

UNCERTAINTY
Development Uncertainty

Medium

Although very few new rights-of-way are required for the 5L76/79 series capacitors, a significant number of new rights-of-way
are required for the new Revelstoke-Downie line and a significant amount of property will be required for the new Downie
substation.
Price Uncertainty

High

BCTC has provided a range of -30% to +30% on transmission capital costs.

REFERENCES
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PROJECT:

SEL to NIC/ACK Transmission Reinforcement

Resource Category: Transmission

Level of Study: Pre-feasibility Region: Selkirk Area

PROJECT DESCRIPTION
This group of projects reinforces the bulk t/m system from Selkirk to the Nicola and Ashton Creek stations. It consists of (a) the 5L91
series capacitor bank, (b) the 5L96/98 series capacitor banks and (c) the replacement of two 672MVA transformers at Selkirk with two
1200MVA transformers.
Projects are required to increase the Selkirk to Nicola and Ashton Creek power transfer capability for the expected higher usage by BC
Hydro NITS and Fortis/Aquila.

TECHNICAL INFORMATION
~400 MW

Transfer Capacity Increase (MW)

The capacity provided by the series capacitor banks is dependant on the resource portfolio it is part of and its in-service date
though it will likely fall in the range of 600MW west from Selkirk substation. The transformer replacements are required to
accommodate increased generation in the region and to maintain generation dispatch flexibility.

FINANCIAL INFORMATION (in 2004 $)
$94,938
$1,162
30
2

Total Capital Cost ($1000s)
Fixed Operating And Maintenance Cost ($1000s/year)
Project Life (Years)
Project Lead Time (Years)

Dollars are a unit cost estimate of capital direct uninflated not including overhead or interest during construction. OMA is based
on an assumption of 1.2% of Capital Cost.

SOCIAL AND ENVIRONMENTAL INFORMATION
Greenhouse Gas Emission Factor (Tonnes CO2 equivalent/GWh)
Project Footprint (Hectares)
Additional Transmission Right of Way Length (km)
Additional Transmission Right of Way Width (km)
Aquatic Habitat (Hectares)
Atmospheric Emissions
(Metric Tonnes/GWh)
Land Class
(Hectares)

Agricultural

SOx

NOx
0

Populated

0
0
0

CO
0

Wildlife_Aquatic

VOC
0

PM 10

PM 2.5

0

0

Wildlife_Forest

Barren

Hg
0

0

Wildlife_Mountain

Three new capacitor stations will need to be constructed.

JOB CREATION
Construction Jobs Created (Person-years)
Permanent Jobs Created (Full time equivalents)

180
0.1

UNCERTAINTY
Development Uncertainty

Low

Price Uncertainty

Medium

BCTC has provided a range of -30% to +30% on transmission capital costs.

REFERENCES
BC Transmission Corporation Transmission System Capital Plan F2006 to 2015.
http://www.bctc.com/regulatory/pdfs/capital_plan_f2006-f2015_mar_23_05.pdf.
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Introduction
This section includes the following:
•

An additional datasheet for generation projects for which a detailed calculation
of the unit energy cost can be provided. For the convenience of the reader, these
datasheets repeat information that is already provided on the datasheets in part B1
such as the summaries of Technical, Financial and Operating Cost information and
the UEC calculation. In addition, these datasheets provide the annual construction
cash flows and the corresponding calculation of interest during construction (IDC).
Interest during construction (IDC) is estimated using real pre-tax discount rates of 6
and 8 per cent. For example, if the construction cashflow occurs over 6 years, the
IDC on the first year of construction cash flow is the direct capital cost in that year
multiplied by (1+ i)5 , where i is the 6 or 8 per cent discount rate. The total of the
direct cost plus IDC is converted to a uniform annual payment based on the project
life as discussed in section B1.

•

An additional datasheet for the Energy Efficiency programs 3, 4 and 5 (Power
Smart). This datasheet reports the annual cashflows for these programs. The
detailed calculation of their UEC is not provided since, as noted in Section B1, the
annualized cost method is not applicable because the annual energy benefits are not
uniform. The energy benefits associated with these capital cost expenditures start to
accumulate during the years these costs are being incurred. The unit energy costs
for these programs was calculated using the discounted cashflow method which
calculates the present value of costs and divides it by the present value of the energy
benefits.

•

An additional datasheet for transmission projects to show the construction
cashflow. These cash flows will be used to represent the capital cost of these
transmission projects in the IEP portfolio analysis.

•

An additional datasheet for capacity projects which includes the calculation of
the unit cost of capacity (UCC). These projects include Revelstoke units 5 and 6,
Mica units 5 and 6, simple cycle gas turbines and pumped storage on Vancouver
Island. For the Revelstoke/Mica units these datasheets combine the construction
cashflows and the fixed annual costs for these generation projects with the
construction cashflows and annual costs for their respective regional transmission
reinforcements. The calculation of UCC is described in section 4 of the Resource
Options Report. The annualized capital cost and annual fixed costs in k$/year are
divided by the dependable capacity of the resource to derive a UCC in $/kW-yr. The
adjusted UCC includes a credit for the annual energy provided by these capacity
resources net of the variable costs associated with producing that energy as
discussed in section B1. However, no attempt was made to calculate the net energy
credit for pumped storage which would depend on how much it would be cycled and
whether it could take advantage of low price periods for its refill, water pumping
requirements.

These additional datasheets are not provided for projects for which their unit energy cost
as reported in Appendix B1 was provided by consultants, IPP representatives or industry
experts. This is the case for resource bundles such as wind, small hydro and biomass
bundles, high cost resources such as solar and future technologies such as future
geothermal.
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Project:

Energy Efficiency 3

Resource:

Power Smart

Region: All

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
2576
365
2576

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

182231
20
5

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
40820
38505
36319
34259
32328

6%
51534
45860
40808
36315
32328

8%
55535
48505
42362
37000
32328

182231

206845
18034

215730
21973

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
6%

8%

Unit Energy Cost ($/MWh) *

36

37

Capacity Adjusted Unit Energy Cost ($/MWh)

36

37

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.
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Project:

Energy Efficiency 4

Resource:

Power Smart

Region: All

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
2534
360
2534

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

425993
20
15

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
41364
39021
36806
34761
32759
30927
29181
27519
25943
24495
23089
21811
20575
19383
18318

6%
93520
83229
74061
65987
58666
52251
46510
41378
36801
32780
29149
25977
23118
20546
18318

8%
121494
106122
92684
81050
70724
61823
54012
47163
41168
35991
31412
27476
23999
20934
18318

425993

702291
61229

834370
84982

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
6%

8%

Unit Energy Cost ($/MWh) *

44

45

Capacity Adjusted Unit Energy Cost ($/MWh)

44

45

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.
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Project:

Energy Efficiency 5

Resource:

Power Smart

Region: All

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
2164
307
2164

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

487900
20
17

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
43911
41423
39520
36885
34787
32836
30982
29225
27566
26005
24541
23126
21809
20589
19418
18345
17272

6%
111549
99273
89351
78673
69998
62333
55484
49375
43936
39102
34812
30948
27533
24522
21818
19446
17272

8%
150437
131401
116078
100313
87600
76562
66888
58421
51023
44568
38943
33980
29671
25936
22649
19813
17272

487900

875425
76324

1071555
109140

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
6%

8%

Unit Energy Cost ($/MWh) *

54

55

Capacity Adjusted Unit Energy Cost ($/MWh)

54

55

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Note:
The detail of the Unit Energy Cost (UEC) calculated using discounted cashflow method is not
shown. The annualized capital cost calculated in the template above should be ignored.
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Project:

250 MW Integrated Coal Gasification Combined Cycle

Resource:

Coal

Region: Unspecified

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
229
1603
229
1603
9858

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

527147
35
6

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

0
8
0
9684
0
0.00
0.00
1.17
0%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
15814
15814
53242
308908
92778
40590

6%
21163
19965
63412
347089
98345
40590

8%
23236
21515
67070
360310
100200
40590

527147

590564
40733

612921
52591

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)
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8%

40734
25
6
8
12

52591
33
6
8
12
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51
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Project:

Pumped Storage Opportunities for Vancouver Island

Resource:

Pumped Storage

Region: Vancouver Island

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
500
0
500

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

641680
50
3

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

6138
0
0
3.62
5.07
0
0%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
213872
213872
213936

6%
240307
226704
213936

8%
249460
230982
213936

641680

680947
43202

694378
56760

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UCC Based on Dependable Capacity:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/kW-yr)
Fixed Operations ($/kW-yr)
Variable Operations ($/kW-yr)
Fuel Cost ($/kW-yr)

43202
86
16
0
0

56760
114
16
0
0

Unit Capacity Cost ($/kW-yr)
Adjusted Unit Capacity Cost ($/kW-yr)

102
102

129
129
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Project:

Simple Cycle Gas Turbine - 47MW

Resource:

Natural Gas

Region: All

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
45
78
45
78
9950

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

44235
30
2

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

1534
4
0
0
Unknown
0.00
0.00
4.64
7%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
22118
22118

6%
23445
22118

8%
23887
22118

44235

45563
3310

46005
4087

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UCC Based on Dependable Capacity:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/kW-yr)
Fixed Operations ($/kW-yr)
Variable Operations ($/kW-yr)
Fuel Cost ($/kW-yr)

3310
74
34
0
0

4086
91
34
0
0

Unit Capacity Cost ($/kW-yr)
Adjusted Unit Capacity Cost ($/kW-yr)

108
105

126
123
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Project:

Greenfield Combined Cycle Gas Turbine - 250 MW

Resource:

Natural Gas

Region: Kelly / Nicola

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
243
1946
243
1946
7240

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

304730
25
3

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

11253
5
0
0
0
0.00
0.00
4.64
7%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
101567
101567
101597

6%
114121
107661
101597

8%
118468
109692
101597

304730

323379
25297

329757
30891

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)
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8%

25297
13
6
5
36

30891
16
6
5
36

59
59
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62

Option Page: 1 of 1

Appendix F

Project:

Greenfield Combined Cycle Gas Turbine - 500 MW

Resource:

Natural Gas

Region: Kelly / Nicola

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
494
3954
494
3954
7252

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

530820
25
3

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

15918
4
0
0
0
0.00
0.00
4.64
7%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
176922
176922
176975

6%
198790
187537
176975

8%
206362
191076
176975

530820

563302
44065

574413
53810

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)
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44065
11
4
4
36

53810
14
4
4
36

56
56

58
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Project:

Greenfield Combined Cycle Gas Turbine - 60 MW

Resource:

Natural Gas

Region: Kelly / Nicola

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
57
456
57
456
7489

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

111079
25
3

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

4297
4
0
0
0
0.00
0.00
4.64
7%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
37023
37023
37034

6%
41599
39244
37034

8%
43184
39985
37034

111079

117877
9221

120203
11260

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)
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8%

9221
20
9
4
37

11260
25
9
4
37

71
71
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75

Option Page: 1 of 1

Appendix F

Project:

Small Gas Cogeneration Projects

Resource:

Natural Gas

Region: Lower Mainland

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
300
2400
300
2400
4800

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

510000
25
2

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

0
28
0
0
0
0.00
0.00
4.64
7%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
510000

6%
510000

8%
510000

510000

510000
39896

510000
47776

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)
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39896
17
0
28
24

47776
20
0
28
24

68
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72
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Appendix F

Project:

560 MW Pulverized Coal Supercritical

Resource:

Coal

Region: Unspecified

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
518
3627
518
3627
9761

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

1063431
35
6

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

0
5
0
21242
0
0.00
0.00
1.17
0%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
31903
31903
107407
623171
187164
81884

6%
42693
40277
127923
700195
198394
81884

8%
46876
43404
135302
726867
202137
81884

1063431

1191366
82173

1236470
106093

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)
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8%

82173
23
6
5
11

106093
29
6
5
11

45
45

52
52
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Appendix F

Project:

South Meager Geothermal Project, near Pemberton

Resource:

Geothermal

Region: Lower Mainland

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
100
800
100
800

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

334180
30
4

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

11687
0
0
0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
19382
75057
145301
94439

6%
23084
84334
154019
94439

8%
24416
87546
156925
94439

334180

355876
25854

363326
32273

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)
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6%

8%

25854
32
15
0
0

32273
40
15
0
0

47
47

55
55
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Appendix F

Project:

Peace River Site C

Resource:

Large Hydro

Region: Peace River

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
900
4600
900
4000

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

2264000
70
11

OPERATING COSTS:
Fixed OMA (k$/yr)
Sustaining Cost (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

4000
5800
0
2476
0
3.62
5.07
0
0%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
1358
2717
5660
9056
9735
23772
196062
307451
329412
450762
489477
295678
117954
25130

6%
2897
5467
10744
16218
16447
37889
294805
436125
440828
569077
582975
332224
125031
25130

8%
3693
6842
13197
19551
19460
44000
336016
487886
484014
613257
616600
344879
127390
25130

2264000

2895857
176743

3141915
252508

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)
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8%

176743
38
3
5
0

252509
55
3
5
0

47
47

63
63

Option Page: 1 of 1

Appendix F

Project:

Mica New Unit 5

Resource:

Hydro - Resource Smart

Region: Selkirk Area

TECHNICAL:

CONSTRUCTION CASH FLOW *:

Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

480
50
450
50

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

156042
50
5

Direct Capital Cost includes both generation
and transmission cost.

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

953
0
0.56
0
3.62
5.07
0
0%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
1340
11380
23899
64229
49287
5907

6%
1793
14367
28464
72168
52244
5907

8%
1969
15482
30106
74917
53230
5907

156042

174943
11099

181611
14845

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

Fixed OMA includes both generation and
transmission OMA.

UCC Based on Dependable Capacity:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/kW-yr)
Fixed Operations ($/kW-yr)
Variable Operations ($/kW-yr)
Fuel Cost ($/kW-yr)

11099
25
7
0
0

14845
33
7
0
0

Unit Capacity Cost ($/kW-yr)
Adjusted Unit Capacity Cost ($/kW-yr)

31
25

40
33
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Appendix F

Project:

Mica New Unit 6

Resource:

Hydro - Resource Smart

Region: Selkirk Area

TECHNICAL:

CONSTRUCTION CASH FLOW *:

Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

480
50
450
50

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

145681
50
5

Direct Capital Cost includes both generation
and transmission cost.

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

808
0
0.56
0
3.62
5.07
0
0%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
230
460
6284
16059
44009
39209
39430

6%
326
616
7933
19127
49449
41562
39430

8%
365
676
8549
20230
51332
42346
39430

145681

158443
10052

162928
13318

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

Fixed OMA includes both generation and
transmission OMA.

UCC Based on Dependable Capacity:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/kW-yr)
Fixed Operations ($/kW-yr)
Variable Operations ($/kW-yr)
Fuel Cost ($/kW-yr)

10052
22
6
0
0

13318
30
6
0
0

Unit Capacity Cost ($/kW-yr)
Adjusted Unit Capacity Cost ($/kW-yr)

29
22

36
30
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Appendix F

Project:

Revelstoke New Unit 5

Resource:

Hydro - Resource Smart

Region: Selkirk Area

TECHNICAL:

CONSTRUCTION CASH FLOW *:

Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

500
140
480
120

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

142863
50
4

Direct Capital Cost includes both generation
and transmission cost.

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

533
0
0.56
0
3.62
5.07
0
0%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
12797
40336
70626
19104

6%
15241
45322
74864
19104

8%
16121
47048
76276
19104

142863

154531
9804

158549
12960

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

Fixed OMA includes both generation and
transmission OMA.

UCC Based on Dependable Capacity:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/kW-yr)
Fixed Operations ($/kW-yr)
Variable Operations ($/kW-yr)
Fuel Cost ($/kW-yr)

9804
20
5
0
0

12960
27
5
0
0

Unit Capacity Cost ($/kW-yr)
Adjusted Unit Capacity Cost ($/kW-yr)

26
10

32
16
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Appendix F

Project:

Revelstoke New Unit 6

Resource:

Hydro - Resource Smart

Region: Selkirk Area

TECHNICAL:

CONSTRUCTION CASH FLOW *:

Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

500
60
480
60

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

194333
50
4

Direct Capital Cost includes both generation
and transmission cost.

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

1360
0
0.56
0
3.62
5.07
0
0%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
946
2295
14214
52924
66672
57283

6%
1266
2897
16929
59465
70672
57283

8%
1390
3122
17906
61731
72006
57283

194333

208512
13229

213438
17447

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

Fixed OMA includes both generation and
transmission OMA.

UCC Based on Dependable Capacity:
6%

8%

Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/kW-yr)
Fixed Operations ($/kW-yr)
Variable Operations ($/kW-yr)
Fuel Cost ($/kW-yr)

13229
28
7
0
0

17447
36
7
0
0

Unit Capacity Cost ($/kW-yr)
Adjusted Unit Capacity Cost ($/kW-yr)

35
28

44
37
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Appendix F

Project:

Burrard Re-powering 500MW — First 2x1 F-series

Resource:

Natural Gas - Resource Smart

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
485
3954
485
3954
6320

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

480800
25
4

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

Region: Lower Mainland

17330
5
0
0.00
0.00
4.64
7%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
120200
120200
120200
120200

6%
143160
135057
127412
120200

8%
151417
140201
129816
120200

480800

525829
41134

541634
50740

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)
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6%

8%

41134
10
4
5
31

50740
13
4
5
31

51
51

54
54
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Appendix F

Project:

Burrard Re-powering 500MW — Second 2x1 F-series

Resource:

Natural Gas - Resource Smart

TECHNICAL:
Installed Capacity (MW)
Average Annual Energy (GWh/yr)
Dependable Capacity (MW)
Annual Firm Energy (GWh/yr)
Heat Rate (GJ/GWh)

CONSTRUCTION CASH FLOW *:
485
3954
485
3954
6320

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

502300
25
4

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

Region: Lower Mainland

6230
5
0
0.00
0.00
4.64
7%
0

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
125575
125575
125575
125575

6%
149562
141096
133109
125575

8%
158188
146471
135621
125575

502300

549342
42973

565855
53009

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.

UEC Based on Average Energy Capability:
Investment Cost (Annualized Capital) (k$/yr)
Fixed Investment ($/MWh)
Fixed Operations ($/MWh)
Variable Operations ($/MWh)
Fuel Cost ($/MWh)

Unit Energy Cost ($/MWh)
Capacity Adjusted Unit Energy Cost ($/MWh)
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2
5
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2
5
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49
49

51
51

Option Page: 1 of 1

Appendix F

Project:

Kelly Lake Substation 500 kV Reconfiguration

Resource:

Transmission

Region: Kelly / Nicola

CONSTRUCTION CASH FLOW *:

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

5140
30
3

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

62
0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
5
175
514
977
1629
1840

6%
7
221
612
1098
1727
1840

8%
7
238
647
1140
1759
1840

5140

5505
400

5631
500

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.
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Appendix F

Project:

Mica G5 Transmission Reinforcement

Resource:

Transmission

Region: Kelly / Nicola

CONSTRUCTION CASH FLOW *:

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

28462
30
4

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

341
0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
398
4241
18273
5550

6%
474
4765
19369
5550

8%
501
4947
19735
5550

28462

30158
2191

30733
2730

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.
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Appendix F

Project:

Mica G6 Transmission Reinforcement

Resource:

Transmission

Region: Kelly / Nicola

CONSTRUCTION CASH FLOW *:

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

49743
38
10

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

348
0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
497
2487
16913
29846

6%
592
2794
17928
29846

8%
626
2901
18266
29846

49743

51160
3446

51639
4366

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.
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Appendix F

Project:

Nicola Substation 500 kV Reconfiguration

Resource:

Transmission

Region: Kelly / Nicola

CONSTRUCTION CASH FLOW *:

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

5140
30
3

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

62
0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
5
175
514
977
1629
1840

6%
7
221
612
1098
1727
1840

8%
7
238
647
1140
1759
1840

5140

5505
400

5631
500

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.
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Appendix F

Project:

Burrard Replacement

Resource:

Transmission

Region: Lower Mainland

CONSTRUCTION CASH FLOW *:

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

76261
30
5

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

906

0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
763
6863
13727
35843
19065

6%
963
8174
15424
37994
19065

8%
1038
8645
16011
38710
19065

76261

81620
5930

83469
7414

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.
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Project:

Kelly Lake to Cheekye 500 kV line (5L46)

Resource:

Transmission

Region: Lower Mainland

CONSTRUCTION CASH FLOW *:

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

255470
50
9

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

335
0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
4420
4088
4088
10219
25011
80805
86247
37350
3244

6%
7045
6147
5799
13675
31576
96240
96907
39591
3244

8%
8181
7006
6487
15015
34027
101791
100599
40338
3244

255470

300224
19047

316688
25887

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.
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Project:

Nicola to Meridian 500 kV line (5L83)

Resource:

Transmission

Region: Lower Mainland

CONSTRUCTION CASH FLOW *:

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

224629
35
9

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

1640
0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
1348
3819
2920
4268
20441
69410
80192
42230

6%
2027
5417
3908
5388
24346
77989
85004
42230

8%
2310
6060
4290
5807
25750
80960
86607
42230

224629

246309
16989

254014
21795

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.
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Project:

Revelstoke G5 Transmission Reinforcement

Resource:

Transmission

Region: Selkirk Area

CONSTRUCTION CASH FLOW *:

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

5263
30
3

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

63
0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
432
1826
3005

6%
485
1936
3005

8%
504
1972
3005

5263

5426
394

5481
487

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.
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Project:

Revelstoke G6 Transmission Reinforcement

Resource:

Transmission

Region: Selkirk Area

CONSTRUCTION CASH FLOW *:

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

85554
38
10

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

838
0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
856
4278
29088
51332

6%
1020
4807
30833
51332

8%
1078
4990
31415
51332

85554

87992
5927

88815
7508

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.
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Project:

SEL to NIC/ACK Transmission Reinforcement

Resource:

Transmission

Region: Selkirk Area

CONSTRUCTION CASH FLOW *:

FINANCIAL ($ 2004 ):
Direct Capital Cost (k$)
Project Life (years)
Project Lead Time (years)

94938
30
2

OPERATING COSTS:
Fixed OMA (k$/yr)
Variable OMA ($/MWh)
Grants-in-lieu of Taxes ($/kW-yr)
Fixed Taxes (k$/yr)
Variable Taxes ($/MWh)
Water Rentals - Capacity ($/kW-yr)
Water Rentals - Energy ($/MWh)
Fuel Price ($/GJ)
Fuel Tax (%)
Firm Fuel Transporation ($/GJ)

1162
0
0
0.00
0.00
0
0%

Year 01
Year 02
Year 03
Year 04
Year 05
Year 06
Year 07
Year 08
Year 09
Year 10
Year 11
Year 12
Year 13
Year 14
Year 15
Year 16
Year 17
Year 18
Year 19
Year 20
Total
Annualized

Direct
5127
21361
68450

6%
5761
22643
68450

8%
5980
23070
68450

94938

96854
7036

97500
8661

1. The in-service year is the next year after last payment.
2. If no payment schedule is assigned the cost will be evenly
divided by project lead time. Default lead time is 3 years.
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Appendix C - Gas & Electricity Forecast
BC Hydro Price Forecast
Natural Gas and Electricity Price Forecast Scenarios

C-1

Introduction

Uncertainty in gas and electricity wholesale price forecasting is assessed through
scenario analysis. BC Hydro has selected a range of natural gas and corresponding
electricity prices to represent a wide range of possible outcomes. The gas price
forecasts were selected using three criteria:
•

Information is derived from reputable sources;

•

Forecast information is public or can be made public; and

•

Forecasts represent a range of possible futures.

Three main gas price forecasts are used: Confer – LRMC, EIA – Reference, and High
Gas. For each gas price forecast, two corresponding electricity price forecasts are
developed. One reflects a full capital recovery scenario and the other reflects a 25 per
cent capital recovery scenario. The capital cost recovery is based on a 250 MW F-series
CCGT. These forecasts are used for all long-term applications such as the Integrated
Energy Plan, the Vancouver Island Call for Tenders, other business cases and project
valuations.
The ‘Scenario Average’ is the arithmetic average of the previously described forecasts.
For the gas price forecast, this is the average of the three main forecasts: Confer –
LRMC, EIA – Reference, and High Gas. For the electricity price forecast, this is the
average of the three full capital recovery scenarios and the three 25 per cent capital
recovery scenarios. The forecast is typically used to track changes to the scenarios from
one forecast to the next.
‘Market Forwards’ through March 2009 are provided by Powerex. These are quoted and
distributed on a monthly basis. If a current forward quote is required then Powerex
should be contacted since this forecast is only issued semi-annually. The market

May 18, 2005 – for public comment
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forwards are used for all short-term applications such as forecasting trade income and
Cost of Energy reporting.
Each scenario is presented with a monthly gas price resolution and monthly electricity
prices for Heavy Load Hours (HLH) and Light Load Hours (LLH). Table C.1 and C.2
summarize the components of the forecasts.
Table C.1

Gas Price Forecast

Update
Application*
Frequency

Time Frame
Current Month to
2007

2007 to March 2009 March 2009 to 2025

Market quote from Powerex

Market Forwards

Monthly

Short Term

Scenario Average

Annually

Long Term

Average of Confer, EIA, and High Gas

Confer - LRMC

Annually

Long Term

Annual North American outlook for long run cost of gas

EIA - Reference Case

Annually

Long Term

Base case from Annual Energy Outlook report

Greater of average forward strip for last three months and highest
historical rolling 12 month rolling average spot price escalated at
1% real per year
*Short-term applications include, for example, revenue forecasting.
*Long-term applications include IEP, VI CFT, business cases extending beyond five years (approximate).
High Gas

Annually

Long Term

Natural Gas Price Forecasts

Table C.2
Electricity Price Forecasts
Electricity Price Forecast

Market Forwards

Update
Application*
Frequency
Monthly

Short Term

Time Frame
Current Month to
2007

2007 to March 2009 March 2009 to 2025

Market quote from Powerex

SemiAverage of six scenarios (Confer, EIA, and High Gas)
Scenario Average
Long Term
annually
SemiConfer - LRMC: Full Capital Recovery
Long Term
annually
SemiEIA - Reference Case: Full Capital Recovery
Long Term
MARKETSYM modelled prices
annually
SemiHigh Gas: Full Capital Recovery
Long Term
annually
SemiConfer - LRMC: 25% Capital Recovery
Long Term
annually
Minimum of MARKETSYM modelled price and CCGT UEC with
SemiEIA - Reference Case: 25% Capital Recovery
Long Term
25% capital recovery
annually
SemiHigh Gas: 25% Capital Recovery
Long Term
annually
*Short-term applications include, for example, revenue forecasting.
*Long-term applications include IEP, VI CFT, business cases extending beyond five years (approximate).

May 18, 2005 – for public comment
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C-2

Natural Gas Price Scenarios

The BC Hydro long-term price forecasting process employs a multiple scenario-based
approach to price forecasting. BC Hydro has selected three main gas price scenarios to
represent a broad range of possible future energy market outcomes. Table C.3
summarizes the scenarios:
Table C.3
Natural Gas Price Scenarios
Scenario
Date Issued
Description

Environmental
Situation
Assumptions
Technological
Innovation
Assumptions

Confer
Consultant Study of
North American Gas
Market
January 2005
Relatively optimistic
view of ability of
technology to keep
ahead of demand
leads to relatively low
price forecast.
Moderate: Not major
focus.
Strong enough to
keep prices low.

High Gas
BC Hydro
Developed

Energy Information
Administration (EIA)
Reference Case
January 2005
Strong demand
growth and cost of
production increase
with cumulative
consumption. Prices
increase at a
relatively high rate.
Moderate.
Considered in detail.

March 2005
Continued high prices
into the future.
Captures the
possibility that prices
remain high or
fluctuate around a
high average.
N/A

Moderate
specification of
technological
parameters.

N/A

Two third-party gas price forecasts are used: the long-run cost projection from the U.S.
Energy Information Administration’s (EIA) Reference Case; and industrial consultant,
Confer Consulting. In addition, High Gas is an internally developed forecast that
assumes a continued high gas price into the future. These forecasts provide a wide but
plausible range of possible outcomes. The scenarios are described in detail below:
C-2.1 Energy Information Agency (Sumas levelized 2005 $3.90 US/MMBtu)
The EIA of the U.S. Department of Energy annually produces a complete energy
forecast, the latest one being reported in Annual Energy Outlook 2005, published in
January 2005.
EIA’s forecast is for several forms of energy and is linked to an economic outlook that
specifies the rate of economic and population growth. The forecast is produced using
substantial modelling resources. Numerical projections are generated by the National
Energy Modelling System (NEMS). Interactions between the different energy categories

May 18, 2005 – for public comment
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are estimated; prices and quantities are forecast simultaneously for all important energy
categories including oil, coal, natural gas, electricity and green energy. The impact of the
macroeconomic environment and of government regulation and policy is considered.
For long run natural gas prices, a key issue is whether technology and exploration will be
able to keep pace with growing demand by finding sufficient supplies and developing
them at an economic cost. On this issue EIA's Reference Case position is that
exploration and technology will have difficulty keeping up and that, as a consequence,
real gas prices for natural gas will rise steadily in the long run.
The EIA Reference Case has U.S. real GDP growing at a rate of 3.1 per cent per year
for the period 2005-2025. Natural gas consumption, for the U.S. in the Reference Case,
increases at 1.5 per cent per year from 22 TCF per year in 2005 to 31.0 TCF per year in
2025. 75 per cent of demand growth is accounted for by increasing use for electric
generation and industrial applications.
Additional supply is expected to come from Northern pipeline projects and LNG imports.
Domestic production reaches 21.8 TCF by 2025, which is significantly lower than
projected in the 2004 forecast. Lower because of slower reserve growth, fewer new
discoveries, and higher exploration and development costs.
C-2.2 Confer (Sumas levelized 2005 $3.36 US/MMBtu)
Confer Consulting Ltd. is a Calgary based consulting firm, which has provided services
to BC Hydro since 1981. Confer’s forecast is the lowest natural gas price scenario
among the base cases of the various price outlooks.
The basic analysis performed by Confer is to examine the underlying factors that drive
the demand for natural gas in North America, and then assess the supply potential to
meet demand at economic prices. The potential supply is assessed by analyses of the
long-run marginal cost (LRMC) of new gas supply; that is, the full cost of investing in and
operating new gas supply through its economic life. In other words, the forecast does not
account for a scarcity premium above the cost of supply. Several supply sources and
technologies are assessed. Strong demand growth expectations for natural gas result in
the need to examine the long-run marginal costs of supply from remote areas, such as
the Mackenzie Delta; non-conventional technology, such as coal bed methane; and
imports of LNG.
May 18, 2005 – for public comment
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The lower level of Confer's price forecast as compared with EIA is due to Confer's view
that demand in North American for natural gas will be lower than forecast by the EIA and
that improvements in technology will continue and will lower the cost of new gas supply
below that forecast by the EIA. Prices reflect the high end of supply cost for LNG. The
forecast assumes good supply execution and that North America will be the preferred
market for LNG.
C-2.3 High Gas (Sumas levelized 2005 $6.17 US/MMBtu)
This scenario is not based on any model or analysis. This scenario assumes that the
current high priced environment persists. High Gas is an internal forecast that is
developed as follows:
1. Average last three months of daily forward strip quotes to create a single forward
strip quote that extends to the end of three calendar years. Average the monthly
products from the new quote into calendar averages. Daily forward strips for the
period December 2004 through February 2005 were used for this forecast to
produce an average forward price for 2005 to 2007.
2. Determine highest rolling 12 month historical spot price and escalate from the
current year at 1 per cent real. Currently, the highest period daily spot prices on
record is from 13 March 2004 to 14 March 2005. This period yields a price of
6.01 USD/MMBtu, which forms the base price for 2005.
3. For each of the next three calendar years, select the highest price from step 1
and step 2 to produce the High Gas scenario. Beyond the third year, use the
greater of the third year price from step 1 and the price from step 2.
This scenario is intended to form an upper bound for the natural gas price forecasts.

C-3

Description of Electricity Price Forecast Components

C-3.1 Short-term: Market Forwards
Short-term: Current Month to March 2009 (five fiscal years)
Applications: examples include revenue forecasts and scheduling outages

May 18, 2005 – for public comment
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Description: Electricity prices at MidC consist of market forwards provided by Powerex.
Prices at B.C. - US border are calculated with a formula that incorporates MidC
forwards, the Rbch forecast, and a projection of tie-line constraints. Quotes are provided
monthly. Thus, since this forecast is only issued semi-annually, current forwards quotes
should be obtained directly from Powerex.
C-3.2 Long-term: MARKETSYM Modelled Prices and CCGT UEC
Long-term: 2007 to 2025
Applications: examples include Integrated Electricity Plan and Vancouver Island Call
for Tenders (VI CFT)
Description of MARKETSYM Modelled Prices
Use of the modelled prices in the scenarios is described in Section C.1.
The electricity prices at the B.C. – U.S. border are based on a forecast of supply and
demand for electricity and the cost drivers expected to prevail. They are modelled under
a computer simulation of the hourly supply-demand balance for the Western Electricity
Coordinating Council (WECC) regional market, which includes the Western U.S. states,
B.C. and Alberta. BC Hydro uses the MARKETSYM Energy Services simulation
software, using certain inputs based on BC Hydro’s knowledge and system, which,
among other modelling details outlined below, accounts for transmission costs and
limitations. The dispatch cost of the marginal resource at the point where supply and
demand are in equilibrium determines the market price for that hour. Monthly and yearly
average prices are obtained by aggregating the computed hourly prices. Additional
modelling details include:
•

Hourly simulation of 20+ WECC areas;

•

Expected WECC load growth (2 per cent);

•

Expected hourly load shape (estimated from historical hourly load data from 1993 to
2002);

•

Expected BC Hydro electricity load forecast and resource plan;

May 18, 2005 – for public comment
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•

Forecast natural gas prices;

•

Average hydrological conditions throughout WECC;

•

Existing WECC resource base less expected retirements plus expected additions;

•

Generic resources added to maintain reserve margin targets for WECC sub-regions;

•

Expected inflation; and

•

Expected long-term transmission limits, losses and costs. Figure C.1 provides a
schematic of the WECC market’s transmission configuration.
Figure C.1
WECC Transmission Area Configuration
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Use of the UEC model in the scenarios is described in Section 1.
The prices are set equal to the estimated unit cost of the most economical resource
addition, currently a natural gas-fired combined cycle gas turbine (CCGT). Capital and

May 18, 2005 – for public comment

Page 7 of 12

Appendix F

operating costs are based primarily on third party sources. Key costing details (all costs
in real 2005 dollars) include:
•

Greenfield project (i.e., a new project, not a re-powering of an existing facility)
located in the Lower Mainland;

•

262 MW (average over life) F-series Combined Cycle Gas Turbine (CCGT);

•

Capital Cost = $250 million US;

•

Variable operating and maintenance cost = $3.32 US/MWh;

•

Fixed operating and maintenance cost = $1.95 US/MWh;

•

Forecast natural gas prices;

•

Fuel tax = 7 per cent;

•

Heat Rate = 6,863 MMBtu/GWh or 7,240 GJ/GWh HHV (higher heating value),
average over life;

•

Unit average availability = 91.3 per cent; and

•

Project life = 25 years.

C-4

Electricity Price Scenarios

C-4.1 General
Two electricity price forecasts correspond to each of the three main gas price forecasts
described in Section 2: a 100 per cent capital recovery scenario and a 25 per cent
capital recovery scenario.

May 18, 2005 – for public comment
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The 100 per cent capital recovery scenario represents the ‘expected’ price forecast. The
methodology for generating prices is described in Section C.3. The following section
describes the 25 per cent capital recovery scenarios and the methodology for calculating
prices. Figure C.2 illustrates how the gas prices are converting to electricity prices.
C-4.2

25 per cent Capital Recovery Scenarios

In these scenarios, the relationship between gas and electricity prices is based on a
market heat rate that is lower than the other forecasts. The market heat rate is the
simple ratio between electricity and gas prices, either actual or forecast. This is distinct
from a generation plant heat rate, which is an indication of the efficiency of conversion of
a hydrocarbon fuel into electrical energy.
The purpose of these scenarios is to factor in the potential for unforeseen improvements
in technology or extraordinary market conditions that might stress the expected
relationship between market gas and electricity prices.
This scenario embodies the following possible future outcomes:
•

New, more efficient generation technologies;

•

Retirements of older plants;

•

Market prices not reflecting an all-in fully recovered cost of new generation;

•

Regulatory/political market events (such as price caps);

•

Effects of generation cross-subsidies and capacity charges; and

•

Sustained overbuilds in generation.

The electricity prices are calculated as follows for the period 2007 to 2025: the minimum
of the MARKETSYM generated price and the unit energy cost of F-series CCGT with 25
per cent capital recovery. This is done to recognize that markets are currently
oversupplied. In the first few years, generators may be covering less than 25 per cent of
their capital charges.

May 18, 2005 – for public comment
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This methodology provides a lower market heat rate than the ‘expected’ scenarios, and it
provides a fundamentally different gas-to-electricity price relationship.
Figure C.2
Conversion of Natural Gas to Electricity Prices

•Confer Consulting (low)
•Energy Information Administration (medium)
•High Gas
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C.5
Forward Price Curves

Mar 2005 HYSIM USERS Electricity Price Forecasts (Real 2005 Canadian/MWh)
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FIGURE 1

Notes:
1. Refer to "Forecast Description" for discussion of forecasts.
2. Scenario prices for 2006 are provided for INFORMATION ONLY.
3. Zero values indicate that forecasted values are not available.
4. High and low exchange rate scenarios are provided for sensitivity analysis.
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Mar 2005 Sumas Gas Price Forecasts (Real 2005 Canadian/GJ)
9

Gas Price (Real 2005 CAD/GJ)
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FIGURE 2

Notes:
1. Refer to "Forecast Description" for discussion of forecasts.
2. Scenario prices for 2006 are provided for INFORMATION ONLY.
3. Zero values indicate that forecasted values are not available.
4. High and low exchange rate scenarios are provided for sensitivity analysis.
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Life Cycle Attributes
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Appendix D – Life Cycle Attributes
A life cycle view of the impacts of resource options looks not only at the project site, but
also “upstream” and “downstream.” The full life cycle of a resource option includes the
entire production chain, starting from the extraction of raw materials, through the
processing, electricity generation and consumer use stage, to the disposal of the product
and associated wastes. There are challenges and constraints with quantifying
“upstream” and “downstream” impacts due to uncertainty associated with the measures
because of data constraints and “line of sight” issues in tying impacts to at-site
generation.
BC Hydro retained a consultant to investigate the applicability of a triple-bottom line
approach to life cycle analysis (LCA) for the 2007 IEP. The scope included developing a
methodology to apply LCA in energy planning and applying the methodology to four
generic resource options: coal, natural gas, wind and small hydro. The study is not yet
completed; however, because some stakeholders have expressed interest in LCA,
preliminary and high level estimates of some life cycle attributes are presented in this
appendix. In addition, the IEP project team has estimated other life cycle attributes of
interest to stakeholders.

D-1

Stakeholder Feedback

Some stakeholders demonstrated a large appetite for the development of a
comprehensive list of social and environmental impacts including “upstream” and
“downstream” impacts in the whole life-cycle of production. Others felt that the scope
should be limited to activities at the site.
During discussions, some stakeholders expressed interest in knowing more about the
impacts of specific upstream and downstream activities, including:
•

Upstream GHG emissions from natural gas production and distribution activities
(e.g., fugitive gas emissions);

2
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•

Upstream land impacts from natural gas and coal production and distribution
activities;

•

Wood waste biomass upstream benefits from displacing emissions from beehive
burners;

•

Biomass transportation emissions;

•

Downstream impacts of GHG emissions (e.g., impact of reduction in water flows for
hydro projects); and

•

GHG emissions from construction activities, including cement production.

Of these impacts, the first three points were mentioned most frequently. Stakeholders
tended to be interested in these impacts because they believed the magnitude of these
impacts was significant and that their exclusion could bias portfolio selection on the
basis of impacts. There was less interest in the last three points listed above, and the
information was not readily available.
Given the timeframe and resources of both BC Hydro and its stakeholders for the 2005
ROR and the limitations of LCA expressed above, it was not feasible to translate all of
these requests into resource attributes. As a result, the approach taken for the 2005
ROR is to limit the scope to impacts attributable to on-site activities, except in cases
where some stakeholders placed a high value on these “upstream” or “downstream”
impacts and felt they could not make recommendations on options without this
information. These “upstream” or “downstream” impacts will be tracked separately.

D-2

Challenges with Life Cycle Attributes

There are a number of challenges with using life cycle attributes for energy planning
purposes. First, establishing appropriate and consistent boundary assumptions across
resource types is difficult, as it can be difficult to establish a clear “line of sight” from onsite production to upstream or downstream impact. For example, does a new natural gas
generation plant necessarily cause a new upstream gas well to be developed with an
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incremental increase in land impacts? In general, different life cycle studies have used
different boundaries, or focussed on different production aspects, and have created
results that are not always comparable between technologies.
In addition, LCA has traditionally been developed as an environmental tool - focused on
energy and resource consumption and the environmental impacts associated with
emissions and wastes. Thus, it does not fully capture the environmental, economic and
social trade-offs that electricity planning exercises typically try to capture. Even within
the environmental account, there are practical challenges with gathering life cycle data,
particularly beyond air emissions, that involve a substantial commitment of resources
and expertise in order to ensure credible information for attribute trade-off and decisionmaking purposes.
These challenges with life cycle attributes also extend to the discussion of where to set
boundaries in measuring social impacts. For example, the question of whether to track
indirect (i.e., upstream and downstream) job creation was also raised in discussions with
stakeholders, but was not a focus of interest during these meetings. Indirect job creation
covers the impacts on employment arising through the changes in spending, saving or
investment behaviour elsewhere in the economy as a result of the projects’ construction
and operation.
Government ministries typically estimate indirect job creation through the use of
multipliers for industry categories, but multipliers derived from the same methodology
are not available for different resource options. The provincial government has a detailed
economic input-output model that is able to calculate indirect jobs for specific projects;
however, applying the model to all resource options would require significant resources.
Stakeholders in general accepted that indirect jobs should not be included as this was a
lower priority measure to distinguish among resource options.

D-3

Results

The IEP project team focussed on investigating the impacts of upstream and
downstream activities mentioned most frequently by stakeholders. As mentioned, these
were:

4

Appendix F

•

Upstream GHG emissions from natural gas production and distribution activities
(e.g., fugitive gas emissions);

•

Upstream land impacts from natural gas and coal production and distribution
activities; and

•

Wood waste biomass upstream benefits in reducing emissions from beehive burners.

D-3.1 Upstream GHG emissions
The consultants’ LCA study contains some preliminary estimates of the upstream GHG
emissions associated with natural gas and coal production and distribution activities.
For natural gas, the main sources of upstream CO2e emissions are the removal of CO2
from raw gas and venting to the atmosphere, leaks and emissions during processing and
transport and energy and facility-related emissions from processing and transport. For
coal, the main sources of upstream CO2e are from energy consumption through
production and transport and the construction and operation of facilities associated with
processing and transport. The table below summarizes the draft results from that study.

Estimated upstream greenhouse
gas emissions (tonnes / GWh;
CO2e)

Natural Gas (CCGT)

Coal

133

50

For natural gas, the upstream emissions are based on Canadian gas production.
Energy and facility-related emissions from processing and transport are based on
Canadian industry average values.
D-3.2 Upstream land impacts
The consultants’ LCA study was not able to develop preliminary estimates of the
upstream land footprint associated with natural gas and coal production and distribution
activities because there is no accepted methodology for assigning land activities to the
discovered reserves and production. Large-scale estimates of disturbed land and
discovered energy reserves can range over two orders of magnitude. In addition, as
with direct land impacts, there is not consensus on how different types of land
disruptions should be evaluated (e.g., permanent vs. temporary disruptions).
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Because stakeholders were interested in understanding the potential magnitude of the
impacts, the IEP project team examined whether it was possible to come up with very
rough estimates of the upstream land footprint for both coal and natural gas. The
estimates that follow do not have the same level of review and data reliability as the
previous estimates for upstream GHG emissions.
With respect to the upstream coal land footprint, the IEP project team has estimated it to
be roughly 184 ha for a 500 MW plant. The total calculation is based on the percentage
of land from a representative coal mine required to fuel a 500 MW plant.
With respect to the upstream natural gas footprint, the IEP project team was not able to
calculate a defensible estimate. First, verifiable primary data sources for the total land
disturbed by natural gas production and distribution activities are not available. Second,
and resulting from the lack of primary verifiable data, it is not possible to distinguish the
portion of land impacted permanently by natural gas activities exclusively. Much of the
land impacted is likely also used by other industries (e.g., oil, forestry). In addition, it is
not clear which natural gas production project structures result in land being permanently
altered (e.g., land used for seismic lines and well pads can be reclaimed).

Approximate upstream land

Natural Gas (CCGT)

Coal (500 MW)

unknown

184

impacts (ha/project)
D-3.3 Upstream local air emission benefit of displacing beehive burners
Power generated from wood residue has the highest particulate matter emission rate
among the resource options. There was considerable discussion and no agreement
during the engagement process about how to treat these local emissions. Participants at
the engagement sessions took one of two positions:
•

Total emissions in the region are reduced, as using the wood residue for
generation displaces beehive burners, which have higher emission rates due to
fewer environmental controls. Therefore, local emissions should be zero or even
negative, to reflect the benefits of biomass generation.
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•

The emissions from the generation station do not necessarily net out those from
beehive burners. Local impacts in the vicinity of the generating station may be
worse.

Table 5.4 in the Resource Options Report includes the local air emissions from biomass
that would be emitted at the generating facility. This is a change from the 2004 IEP,
where local emissions were assumed to be zero.
However, there may be an upstream benefit if the generation plant displaces beehive
burners. Nevertheless, the consultants’ LCA did not consider biomass as one of the four
generic resource options; therefore, cannot be used to estimate the benefit associated
with displacing beehive burners.
The Wood Residue Burner and Incinerator Regulation issued pursuant to the B.C.
Environmental Management Act states that beehive burners cannot exceed air
contaminant concentrations of between 50 and 120 mg/m3 depending on the flow rate of
the facility. Therefore, an estimate of the net benefit of biomass generation can be
measured by the avoidance of permitted levels of local air emissions. A simple method
to calculate the net benefit of displacing beehive burners is to assume that the wood
waste generator shuts down the beehive burner, therefore avoiding all associated local
air emissions with that facility.
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Glossary
Words are defined as used in BC Hydro’s 2005 ROR and in other BC Hydro
documents. They may have other definitions in other contexts.
Words italicized in definitions are cross-references to other definitions in this
Glossary.
A
Achievable
Potential

See Conservation Potential Review.

Alternating
Current (AC)

Electric current that reverses at regular intervals and has
alternately positive and negative voltage. It normally has a
standard frequency of 50 or 60 hertz (Hz) or cycles per second.
Most of the power transmission in North America is AC
transmission at 60 hertz.

Alternative
Technologies

Non-conventional electricity generating methods such as fuel
cells, tidal current, solar, wind and wave energy sources.

Ancillary
Services

Services required to support the safe, reliable and stable
operation of the interconnected system, including the
transmission of electricity from resources to loads and to
maintain reliability.

Asynchronous
Tie

A transmission connection between two alternating current power
systems allowing each to run at independent frequencies.

Attribute

A characteristic that describes a resource option or portfolio, used
to assess its performance in meeting the planning objectives.

B
Base Load

The minimum amount of electricity required over a period of time
at a steady rate.

B.C. Energy Plan

A statement of B.C. government policy related to provincial
energy matters issued by the Minister of Energy and Mines in
November 2002.

BC Transmission
Corporation
(BCTC)

The Crown corporation created by the government of B.C. in
2003 to plan, operate and maintain BC Hydro’s high-voltage
transmission system.

Blackout

Loss of all electrical load in a given area.

British Columbia
Utilities
Commission
(BCUC)

An independent regulatory agency of the provincial government
operating under and administering the Utilities Commission Act.
Its responsibility is the regulation of the energy utilities under its
jurisdiction to ensure that the rates charged to utility customers
for energy are fair, just and reasonable. The BCUC is responsible
for ensuring customers receive safe, reliable and nondiscriminatory rates and shareholders receive a fair return.

Bulk
Transmission

The transfer of electricity on the major high-voltage transmission
system, which carries the majority of the power from the
generators to the lower-voltage distribution systems. It is
connected to the U.S. and Alberta through interties.

June 13, 2005
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C
Canadian
Entitlement

The Canadian portion of the Columbia River Treaty downstream
energy and capacity benefits (DSBs) resulting from increased
electricity generation on the Columbia River in the U.S. due to
the construction of Duncan, Keenleyside and Mica storage dams
in Canada. Under this treaty, Canada is entitled to the return of
one-half of the downstream benefits commencing April 1, 1998,
and ending September 15, 2024, to be delivered over existing
interties with the U.S.

Capability

The quality of being able to do a given task or to achieve a given
target. In relation to the integrated system, it refers to facilities
that can be used under specified conditions for a given purpose.
Energy capability is the amount of energy that can be generated
under specified conditions by a generating unit or by the electric
system over a period of time, typically expressed in GWh/year.

Capacity

(1) The instantaneous power output at any given time, normally
measured in kilowatts (kW) or megawatts (MW), of a power plant.
(2) The instantaneous electricity demand at any given time,
normally measured in kilowatts (kW) or megawatts (MW).
(3) A transmission facility’s ability to transmit electricity, at any
instant.
Several related terms are commonly used:
Maximum Capacity: The highest generating plant output or
transmission loading that can actually be achieved in situ.
Installed Capacity: (Also referred to as Nameplate Rating). The
maximum rating of a generator or transmission station equipment
identified by the manufacturer under specified conditions.
Dependable Capacity: The amount of megawatts a plant can
reliably produce when required, assuming all units are in service.
Factors external to the plant affect its dependable capacity. For
example, streamflow conditions can restrict the dependable
capacity of hydro plants and fuel supply constraints can impact
thermal plant dependable capacity. Planned and forced outage
rates are not included.
The capacity a plant can reliably deliver for the duration of time in
which it is required. The dependable capacity used for long term
planning is the maximum capacity that a plant/unit can reliably
provide for 3 hours in the peak load period of weekday during the
continuous two weeks of cold weather.

Capacity Factor

The ratio of the average annual power output to the rated power
output of generating plants.

Certificate of
Public
Convenience and
Necessity (CPCN)

A certificate issued to a public utility by a regulatory body such as
the B.C. Utilities Commission, for the construction or operation of
a generating plant.

CH4

Methane (natural gas).

Cheekye

BC Hydro’s 500 kV transmission station near Squamish

June 13, 2005
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Clean Energy

Energy that meets the definition of “clean” described in the
November 2002 B.C. Energy Plan, referring to alternative energy
technologies that result in a net environmental improvement
relative to existing energy production. The scope of the “BC
Clean” definition is subject to refinement and approval by the
Minister of Energy and Mines.

CO

Carbon monoxide.

CO2

Carbon dioxide.

CO2e

Carbon dioxide-equivalent. A unit that measures the climate
change potential of each of the six greenhouse gases identified
in the Kyoto Protocol.

Cogeneration

The simultaneous production of electrical or mechanical energy
and useful heat energy from a single fuel source.

Columbia River
Treaty

A treaty signed in 1961 between Canada and the U.S. that
enabled storage reservoirs to be built and operated in British
Columbia to regulate Columbia River flows to the U.S. for power
production and flood control.
See also Canadian Entitlement.

Combined Cycle
Gas Turbine
(CCGT)

The combination of combustion and steam turbines to generate
electricity from two thermodynamic cycles. Exhaust gases from a
combustion turbine flow to a heat recovery steam generator
(HRSG) that produces steam to power a steam turbine, resulting
in higher thermal efficiency than achievable by operating the
combustion or steam turbines individually.

Conservation
Potential Review
(CPR)

An assessment of the potential for electricity conservation in
BC Hydro’s service area, compared with the expected level of
electricity consumption in the absence of any new Power Smart
initiatives. The CPR uses the following additional terms:
Economic potential. An estimate of the reduction of electricity
consumption, that would occur if all electricity-consuming
equipment were upgraded to the efficiency level that is costeffective as calculated using the cost of conserved energy (CCE).
Achievable potential. The portion of the savings identified in the
economic potential that could realistically be achieved within the
study period.
See also Demand-Side Management, Emerging Technologies.

Cost of
Conserved
Energy (CCE)

The annualized unit energy cost of a demand-side management
measure, used to determine its cost effectiveness compared with
the cost of additional electricity supply (as part of the Total
Resource Cost Test). It is calculated as the annualized
incremental cost (including annual operating and maintenance
costs) of the measure divided by the annual energy savings
achieved, excluding any administrative or program costs to
achieve full use of the technology or measure.

Curtailment

A reduction in demand as a result of demand-side management

D
Demand
June 13, 2005

Customer requirement for electric power . Several related terms
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are commonly used:
Instantaneous Demand: Rate of energy delivered at a given
instant.
Average Demand: The electric energy delivered over any
interval; when expressed in kilowatts or megawatts, it is
determined by dividing the total energy by the units of time in the
interval.
Coincident Demand: The sum of two or more demands that
occur in the same demand interval.
Demand Interval: The time period during which electric energy
is measured, usually in 15-, 30- or 60-minute increments.
Peak Demand: The maximum instantaneous demand on a
power system. Normally the maximum hourly demand.
Demand-Side
Management
(DSM)

Actions that modify customer demand for electricity.

Derating

Reducing the energy or capacity rating of a piece of equipment to
reflect the fact that it can operate only below its original design
rating because of site conditions, a deficiency or physical
condition. Derating can be temporary or permanent.

Direct Current
(DC)

A steady electric current that flows in one direction. A nonpulsating current, as from a battery. DC transmission, frequently
referred to as high-voltage direct current (HVDC), is used in
specialized applications.

See also Power Smart, Conservation Potential Review.

See also Alternating Current.
Discount Rate

A rate used to determine the present value of expenses and
revenues that will occur over a period of time, reflecting the cost
of capital.

Dispatchable

A supply- or demand-side resource whose output can be
adjusted for short-term variations in load or resource balance due
to weather changes, unit outages, market price changes and
non-power considerations.

Distribution
System

Electrical lines, cables, transformers and switches used to
distribute electricity over short distances from substations to the
customer, generally at voltages lower than 69 kV.

Downstream
Benefits (DSBs)

See Canadian Entitlement.

Duct Firing

Burning fuel in the ducting at the inlet to a heat recovery steam
generator to supplement the heat from exhaust gases from a
simple cycle gas turbine or other heat source.

E
Economic
Potential

June 13, 2005

See Conservation Potential Review.
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Efficiency

The effective rate of conversion of a natural resource (e.g.,
natural gas) to usable energy; the effective rate of conversion of
electricity to an end use (e.g., heating).

Electromechanical
Stability

The condition of operation of an AC electricity system when all
generators operate in synchronism; that is, at the same
frequency, in-phase with each other and able to withstand normal
disturbances. Momentary instability can cause the electrical
break-up of the transmission system into several sections and a
widespread interruption of the electrical load, or blackouts.
See also Transient Instability.

Energy

In the context of the 2005 ROR, the amount of electricity
produced or used over a period of time, usually measured
in kWh, MWh or GWh.
Average Energy: The estimate of energy that could be
generated by a project over a long period of time (expressed
conventionally in GWh/year).
Firm Energy: The energy that is available (i.e., equalled or
exceeded) 100 per cent of the time, either for a given period such
as 25 years, or for an analysis period such as a period covered
by flow records.

Energy Capability

The amount of energy that a generating plant can produce in a
given time period (usually one year).

Energy Purchase
Agreement (EPA)

The contract that defines the terms and conditions by which
BC Hydro purchases electric energy from independent power
producers.

F
F

See Fiscal Year.

Firm Energy

See Energy

Firm Export

The assured sale of a contracted amount of energy and/or
capacity to utilities or customers located outside the boundaries
of BC Hydro’s service area.

Firm Gas

The assured supply of natural gas as fuel for thermal generating
stations.

Firm
Transmission

Transmission service that is reserved and/or scheduled with a
priority that will not be interrupted for economic reasons.
See also Non-Firm Transmission Service.

First Nation

An aboriginal governing body, organized and established by an
aboriginal community, or the aboriginal community itself.

Fiscal Year (F)

BC Hydro’s fiscal year ending March 31. Dates marked with an F
refer to the year ending March 31 in the year given.

Fixed Cost
Resource

Supply- or demand-side resources, in which unit energy costs
are considered constant regardless of whether the plant is
actually dispatched. Examples of fixed cost resources include
IPP contracts subject to a take or pay clause and resources that
can not be dispatched to follow the load.

June 13, 2005
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G
Gas Commodity
Cost

The price of natural gas purchased from the gas market.

Gas
Transportation
Cost

The amount paid for gas delivery service.

Green Energy

Energy produced from a green power project. BC Hydro uses
Environment Canada’s EcoLogo program to determine green
projects.

Greenhouse
Gases (GHG)

Gases that are thought to contribute to global climate change, or
the “greenhouse effect,” including carbon dioxide (CO2), carbon
monoxide (CO) and methane (CH4).

Grid

A network of transmission lines.

H
H2O

Water.

H2S

Hydrogen sulphide.

H2SO4

Sulphuric acid.

Head

The vertical distance between the water levels immediately
upstream and downstream of a turbine or discharge structure,
representing the potential energy of the water that can generate
electricity as the water falls to the lower elevation.

Heat content

A measure of the energy released when a fuel is burned, and the
basis for calculating the energy efficiency of a thermal process.
Higher heating value (HHV) includes the heat released when
water produced by combustion of the fuel’s hydrogen condenses.
Lower heating value (LHV) excludes the heat released by
condensing water, assuming it stays in vapour form. For natural
gas, LHV is about 90% of HHV.

Heavy Load
Hours (HLH)

The time of day in which peak demand occurs. On BC Hydro’s
system, Heavy Load Hours are from 6 am to 10 pm, Monday to
Friday. For electricity trading activity, most contracts
define Heavy Load Hours according to U.S. standards defined by
the North American Electric Reliability Council (NERC), from 6
am to 10 pm, Monday to Saturday, excluding U.S. holidays.

Heat Rate

A measure of generating station thermal efficiency, computed by
dividing the heat content of the fuel used for generating electricity
by the resulting net electric energy generated. Typically
expressed in GJ/GWh or kJ/kWh.

Heat Recovery
Steam Generator
(HRSG)

An electricity generator that takes heat from high-temperature
exhaust gases and uses it to power a steam turbine, often as part
of a combined cycle gas turbine.

Henry Hub

One of the major pipeline hubs of the North American natural gas
market, located in Louisiana. Used as a reference point for
quoting the market price of gas.

June 13, 2005
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Heritage Contract

A ten-year, 49,000 gigawatt hour per year contract between
BC Hydro’s Generation and Distribution Lines of Business to
ensure BC Hydro customers benefit from the existing low-cost
hydroelectric and thermal resources in the BC Hydro system.

Higher Heating
Value (HHV)

See Heat Content.

HNO3

Nitric acid.

I
Independent
Power Producer
(IPP)

A privately owned electricity generating facility that produces
electricity for sale to utilities or other customers.

Inflow

Water that flows into a reservoir.

Integrated
Electricity Plan
(IEP)

The documented describing BC Hydro’s long term plan to meet
customers’ needs using existing and new resources and demand
side management.

Integrated
System

An interconnected network of transmission lines, distribution lines
and substations linking generating stations to one another and to
customers throughout a utility’s service area, but excluding
isolated customers who are connected to free-standing
generating plants.

Interested Parties

Individuals or representatives of groups on whom the 2005 IEP
process has an impact or who are interested in being involved in
the 2005 IEP. Interested Parties for the 2005 IEP include, but are
not limited to, the following groups: First Nations, independent
power producers, BC Hydro customers, opinion leaders, broadbased environmental groups, ratepayer organizations, municipal
and regional governments, the provincial government and
BC Hydro employees.

Internal
Combustion
Engine (IC)

An engine in which heat produced by the compression of air
ignites a fuel, producing combustion gases that are used to drive
a turbine connected to a generator.

Intertie

The transmission connections between BC Hydro and external
electric systems (e.g. BC Hydro – U.S. and BC Hydro – Alberta).

J
K
Kelly Lake

June 13, 2005

Location of one of BC Hydro’s main transmission substations
near Merritt (between Lillooet and Clinton) which is also close to
a major gas pipeline. It is used to represent the interconnection
point for new generic thermal generation located in the interior of
B.C.
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The United Nations Framework Convention on Climate Change.
The Protocol, seeks to reduce overall emissions of greenhouse
gases such as CO2 (carbon dioxide), CH4 (methane), and N2O
(nitrous oxide) by at least 5% below 1990 levels in the
commitment period of 2008 to 2012.

L
Levelized Cost,
Levelized Price

Levelizing is a method of converting a non-uniform stream of
energy costs (or prices) into a present value equivalent uniform
cost (or price) series.

Light Load Hours
(LLH)

The time of day in which off-peak demand occurs. On
BC Hydro’s system, Light Load Hours are from 10 pm to 6 am,
Monday to Friday.
See also Heavy Load Hours.

Load

The amount of electricity required by a customer or group of
customers.

Load Centre

An area with a significant number of electricity customers, which
makes it an important point for power delivery.

Load
Displacement

A reduction in electricity sales, due to electricity conservation or
customer self-generation, although the customer’s pattern of
peak and off-peak periods (load shape) may not have changed.
See also Curtailment, Load Shifting.

Load Factor

The ratio of the average demand supplied during a given period
to the peak demand occurring during the same period.

Load Shape

The variation in electrical load over time, usually hour-by-hour. A
load shape can be for the electricity system, a customer or an
end-use over a set period of time such as a day or a year.

Load Shedding

Controlled interruption of load when system emergencies occur.
Load shedding can be done either manually by operator action,
or by automatic protective relaying such as the under-voltage
load shedding scheme or under-frequency load shedding
scheme.

Load Shifting

A utility demand-side management program to move energy
consumption from one period of time to another, usually from
periods of high consumption to periods of low consumption.

Losses (Line,
Transmission)

Reduction in capacity and energy transferred as resistance
converts electricity to heat in electrical equipment and along
transmission lines.
See also Reactive Power.

Loss-Of-Load
Probability
Criterion

June 13, 2005

An assessment of the potential for simultaneous outages of
generating units obtained by calculating the probability that daily
peak demand would exceed available capacity for each day and
adding these probabilities for all the days in the year. BC Hydro
has applied this criterion by adopting a one-day-in-ten-years
allowable risk of load loss.
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Lost Opportunity
Resources

Resources with benefits that, if not exploited promptly, are lost
irretrievably or are much more costly. Examples include
cogeneration opportunities when renovating a pulp and paper
mill, and extra insulation when building a new house.

Lower Heating
Value (LHV)

See Heat Content.

M
Market Heat Rate

A measure of the relationship between electricity and gas
markets, obtained by dividing the market electricity price (in
$/GWh) by the market cost of gas (in $/GJ).

Municipal Solid
Waste (MSW)

Solid waste from municipal collections, of which some can be
burned as a fuel.

N
N2

Nitrogen.

N2O

Nitrous oxide.

Net Present Value
(NPV)

The difference between the present value of benefits and the
present value of costs (including capital, operating, maintenance
and administration costs) for a given discount rate.

Network
Integration
Transmission
Service (NITS)

A type of transmission service that allows transmission
customers to transmit electricity across the network to their
customers using existing, planned and purchased resources.

NH3

Ammonia (anhydrous).

NH4NO3

Ammonium nitrate.

Nominal Growth/
Nominal Price

Growth or price measured in current dollars at the time the goods
are produced; change including the amount of inflation.
See also Real Growth/Real Price.

Non-Firm Transmission Service

Point-to-point transmission service that is scheduled and paid for
on an as-available basis and is subject to interruption for
economic reasons.

Non-Integrated
Areas

Utility service areas that are not connected to the integrated
system. These areas are supplied by local diesel generation or
hydroelectric generation.

NOx

Oxides of nitrogen, including NO and NO2, expressed as NO2
equivalent.

O
Outage

A planned or unplanned interruption of one or more element of
an integrated system.

P
Participant Cost
Test

June 13, 2005

A test of whether customers participating in demand-side
management programs are better off for participating in the
program.
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Peak Capacity

The maximum amount of electrical power that generating stations
can produce in any instant.

Peak Demand

The maximum instantaneous demand on a power system.
Normally the maximum hourly demand.

Photovoltaic

Direct conversion of light into electricity by semi-conductor diodes
called photovoltaic cells, especially using sunlight.

Planning Period

Period over which the evolution and the operation of the various
elements of the power system are modelled. For example, the
IEP has a planning period of 20 years, from F2005 to F2024.

Portfolio

A group of resource options acquired in a sequence that meets
the 20-year Load Forecast and other planning criteria.

Power

The instantaneous rate at which electrical energy is produced,
transmitted or consumed, typically measured in watts (W),
kilowatts (kW), or megawatts (MW).
See also Capacity.

Power Factor

The power factor is the ratio of usable power (kW) to reactive
power (kVAr) in a circuit. It varies between 0 and 1, and is
normally given as a percentage (0 to 100%). BC Hydro applies a
power factor surcharge to customers whose power factor drops
below 90%.

Power Smart

BC Hydro’s demand-side management (DSM) initiative to
encourage energy efficiency by its customers. Originally
launched in 1989, Power Smart includes a full range of DSM
programs aimed at BC Hydro’s residential, commercial and
industrial customers.

Power Transfer
Capability

The ability of a given section of a transmission system to safely
and reliably transfer power, typically measured in watts (W),
kilowatts (kW), or megawatts (MW).

Present Value
(PV)

Today’s discounted value of future receipts or expenditures.

Process Steam

Steam used by industry for uses such as heating and chemical
processes.

See also Discount Rate and Net Present Value.

Q
R
Rate

Generic term for a utility’s rate structure.

Rate Structure

Represents the prices paid by the classes of customers for use of
electricity. For example, BC Hydro’s present rate structure for
residential customers consists of a flat monthly charge plus a
charge for the amount of electric energy used (in cents per kWh).
Other rate structures can include a charge for energy at a rate
per kilowatt hour that depends on the level of consumption and a
charge for demand (in $ per kW) for their peak demand for
electricity that occurs over a certain time period, such as a
month.
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Ratepayer Impact
Measure (RIM)

A test of the potential impact on rates due to a demand-side
management program. The test is taken to represent the interest
of customers who do not, or cannot, participate in a utility’s
demand-side management programs.

Reactive
Compensation

Provides additional reactive power to support voltage and
increase the power transfer capability of the transmission system.

Reactive Power

Power that supplies the electromagnetic fields necessary to
maintain the flow of electrical energy. The energy associated with
reactive power is zero and it produces no useful work. The unit of
reactive power is the VAr or kilovar (kVAr). Most load types
require some reactive power along with the active power that
produces useful work. When the reactive power supply in a
transmission system is insufficient, voltages decline to
unacceptable levels.
See also Reactive Compensation, Power Factor.

Real Growth/
Real Price

Growth or price measured in constant dollars; change discounted
by the amount of inflation.
See also Nominal Growth/Nominal Price.

Reinforcement

Improvements in the transmission system to maintain or increase
reliability and security of supply.

Reliability

A measure of the adequacy and security of electric service.
Adequacy refers to the existence of sufficient facilities in the
system to satisfy the load demand and system operational
constraints. Security refers to the system’s ability to respond to
transient disturbances in the system.

Reliability Must
Run (RMR)
Generation

Generation resources that can be run dependably whenever
required for operational safety reasons, including to maintain the
stability of the system. In B.C., reliability must run generation
resources are usually located in the coastal generation region,
which includes the Vancouver Island and Lower Mainland areas.

Reserve

System generating capacity beyond that required to meet peak
demand, ensuring sufficient generation is available if some
generating units are not available; necessary to meet reliability
criteria for planning and operation.

Resource Option

A source of electricity that is available to help meet or reduce
electricity demand, including generation, purchases, demandside management and transmission facilities.

Resource Smart

BC Hydro’s program of improvements to existing power
generation facilities to increase supply-side efficiency through
physical and/or operational modifications.

Revenue
Requirement
Application

Application by BC Hydro to the B.C. Utilities Commission to
determine the revenues BC Hydro will need for its operations, to
ensure a safe and reliable supply of electricity to its customers.

Run-Of-River

A hydroelectric facility that operates with no significant storage
facilities.
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S
Self-Generation

Generation of electricity by an industry or commercial enterprise
whose principal product is not electricity. Self-generation can
reduce the amount of electricity purchased from the utility, or
surplus electricity may be sold to the utility.

Simple-Cycle Gas
Turbine (SCGT)

A stand-alone generating plant that uses combustion gases to
propel a turbine similar to a jet engine connected to an electrical
generator.

SO2

Sulphur dioxide.

Spot Market

1) Real-time and day-ahead purchases and sales of electricity or
other commodities.
2) Any market purchases or sales outside of long-term contracts.

Stakeholder

Individuals, groups or representatives of groups who have a
stake in the 2005 IEP process.
See also Interested Parties.

Stakeholder
Engagement

The process by which BC Hydro is engaging (providing
information to and requesting input from) interested parties in the
2005 IEP.

Steam Turbine
Generator (STG)

A generating plant that uses a fuel or other source of heat to boil
water and produce steam to drive a turbine connected to a
generator.

Stepped Rate

A rate structure for transmission class customers, prescribed by
the B.C. Energy Plan that will use different price levels so
incremental consumption will be priced at incremental cost.

Storage

The volume available in a reservoir to hold water for power
generation or flood control.

Substation

An electrical switching station to terminate transmission lines
and/or a station at which transmission voltage is reduced to a
level suitable for sub-transmission or distribution systems.

Sumas Hub

One of the major pipeline hubs of the North American natural gas
market, located in Sumas, Washington, just south of the CanadaU.S. border. Used as a reference point for quoting the market
price of gas.

Sustaining
Capital
Requirements

Investments required to maintain the electric system so as to
ensure that it will sustain its safe and reliable performance in the
long term.

System Stability

The ability of all parts of an electricity system to remain
synchronized following an electrical disturbance such as the
interruption of a transmission line.
See also Transient Instability.

T
Take or Pay

June 13, 2005

A contract clause that requires a purchaser to pay for a product,
such as electricity, whenever the seller makes the product
available regardless of whether the buyer is capable of receiving
the product or not.
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Tariff

A statement that explicitly defines the rate and the terms and
conditions of sale for electric power and energy between a utility
and its customer, including the type of service, delivery point(s),
limitations of obligations to serve, minimum charges and any
other terms.

Thermal Host

The user of heat or steam produced through cogeneration; e.g., a
pulp and paper mill, which uses steam from cogeneration for its
industrial process.

Thermal Rating

The maximum power that can pass through a piece of electrical
equipment without causing damage due to overheating. In the
case of transmission lines, the heating due to excessive power
transfer may cause a line to sag below its allowed height above
the ground.

Total Resource
Cost (TRC)

The total economic cost of acquiring energy resources. For
demand-side management (DSM) programs, this includes costs
incurred by the utility (program administration, taxes and
incentives) and by the customer (the cost of the DSM measure
net of incentives).

Total Resource
Cost Test

A benefit/cost test that compares the Total Resource Cost of
electricity investment alternatives, including electricity
conservation programs, against either the avoided cost of new
electricity supply or the market value of electricity.

Transfer
Capability

Total Transfer Capability (TTC): The amount of electric power
that can be transferred over the interconnected transmission
network in a reliable manner while meeting all of a set of defined
system conditions.
Available Transfer Capability (ATC): The transfer capability of
a specific portion of the interconnected transmission network that
remains available for general service after taking into account
specific limitations created by other users.

Transformer

An electrical device for changing electricity from one voltage to
another.

Transmission
System

Electrical facilities used to transmit electricity over long distances,
usually at voltages greater than 69 kV.

Transmission
Regions

Subdivisions of the BC Hydro Service Area for the purposes of
planning transmission. Transmission regions are: Peace River
(PR), North Coast (NC), Central Interior (CI), Kelly/Nicola (KN),
Lower Mainland (LM), Vancouver Island (VI), Selkirk Area (SE)
and East Kootenays (EK). The PR, NC, and CI regions comprise
BC Hydro’s Northern Service Area, while the KN, SE, EK regions
comprise BC Hydro’s Southern Interior Service Area.

U
Utilities
Commission Act
(UCA)

June 13, 2005

B.C. legislation creating and empowering the B.C. Utilities
Commission, which regulates BC Hydro and other utilities.
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A test of whether a utility’s avoided costs are reduced by more
than the cost of a DSM program. When this test is met, revenue
requirements and are reduced, although there may be upward
pressure on rates.

V
Voltage

The strength of electromotive force (EMF).

Voltage Collapse

A catastrophic voltage drop in a region where the transmission
and distribution system is incapable of supplying the load. A
system enters a state of voltage collapse or instability when an
increase in load, system disturbance or change causes voltage to
drop quickly or drift downward, and automatic and manual
system controls are unable to halt the decay. Voltage collapse
may take anywhere from a few seconds to minutes.

Voltage Stability

The ability of the electrical transmission system to withstand the
failure of a system element such as a line or transformer without
voltage collapse at the receiving (customer) end of the system.

W
Western
Electricity
Coordinating
Council (WECC)

The body that sets electricity system operating performance and
reliability standards for members in Western Canada and the
Western United States (formerly Western Systems Coordinating
Council).

X
Y
Z
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List of Abbreviations and Acronyms
The following abbreviations and acronyms are used in the Resource Options
Report or in appendices to the ROR.
AC

Alternating current

BC

British Columbia

BBO

Billion barrels of oil

BC Hydro

British Columbia Hydro electricity utility

BCIT

British Columbia Institute of Technology

BCTC

British Columbia Transmission Corporation

BCUC

British Columbia Utilities Commission

BDt

Bone-dry tonnes

BIPV

Building integrated photovoltaics

BTM

Baseline Thematic Mapping

BTU

British thermal units

BVC

Black and Veatch Corporation

CBG

Customer-based generation

CBM

Coal-bed methane

CCGT

Combined Cycle Gas Turbine

CCE

Cost of Conserved Energy

CFL

Compact fluorescent lamp

CFT

Call for tenders

CHP

Combined heat and power (cogeneration)

CPCN

Certificate of Public Convenience Necessity

CPI

Cost Price Index

CPR

Conservation Potential Review

DSB

Downstream Benefits under the Columbia River Treaty

DSM

Demand-side management

EIA

Energy Information Administration (U.S.)

ENGO

Environmental non-governmental organization

EPA

Electricity purchase agreement

F

Fiscal Year

GHG

Greenhouse gas

HLH

Heavy load hours

HRSG

Heat recovery steam generation

HVDC

High-voltage direct current

IC

Internal combustion engine
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IEP

Integrated Electricity Plan

IGCC

Integrated gasification combined cycle

IPP

Independent power producer

ISO

Independent system operator

LAC

Life Cycle Analysis

LHV

Lower heating value (of a fuel)

LLH

Light load hours

LNG

Liquefied natural gas

LRMC

Long-run marginal cost

LTFPTP

Long term firm point-to-point

MCFC

Molten carbonate fuel cell

MSW

Municipal solid waste

NITS

Network Integrated Transmission Service

NPV

Net present value

OMA

Operation, Maintenance and Administration

OATT

Open Access Transmission Tariff

PAFC

Phosphoric acid fuel cell

PEMFC

Proton exchange membrane fuel cell

PSS

Power system stabilizers

PUC

Public Utilities Commission

PV

1. Present Value
2. Photovoltaic

RAS

Remedial action schemes

RFEI

Request for Expression of Interest

RRA

Revenue Requirement Application

SCR

Selective catalytic reduction

SCGT

Simple-cycle gas turbine

SMES

Superconducting magnetic energy storage systems

SOFC

Solid oxide fuel cell

SPS

Special protection schemes

SVC

Static var compensators

TOU

Time of use

TRC

Total resource cost

UCA

Utilities Commission Act

var

Volt-Ampere reactive

VI

Vancouver Island

WECC

Western Electricity Coordinating Council
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Table of Units
A

Ampere

BTU

British thermal unit; 1 BTU = 1,055 J or 2.928 x 10-4 kWh

GWh

Gigawatt-Hour

GJ

Gigajoule (109 joules)

GJ/h

Gigajoule per hour (1.055 GJ/h = 1 million BTU/h)

Ha

Hectares

hp

horsepower.

Hz

Hertz - Cycles per second. Unit of measurement for frequency of
an AC system.

J

Joule; metric unit of measurement for heat energy (1 J = 9.4821
X 10-4 BTU).

km

Kilometre; one thousand metres.

kPa

kilopascal (1000 Pa)

kV

Kilovolt.(1000 volts)

kVA

Kilovolt Ampere (1000 volt amperes); the unit of measure of
apparent power.

kvar

Kilovolt Ampere Reactive (1000 var);

kW

Kilowatt (1000 watts); electric power

kWh

Kilowatt Hour (1000 watts used for a period of one hour)

m

Metre.

m

3

Cubic metre.

m/s

Metres per second.

MJ

Megajoule (106 J)

mm

Millimetre (0.001 m).

MMBTU

One million British thermal units.

MVA

1,000 kVA.

MVAr

1,000 kvar

MW

Megawatt. 1,000 kW.

MWh

Megawatt hour. 1,000 kWh.

Pa

Pascal; metric unit for measuring pressure
1 Pa = 0.0209 pounds-force per square foot

Psig

Pounds per square inch

W

Watt; metric unit of measurement of electric power,(1 watt = 1
Joule per second.)

V

Volt; unit of measurement of electric current.

var

Volt-Ampere reactive; The unit of measure of reactive power.
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